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Line 
No. 

1 

2 

3 
4 

5 
6 
7 
8 
9 

10 

11 

12 

ARIZONA PUBLIC SERVICE COMPANY 
Net Operating Income Summary 

ACC Jurisdictional for Adjusted Test Year Ended December 31, 2002 

Description 
(a) 

Electric Operating Revenues 

Purchased Power & Fuel Costs 

Gross Margin -- Revenues less 
Fuel & Purchased Power Costs 

Other Operating Expenses 
Operations & Maintenance 
Depreciation & Amortization 
Other Taxes 
Subtotal Other Operating Expenses 

Operating Income Before Income Taxes 

Income Taxes 

Net Jurisdictional Operating Income 

As Adjusted Staff As Adjusted 
By APS Adjustments By Staff 

(b) ( c )  (d ) 

$ 1,940,146 $ (56,132) $1,884,014 

559.879 28.974 588.853 

$ 1,380,267 $ (85,106) $1,295,161 

590,073 (62,048) 528,025 
329,983 (1 16,753) 213,230 
110,197 (1 1,636) 98,561 

1,030,253 (1 90,437) 839,816 

$ 350,014 $ 105,331 $ 455,345 

86,144 54,268 140,412 

$ 263,870 $ 51,063 $ 314,933 
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ARIZONA PUBLIC SERVICE COMPANY 
Adjustment to Reallocate APS' Jurisdictional Cost of Service Study 

Utilizing the Peak and Average Method for Allocating Fixed Production Cost 

Line 
No. DescriDtion 

1 

2 

3 
4 

5 
6 
7 
8 
9 

10 

11 

12 

13 
14 

(a) 

Electric Operating Revenues 

Purchased Power & Fuel Costs 

Gross Margin -- Revenues less 
Fuel & Purchased Power Costs 

Other Operating Expenses 
Operations & Maintenance 
Depreciation & Amortization 
Other Taxes 
Subtotal Other Operating Expenses 

Operating Income Before Income Taxes 

Income Taxes 

Net Jurisdictional Operating Income 

Reference: 

As Adjusted As Adjusted Adjustment 
By APS By APS to Reflect 
Utilizing Utilizing Peak APS' Request 

4 CP Alloc. & Average Using P&A 
(b) ( c )  (d) 

$ 1,940,146 1,940,123 $ (23) 

559,879 559,879 

$ 1,380,267 1,380,244 (23) 

590,073 588,526 $ (1,547) 
329,983 328,719 (1,264) 
110.197 109.71 7 (4801 

1,030,253 1,026,962 

$ 350,014 353,282 $ 3,268 

86,144 87,617 1,473 

$ 263,870 265,665 $ 1,795 

APS SFR LCA 2-33 Col. ( c  ) Less 
Sch. C-I,  P. 2 Col. (b) 
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EXECUTIVE SUMMARY 
ARIZONA PUBLIC SERVICE COMPANY 

DOCKET NO. 3-01345A-03-0437 

Staff recommends a decrease in APS’ revenue requirement of $142.7 million or 8.0 
percent compared to APS’ request for an increase of $175.1 million or 9.8 percent. The 
single largest disputed issue in this case is the treatment of the Pinnacle West Energy 
Corporation (“PWEC”) assets which have a revenue impact exceeding $100.0 million per 
year. Staff is recommending against ratebasing the PWEC assets in large part because APS 
has not demonstrated that these assets represent the best economic choice for its customers. 
Further, inclusion of the PWEC assets in rate base may negate over $200.0 million in 
expected savings (over a three-year period) associated with the Commission’s competitive 
bidding process carried out under Track B. 

Staffs recommended decrease was derived using an original cost rate base of $3.1 
billion, a rate of return on original cost rate base of 7.26 percent and a cost of equity of 9.0 
percent. APS’ request for an increase was derived from a rate base of $4.21 billion, an 8.67 
percent rate of return and an 11.5 percent cost of equity. Staffs lower recommended rate of 
return better recognizes interest rates that have declined significantly in the past twenty years 
to levels comparable to the 1950 and ‘60’s. 

Staff also recommends that APS should not recover the $234.0 million that APS 
wrote-off as a result of the order approving the 1999 Settlement Agreement and now 
proposes to recover over a fifteen year period. Staffs testimony shows that recovery of the 
$234.0 million does not meet standard rate-making criteria and that the going-forward 
revenue requirements have not been reduced by the write-off. 

Staff is opposed to a he1 or purchased power adjustor that does not prevent 
unintended benefits to APS’ shareholders and harm to customers under high load growth 
conditions. 

Regarding the preliminary inquiry ordered by the Commission in Decision No. 65796 
and moved to this case, Staff believes that APS’ actions during the transition to competition 
violated the spirit, if not the letter, of the Retail Electric Competition Rules, the Code of 
Conduct and the order approving the 1999 Settlement Agreement. Also, the public 
statements made by APS, PWEC and Pinnacle West Capital Corporation representatives are 
conflicting regarding the purpose for which certain PWEC generating plants were built. 
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INTRODUCTION 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Please state your name, occupation, and business address. 

My name is Linda A. Jaress. I am an Executive Consultant I11 in the Utilities Division of 

the Arizona Corporation Commission (“ACC” or “Commission”). My business address is 

1200 West Washington Street, Phoenix, Arizona 85007. 

Please state your educational background and professional experience. 

I received a Bachelor of Arts Degree fiom Michigan State University and a Master of 

Business Administration Degree from the University of Hawaii. I was employed as a 

Research Analyst for the Hawaii Trucking Association from 1977 through 1978 and as a 

Financial Analyst for the State of Hawaii, Division of Consumer Advocacy fiom 1980 

through 1985. In 1985, I was employed by the Arizona Corporation Commission 

(“Commission”) as a Senior Rate Analyst and received a promotion to Manager, Financial 

Analysis in 1991. I also served as the Acting Chief of the Accounting and Rates Section 

for a total of 12 months during 1997 and 2000. On January 1,2001, I was promoted to the 

position of Executive Consultant 111. 

Please list your duties and responsibilities as Executive Consultant 111. 

I complete special projects for the Director and Assistant Directors. Among those projects 

are report writing and oversight of the RFP process for most of the RFPs issued by the 

Utilities Division. I also write testimony and Staff Reports and serve as the Director’s 

Office liaison with consultants. 

What is the purpose of your testimony? 

The purpose of my testimony is to summarize Staffs testimony and recommendations 

regarding Arizona Public Service Company’s (“APS”) request for an increase in rates. I 
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will address some of the broader assertions of APS witnesses that ratepayers are obligated 

to reimburse APS for a $234 million write-off it made as a result of the order approving 

the 1999 Settlement Agreement and that the Commission is obligated to rate base the 

generation assets of Pinnacle West Energy Corporation (“PWEC”). I will also address 

APS’ request for Commission approval of the APSPWEC power contract. Finally, my 

testimony will provide the results of the preliminary inquiry ordered by Decision No. 

65796. 

SUMMARY OF CONCLUSIONS AND RECOMMENDATIONS 

Q. Please discuss the most significant issues in the rate case and summarize Staffs 

position or recommendation on each issue. 

APS proposed a $175.1 million, or 9.8 percent increase in revenues. Staff recommends a 

$142.7 million, or 8.0 percent decrease in APS revenues. The single largest disputed issue 

in this case is the treatment of the assets of APS’ affiliate, Pinnacle West Energy 

Corporation (“PWEC”). Exclusion of these assets fi-om APS’ rate base reduces APS’ 

annual revenue requirement by over $100.0 million. 

A. 

Staff is recommending against ratebasing the PWEC assets in large part because APS has 

not demonstrated that these assets represent the best economic choice for its customers. 

Further, inclusion of the PWEC assets in rate base may negate over $200.0 million in 

expected savings (over a three-year period) associated with the Commission’s competitive 

bidding process carried out under Track B. 

APS’ requested increase was derived from an original cost rate base of $4.21 billion, an 

8.67 percent rate of return and an 11.5 percent cost of equity capital. Staffs decrease was 

derived from an original cost rate base of $3.1 billion, a rate of return on original cost rate 
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base of 7.26 percent and a cost of equity of 9.0 percent. Staffs lower cost of capital 

better recognizes interest rates that have declined significantly in the past twenty years to 

levels comparable to the 1950 and ‘60’s. 

APS also requested the recovery of $234 million ($183 million after tax) that it wrote off 

after the 1999 Settlement Agreement. Staff testimony shows that recovery of the $234 

million does not meet standard rate-making criteria that rates should reflect test-year or 

ongoing costs and that the going-forward revenue requirements have not been reduced by 

the previous write-off. Staff does not believe that the $234 million represents stranded 

costs, but if interpreted as stranded costs, the amount should not be collected because the 

Company will have collected its stranded costs through other provisions of the order 

approving the 1999 Settlement Agreement. 

APS requested an increase in fuel and purchased power expenses of $121 million over 

those recorded during the 2002 test year. Most of the increase is attributable to the 

increased costs of gas. Staff is recommending that rates include an increase of $114.6 

million for firel and purchased power. 

Staffs review of APS’ cost estimate for decommissioning the units at the Palo Verde 

Nuclear Generating Station (“Palo Verde”), concludes that, for the most part, APS’ cost 

estimates conform to the methodology employed in the industry and are consistent with 

the minimum requirements of the Nuclear Regulatory Commission. However, Staff 

reduced the annual contribution of APS customers for decommissioning to reflect a higher 

residual value of some of the structures, systems and infrastructure of Palo Verde. Also, 

Staff adjusted the Unit 2 decommissioning fimding schedule so it matches the licensed life 

of the unit. 
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Staff opposes a fuel and/or purchased power adjustor unless APS is able to resolve a 

critical imbalance that would occur under certain conditions. An imbalance to the 

detriment of customers would occur between the recovery of fixed production costs 

through base rates and the recovery of fuel and purchased power expenses through the 

adjustor mechanism during periods of high load growth. 

Staff recommends spreading the rate decrease over all customer classes, although at 

different percentages. A cost of service study was used by Staff as a guide to determine 

those percentages, but the overriding factor in our rate design guidelines was ensuring that 

all customers benefited from the rate decrease. 

Staff recommends that APS recover its costs for pre-approved demand-side management 

(DSM) programs through a DSM adjustment mechanism. Staff recommends that the caps 

per service on the EPS-1 surcharge tariff be increased to help APS meet its Environmental 

Portfolio Standard requirements. This will result in an increase in spending for 

renewables of $4.4 million. Staff does not oppose APS’ requested Returning Customer 

Direct Assignment Charge with conditions. Finally, Staff recommends some changes to 

the selected charges and wording on APS’ proposed service schedules. 

Q. 
A. 

Provide the names of Staffs witnesses and the subject matter of their testimony. 

The chart shown below lists each Staff witness and the subject matter of their testimony. 
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Q. 

A. 

Witness 

Linda Jaress 

Barbara Keene 

Joel Reiker 
Erinn Andreasen 

Lee Smith 

Harvey Salgo 

Doug Smith 

Michael J. Majoros, 

Steven Carver 

James Dittmer 

Harold Judd 

Consultant or Utilities 
Division Staff 

Staff 

Staff 

Staff 
Staff 

LaCapra Associates 

LaCaDra Associates 

LaCawa Associates 
Snavely King Majoros 
O’Connor & Lee 

Utilitech. Inc. 

Utilitech. Inc. 

Accion Group 

ToDical Areas 
Summary of Staffs Case, 
Response to Certain APS 
Assertions and Results of 
Preliminary Inquiry 
System Benefits, Env. Port. Std. 
DSM, RCDAC and Service 
Schedules 
Capital Structure, Cost of Debt, 
Return on Equity and Overall 
Cost of Catital 
Rate Design 
Cost Allocation, Competition 
Rules Compliance Charge 
Treatment of Transmission Costs 
and Adjustor, $234 M Write-off. 
Regulatory Treatment of PWEC 
Assets and Track B Purchased 
Power Contracts 
Purchased Power and Fuel Costs 
and Off-system Sales. 

Depreciation 
Rate Base and Income Statement 
Adjustments - Cash Working 
Capital, Severance Costs 
Rate Base and Income Statement 
Adjustments - Property Taxes, 
Econ. Development/ Advertising 
Nuclear Decommissioning 
Planning and Funding 

Provide a brief reconciliation of APS’ revenue requirement request with Staffs 

recommendations. 

Below is a chart that reconciles the major differences between APS’ and Staffs revenue 

requirement recommendations. The chart begins with APS’ requested increase, then 
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illustrates the most significant individual reductions recommended by Staff and ends with 

the resulting Staff recommendation for a decrease in revenue requirements. 

APS’ Recommended Overall Rate Increase ($000) 

=e Base i d  Operating Income Impacts of Removal of PWEC Assets from 
Rate Base 
Difference in Cost of Capital 
Difference in Proposed Depreciation Rates (other than PWEC Assets) 
APS’ Proposal to Reverse 1999 Settlement Write Down -- Rate Base & 
Expense Amortization 
APS’ Proposed Inclusion of Non-Cash Expenses in Lead Lag Study & Other 
Corrections 
Difference in Property Tax Expense 
Disallowance of Discretionary Economic Development, Advertising & 
Charitable Contributions Expense 
Eliminate APS’ Proposed Amortization of Severance Costs 
Difference in Fuel & Purchased Power Costs with PWEC Excluded fiom 
Rate Base 

~ ~~ 

Difference in Recommendations for Nuclear Decommissioning 
Provision 

~~ 

Difference in Methods of Jurisdictional Allocations 
All Other Miscellaneous Rate Base & Operating Expense, and 
CRCC Differences 
Environmental Portfolio Standard Revenues 

Staff’s Proposed Overall Rate (Decrease) 

REBUTTAL OF MR. WHEELER AND D R  HIERONYMUS 

$175,090 

(1 05,539) 
(74,644) 
(40,703) 

(29.674) 

(1 0,29 1) 
(9,196) 

(5,697) 
(5.076) 

(22.279) 
4,400 

($142,690) 

Q. Please address the “equitable considerations” that Mr. Wheeler’s direct testimony 

requests the Commission address in its Decision. 

Mr. Wheeler requested that the Commission rate base certain of the PWEC assets as 

reparation or “equitable consideration” for halting divestiture of APS’ generating plants. 

He testified that “APS and its affiliates made concessions of considerable value and have 

relied in good faith to their ultimate detriment on the restructuring requirements of the 

A. 
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Electric Competition Rules and the promises of the 1999 Settlement.” Also, Mr. Wheeler 

testified that “Along with reversal of the 1999 Settlement $234 million write-off, rate 

basing the PWEC assets will significantly mitigate the unaddressed impacts resulting from 

that Order.” 

Staff disagrees with Mr. Wheeler’s assumption that the Commission must rate base the 

PWEC assets and allow APS to reverse the $234 million write-off in order to 

appropriately address the impacts of the Track A order. First, Staff Witness Lee Smith 

discusses in detail why it is not necessary for the Commission to allow APS to reverse the 

$234.0 million write-off related to the 1999 Settlement Agreement and how APS has not 

shown that the write-off was detrimental. 

Second, the Commission has taken extraordinary actions to prevent “detriments” to the 

financial health of APS and its affiliates from the change in the course of divestiture. 

Decision No. 65434, dated December 3, 2002 approved APS’ emergency request for a 

waiver of the Affiliated Interests Rules to loan PWCC $125.0 million when PWCC lost its 

ability to renew a bank facility. The speed with which the Commission responded is a 

further indication of the Commission’s willingness to address the impacts of the Track A 

order. The application was filed on November 8th and the Decision was issued less than 

one month later. 

Decision No. 65796, issued April 4, 2003, approved a $500.0 million loan or guarantee 

from APS to PWEC. The Decision recognized that, with conditions, the financing was in 

the public interest even though acknowledging on page 39 that “the transaction poses 

some risks to the Company and to its ratepayers.. .” 
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Finally, within this case, Staff is making two recommendations that, if adopted, will also 

help ensure that APS and its affiliates do not suffer “detriments”. First, as will be 

discussed below, Staff is recommending the Commission approve the costs related to the 

APSEWEC purchased power contract entered as a result of the Track B solicitation. 

Ordinarily, utilities do not request, Staff does not recommend, nor does the Commission 

approve, hture purchased power contract costs. Second, Staff is recommending approval 

of the Competition Rules Compliance Charge (“CRCC”) that recovers the reasonable 

costs incurred by APS during its compliance with the Retail Competition Rules. Staffs 

recommendation includes the extra thirty-three percent of the costs of divestiture that, 

according to the Addendum to the 1999 Settlement Agreement, APS’ shareholders were to 

bear. Thus, both Staff and the Commission have taken actions to address the impacts of 

the Track A order. 

Q. 

A. 

Please address Dr. Hieronymus’ assertions in his testimony that the Commission 

should determine the prudence of the Redhawk, West Phoenix and Saguaro 

generation units when constructed by PWEC and that it is not appropriate to 

analyze the contemporary economics of the PWEC generation when determining 

their rate base treatment. 

Staff strongly disagrees with Dr. Hieronymus’ testimony on this issue. The prudence of 

the construction and cost of construction of assets owned by a non-utility enterprise 

(PWEC) is irrelevant to the determination of APS’ rate base. Certainly, the potential 

transfer price along with APS’ need for assets from a non-utility would be of interest to 

the Commission. However, if APS were purchasing assets from another, non-affiliated 

generating company and requested rate base treatment of those assets, the prudence, or for 

that matter the purpose, of the assets when originally built would have no relevance to the 

Commission’s decision to rate-base or not rate-base the assets. 
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Finally, it would be neither logical nor fair to APS’ ratepayers for the Commission to 

allow rate base treatment of assets constructed by a non-utility based on circumstances 

when the assets were built and ignore whether or not they are prudent additions to APS’ 

generation portfolio today. 

REQUESTED APPROVAL OF THE APS/PWEC CONTRACT 

Q. 

A. 

Mr. Wheeler also requested that the Commission approve and “assure cost 

recovery” of the recently executed Track B power contract between APS and PWEC. 

Why does APS believe Commission approval is necessary? 

Section 3.4 of the APS Master Power Purchase and Sale Agreement that applies to the 

APSPWEC contract includes the following language: 

“APS will file with the ACC an application for approval and full cost 
recovery by APS for such Transactions within sixty (60) days after 
acceptance of the Transaction (“the Request for Approval”). If the ACC 
has not issued a final order expressly approving full recovery of all costs 
incurred by APS in such Transactions within twelve (12) months of the 
submission of the Request for Approval either party may, at its option, 
terminate the Transaction as to any and all deliveries on or after January 1 , 
2006 without further liability.” 

Also, Mr. Wheeler’s testimony stated that “APS cannot afford to jeopardize its rights 

under the contract” and that APS is making the filing in this case, “to protect its rights 

under the PWEC contract, which is critical to meeting the needs of APS customers ...” 

These statements imply that if the Commission does not approve the APSPWEC contract, 

PWEC or APS might exert their rights to terminate the contract after January 1, 2006 

leaving APS open to the market for a large amount of power. 
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Q. 
A. 

Q. 

A. 

What is Staffs recommendation regarding the approval of the APS/PWEC contract? 

The Commission generally has not approved the purchased power contracts of investor- 

owned utilities. The Commission determines the reasonableness of the expenses incurred 

under purchased power contracts after the contracts are in effect. However, Staff believes 

that the APSPWEC power contract is extraordinarily favorable to customers. Thus, Staff 

recommends that the Commission take the highly unusual step of approving the costs 

incurred under the APSPWEC contract as requested. 

Should the Commission continue to pre-approve the costs incurred under APS’ 

purchased power contracts? 

It is the utility’s responsibility to enter prudent contracts whether for power, fuel or office 

supplies, and the risk of recovery of the costs incurred under those contracts should remain 

with the utility. If not for the special circumstances of this case, Staff would recommend 

that the Commission dismiss the application for pre-approval of “full recovery of all 

costs” incurred in this purchased power contract. In fact, the Commission should put APS 

on notice that it is APS’ responsibility to write and manage its power contracts in a 

prudent manner. If AF’S writes a clause into a contract that relies upon an action of the 

Commission, the risk that the Commission may not take that action should be born by 

APS. 

PRELIMINARY INQUIRY INTRODUCTION 

Q. 

A. 

How is your testimony on the preliminary inquiry organized? 

First, I will provide the background of the Commission’s Decision to direct Staff to 

conduct a preliminary inquiry. Then, I will address specific concerns about Arizona 

Public Service Company’s (“APS”) actions listed in that Commission’s decision. 
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Q. 

A. 

What conclusions have you drawn from the inquiry? 

I conclude that APS’ actions during the transition to competition violated the spirit, if not 

the letter of the Retail Electric Competition Rules (“the Rules”), the Code of Conduct and 

the order approving the 1999 Settlement Agreement (“Settlement Agreement”.) APS took 

actions that increased its natural competitive advantage to the detriment of others who 

intended to participate in electric competition. Although these actions should also be 

judged independent of their consequences, ratepayers appear to have been unharmed by 

the actions at issue. 

ORIGIN OF THE INQUIRY 

Q* 
A. 

Q. 

A. 

Provide the background of this preliminary inquiry. 

The preliminary inquiry was ordered by the Commission on April 4, 2003, in Decision 

No. 65796 which approved, with conditions, the application of APS to issue up to $500.0 

million of debt and loan the proceeds to PWEC (“the Financing case”). The purpose of 

the debt was to enable PWEC to refinance shorter-term bridge loans incurred for the 

construction of generation assets in Arizona and Nevada. 

Provide the portions of Decision No. 65796 that 

preliminary inquiry. 

In Note 18, on pages 33 and 34, the Decision said: 

upported and required the 

“During that two-year period [January 1, 2001 to January 1, 2003,] APS’ 
parent formed competitive affiliates, including PWEC, and PWCCPWEC 
built 4 new generating units and obtained a contingent investment grade 
rating for PWEC.. .APS’ position in this application that these assets were 
“dedicated” to APS customers raises the issue of possible intended 
noncompliance with the Commission’s electric competition rules and/or 
possible anti-competitive activity.” 
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On Page 34, lines 16 through 21, the Decision said, 

“Further, we believe that a preliminary inquiry into APS, PWCC, and 
PWEC’s actions related to the transition to electric competition, 
particularly compliance with our electric competition rules and with 
Decision No. 61973 and APS’ activities with its affiliates should be 
undertaken by Staff. Of concern to us is testimony and evidence elicited 
during this hearing of the PWCC enterprise’s possible use of APS (both 
its generation assets and captive ratepayers) to gain advantage in the 
developing competitive environment. ” 

And, on Page 44: 

“That Staff shall commence a preliminary inquiry into h z o n a  Public 
Service Company and its affiliate’s compliance with the Electric 
Competition Rules, Decision No 61973, its Code of Conduct, and 
applicable law.” 

Q. 
A. 

Q* 

A. 

How was the inquiry conducted? 

I reviewed the record in the financing case that resulted in Decision No. 65796, (“the 

Financing Decision’,), including the testimony, hearing transcripts, and Open Meeting 

transcripts. Data requests and responses fi-om the financing case were reviewed and 

additional data requests were sent. I also reviewed relevant data responses in this rate case. 

The Rules, the APS Code of Conduct, Decision No. 61973, the Settlement Agreement, 

A P S  and PWCC lOKs and lOQs filed with the Securities Exchange Commission and 

annual reports were also reviewed. I also reviewed recordings of the 2000 presentation to 

rating agencies made by PWCC and APS officers. 

Please summarize the five issues raised by the Decision that you are going to address 

in your testimony. 

A significant portion of the Financing Decision was devoted to concerns over how PWEC 

was able to obtain an investment grade rating from bond rating agencies in early 2001 
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when it was seeking to acquire long-term financing to construct generating plants. The 

Decision discussed possible contractual relationships among APS, PWEC and parent, 

Pinnacle West Capital Corporation (“PWCC”) that resulted in an APS commitment to 

purchase either directly or indirectly, the full output of the PWEC plants for four years 

ending December 31, 2004. The four-year period would have extended into the time 

when APS was required to be purchasing its power directly fiom the market through 

competitive bids and arms-length transactions. The issue of whether the presentation of 

the contracts to the bond rating agencies gave the PWCC entities an unfair competitive 

advantage will be addressed as Issue #l. 

Issue #2 raised by the Decision is the existence of a contract between APS and an affiliate 

that may have been anti-competitive. PWEC’s construction of generating plants with the 

explicit intention of serving APS is Issue #3. 

Another concern expressed in the Decision, Issue #4, is related to APS’ assertion that it 

could not build plants during the period between the approval of the Settlement 

Agreement and divestiture. Issue #5 is the fairness of APS’ application for an air quality 

permit on behalf of PWEC. Finally, Issue #6 addresses the transfer of land fiom APS to 

PWEC for the purposes of the construction of the generating plants by PWEC. 
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ISSUE #1- PWEC’S REPRESENTATIONS TO THE BOND RATING AGENCIES 

Q. 

A. 

Q. 

A. 

Q. 

A. 

What information was provided to the bond rating agencies in early 2001 that may 

have increased the bond rating of PWEC and given it an unfair advantage in the 

nascent Arizona retail electric competition market? 

At least one of the bond rating agencies was provided with draft contracts that, if 

consummated, would have resulted in APS’ purchase, directly or indirectly, of all of the 

output of PWEC until December 3 1 , 2004. 

Why are contracts for the output of generating plants important to bond rating 

agencies? 

Bond ratings generally reflect the level of risk in an investment. An investment in a 

merchant generating plant that is either planned or under construction is safer if a contract 

has been entered for the sale of all of the plant’s output compared to an investment in a 

plant with no assured purchaser of its output. A safer investment receives a higher bond 

rating. Bonds with higher ratings have lower interest rates. All else held constant, the 

ultimate cost of the power from a merchant plant with a higher bond rating will be lower 

than the cost of power from a plant with a lower bond rating. 

Why would it have been unfair for PWEC to represent to the bond rating agencies 

that it had a firm purchaser for all of its power for four years? 

It would have been unfair because it would indicate to the rating agencies that few or none 

of the other merchant plants would be selling much or any power to APS, the largest 

electric utility in Arizona. This would put the other plants at a disadvantage in obtaining a 

favorable bond rating, attracting financing or generating revenue because their potential 

market would shrink considerably. 
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Q. 
A. 

Q. 

A. 

Q. 

A. 

How do you know that the bond rating agencies were supplied with draft contracts? 

One of APS’ supplemental responses to Panda data request 1.42 in the Financing case, 

shows that the bond rating agencies were supplied with the draft contracts. 

During the hearing in the Financing case, what did APS say was the purpose of the 

contracts? 

Ms. Barbara Gomez (Treasurer of APS, PWCC, PWEC, and APS Energy Services) 

testified that the contracts were used as modeling assumptions and “stress tests” during 

PWEC’s negotiations with the bond rating agencies. One line of questions from both 

Panda and the Administrative Law Judge to Ms. Gomez was related to the aforementioned 

contracts. Here is one exchange between Ms. Gomez and Mr. Engleman who represented 

Panda: 

Q. Isn’t it correct that APS - or excuse me - that Pinnacle West 
Energy Corp. told the credit rating agencies that they had a contract to sell 
all of their output and that it would continue for four years? 
A. Basically, what it is is that we made the assumption that there 
would be a purchased power agreement occurring ... So the assumption 
was made that for the first two years, ’01 and ’02, that there would be 100 
percent of PWEC’s assets would be sold back to APS. And from ’03 on, 
it was assumed that it would go through the competitive bid process. But 
it was assumed that there would be the four years of a PPA. And then that 
PWEC, the way the rating agencies like to look at it, is they assume that 
it’s 100 percent merchant thereafter because we had no signed contracts to 
be able to show them. 
Q. When you say 100 percent merchant thereafter, after 2004 or after 

January 1,2002? 
A. After 2004. (January 8,2003 Transcripts pages 143 and 144) 

Did the bond rating agencies realize that the contracts supplied to them were draft 

contracts? 

Apparently Standard and Poor’s believed they were valid contracts. In Exhibit Panda-5 

placed in evidence in the Financing hearing, Standard and Poor’s supported its April 18, 
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2001 triple “B” corporate credit rating of PWEC as reflecting “A four year purchased 

power agreement (PPA) with APS that provides a secure off-taker for 100% of PWEC’s 

capacity through 2002, though less than 50% for 2003 and 2004.” 

In another APS response to Staff 11-64, APS provided an article by Moody’s Investors 

Service dated April 18, 2001 that said, “Although APS will be moving its generating 

assets into PWEC, Moody’s expects the relationship between PWEC, PWCC and APS to 

function as a vertically integrated utility servicing the needs of Phoenix, especially during 

the next four years.” And Moody’s also commented that “The signing of the all- 

requirements contracts coupled with PWEC’s plans to add significant electric capacity in 

Arizona demonstrate a commitment to that strategy.” Thus, whatever information APS 

had given to Moody’s, the analyst writing the article clearly believed the contracts were 

signed and resulted in relationships among the PWCC affiliates that would result in 

operations substantially the same as before divestiture. 

Q. 

A. 

Have the bond rating agencies indicated the extent to which their bond ratings for 

PWEC were influenced by the existence of the draft contracts? 

No, they have not. Staff sent APS data requests (LAJ 5.41) asking APS to ask the bond 

rating agencies to supply that information. APS responded that it had directed the 

questions to the appropriate individuals at Standard and Poors and Fitch. As of the date of 

the filing of this testimony, Staff has not received any hrther responses. 
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ISSUE #2 - APS’ DIRECT OR INDIRECT CONTRACT WITH ITS GENERATION 

Q. 
A. 

Q. 

A. 

AFFILIATE 

How did the Rules limit APS’ purchases from PWCC and PWEC? 

A.A.C. R14-2-1615 (A) required divestiture of APS’ competitive assets including 

generation by January 1, 2001. This date was extended to January 1, 2003, by the 

Settlement Agreement. The language in the Rules limiting APS’ power purchases after 

January 1,2003, reads as follows: 

A.A.C. R14-2-1606.B. After January 1, 2001, [January I ,  2003for APS] 
power purchased by an investor owned Utility Distribution Company for 
Standard Offer Service shall be acquired from the competitive market 
through prudent, arm’s length transactions, and with at least 50% through 
a competitive bid process.” 

Thus, APS would need to have divested its generation, become a distribution company 

and be purchasing all of its power to sell to Standard Offer Customers from the market by 

the same date of January 1,2003. 

Did the Settlement Agreement allow APS to purchase power from PWEC, the 

affiliate to which APS was transferring its generation assets? 

Yes, it did. The Addendum to the Settlement Agreement filed in compliance with the 

Decision approving the Settlement Agreement provided that: 

“An affiliated generation company formed pursuant to this Section 4.1 
may competitively bid for APS’ Standard Offer load, but enjoys no 
automatic privilege outside of the market bid on account of its affiliation 
with APS.” 
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Q. 
A. 

Q. 

A. 

Q. 
A. 

Was there any prohibition against PWCC selling power to APS? 

No. But such sales, according to the Rules, would have to be either through 

competitive bid or through an arm’s length transaction. 

From the two excerpts from the Rules and the Addendum shown above, what do 

you believe the Commission intended? 

The Commission expected a competitive bid process where (if it desired to sell power to 

APS) PWEC, the “affiliated generation company” would bid to supply APS power for its 

Standard Offer Customers on an equal basis with other generating companies and that 

APS would enter power contracts in arms-length transactions. 

Please describe the contracts supplied in response to Panda data request 1.42. 

One contract was a Power Sale Agreement between PWEC and PWCC, by and through its 

marketing and trading division and pursuant to PWEC’s market rate tariff and service 

agreement. Under this contract, PWEC would sell all of its output to PWCC. The other 

contract was between PWCC and APS whereby PWCC would supply all of APS’ power. 

These contracts appear to be fully developed, detailed purchased power agreements 

containing the term of the contract (beginning when the APS generation fossil assets 

transferred to PWEC through December 31, 2004), the date of the contract (January 1, 

2001)’ and exhibits. In the contract between PWEC and PWCC, the exact amounts of 

fixed payments to be made by PWCC are delineated in an appendix, shown separately for 

each month for certain identified units. Formulae are given to determine after-the-fact 

adjustments for actual vs. projected gas burns and for variable payments for certain units. 

Names and titles are printed under the signature blocks, but the copies provided were not 

signed. The agreement between PWCC and APS is similarly written, but not identical. 
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According to a response to Staff data request LAJ 6.4, the primary authorldrafter of both 

of the contracts was an attorney with Pinnacle West Capital Corporation. 

Q. 
A. 

Q. 

A. 

Q. 
A. 

What is the significance of the December 31,2004 ending date of the contracts? 

December 31, 2004 is two years after the date when APS was required to be purchasing 

power “fiom the competitive market through prudent, arm’s length transactions, and with 

at least 50 percent through a competitive bid process.” 

In conducting this inquiry, have you become aware of any competitive bid process 

that APS conducted that resulted in the draft contract with PWCC? 

No, I am not. 

Do you believe the draft contracts were negotiated as arms length transactions? 

No, I do not. 

First, in response to LCA 3-68, APS revealed that fiom 1997 until the Track A Order, 

resource planning and generation were part of the same business unit and that this unit was 

“to encompass both APS generation for as long as that generation remained at APS, and 

any new generation affiliate required by the ACC.” This implies that at least until the 

Track A order in September, 2002, A P S  and PWEC planning and generation activities 

were joint. 

Second, according to APS witness Dr. Hieronymus, on page five of his direct testimony, 

“planning functions sometimes were wholly in APS and sometimes were split between 

APS, PWEC and Pinnacle West corporate.” This statement indicates that there were no 

clear lines of demarcation regarding which entity was planning for which entity. Under 
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such relationships, arms-length transactions among the affiliates would be difficult, if not 

impossible. 

Finally, APS itself acknowledges in its response to STFl l-66 that it may be impossible for 

affiliates to enter arms-length transactions between and among themselves. When asked 

to explain how the draft contracts fulfilled the arms-length transaction requirement of Rule 

1606 (B), APS replied that “. . .with those caveats [Rule 1606(B) wasn’t in effect yet] APS 

has interpreted the term ‘arms-length’ in terms of result rather than in terms ofprocess. 

(emphasis added) This is necessarily so since affiliates cannot, as a practical matter, 

negotiate as if they were not affiliates.” 

Q. 

A. 

How did APS reach the conclusion that it did not need to purchase power through 

arms-length transactions or competitive bid as required by the Rule and the order 

approving the 1999 Settlement Agreement? 

In response to data request LAJ-6.27, a question about the potential impact of the 

APSPWCC and the PWECPWCC draft contracts, APS indicated that it believed the Rule 

did not forbid bi-lateral contracts. The relevant portion of APS’ response is as follows: 

“Also, at the time the PPA arrangements were developed, there was no 
guidance from the Commission as to how either the 50% ‘competitive 
bid’ provision of Rule 1606(B) would work in practice even after it 
became effective in 2003.. .Likewise, the portion of APS needs post- 
2002 that Rule 1606(B) clearly allowed to be obtained through bilateral 
contracts of the type contemplated in the then-anticipated PPA was only 
limited by the need for it to come from ‘the wholesale market’ and be 
‘arms length.’ The ‘wholesale market’ was precisely where PWCC was 
to obtain power for APS needs (PWEC is as much a part of the 
‘wholesale market’ as any non-affiliated generator), and there was no 
reason for APS or PWCC to believe that the Commission would 
conclude that a market-based PPA for the remaining 50 percent of APS’ 
requirements, (even if supplied, at least in part, from the assets that APS 
was required to divest), would not comply with that requirement of Rule 
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1606(B), or that the Commission would reject an alternative cost-based 
arrangement when later proposed for its approval.” 

Q. 

A. 

Q. 

A. 

Q. 

A. 

If the contracts between APS and PWCC and PWCC and PWEC had been 

consummated, what could have been the effects on APS’ Standard Offer Customers? 

In the short run, there would have been no effect. Pursuant to the Settlement Agreement, 

APS’ rates decreased every July lSt through 2003 regardless of the cost of power to APS. 

Even if PWCC was selling PWEC’s power directly to APS at higher than market prices, 

APS would have had to absorb that cost and would not have had the opportunity to pass 

on the costs to ratepayers until July 2004 when its purchased power mechanism was 

scheduled to go into effect. In the long run, (in the absence of the Track A and B 

Decisions) if the contracts diminished competition and, in the extreme, drove PWEC’s 

competition out of business, APS’ Standard Offer Customers could have paid “monopoly 

prices” under retail competition. 

Continuing this scenario, couldn’t APS’ Standard Offer Customers have become 

direct access customers of other electric service providers if APS prices became 

high? 

Yes. However, if the contract arrangement allowed PWEC to sell all of its power to APS 

for four years, it likely would have reduced the incentive for potential competitors to build 

plants to serve Arizona and customers ability to choose an alternative generation provider 

could have been severely limited or even non-existent. 

Is the draft contract between APS and PWCC that was provided to the bond rating 

agencies in early 2001 the same contract for which APS requested a variance from 

the Rules on October 18,2001? 

No. They are different contracts. 
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ISSUE #3 - PWEC’S CONSTRUCTION OF GENERATING PLANTS TO SERVE APS 

Q. 

A. 

Q. 
A. 

Q. 

A. 

Why is the reason that PWEC built certain generating plants important in 

determining intended non-compliance with the Rules? 

If PWEC built the plants only to serve APS, it either must have been supremely confident 

that it would win the competitive bid required by R14-2-1606(B) and the Addendum to 

the 1999 Settlement Agreement or believed it could somehow circumvent that 

requirement. Also, APS is asserting that because certain of the PWEC plants were built to 

serve APS, they should be included in APS’ rate base. 

How has Mr. Jack Davis testified regarding the purpose of the PWEC plants? 

In the recent hearings on the financing case, under questioning by APS’ attorney, 

Mr. Mumaw, Mr. Davis (member of the Board of Directors and President of PWCC and 

member of the Board of Directors and President and Chief Executive Officer of APS) 

testified as follows: 

Q. Mr. Davis, just to wrap that issue up, it has been your position and 
your testimony that certain plants were built to serve APS’ load 
and were needed to serve APS load? 
Absolutely. The plants we called the reliability plants, which are 
Redhawk 1 and 2, West Phoenix 4 and 5, and Saguaro 3. 

A. 

Are there any statements made by other PWCC Officers that contradict any of 

Mr. Davis’ testimony? 

Yes. In 1999, at the generator siting hearing for Redhawk, Mr. Ed Fox, Vice President for 

Communications, Environment and Safety for PWCC, testified that “These facilities will 

be merchant plants. They truly will be in the competitive market.” I interpret that 

statement to mean that the Redhawk Units were built to compete in the developing 

competitive market, not dedicated to serve APS. 
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Q. 

A. 

Also in an undated document admitted in the Financing hearing as Exhibit P-12, entitled 

“Generation business Plan 2000” on an unnumbered page, Mr. Bill Stewart addressed the 

Redhawk Project. He said that “Redhawk is a larger merchant plant consisting of four 

530-megawatt units.. .” 

Mr. Stewart also addressed PWEC’s business plan that would includ a diverse portfolio 

of generation assets that PWEC would acquire through construction and purchase of 

existing power plants. He then pointed out the “robust” demand growth in the “western 

United States, especially in Nevada and in the Arizona-New Mexico-California 

subregions.” He commented that “PWE’s [PWEC’s] plan is geared to capture part of this 

growth potential and to put our competitors on notice that we intend to gain a substantial 

market share in our region.” This statement can be easily interpreted to mean that PWEC 

was positioning itself as a “competitor” in the electricity market and did not envision that 

the construction and purchase of plants was just to serve APS. 

Were other statements made that indicate that the PWEC units were built for both 

the market and APS? 

Yes. For example, as early as April 23, 1999, in a press release announcing a short-lived 

PWCC partnership with Calpine Corporation for generation at West Phoenix, Mr. Bill 

Post (member of the Board of Directors and President of PWCC and member of the Board 

of Directors and Chief Executive Officer of APS), at that time representing PWCC, 

announced: “We are committed to meeting the growing needs of our customers as well as 

pursuing new opportunities in competitive generation markets.” 
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In Pinnacle West Capital Corporation’s SEC Form 10 - K dated March 1999, for the 

period ending December 3 1, 1998, under the heading “Competitive Strategies,” APS 

seems to have been contemplating building for both itself and the market as seen in the 

following quotation from Page 5 (underlining added): 

“APS is pursuing strategies to maintain and enhance its competitive 
position. These strategies include (i) cost management, with an emphasis 
on the reduction of variable costs (fuel, operations, and maintenance 
expenses) and on increased productivity through technological 
efficiencies; (ii) a focus on APS’ core business through customer 
service, distribution system reliability, business segmentation, and the 
anticipation of market opportunities; (iii) an emphasis on good regulatory 
relationships; (iv) asset maximization (e.g., higher capacity factors and 
lower forced outage rates); (v) expanding APS’ generation asset base to 
support growth in the competitive power marketing arena (emphasis 
added); (vi) strengthening APS’ capital structure and financial condition; 
(vii) leveraging core competencies into related areas, such as energy 
management products and services; and (viii) establishing a trading 
floor and implementing a risk management program to provide for more 
stability of prices and the ability to retain or grow incremental margin 
through more competitive pricing and risk management. Underpinning 
APS’ competitive strategies are the strong growth characteristics of 
APS’ service territory. As competition in the electric utility industry 
continues to evolve, APS will continue to evaluate strategies and 
alternatives that will position us to compete effectively in a more 
competitive, restructured industry.” 

Also, at an analyst conference held by PWCC on October 26, 2000, Mr. Post set forth 

some of the underlying principles of PWCC’s strategic plan that implied that APS’ 

strategy was to maintain flexibility in the use of the PWEC assets in the changing 

electricity market. He said, “We have the flexibility to deal with both regulatory and 

market challenges.” He also said, 

“We have sized our generation expansion plan, when you combine that 
with our existing generation, to what we think the native load will be, 
gives us the ability to deal with changes in regulation, the re-regulation of 
this market. It positions us to be able to get the maximum value out of 
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those generating assets.” And, “We think that natural hedge, our ability to 
be able to look at the market from a competitive standpoint and move 
aggressively from a market point of view, is certainly our preference but 
as we think about the reaction that’s going to come about as a result of the 
California issues this summer as well as the unwillingness of public power 
to break the vertical integration that they can uniquely maintain, its going 
to be difficult to achieve a fully liquid and transparent market in here in 
the west. That’s our first goal.” 

Q. 

A. 

Why were the contracts (had they been signed) in the best interest of APS, 

PWEC, and PWCC? 

With divestiture occurring on or before January 1, 2003, and a purchased power 

adjustor resulting from the 1999 Settlement Agreement expected to go into place 

on July 1, 2004, APS knew that it would be exposed to market prices for 18 

months without the benefit of the purchased power adjustor. Without a better 

arrangement, PWEC would have had to sell in the market. Agreements such as 

those in the draft contracts would have benefited PWEC by having a firm 

purchaser of all of its power and would benefit APS by sheltering it somewhat 

from the market. 

ISSUE #4 -WAS APS FORBIDDEN TO BUILD ITS OWN PLANTS? 

Q. Did Mr. Davis also address the alternative of APS building the plants and then 

transferring the plants to PWEC? 

A. Yes, in the same Financing hearing he said, 

“My testimony is clear to me, in the context of a code of conduct, that 
Arizona Public Service was prohibited from building new generation 
within Arizona Public Service, because it wasn’t allowed to participate in 
what was defined in the code of conduct as interim competitive activities. 
And that needs to be interpreted also in the light of just a whole general 
policy of the Commission dating back since prior to 1996, they did not 
want the incumbent vertically integrated utility to own or operate 
generating facilities.. ..And we think it was in the spirit of the rules and in 
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the letter of the code of conduct that Arizona Public Service should not 
build.” Page 520, January 10,2003 lines 4 through 12 and Page 521 lines 
2 through 4. 

Q. 

A. 

Q. 

A. 

Provide the Code of Conduct and other language that APS believes prohibited 

building generators within APS. 

According to APS’ Code of Conduct, Section X, “APS shall not provide Interim 

Competitive Activities.” The Code of Conduct defines Interim Competitive Activities 

as meaning “Any Competitive Services, exclusive of those set forth in A.A.C. R14-2- 

1615(B), that APS may lawfully provide until December 31, 2002.” Competitive 

Services are defined as: “all aspects of retail electric services described in A.A.C. R14-2- 

1601(7). The rule referred to defines Competitive Services as “all aspects of retail electric 

service except those services specifically defined as “Noncompetitive Services” pursuant 

to R14-2-1601(29) or noncompetitive services as defined by the Federal Energy 

Regulatory Commission. Non-competitive services were further defined in A.A.C. R14- 

2-1601 (30) as including “Distribution Service, Standard Offer Service, transmission and 

any ancillary services deemed to be non-competitive by the Federal Energy Regulatory 

Commission, [and] Must-Run Generating Units services.” 

How do you interpret the excerpts from the Code of Conduct and the Rules as they 

relate to APS’ ability to build generating plants? 

I interpret them as prohibiting APS from providing certain kinds of retail services but not 

from engaging in construction activities. 
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Q. 

A. 

Do you believe that the Code of Conduct foreclosed APS from building generating 

plants during the period between the implementation of the Rules and January 1, 

2003? 

No, I do not. Even if APS’ Code of Conduct were interpreted to prohibit the construction 

of generation by APS, Section XIV of the Code of Conduct provides a procedure to 

modify the Code of Conduct by APS filing an application with the Commission setting 

forth the proposed modifications and the reasons supporting them. 

ISSUE #5 --APS’ APPLICATION FOR AN AIR QUALITY PERMIT ON BEHALF OF 

Q. 

A. 

PWEC 

The Financing Decision also expressed concern that PWEC may have received an 

unfair competitive advantage when APS applied for an air quality permit on behalf 

of PWEC. Please describe the circumstances under which APS applied for the 

permit. 

On September 14, 1999, APS filed a Significant Permit Revision Application for the West 

Phoenix Power Plant. On the date of the application, PWEC did not exist. However, on 

September 27, 1999, PWEC filed its articles of incorporation and became a legal entity. 

To determine the level of competitive advantage that APS’ action may have resulted in, 

Staff asked APS to supply the cost of the application processes and to which PWCC 

entity’s books it was charged. APS responded that the costs related to the air quality 

permit revisions for West Phoenix CC4, West Phoenix CC5 and Saguaro CT3 totaled 

$522,705 plus some minor administration costs and that the permit costs were all charged 

to PWEC and capitalized (LAJ-5.15). Regardless of the ownership or purpose of the 

plants, ultimately PWEC paid for the permits. Thus, it is doubtful that PWEC benefited 

significantly from this action on the part of APS. 
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ISSUE #6 -- APS TRANSFER OF LAND TO PWEC 

Q. 

A. 

Q* 

A. 

Q- 
A. 

Who was the previous owner of the land upon which PWEC built the West Phoenix 

and Saguaro plants? 

The land was owned by APS. According to APS’ response to LCA-3.81, the transfer of 

its land to PWEC was completed by inter-company journal entries and at book value. 

Has PWEC already acknowledged that land ownership might give it a competitive 

advantage? 

Yes. A paragraph on page 7 of “Pinnacle West Energy: Business Plan 2001” dated March 

15, 2001 and marked as Exhibit P-13 in the Financing case addresses this issue. The 

paragraph mentions 32,550 megawatts of generation capacity proposed for the Southwest 

and points out that only a portion of that generation would be built “due to limited 

availability of transmission and natural gas pipeline capacity and land and water 

resources.” It then goes on to say that “PWEnergy has a competitive advantage because it 

has acquired the necessary land and water rights and was among the first to break ground 

in Arizona.” 

How could this action by APS have inhibited electric competition? 

If other generation companies that intended to build plants to serve Arizona purchased 

land at negotiated prices and at h l l  market value while PWEC built on land purchased at a 

non-negotiated price below market value, the ultimate cost of electricity from those 

companies, all else held equal, would be higher than the cost of electricity from the PWEC 

plants. 
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CONCLUSIONS 

Q. 

A. 

Q. 
A. 

Q. 
A. 

What have you concluded about the actions of PWEC/PWCC/APS as they related to 

electric competition? 

I believe that in PWCC’s efforts to maximize and stabilize earnings, PWCC and its 

affiliates acted in ways, that absent the Track A and B Decisions, would likely have 

negatively impacted electric competition in Arizona. Those actions included the 

presentation of draft contracts among APS, PWEC and PWCC to the bond rating agencies 

thereby increasing PWEC’s bond rating and that the contracts were neither the result of 

competitive bidding nor arms-length transactions. The draft contracts could have assured 

the purchase of every kilowatt-hour generated by PWEC and significantly limited APS’ 

participation in the electricity market thereby reducing the demand for “independent” 

power in Arizona. I also believe that the transfer of land from APS to PWEC gave PWEC 

an unfair advantage, although slight, in the electricity market. Public statements made by 

officers of PWEC/APS/PWCC are conflicting as to the purpose for which certain PWEC 

generation plants were built. Finally, the apparently cooperative generation planning and 

building activities between and among APS, PWEC and PWCC would also have given 

PWEC an unfair advantage in the competitive markets. 

Were customers harmed by APS’ actions? 

No. From 1999 through 2004, the customers have been protected by a prohibition on rate 

increases adopted as part of the 1999 Settlement Agreement. Therefore, any actions by 

APS that may have given PWEC a competitive advantage did not affect APS customers. 

Does this conclude your direct testimony? 

Yes, it does. 
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The direct testimony of Staff witness Joel M. Reiker addresses the following issues: 

Capital Structure - Staff recommends the Commission adopt APS’ actual capital structure 
consisting of approximately 55 percent debt and 45 percent equity. 

Cost of Debt - Staff recommends the Commission adopt a 5.82 percent cost of long-term 
debt. 

Cost of Equity - Staff recommends the Commission adopt a 9.0 percent return on equity 
(“ROE”). Staff bases its ROE recommendation on its discounted cash flow (“DCF”) and 
capital asset pricing model (“CAPM’) analyses. Staffs recommendation is based on cost of 
equity estimates ranging from 7.7 percent to 10.6 percent. 

Overall Rate of Return - Staff recommends the Commission adopt an overall rate of return 
(“ROR”) of 7.3 percent. Staffs ROR recommendation results in a pre-tax interest coverage 
ratio of 3.1. This represents a fair and reasonable rate of return on APS’ rate base and will 
allow the Company to maintain its financial integrity. 

Comment on the Direct Testimony of Company Witness Charles E. Olson - The Commission 
should reject Dr. Olson’s proposed ROE range of 11.25 percent to 11.75 percent for the 
following reasons: 

Dr. Olson’s assumption that the Company’s two alternative capital structures do not 
affect the cost of equity is incorrect. As a firm increases leverage, the cost of equity 
goes up. Relying on a 50/50 debt-to-equity capital structure rather than a 55/45 debt- 
to-equity capital structure lowers APS’ cost of equity approximately 30 basis points. 

Dr. Olson’s 1 1.25 to 1 1.75 percent ROE recommendation exceeds a reasonable cost 
of equity estimate for an average-risk security (based on actual returns). The average 
compound and arithmetic annual returns on U.S. equities have been 8.3 percent and 
9.7 percent, respectively, using 199 years of data from 1802 to 2001. Intermediate- 
term Treasury securities are currently at levels comparable to the 1950’s and ‘60’s’ 
suggesting that capital costs, including the cost of equity, are lower then they have 
been in decades: 

Dr. Olson’s DCF estimates should be rejected for the following reasons: 
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1. Dr. Olson’s sample group is riskier than APS, as evidenced by an 
average debt ratio of .60 compared to APS’ debt ratio of .55. 

2. Dr. Olson’s use of an average dividend yield in the constant growth 
DCF model is inappropriate. There is no point in “smoothing” stock 
prices for use in a model that assumes perfect markets. 

3. Dr. Olson’s expected dividend yield for IDACORP is overstated by 
338 basis points according to data of October 9,2003. 

4. Dr. Olson’s exclusive reliance on analysts’ forecasts of earnings 
growth in the constant growth DCF model is inappropriate because it 
assumes that investors do not look at other information such as past 
growth, and analysts’ forecasts of earnings growth are known to be 
overly optimistic. To the extent investors are aware of the bias in 
analysts’ projections of future earnings, they will make appropriate 
adjustments. Further, First Call, which Dr. Olson relies on 
exclusively in his constant growth DCF analysis, has revised its 
earnings growth estimates downward since Dr. Olson completed his 
analysis. 

5.  After correcting the errors contained in his analysis, Staffs 
restatement of Dr. Olson’s constant growth DCF estimate averages 9.0 
percent. 

Dr. Olson’s risk premium study should be rejected for the following reasons: 

1. The yield to maturity on a corporate bond cannot be meaningfully 
compared to the cost of equity because a corporate bond contains some 
default risk which is diversifiable. Therefore, the investor’s expected 
retum is lower than the bond’s yield to maturity. 

2. Dr. Olson misapplies the historical differential between S&P 500 
returns and high grade corporate bond yields to the current yield on 
medium grade bonds. To the extent there is any validity to such a risk 
premium study, Dr. Olson’s cost of equity estimate is inflated by 114 
basis points. 

3. Dr. Olson’s risk premium study in no way assesses the risk of an 
electric utility. Dr. Olson’s risk premium study is inappropriate 
because it fails to distinguish the risk of an electric utility with the risk 
of the S&P 500, which includes a wide range of companies such as 
aerospace/defense, computers, etc. 

4. Dr. Olson’s risk premium study is based on a general rule of thumb. 
The Commission should primarily rely on cost of equity models 
developed in the corporate finance literature, such as the DCF and 
CAPM, rather than on rules of thumb. The DCF method is the most 
widely used model for estimating the cost of equity in public utility 



rate cases and the CAPM is the most popular method of estimating the 
cost of equity among firms. 

Dr. Olson’s financing cost adjustment should be rejected for the following reasons: 

1. 

2. 

3. 

Dr. Olson fails to consider in his testimony stock expenses that would 
reduce his adjustment. Stock purchase fees, otherwise known as 
brokers’ fees, result in an investor paying more than the price quoted 
on the market, and would reduce the required dividend yield in the 
DCF, offsetting the issuance cost adjustment. 

Dr. Olson fails to consider stock that Pinnacle West and other 
companies issue under employee stock ownership plans (“ESOP”) and 
dividend reinvestment plans (“DRP’’), which save the underwriting 
costs of a regular share issue. 

Dr. Olson’s method of increasing the authorized ROE applies to 
retained earnings - equity that is never issued. 

Dr. Olson’s suggestion that “market pressure” associated with stock offerings should 
be compensated for in the ROE should be rejected for the following reasons: 

1. The market pressure component is inconsistent with the concept of 
efficient markets, the theory inherent in the DCF and CAPM. 

2. The alternative explanation for a decline in stock price after the 
announcement of a public offering has nothing to do with the 
increased supply but simply with the information that the issue 
provides. Most financial economists agree with this alternative 
explanation. 
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INTRODUCTION 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Please state your name, occupation, and business address. 

My name is Joel M. Relker. I am a Senior Regulatory Analyst employed by the Arizona 

Corporation Commission (“ACC” or “Commission”) in the Utilities Division (“Staff ’). 

My business address is 1200 West Washington Street, Phoenix, Arizona 85007. 

Briefly describe your responsibilities as a Senior Regulatory Analyst. 

In my capacity as a Senior Regulatory Analyst, I perform studies to estimate the cost of 

capital for utilities that are seeking rate relief. I also provide recommendations to the 

Commission on mergers, acquisitions, financings, and sales of assets, and I have 

occasionally acted as arbitrator in disputes brought before the Utilities Division. 

Please describe your educational background and professional experience. 

In 1998, I graduated cum laude from Arizona State University, receiving a Bachelor of 

Science degree in Global Business with a specialization in finance. My course of studies 

included classes in corporate and international finance, investments, accounting, statistics, 

and economics. I began employment as a Staff rate analyst in 1999. Since that time, I 

have attended various seminars and classes on general regulatory and business issues, 

including the cost of capital and the use of energy derivatives. I have participated in over 

fifty regulatory proceedings. 

What is the scope of your testimony in this case? 

I provide Staffs recommended rate of return in this case. I address the appropriate capital 

structure, as well as the appropriate costs of debt and equity for establishing the revenue 

requirement for Arizona Public Service Company (“APS” or “Company”). 
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SUMMARY OF TESTIMONY AND RECOMMENDATIONS 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Briefly summarize how Staffs cost of capital testimony is organized. 

Staffs cost of capital testimony is organized into six sections. Section I discusses the 

Company’s capital structure. Section I1 discusses APS’ cost of debt. Section I11 discusses 

risk and presents the findings of Staffs cost of equity capital analysis that uses the 

discounted cash flow (“DCF”) model and the capital asset pricing model (“CAPM’). 

Section IV presents Staffs recommended return on equity (“ROE”) for APS. Section V 

presents Staffs overall rate of return (“ROR”) recommendation. Finally, Staffs 

comments on the Company’s proposed ROE are presented in section VI. 

Have you prepared any exhibits to your testimony? 

Yes. I prepared eleven schedules (JMR-1 to JMR-11) and two exhibits (JMR-1 and JMR- 

2) that support Staffs cost of capital analysis. 

Please summarize Staffs ROR recommendations. 

Staffs ROR recommendation is summarized in the following table: 

Table 1 

Weighted 
Weipht Cost cost 

Long-term Debt 54.8% 5.82% 3.19% 
Common Equity 45.2% 9.0% 4.07% 
Cost of CaDitaYROR 7.3 % 
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I. APS’ CAPITAL STRUCTURE 

Q. 
A. 

Q. 
A. 

What capital structure did Staff rely on to calculate its recommended rate of return? 

Staff relied on APS’ actual capital structure consisting of approximately 55 percent debt 

and 45 percent equity. According to the Company’s response to Staff data requests STF 

2.8 and STF 2.9 (Exhibit JMR-1)’ APS’ capital structure on June 30, 2003 consisted of 

approximately 55 percent debt and 45 percent equity. Additionally, according to Schedule 

D-1 of the Company’s application, APS’ capital structure is expected to be approximately 

55 percent debt and 45 percent equity on December 3 1,2003. 

What capital structure does APS propose? 

The Company proposes two alternative capital structures depending on whether the 

Pinnacle West Energy Corporation (“PWEC”) generating assets’ are included in rate base. 

If the Commission allows APS to include the PWEC generating assets in rate base, the 

Company proposes its actual capital structure consisting of approximately 55 percent debt 

and 45 percent equity. If the PWEC generating assets are not included in rate base, the 

Company proposes its December 3 1 , 2002 historical capital structure, which consisted of 

approximately 50 percent debt and 50 percent equity. The former recognizes an additional 

$500 million in long-term debt issued by APS in May, 2003.2 

’ West Phoenix combined cycle generating units 4 & 5 ,  Saguaro combustion turbine Unit No. 3 and Redhawk Units 1 
& 2. 

On April 4,2003, the Commission issued Decision No. 65796, authorizing APS to issue up to $500 million in long 
term debt. On May 7, 2003, APS issued $500 million in unsecured notes and subsequently loaned the funds to its 
affiliate, Pinnacle West Energy Corporation (“PWEC”). The funds loaned to PWEC are intended to pay off an 
equivalent amount of Pinnacle West Capital Corporation (“PWCC”) (APS’ parent) debt previously incurred to 
finance construction of PWEC generating assets. 

2 
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Q. 

A. 

Does APS’ capital structure and cost of capital depend on whether the PWEC 

generating assets are included in rate base? 

No. The $500 million issuance of May, 2003 is debt of the Company regardless of what is 

included in rate base. Investors do not ignore debt, nor do they color-code it. Therefore, 

the Company’s actual capital structure (approximately 55 percent debt and 45 percent 

equity) is required to estimate APS’ current cost of capital in this proceeding. 

11. THE COST OF DEBT 

Q* 
A. 

Q. 
A. 

What is Staffs recommended cost of debt? 

Staff recommends a 5.82 percent cost of long-term debt. Staff calculated its 

recommended cost of debt using APS’ December 31, 2003, projected  balance^.^ Staffs 

calculation is shown in Schedule JMR-2. 

What is the Company’s proposed cost of debt? 

The Company’s proposed cost of debt depends upon which capital structure is adopted. If 

a capital structure consisting of approximately 50 percent debt and 50 percent equity is 

adopted, APS proposes a 5.81 percent cost of debt. If a capital structure consisting of 55 

percent debt and 45 percent equity is adopted, APS proposes a 5.76 percent cost of debt. 

Staff calculated its recommended cost of debt using the internal rate of return (“IRR”) 

methodology and it is slightly higher than APS’ proposed cost of debt under the 55 

percent debt/45 percent equity scenario. 

Per APS’ response to STF 3-10 attached as Exhibit JMR-2. 3 
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111. THE COST OF EQUITY 

Comment on Capital Costs in General 

Q. What has been the general trend of capital costs in recent years? 

A. Interest rates have declined in recent years. 

Treasury rates from November 1999 to October 2003: 

Chart 1 graphs intermediate-term U.S. 

The following graph puts interest rates and capital costs in general, into historical 

perspective. Interest rates have declined significantly in the past twenty years and are 

currently at levels comparable to the 1950’s and ‘60’s. 

Chart 2 H i & w q  d 5- and IC-Year Treanrry Yields 

23% 1 
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According to the capital asset pricing model, the cost of equity moves in the same 

direction as interest rates. Chart 2 suggests that capital costs, including the cost of equity, 

are lower than they have been in decades. 

Q. 
A. 

What have historical returns been for average risk securities? 

Wharton School finance professor Jeremy Siegel published his findings that the average 

compound and arithmetic annual returns on U.S. equities have been 8.3 percent and 9.7 

percent, respectively, using 199 years of data from 1802 through 2001 .4 

One should keep in mind that the above returns are actual returns, not expected returns. 

However, any request for an allowed ROE at or above 10.0 percent exceeds the compound 

and arithmetic average historical return on U.S. equities for the period mentioned above. 

The risk of a regulated electric utility, as measured by the capital asset pricing model beta, 

is significantly below the theoretical average beta for all stocks of 1.0. I discuss the 

average beta (.67) of the electric utility industry later. Therefore, the required return on an 

investment in the electric utility industry is significantly below the average required return 

on the market. 

Capital Structure and Risk 

Q. How is risk defined? 

A. Modem portfolio theory (“WT”) separates risk into two categories; market risk and 

unique risk. Market risk is defined as the sensitivity of an investment’s returns to market 

returns. Market risk, also known as systematic risk, is the risk related to economy-wide 

perils that threaten all businesses such as changes in interest rates, inflation, and general 

Siegel, Jeremy J. Stocks for the Long Run, third edition. McGraw-Hill, New York. 2002. p.13. 
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business cycles. Market risk is the only type of risk that affects the cost of equity. The 

most prevalent measure of market risk is “beta.” Beta is the measurement of an 

investment’s market risk, and it reflects both the business risk and financial risk of a firm. 

Unique risk, or microeconomic risk, is risk that can be eliminated by portfolio 

diversification, i.e. buying securities in portfolios. Unique risk is not measured by beta 

nor does it factor into the cost of equity because it can be eliminated through simple 

shareholder diversification. Unique risks are peculiar to an individual company or 

investment project. Investors who hold diversified portfolios do not worry about unique 

risk; therefore, it does not affect the cost of capital. Additionally, investors who choose to 

be less than hlly diversified will not expect to be compensated for unique risk. 

Q. 
A. 

Q. 
A. 

Please distinguish between business risk and financial risk. 

Business risk is the risk associated with the fluctuation in earnings due to the basic nature 

of a firm’s business. Financial risk is the risk to shareholders caused by a firm’s reliance 

on debt financing. Both business risk and financial risk affect the cost of capital. 

What is the relationship between the capital structure and financial risk? 

A greater percentage of debt in a capital structure results in a higher level of financial risk. 
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Q. 

A. 

How does APS’ capital structure compare to capital structures of publicly traded 

electric utilities? 

APS’ current capital structure has approximately the same percentages of debt and equity 

as the average capital structure of publicly traded electric utilities; therefore, APS has 

approximately the same level of financial risk. Schedule JMR-1 shows the average capital 

structure of thrty-three publicly traded electric utilities (“sample electric utilities”) as of 

2003, as well as APS’ capital structure. As of June 2003, the sample electric utilities were 

capitalized with approximately 56 percent debt while APS’ capital structure consists of 

approximately 55 percent debt. The sample electric utilities and their selected financial 

data are listed in Schedule JMR-3. 

Fair and Reasonable Return on Equity 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Define the term “cost of equity.’’ 

A firm’s cost of equity is that rate of return that investors expect to earn on their equity 

investment given the risk of the firm. An investor’s expected return is equally defined as 

the return on equity that he expects on other investments of similar risk. 

What models did Staff use to estimate APS’ cost of equity? 

Staff used two market-based models: the discounted cash flow (“DCF”) model and the 

capital asset pricing model (“CAPM). Staff applied these two models to publicly traded 

stocks to estimate APS’ cost of equity. 

Did Staff apply the DCF model and the CAPM to APS directly? 

No, Staff did not apply the models directly to APS because APS does not have publicly 
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traded stock and Staff therefore lacks the information necessary to apply the market-based 

models. Staff used a sample of publicly traded electric utilities as a proxy. 

Q. 
A. 

What companies did Staff select as proxies or comparables for APS? 

Staff selected the thirty-three publicly traded electric utilities shown in Schedule JMR-3. 

These companies represent all of the electric utilities currently followed by The Value Line 

Investment Survey (“Value Line”) who have at least 65 percent of their revenues derived 

from regulated operations, pay dividends, and are not currently in bankruptcy or expected 

to be in bankruptcy. 

Discounted Cash Flow Model Analysis 

Q. 

A. 

Please provide a brief summary of the theory upon which the DCF method of 

estimating the cost of equity is based. 

The DCF method of estimating the cost of equity is based upon the theory that the market 

price of a stock is equal to the present value of all expected future dividends. Through a 

mathematical restatement, the discount rate, or cost of capital, can be derived from the 

expected dividend, the stock price, and a dividend growth rate. The formula is generally 

applied to a sample of companies that exhibit similar risk to the company in question and 

the resulting estimates for the discount rates (or costs of equity) are then averaged. 

Use of the DCF method for estimating the cost of equity capital to a public utility was 

pioneered by Professor Myron Gordon in the 1960’s, and it has become the most widely 

used model. In 1998, Professor Gordon said the following about the simplicity of h s  

model when he gave the keynote Address at the 30th Financial Forum of the Society of 

Utility and Regulatory Financial Analysts: 
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On its simplicity, the model made it extremely difficult, if not 
impossible, for a banker from Goldman Sachs or some other Wall 
Street firm, or for a finance professor from a prestige university to 
use the authority of lusher position to make extravagant claims 
before a regulatory agency. An independent expert or a member of 
a commission staff with far less impressive credentials could 
politely, firmly and effectively deflate any bombast in their 
te~timony.~ 

Q. 
A. 

How did Staff apply the DCF Model? 

Staff applied the DCF model using two different approaches. Staffs first approach used 

the constant-growth DCF model. Staffs second approach was to use a non-constant 

growth, or multi-stage DCF. The advantage of the multi-stage DCF is that it does not 

assume that dividends grow at a constant rate over time. 

The Constant-Growth DCF 

Q* 
A. 

What is the constant-growth DCF formula used in Staffs analysis? 

The constant-growth DCF formula used in Staffs analysis is: 

Equation 1 :  

Dl 
P, 

K = - + g  

where : K = the cost of equity 
D, = the expected annual dividend 
P, = the current stock price 
g = the expected infinite annual growth rate of dividends 

Gordon, M. J. Keynote Address at the 30" Financial Forum of the Society of Utility and Regulatory Financial 5 

Analysts. May 8, 1998. Transparency 2. 
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The constant-growth DCF model shown in Equation 1 assumes that a company has a 

constant payout ratio and that its earnings are expected to grow at a constant rate. Thus, if 

a stock has a market price of $5 per share, an expected annual dividend of $.25 per share, 

and if its dividends were expected to grow 3 percent per year, then the cost of equity for 

the company would be 8.0 percent (the 5 percent dividend yield plus the growth rate of 3 

percent per year). 

Q. 

A. 

How did Staff calculate the dividend yield component (Dl/Po) of the constant-growth 

DCF formula? 

Staff calculated the yield component of the DCF formula by dividing the expected annual 

dividend by the spot stock price after the close of the market on October 9, 2003, as 

reported by Yahoo Finance. 

Staff used the spot stock price because it reflects all publicly available information. 

According to the efficient markets hypothesis, the current stock price includes investors’ 

expectations of future returns and is the best indicator of these expectations. 

Nectric Utility Growth in General 

Q. How fast have electric utilities grown compared to inflation and the e 

general? 

onom in 

A. Growth rates for electric utilities lag not only the growth rate of the economy, but they lag 

the rate of inflation as well. From 1960 to 2000, dividends per share (“DPS”) for electric 

utilities grew at a rate of 2.9 percent per year. Earnings per share (“EPS”) grew at a rate 
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Q. 
A. 

of 1.8 percent. Market price grew at a rate of 2.2 percent, and book value grew at a rate of 

3.6 percent6 Over the same period gross domestic product (“GDP”) and the consumer 

price index (“CPI”) grew at rates of 7.6 percent and 4.5 percent, respe~tively.~ The 

following chart provides historical perspective: 

The above data represent past growth. To the extent investors rely on such past data to 

form expectations of future growth, electric utilities can be expected to grow at a rate that 

lags not only the growth rate of the economy, but inflation as well. Future long-term 

dividend growth for electric utilities in the range of 5 to 6 percent would be unusual, 

relative to the data presented above. 

How did Staff estimate the dividend growth (g) component of the DCF model? 

Because the DCF model is predicated on dividend growth, Staff examined a combination 

of historical DPS growth and projections of future DPS growth provided by Value Line. 

Staff also examined historical and projected growth in EPS as well as intrinsic growth. 

Mergent Public Utility & Transportation Manual 2003’ 
U.S. Department of Commerce Bureau of Economic Analysis and U.S. Department of Labor Bureau of Labor 

6 

7 

Statistics. 
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Q. 
A. 

Q. 

A. 

Q. 
A. 

How did Staff estimate DPS growth? 

Staff estimated DPS growth by calculating the average rate of growth in dividends per 

share of the sample electric companies fiom 1997 to projected 2007. The results of the 

analysis are shown in Schedule JMR-4. Staffs analysis indicates an average DPS growth 

rate of 0.2 percent for the sample electric utilities. 

Why did Staff examine EPS growth to estimate the dividend growth component of 

the constant-growth DCF model? 

Staff examined EPS growth because dividend growth does not occur independently of 

earnings. It would be virtually impossible for dividend growth to exceed earnings growth 

over the long m, as it would ultimately lead to payout ratios in excess of 100 percent, 

which are not sustainable. Therefore, Staff considered historical and projected growth in 

EPS in estimating expected dividend growth. 

What is Staff's EPS growth rate? 

Schedule JMR-4 shows Staffs average rate of growth in EPS for the sample electric 

utilities. Staffs average EPS growth rate is 3.4 percent using data from 1997 to projected 

2007 for the sample electric utilities. 

One should note that analysts' projections of future earnings are generally high,* and vary 

widely depending on the source. 

See Seigel, Jeremy J. Stocks for the Long Run. 2002. McGraw-Hill. New York. p. 100. Malkiel, Burton G. A 8 

Random Walk Down Wall Street. 1999. W.W. Norton & Co. New York. p. 169. Dreman, David. Contrarian 
Investment StratePies: The Next Generation. 1998. Simon & Schuster. New York. pp. 97-98. Testimony of 
Professors Myron J. Gordon and Lawrence I. Gould, consultant to the Trial Staff (Common Carrier Bureau), FCC 
Docket 79-63, p. 95. 
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Q. 
A. 

Q- 
A. 

Q. 
A. 

Q. 

A. 

What is retention growth? 

Retention growth is simply the product of the percentage of earnings retained by the 

company (“retention ratio”) and the booWaccounting return on equity. This concept is 

based upon the theory that dividend growth can only be achieved if a company retains and 

reinvests a portion of its earnings in itself to earn a return. 

What is the formula for the retention growth rate? 

The retention growth rate formula is: 

Equation 2 :  
g = br 

where: g = retention growth 
b = the retention ratio (1 - dividend payout ratio) 
Y = the accountinghook return on common equity 

What retention (br) growth rate did Staff calculate for the sample electric utilities? 

Staff calculated an average retention (br) growth rate of 4.5 percent for the sample electric 

utilities, as shown on Schedule JMR-5. Staff calculated the rate by averaging the retention 

growth rate for the years 1998 to 2002, and Value Line’s projected br growth rate for the 

period 2006 - 2008. 

Under what circumstances is the br growth rate method a reasonable estimate of 

future dividend growth? 

The br growth rate is a reasonable estimate of future dividend growth if the retention ratio 

is fairly constant and if the market price to book value (“market-to-book”) ratio is 
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expected to equal 1.0. The average retention ratio of the sample electric utilities has 

ranged from 10 percent to 40 percent since 1997. The average market-to-book ratio of the 

sample electric utilities is 1.5. (See Schedule JMR-3.) Staff assumes that investors expect 

the market-to-book ratio to remain above 1 .O. 

Q. 
A. 

Q. 

A. 

Q. 

A. 

Q. 

What is the financial implication of a market-to-book ratio greater than 1.0? 

The implication is that investors expect the sample electric utilities to earn 

booWaccounting returns on equity greater than the companies’ costs of equity. 

How has Staff accounted for the assumption that investors expect the average 

market-to-book ratio of the sample electric utilities to remain above 1.0? 

Staff accounted for the assumption that investors expect the average market-to-book ratio 

of the sample electric utilities to remain above 1.0 by adding a second growth term to its 

br growth rate to arrive at the intrinsic growth rate. 

What is the second growth term Staff used to account for the assumption that 

investors expect the average market-to-book ratio of the sample electric utilities to 

remain above 1.0? 

The second growth term, derived by Myron Gordon in his book, The Cost of Capital to a 

Public Utilityg, is found by multiplying a variable, v, by another variable, s. Staff will 

refer to the product of v and s as the vs, or stock financing growth term. The vs growth 

term represents the company’s dividend growth through the sale of stock. 

What does the variable v represent and how is it calculated? 

Gordon, Myron J. The Cost of Capital to a Public Utility. MSU Public Utilities Studies, Michigan, 1974. pp 3 1-35. 
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A. 

Q. 
A. 

Q* 
A. 

The variable v represents the fraction of the h d s  raised from common stock sales that 

accrues to existing shareholders. It is calculated as follows: 

Equation 3 :  

v = 1 - (  book value 1 
market value 

For example, if a share of stock with a $10 book value is selling for $13, the v term would 

equal .23 (calculated as 1-[$10/$13]). 

utilities to be -30. 

Staff has calculated v for the sample electric 

What does the variable s represent and how is it calculated? 

The variable s represents the expected rate of increase in common equity from stock sales. 

For example, if a company has $100 in equity and it sells $10 of stock then s would equal 

10 percent ($10/$100). Staff used historical accounting data to calculate an average s 

value for the sample electric utilities of 4.6 percent. 

How does the vs term work? 

When a utility is expected to earn a booWaccounting return equal to its cost of equity, then 

its market price will equal its book value and v will be equal to 0.0 (calculated as I-  

($10/$10)). If a utility is expected to earn more than its cost of equity, then its market-to- 

book ratio will be greater than 1 .O. If the market-to-book ratio is greater than 1 .O and v is 

positive when new shares are sold, then the book value per share of outstanding stock is 

less than the per share contributions of new shareholders. The per-share contribution in 

excess of book value per share accrues to the old shareholders in the form of a higher book 

value. The resulting hgher book value leads to higher expected earnings and dividends. 

Thus, the growth tern in the basic DCF model should include the vs growth term when 
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the market-to-book ratio is not expected to equal 1.0. Staffs vs growth term is 1.4 

percent. 

Q. 

A. 

Q* 
A. 

Q* 
A. 

Shouldn’t utilities’ market-to-book ratios fall to 1.0 if their authorized ROEs are set 

equal to their costs of equity? 

Yes. Utilities’ market-to-book ratios should fall to 1.0, in theory, making the vs term 

unnecessary. Setting the authorized retum on equity for a utility equal to its cost of equity 

should eventually force the utility’s market price to equal its book value. In principle, 

then, the vs term is unnecessary in the long run. In reality, rate orders do not force 

market-to-book ratios to 1.0 for a variety of reasons. For example, regulatory 

commissions do not issue orders simultaneously for multijurisdictional utilities, and a 

company may have earnings that are unregulated. Therefore, Staff included the vs growth 

term in its DCF analysis, even though the resulting growth rate estimate might be too high. 

Staffs resulting estimates are too high to the extent that investors expect the sample’s 

average market-to-book ratio to fall to 1 .O because of falling authorized ROEs. 

What is Staff‘s intrinsic growth rate and how was it calculated? 

Staffs intrinsic growth rate is 5.9 percent for the sample electric companies. 

calculated by adding Staffs br and vs growth rates and is shown in Schedule JMR-5. 

It was 

What is Staffs expected infinite annual growth rate in dividends? 

Schedule JMR-6 shows Staffs calculation of expected dividend growth. Staffs expected 

annual dividend growth rate is also shown in the following table: 
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Table 2 

Q. 
A. 

Growth Rate $2 

Dividends Per Share (DPS) 0.2% 
Earnings Per Share (EPS) 3.4% 
Intrinsic Growth 5.9% 
Average 3.2% 

What is the result of Staffs constant-growth DCF analysis? 

Schedule JMR-7 shows the result of Staffs constant-growth DCF analysis. Staffs 

constant-growth DCF cost of equity estimate is also shown below: 

Table 3 
DlPo + g = k 
4.5% + 3.2% = 7.7% 

The Multi-Stage DCF 

Q. 
A. 

What is the multi-stage DCF formula? 

The multi-stage DCF formula is shown in the following equation: 

Equation 4 : 

Where: P, = currentstockprice 
Dt = dividends expected during stage 1 
K = costof equity 
n = years of non - constant growth 

0, = dividend expected in year n 
g n  = constant rate of growth expected after year n 
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The multi-stage DCF model shown above incorporates at least two growth rates. It 

assumes that investors expect a certain rate of non-constant dividend growth in the near 

term known as “stage-1 growth”, as well as a longer-term constant rate of growth known 

as “stage-2 growth.” 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Q. 
A. 

How did Staff implement the multi-stage DCF model? 

Staff forecasted a stream of dividends and found the cost of equity that equates the present 

value of the stream to the current stock price for each of the sample electric utilities, 

consistent with Equation 4. 

How did Staff calculate stage-1 growth? 

Staff forecasted dividends four years out for each of the sample electric utilities using 

Value Line’s estimate of the projected dividend for the next twelve months and Value 

Line’s projected DPS growth rate. 

How did Staff estimate stage-2 growth? 

For stage-2 growth, or constant growth, Staff used the rate of growth in gross domestic 

product (“GDP”) from 1929 to 2002, which is 6.5 percent. Historical growth in GDP is 

appropriate because it ultimately assumes that the electric utility industry will neither 

grow faster, nor slower, than the overall economy. 

What is the result of Staffs multi-stage DCF analysis? 

Staffs multi-stage DCF estimate of the cost of equity to the sample electric utilities is 

10.6 percent. 
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Capital Asset Pricing Model 

Q. 
A. 

Please describe the capital asset pricing model. 

The CAPM is the best-known model of risk and return. The CAPM is the work of Nobel 

prize-winning economists and provides a method to estimate the risk and expected return 

on a risky asset. The model concludes that the expected return on a risky asset is equal to 

the sum of the prevailing risk-free interest rate and the market risk premium adjusted for 

the riskiness of the investment relative to the market. The critical assumptions of the 

CAPM can be summed up in the following quote from the book, The Stock Market: 

Theories and Evidence:" 

The [CAPM] model presents a simple and intuitively appealing 
picture of financial markets. All investors hold efficient portfolios 
and all such portfolios move in perfect lockstep with the market. 
Portfolios differ only in their sensitivity to the market. Prices of all 
risky assets adjust so that their returns are appropriate, in terms of 
the model, to their riskiness. This riskiness is measured by a 
simple statistic, beta, which indicates the sensitivity of the asset to 
market movements. 

According to a 2001 study published in the Journal ofFinanciaZ Economics, among CFOs 

the CAPM is by far the most popular method of estimating the cost of equity." 

Lone, James, Mary T. Hamilton. The StockMarket: Theories and Evidence. Richard D. Irwin, Inc. Homewood, 

Graham, John R., Carnpbel R. Harvey. "The Theory and Practice of Corporate Finance: Evidence from the Field." 

10 

Illinois. 1973. p .  202. 

Journal of Financial Economics. 60 (2001) pp. 187-243. 
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Q. 

A. 

Q. 

A. 

Q. 
A. 

What is the CAPM formula? 

The CAPM formula is shown in the following equation: 

Equation 5 : 
K = Rf + p ( R ,  - R f )  

= risk fieerate where : Rf 

R m  = returnonmarket 
P = beta 
R, - R = market risk premium 

K = expected return 

How was the CAPM implemented to estimate APS’ cost of equity? 

Staff implemented the CAPM on the same sample electric utilities to which it applied the 

DCF model. 

What risk-free rate of interest did Staff estimate? 

Staff estimated the risk-free rate to be 3.7 percent. The estimate is based upon an average 

of intermediate-term U.S. Treasury securities’ spot rates published in The Wall Street 

Journal. Published rates, as determined by the capital markets, are objective, verifiable, 

and readily available, as opposed to rates published by a forecasting service which are not 

necessarily objective, and are certainly not necessarily verifiable or readily available. 

Staff averaged the yields-to-maturity of three intennediate-term12 (five-, seven-, and ten- 

’’ The use of intermediate-term securities is based on the theoretical specification that the time to maturity 
approximates the investor’s holding period, and assumes that most investors consider the intermediate time frame (5- 
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year) U.S. Treasury securities quoted in the October 10, 2003, edition of The Wall Street 

Journal. Intermediate-term rates averaged 3.7 per~ent.’~ 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Q- 
A. 

Q. 

What beta (p) did Staff use? 

Staff used the average of the Value Line betas for the thirty-three sample electric utilities 

in its analysis as a proxy for APS’ beta. Column ‘F’ of Schedule JMR-3 shows that the 

average Value Line beta is .67 for the sample electric companies. 

Please describe the expected market risk premium (R, - Rf). 

The expected market risk premium is the amount of additional return that investors expect 

from investing in the market (or an average-risk security) over the risk-free asset. 

What is Staffs estimate of the expected market risk premium? 

Staffs estimate for the market risk premium is 7.4 percent. 

How did Staff calculate the expected market risk premium? 

Two approaches were used. The first approach is an estimate of the historical market risk 

premium. The second approach is an estimate of the current market risk premium. 

Please describe Staffs first approach to estimating the market risk premium: 

estimating the historical market risk premium. 

10 years) a more appropriate investment horizon. See Reilly, Frank K., and Keith C. Brown. Investment Analysis 
and Portfolio Management. 2003. South-Westem. Mason, OH. p. 439. 
l3 Average yield on 5-, 7-, and 10-year Treasury notes according to the October 10,2003, edition of The Wall Street 
Journal: 3.18%, 3.72%, and 4.30%, respectively. 
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A. 

Q. 

A. 

For the first approach, Staff assumed that the average historical market risk premium is a 

reasonable estimate of the expected market risk premium. If one consistently uses the 

long-run average market risk premium to estimate the expected market risk premium, one 

should, on average, be correct. 

Staff used the historical intermediate-term market risk premium published in Ibbotson 

Associates' Stocks, Bonds, Bills and Injlation 2003 Yearbook for the 77-year period from 

1926 to 2002. Ibbotson Associates' calculation is the arithmetic average difference 

between S&P 500 returns and intermediate-term government bond income returns. The 

77-year period is used to eliminate shorter-tern biases while at the same time including 

unexpected past events including business cycles. Staffs market risk premium estimate 

using this approach is 7.4 percent. 

Please describe the second approach to estimating the market risk premium: 

estimating the current market risk premium. 

Staffs second approach essentially boils down to inserting a DCF-derived ROE into the 

CAPM equation, along with a beta and long-term risk-free rate, and solving the CAPM 

equation for the implied market risk premium. Value Line projects the expected dividend 

yield (next 12 months) and growth for all dividend-paying stocks under its review. 

According to the October 3,2003, edition of Value Line, the expected dividend yield is 1.9 

percent and the expected annual growth in share price is 10.67 percent.14 Therefore, the 

constant-growth DCF estimate of the cost of equity to all dividend-paying stocks followed 

l4 3 to 5 year price appreciation potential is 50%. 1.501/" - 1 = 10.67% 
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by Value Line is 12.6 percent. Using a beta of 1.00 and the current long-term risk-free 

rate of 5.22 percent, the implied current market risk premium is also 7.4 percent.15 

Q. 

A. 

What are the results of Staffs CAPM analysis? 

Schedule JMR-7 shows the results of Staffs CAPM analysis. Staffs CAPM cost of 

equity estimate is 8.7 percent. 

IV. FINAL COST OF EQUITY ESTIMATES FOR APS 

Q. 

A. 

Q* 
A. 

Please summarize the results of Staffs cost of equity analysis. 

The following table shows the results of Staffs cost of equity analysis: 

Table 4 

Method Estimate 
Average DCF Estimate 9.1% 

Overall Average 8.9% 
Average CAPM Estimate 8.7% 

Staffs average estimate of the cost of equity to the electric utility industry is 8.9 percent. 

What is Staffs ROE recommendation for APS? 

Staffs ROE recommendation for APS is 9.0 percent. 

'' 12.6% = 5.22% + 1.00 x (current market risk premium); 7.4% = current market risk premium. 

infinity. Therefore, a long-term risk-free rate is used for consistency. 
A long-term rate is used here because the constant-growth DCF model does not assume a holding period other than 
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Commission Decision No. 66567 - Adjustment Clause 

Q. 
A. 

Q. 

A. 

Please provide a brief background of decision No. 66567. 

Decision No. 66567, dated November 18, 2003, approved the concept of a purchased 

power adjuster (“adjuster”) for APS, the details of which are to be decided in this 

proceeding. In approving the concept of an adjuster, the Commission adopted several 

conditions proposed by Staff, including condition number 10, which states that a 

“reduction of risk should be considered in the cost of equity in APS’ next rate case.”I6 

Did Staff adjust its ROE recommendation to reflect reduced risk resulting from an 

adjuster? 

Staff found through its research that while support may exist for reducing the ROE for a 

utility that institutes an automatic adjustment clause, such reduction might very well be 

small and difficult to quantify. Further, Staff did not formulate a method to estimate the 

reduction because many of the companies in Staffs sample of electric utilities already 

have adjusters. To the extent such reduced risk is related to market risk, it is reflected in 

Staffs market-based analysis. 

V. RATE OF RETURN RECOMMENDATION 

Q. 

A. 

What is Staffs rate of return recommendation for APS? 

Staff recommends a ROR of 7.3 percent for APS, as shown in Schedule JMR-8 and the 

following table: 

l6 Decision No. 66567, dated November 18,2003. p. 8 at 16. Finding of Fact No. 17. p. 23 at 10 - 11. 
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Table 8 

Weighted 
Weight Cost cost 

Long-term Debt 54.8% 5.82% 3.19% 
Common Equity 45.2% 9.0% 4.07% 
Cost of CaDital/ROR 7.3 % 

Financial Integrity 

Q. 

A, 

Will Staffs recommendation allow APS to maintain its financial integrity? 

Yes. S tdf  s ROR recommendation results in a pre-tax interest coverage ratio of 3.1 

calculated in column F of Schedule JMR-8. Interest coverage is one of the determinants 

of a company’s bond rating - other things equal, a higher ratio of earnings to interest 

results in a higher bond rating. According to Standard & Poor’s (“S&P”) 2003 Corporate 

Ratings Criteria, the median interest coverage ratio for an ‘A’ rated utility is 3.0.17 

VI. COMMENT ON THE DIRECT TESTIMONY OF COMPANY WITNESS CHARLES 

E. OLSON 

Q. 

A. 

What topics will Staff address in this portion of its testimony? 

Staff will address Company witness Dr. Olson’s testimony regarding the Company’s 

proposed capital structure alternatives, and his recommended ROE, including his proposed 

financing cost adjustment. 

Capital Structure 

Q. On page 9 of his direct testimony Dr. Olson suggests that the Company’s two 

alternative capital structures do not affect the cost of equity. (See direct testimony of 

Charles E. Olson. P. 9 at 20 - 24.) Is he correct? 

” Standard & Poors 2003 Corporate Ratings Criteria. P. 50. 
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A. 

Q. 

A. 

No. As a firm increases its leverage, the cost of equity goes up lockstep with beta. 

Therefore, a lower percentage of debt results in a lower level of financial risk and a lower 

cost of equity. 

How does relying on a 50/50 debt-to-equity capital structure rather than a 55/45 

debt-to-equity capital structure affect APS’ cost of equity? 

Relying on a 50/50 debt-to-equity capital structure rather than a 55/45 debt-to-equity 

capital structure lowers APS’ cost of equity by approximately 30 basis points. This 30 

basis point discount represents the required financial risk adjustment resulting from a 

capital structure that is less leveraged than the average capital structure of the sample 

electric utilities. Staff calculated this financial risk adjustment using the methodology 

developed by Professor Robert Hamada of the University of Chicago, which incorporates 

capital structure theory with the CAPM. The Hamada equation is generally used to 

estimate the effect leverage has on a stock’s beta. The negative 30 basis point cost of 

equity adjustment required if the Commission adopts a 50/50 debt-to-equity capital 

structure is shown in Schedules JMR-9 through JMR-11. 

Return on Equity 

Q. 

A. 

What return on equity does Dr. Olson recommend for APS? 

Dr. Olson recommends a ROE range of 1 1.25 to 1 1.75 percent. 

Q. What reasonableness test can Staff apply to his recommendation before discussing 

his methods? 

One reasonableness test is to compare Dr. Olson’s 1 1.25 to 1 1.75 percent recommendation 

to the historical overall market returns that Staff discussed earlier. Dr. Olson’s 11.25 to 

A. 
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11.75 percent recommendation exceeds a reasonable cost of equity estimate for an 

average-risk security (based on actual returns). As previously shown in Chart 1 and Chart 

2, interest rates have declined in recent years, suggesting that capital costs, including the 

cost of equity, are lower than they have been in recent decades. 

Also, Earlier Staff testified that the average beta for the electric utility industry is .67. An 

11.25 to 11.75 percent cost of equity for an average electric utility implies an 11 to 12 

percent market risk premium ([11.25% to 11.75% - 3.7%]/.67). This exceeds Staffs 

estimate of both the current and historical market risk premiums, and is contrary to 

suggestions by academics that the current equity risk premium is lower than the historical 

equity risk premium in general." 

Dr. Olson's DCF Estimates 

Sample Selection 

Q. 

A. 

On page 20 of his direct testimony, Dr. Olson suggests that his sample group is less 

risky than APS. (See direct testimony of Charles E. Olson. P. 20 at 4 - 5.) Is he 

correct? 

No. According to Attachment CEO-3 of Dr. Olson's direct testimony, the companies in 

his comparable group are comprised of approximately 60 percent debt and 40 percent 

equity. As stated previously, a higher debt ratio equates to greater financial risk and 

results in a higher cost of equity. This is evidenced by the average beta of the companies 

in Dr. Olson's comparable group, which is .75. (See Table 5) 

Siegel. pp. 16 - 18, 121 - 122. 18 
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Table 5 

Dr. Olson’s 
Com parable Staff’s Sample 

GrouD Electric Utilities APS 
Beta .75 .67 NIA 
Debt Ratio 60% 56% 55% 

According to the Hamada methodology mentioned above, the cost of equity to the 

companies in Dr. Olson’s comparable group is 50 to 70 basis points higher than the cost of 

equity to APS, depending on which capital structure is employed. 

Miscalcula fed Dividend Yield 

Q. 

A. 

Explain how Dr. Olson’s use of a six-month average dividend yield in his DCF 

analysis is inappropriate. 

Dr. Olson’s DCF estimates based on six-month average dividend yields are inappropriate 

because there is no point in “smoothing” stock prices for use in a model that assumes 

perfect markets. The expected dividend yield requires the most recent spot stock price in 

the denominator of the calculation (DlRo). Professor Myron Gordon, the father of modem 

DCF analysis, advises: 

The term for dividend yield in Eq. [ l ]  expression for a share’s 
yield is the forecast dividend for the coming period, D1, divided by 
the current price, PO. The value assigned to PO should be the price 
of the share at the time the share yield is being estimated. The 
rationale for using the current price is that at each point in time it 
reflects all the information available to a company’s investors 
regarding hture dividends.’ 

’’ Testimony of professors Myron J. Gordon and Lawrence I. Gould, consultants to the Trial Staff (Common Carrier 
Bureau), FCC Docket 79-63. p. 63. 
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The spot stock price is the only appropriate price to use in the denominator of the DCF 

equation in order to maintain consistency with the efficient markets hypothesis, a crux of 

modem corporate finance theory. 

Q. 

A. 

Can Staff cite any further support for the use of a spot yield rather than a historical 

average? 

Yes. The tendency of some analysts to overlook financial principles and use a historical 

average dividend yield was the focus of a 1996 article in Public Utilities Fortnightly by 

Steven Kihm: 

To the extent that prior yields form a reference point for 
expectations of future yields, the information content of historic 
yields is already included in the current spot yield. Thus, to 
average the historic yield with the spot yield simply double counts 
any relevant historic information and leads us away fiom rather 
than toward the actual future yield. 

Note also that by averaging historical data we introduce more 
distant data into the analysis. This forces us to put less weight on 
the current spot yield, so that we can consider yields estimated in a 
period where market participants knew less about next year than 
they do today. This simply does not make sense. 

In the above referenced article, Mr. Kihm reported the results of his empirical analysis of 

utility bond yields and electric utility dividend yields from 1954 to 1993. The results of 

his study of historical average and spot dividend yields were qualitatively identical to his 

results for bond yields: 

By all accuracy measures, the spot forecast outperforms the forecasts 
based on historic averages. The spot forecast is also dominant in terms of 
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volatility reduction. And we see clearly the longer the averaging period, 
the worse the forecasting method by any measure. 2o 

Q. 

A. 

Q. 

A. 

Q. 
A. 

Has the Commission ruled on the use of spot market data in estimating the cost of 

capital? 

Yes. In Decision No. 64727, dated April 17, 2002, the Commission agreed with Staffs 

use of spot market data in estimating the cost of debt and equity.21 

Are there additional problems with Dr. Olson’s calculation of the expected dividend 

yield? 

Yes. Dr. Olson’s expected dividend yield for IDACORP is biased severely upward. 

Please explain how Dr. Olson’s dividend yield for IDACORP is biased upward. 

According to Attachment CEO-6 of Dr. Olson’s direct testimony, he calculates an average 

dividend yield for IDACORP of 7.67 percent, which is the highest of all of the companies 

in his sample. Dr. Olson ultimately adjusts this yield upward by multiplying it by one-half 

his expected dividend growth rate of 5.0 to 5.5 percent, resulting in an expected dividend 

yield for the coming period (Dl/Po) for IDACOFW of 7.87 percent.22 Dr. Olson essentially 

assumes that IDACORP will pay dividends totaling $1.91 over the next year.23 However, 

on September 18,2003, IDACOW announced that it will reduce its annual dividend fiom 

$1.86 to $1.20. Therefore, investors logically expect IDACORP to pay a dividend of 

$1.20 in the next twelve months, not $1.91. Thus, the appropriate annual dividend rate to 

use in the expected dividend yield (DIDO) component of the DCF formula is $1.20, not 

2o Klhm, Steven G. “The Superiority of Spot Yields in Estimating Cost of Captial.” Public Utilities Fortnightly. 
February 1,1996. pp. 42 - 45. 

22 See direct testimony of Charles E. Olson, p. 22 at 1 - 23: [7.67%{ 1+.5(5.25%)}] = 7.87% 
23 Dividend rate of $1.86 (per Attachment CEO-6) x [1+{.5(5.25%)}] = $1.91 

Application of Black Mountain Gas Company. Docket No. G-03703A-01-0263. 
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$1.91. As of October 9, 2003, Dr. Olson’s expected dividend yield for the coming period 

(D*/Po) for IDACORP is overstated by 338 basis points.24 

Expected Growth Calculation Problem 

Q. 

A. 

Q- 

A. 

Q* 

A. 

Explain how Dr. Olson’s exclusive reliance on analysts’ forecasts of earnings growth 

is inappropriate to forecast dividend growth and results in inflated cost of equity 

estimates. 

Dr. Olson’s exclusive reliance on analysts’ forecasts of earnings growth in his DCF 

analysis is inappropriate because it assumes that investors do not look at other information 

such as past and forecasted growth DPS and intrinsic growth. 

Is there a problem with relying exclusively on analysts’ forecasts of earnings growth 

in a DCF analysis? 

Yes. Analysts’ forecasts of earnings are known to be overly optimistic. 

How do you respond to Dr. Olson’s statement that, “financial analysts who make 

earnings forecasts are aware of historical growth rates. This means the historical 

information is reflected in these forecasts to the extent deemed relevant. Therefore, 

it is not necessary to use it again ...” (See direct testimony of Charles E. Olson. P. 21 

at 19 - 23.) 

While Staff agrees that professional analysts may have considered past growth in their 

forecasts, the appropriate dividend growth rate to use in the DCF formula is the dividend 

growth rate expected by investors, not reported by analysts. Therefore, the reasonable 

24 IDACORP’s stock price on October 9”, 2003: $26.7. [7.87% - ($1.20 + $26.70) = 3.38%] 
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assumption that investors rely, to some extent, on past growth in addition to analysts’ 

forecasts, warrants consideration of both. 

Q. 

A. 

Q. 

A. 

How does Dr. Olson’s exclusive reliance on analysts’ forecasts of earnings growth 

result in inflated cost of equity estimates? 

Dr. Olson’s exclusive reliance on analysts’ forecasts of earnings growth results in inflated 

cost of equity estimates because analysts’ earnings forecasts are known to be overly 

optimistic. To the extent that investors are aware of the bias in analysts’ projections of 

future earnings, they will make appropriate adjustments. 

Can Staff provide evidence to support its testimony that analysts’ forecasts of future 

earnings are high? 

Yes. Many experts in the financial community have commented on biadover-optimism in 

analysts’ forecasts of future earnings.25 A study cited by David Dreman in his book 

Contrarian Investment Strategies: The Next Generation found that Value Line analysts 

were optimistic in their forecasts by 9 percent annually, on average for the 1987 - 1989 

period. Another study conducted by David Dreman found that between 1982 and 1997, 

analysts overestimated the growth of earnings of companies in the S&P 500 by 188 

percent. 

Burton PI. ilkiel of Princeton University studiec the one-year and five-year earnings 

forecasts made by some of the most respected names in the investment business. The 

See Seigel, Jeremy J. Stocksfor the Long Run. 2002. McGraw-Hill. New York. p. 100 Malkiel, Burton G. A 25 

Random Walk Down Wall Street. 1999. W. W. Norton & Co. New York. p. 169. Dreman, David. Contrarian 
Investment Strategies: The Next Generation. 1998. Simon & Schuster. New York. pp. 97 - 98. Testimony of 
Professors Myron J. Gordon and Lawrence I Gould, consultants to the Trial Staff (Common Carrier Bureau). FCC 
Docket 79-63. p. 95. Claymen, Michelle R., Robin A. Schwartz. “Falling in Love Again - Analysts’ Estimates and 
Reality.” Financial Analjwts Journal. Sep/Oct 1994. 66 - 68. 
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results showed that, when compared with actual earnings growth rates, the five-year 

estimates of professional analysts were worse than the predictions from several naWe 

forecasting models, such as the long-run rate of growth in national income. Professor 

Malkiel discusses the results of his study in the following quote from his book A Random 

Walk Down Wall Street: 

When confronted with the poor record of their five-year growth 
estimates, the security analysts honestly, if sheepishly, admitted 
thatjive years ahead is really too far in advance to make reliable 
projections. They protested that although long-term projections 
are admittedly important, they really ought to be judged on their 
ability to project earnings changes one year ahead. 

Believe it or not, it turned out that their one-year forecasts were 
even worse than their five-year projections. It was actually harder 
for them to forecast one year ahead than to estimate long-run 
changes. 

The analysts fought back gamely. They complained that it was 
unfair to judge their performance on a wide cross section of 
industries, because earnings for electronics firms and various 
“cyclical” companies are notoriously hard to forecast. “Try us on 
utilities,” one analyst confidently asserted. So we tried it and they 
didn’t like it. Even the forecasts for the stable utilities were far off 
the mark. Those the analysts confidently touted as high growers 
turned out to perform much the same as the utilities for which only 
low or moderate growth was predicted.26 (emphasis added) 

Q. 
A. 

Are investors aware of the problems associated with analysts’ forecasts? 

Yes. In addition to books, numerous articles appearing in The Wall Street Journal and 

other publications have cast a negative light on research analysts and their  forecast^.'^ 

26 Malkiel. pp. 168 - 169. 
” See Brown, Ken. “Analysts: Still Corning U p  Rosy.” The Wall Street Journal. January 27,2003. p. C1. Karmin, 
Craig. “Profit Forecasts Become Anybody’s Guess.” The Wall Street Journal. January 21,2003. p. C1. Gasparino, 
Charles. “Memll Lynch Investigation Widens.” The Wall Street Journal. April 11,2002. p. C4. Elstein, Aaron. 
“Earnings Estimates Are All Over the Map.” The Wall Street Journal. August 2,2001. p. C1. Dreman, David. 
“Don’t Count on those Earnings Forecasts.” Forbes. January 26, 1998. p. 110. 
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One such article, entitled “Analysts: Still Coming Up Rosy” appeared in the January 27th, 

2003, edition of The Wall Street Journal. According to the article, “stock analysts are 

unshaken in their optimistic, if delusional, belief that most of the companies they cover 

will have above average, double-digit growth rates during the next several years. That is, 

of course, highly unlikely.” As stated previously, to the extent investors are aware of the 

bias in analysts’ projections of future earnings, they will make appropriate adjustments. 

Q. 
A. 

Can Staff identify any other problems with relying exclusively on analysts’ forecasts? 

Yes. Another problem with relying exclusively on analysts’ forecasts and ignoring past 

growth is that the results are entirely dependant on the source of the particular forecast. 

For example, Dr. Olson relies on the average earnings growth forecast for the companies 

in his comparable group provided by First Call, which is 5.2 percent. (See direct 

testimony of Charles E. Olson. Attachment CEO-7.) However, Zacks Investment 

Research projects an average near-term earnings growth rate of 4.4 percent for the 

companies in Dr. Olson’s comparable group. It should also be noted that First Call has 

revised its estimates, and now projects a near-tern earnings growth rate of only 4.6 

percent for the companies in Dr. Olson’s comparable group. 

Restatement of Dr. Olson’s DCF Estimate 

Q. Has Staff restated Dr. Olson’s DCF cost of equity estimate to reflect the above 

information regarding his DCF analysis? 

Yes. Below, Staff restates Dr. Olson’s DCF cost of equity estimate to reflect (1) APS 

having less financial risk than the companies in Dr. Olson’s sample, as evidenced by its 

A. 



I 
I 
I 
I 
I 
I 
I 
I 
1 
I 
I 
I 
I 
I 
I 
I 
I 
I 
I 

1 

2 

3 

4 

5 

6 

7 

8 

9 

1c 

11 

12 

13 

14 

15 

I t  

li 

18 

1s 

2c 

21 

Direct Testimony of Joel M. Reiker 
Docket No E-01345A-03-0437 
Page 36 

capital structure, (2) spot market data as of October gth, 2003, and (3) revision of the 

average projected near-term earnings growth rate provided by First Call. 

Table 6 

cost of 
Equity to Financial Risk Cost of Equity 

g to APS - D,/Po + = Sample Co.’s Adjustment - 

5.0% + 4.6% = 9.6% points = 8.9% to 9.1% 
-50 to -70 basis 

Staffs restatement does not incorporate the reasonable assumption that investors would 

examine other factors as indicators of expected dividend growth that would lower their 

estimate, such as past DPS, EPS, and intrinsic growth in addition to analysts’ projections 

of future earnings growth, which are considered to be high. 

Dr. Olson’s Risk Premium Study 

Q. 
A. 

Q. 

What is Dr. Olson’s “risk premium” study? 

Dr. Olson examines the historical difference between returns on the S&P 500 and the 

Salomon Brothers Long-Term High-Grade Corporate Bond Index as reported by Ibbotson 

Associates’ in Stocks, Bonds, Bills and Inflation. The period he used was 1926 to 2002. 

His risk premium estimate is 6.0 percent. He adds this estimate to the average yield on 

Moody’s medium grade (Baa rated) corporate bonds for April and May 2003, of 6.6 

percent to arrive at a cost of equity estimate of 12.6 percent. (See direct testimony of 

Charles E. Olson. p. 23 at 10 - 25.) 

Is Dr. Olson’s risk premium study valid to estimate APS’ cost of equity? 
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A. No. First, Staff has concerns about the use of a corporate bond rate to imply meaninghl 

equity risk premiums. Because a corporate bond contains some default risk which is 

diversifiable, the investor’s expected rate of return is lower than the bond’s yield to 

maturity. Therefore, the yield to maturity on a corporate bond cannot be compared to the 

cost of equity. Professor Laurence Booth of the Rotman School of Management at the 

University of Toronto states the following: 

As for the premium over long term A bond yields, it has to be 
pointed out here that corporate bonds are default risky. The 
maximum return you can get from a corporate bond held to 
maturity is the yield to maturity. Since corporate bonds are default 
risky, the investor’s expected rate of return is significantly lower 
than the yield to maturity. As a result, the yield to maturity on a 
corporate bond is not an estimate of the investor’s required rate of 
return, and cannot be meaningfiully compared to the [cost of 
equity]. Only the yield to maturity on a default free government 
bond is an estimate of a required rate of return, similar to the [cost 
of equity]. This is why all risk comparisons should be to 
government default p e e  bonds, otherwise you mix apples and 
oranges.28 (emphasis added) 

Second, Dr. Olson’s risk premium study is not appropriate because he misapplies the 

historical differential between S&P 500 returns and high grade corporate bond yields to 

the current yield on medium grade bonds. According to Attachment CEO-1, page 4 of Dr. 

Olson’s direct testimony, Baa rated (medium grade) corporate bond rates were, on 

average, 114 basis points higher than Aaa rated (high grade) corporate bond rates in April 

and May 2003. To the extent there is any validity to such a risk premium study, Dr. 

Olson’s cost of equity estimate is inflated by 114 basis points due to the yield spread 

between Aaa rated and Baa rated corporate bonds. 

28 Booth, Laurence. “The Importance of Market-to-Book Ratios in Regulation.” NRRI QuarterIy Bulletin. Winter 
1997. pp. 415 -425. 
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Third, Dr. Olson’s risk premium study is quickly dismissed because it in no way assesses 

the risk of an electric utility. Electric utilities are significantly less risky than the average 

risk security, as evidenced by CAPM betas. Dr. Olson’s risk premium study measures 

APS’ cost of equity as if it currently had the risk of an average-risk security. Dr. Olson’s 

risk premium study is inappropriate because it fails to distinguish the risk of an electric 

utility company fi-om the risk of the S&P 500. The S&P 500 includes a wide range of 

companies fi-om a wide range of industries, including aerospace/defense, computers 

(software), leisure time products, etc. This Commission should not estimate APS’ cost of 

equity based on stock market returns in these other industries with patently differing risks 

from the risks of providing electric power. 

Finally, while the risk premium approach is based on a general rule of thumb that common 

stocks are riskier than bonds, the Commission should primarily rely on cost of equity 

models developed in the corporate finance literature rather than on rules of thumb. Staff 

recommends that the Commission rely on the DCF method and CAPM rather than Dr. 

Olson’s risk premium study. The DCF method is the most widely used model for 

estimating the cost of equity in public utility rate cases. The CAPM was developed by 

Nobel Prize winning economists and is the most popular method for estimating the cost of 

equity among CFOS.~’ 

Dr. Olson’s Financing Cost Adjustment 

Q. 

A. 

What is Dr. Olson’s financing cost adjustment and how did he calculate it? 

Dr. Olson recommends adding 17 to 18 basis points to his cost of equity estimates to 

account for the costs associated with issuing new common shares, as well as “market 

29 Graham, John R., Campbel R. Harvey. Pp. 187 - 243. 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

Direct Testimony of Joel M. Reiker 
Docket No E-0 1345A-03 -043 7 
Page 39 

pressure” associated with new stock offerings. (See direct testimony of Charles E. Olson. 

P. 24 at 12 - 22 & P. 26 at 8 - 16.) His cost of equity estimates range from 11.07 percent 

to 11.58 percent. He adjusts these estimates upward to 11.25 percent to 11.75 percent to 

account for financing costs. (See direct testimony of Charles E. Olson. P. 26 at 10 - 16.) 

In support of his adjustment Dr. Olson provides information regarding the average per- 

cent commission paid by electric utilities in 2002 and 2003, whxh was 3.15 percent. Dr. 

Olson claims that 3.15 percent “is not sufficient, however, to provide Pinnacle West with a 

reasonable probability of issuing common shares at a price above book value because of 

capital market fluctuations.” (See direct testimony of Charles E. Olson. P. 25 at 1 - 3.) 

Q* 

A. 

Q. 

A. 

Should the Commission adopt Dr. Olson’s recommendation to boost the allowed 

ROE to account for financing costs and market pressure associated with issuing new 

equity? 

No. As Staff explains below, the recovery of equity issuance expenses by increasing the 

allowed ROE is inappropriate. 

Does Dr. Olson consider all stock expenses in his testimony, such as fees that would 

reduce his adjustment? 

No, he fails to consider stock purchase fees, otherwise known as brokers’ fees, as opposed 

to the stock issuance fees he does consider. Brokers’ fees result in an investor paying 

more than the price quoted on the stock exchange, and would reduce the required dividend 

yield in the DCF, offsetting the issuance cost adj~stment.~’ 

The effect of brokers’ fees is analyzed in David Habr’s articIe, “Commission Staff Report: A Note on Transaction 
Costs and the Cost of Common Equity for a Public Utility,” N .  Quarterly Bulletin. 9, no. 1, January 1988. pp. 95 
30 

- 104. 
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Q. 
A. 

Q- 
A. 

Q. 

A. 

Q. 

A. 

Does Dr. Olson consider equity that was issued at little or no cost to the Company? 

No. Dr. Olson failed to consider stock that Pinnacle West and other companies issue 

under employee stock ownership plans (“ESOP”) and dividend reinvestment plans 

(“DRIP”), which save the underwriting costs of a regular share issue. 

Does Dr. Olson consider equity that is never issued, such as retained earnings? 

No. Dr. Olson’s method of increasing the authorized ROE also applies to retained 

earnings - equity that is never issued. 

On page 26 of his direct testimony Dr. Olson states that there is “market pressure” 

associated with stock offerings that should be compensated for in the ROE. (See 

direct testimony of Charles E. Olson. P. 26 at 13 - 15.) What is “market pressure?” 

Market pressure is the presumed tendency for a company’s stock price to decline after the 

announcement of a public offering, due to an increase in shares outstanding. 

Is the market pressure component consistent with the concept of efficient markets, 

the theory inherent in the DCF and CAPM? 

No, the market pressure component is inconsistent with the efficient markets hypothesis as 

articulated by Brealey and Myers in their text Principles of Corporate Finance: 

Because stock issues usually throw a large additional supply of 
shares onto the market, it is widely believed that they must 
temporarily depress the stock price.. .This belief in price pressure 
implies that after the decline in price the company’s shares can be 
bought for less than their true value. It is therefore inconsistent 
with market efficiency. The alternative view stresses that investors 
buy stocks because they offer a fair reward for their risk. If the 
stock price fell solely because of increased supply, then that stock 
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would offer a reward which was more than commensurate with the 
risk, and investors would be attracted to it as donkeys to a thistle.31 

The alternative explanation for a decline in stock price after the announcement of a public 

offering has nothing to do with the increased supply but simply with the information that 

the issue provides, such as management’s view of the company’s prospects for future 

growth. Brealey and Myers explain that most financial economists now interpret the stock 

price drop in equity issue announcements as an information effect and not a result of the 

additional supply.32 

Q. 

A. 

On page 24 of his direct testimony Dr. Olson testifies that “if a return on common 

equity exactly equal to the investors’ requirement is authorized and earned,” when 

new shares are issued, net proceeds will be less than book value and existing 

shareholder investment will be diluted. Therefore, the authorized rate of return 

must be increased. (See direct testimony of Charles E. Olson. P. 24 at 13 - 22.) Is 

this approach consistent with the guidelines set forth by the Supreme Court in 

Bluefield and Hope? 

No. As correctly noted by Dr. Olson on page 6 of his direct testimony (lines 6 - 14) the 

relevant rate of return contemplated by Bluefield and Hope is that return required by the 

investor (i.e. the cost of capital). Therefore, allowing a rate of return that is higher than 

the cost of capital, as Dr. Olson suggests, is inconsistent with Bluefield and Hope. Dr. 

Olson agrees with this concept when he states on page 5 (lines 13 - 18) of his direct 

testimony that “the purpose of pubic utility regulation with respect to rate of rehun is to 

permit the regulated company to earn its cost of capital . . . earnings levels above the cost 

~~ 

3 1  Brealey, Richard A. Stewart C. Myers. Principles of Corporate Finance. McGraw-Hill, New York. 1991. p. 349. 
32 Brealey, Richard A. Stewart C. Myers. 2000. p. 423. 
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of capital in the long-run imply excessive profits . . .” Dr. Olson’s testimony is internally 

inconsistent. 

Q. 

A. 

Q. 
A. 

How is Dr. Olson’s proposal inconsistent with Commission treatment of stock 

issuance cost ROE adjustments? 

To Staffs knowledge, the Commission has never added a stock issuance cost adjustment 

to the authorized ROE. Staff does not recommend that it do so in this case. 

Should a utility recover the cost of issuing new stock in rates? 

Yes, the cost of issuing stock is a necessary cost of business. However, Staff recommena 

that stock issuance expenses should be treated as adjustments to revenue requirement 

based on actual expenses in the test year or some other reasonable and direct method, 

rather than boosting the allowed ROE. The expense method for recovering stock issuance 

costs directly estimates expected stock issuance costs and includes them in revenue 

requirement as expenses. 

VII. CONCLUSION 

Q. 
A. 

Q. 
A. 

Please summarize your recommendations. 

Staff recommends the Commission adopt a 9.0 percent ROE, a 5.82 percent cost of debt, 

and a 7.3 percent ROR. Staff recommends the Commission give little weight to the 

testimony of the Company’s witness Dr. Charles Olson. Staff disagrees with his methods 

and his estimates are not representative of current costs of equity. 

Does this conclude your direct testimony? 

Yes, it does. 
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ARlZ0S.A CORPOR.-\TIOZ C O ~ l ~ l l S ~ ~ I ~ ~ . ~  .YT.-\FF SECOYD SFT O F  D.\T.\ HEQCESI'S 
-1.0 .ARIZONA PUBLIC SERl ' ICE CO>Il'.A.W 

I N  THE MATTER OF THE APPLIC.4TTOY O F  .ARIZ@Z.X PI'BLIC SERT;TCE CO\.lP.IXY FOR .A 
H E A R I N G  TO DETER3ITTE THE F.AIR \-.ILUE OF THE UTILITY PROPERTY OF THE COXlP.AZ1' 

FOR R4TEM.4KING PURPOSES, TO FIX A JUST AXD RE.ASO.'i.ABLE R4TE OF RETURN THEREOS. 
TO APPRO\-E RATE SCHEDULES DESIGSED TO DE\'ELOP SUCH RETURY. AXD FOR APPOR\..aL 

OF PURCHASED POWER C O N T U C T  
E-01 315.4-03-0137 

STF 2-9 Please provide the June 30, 2003, dollar amount of common stockholders equity for 
Arizona Public Service Company. 

Response: 
The common stockholders equity amount at June 30: 2003 is $2:155:373:000. 
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IZ TF1L \I.ATTER OF THE .~\ l ' I ' I~IC. \7 ' lOS O F  .-tRlZOS.-\ PCBLlC S E K \  ICE C'O>ll';\\i FOR 

STF 5- 10 Xcisr io Schtdali. E-:. p q 2  1. column "Ed of Piojccrzd )'car 12:'; 1!1003" of the 
Company's application. Please provide a schedule giving a description of the particular 
loans or bond issuances that are included in each class of debt, the amount expected to be 
outstanding on 1313 1.9003, and provide calculations supporting the annual interest for 
each loan or bond issuance. 

RESPONSE: 

Attached are the supporting schedules for Schedule D-2 for the "End of Projected 
Year 12/31/2003'' that provide a description of the bonds, the issue date, the due 
date, the amount expected to be outstanding on 12/31/02, the original principal 

calculated using the "Yield to Maturity" formula. (RCO1563) 
dlLj"Gli;, '& ::;c >c; pi-Gc;cdj f&ii ;:;; &-;g;G;j iss.;c. The annnc! :;:e;=:: 

Wirness. Chris Frnggax 
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No. - 

1 

2 
3 
4 
5 
6 

ARIZONA PUBLIC SERVICE COMPANY 
Projeaed Cost of Long-Term Debt 
F~rsl Mortpage Bonas Outsanding 

December 3;. 2003 
(Thousands of Dollars) 

Net Proceeds 
Ofienng Pnn kmr 7 n n  h t  From Pnn 

Series Date DueDate oflssue Outstdng Amtoftssue 

C C5jO 0510293 08/15/28 25.000 25,000 24.506 
0,0588 09/02/93 08Il528 141,150 141,150 140,625 
0.0588 09/02/93 08!?5/26 12.850 12.850 '2.802 
0.0663 03/02/94 03/01/04 100,000 80,000 98.731 

S 259,000 

Schedule D2 

Eackup page 7 

Cod of Annualized tine 
Money Interest No. 

5.52% 1.387 1 
5.90% 8.328 2 
5.90% 758 3 
6.80% 5.443 4 

5 
6.14% S 15.910 6 

Exhi bit J M R-2 
Page 2 of 3 
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ARIZONA PUBLIC SERVICE COMPANY 
Pm!ecled Cos1 of LonpTem Debt 
3mer LongTern Debt OuaSndin~ 

December 3:, 2003 
(Thousands of Dollars) 

Exhi bit JM R-2 
Page 3 of 3 

Scwdule D2 

Backuo oage 2 

Net Pnweds 

Series Date Due Date oflssue Ountdng Ami of Issue 
h e  Offenng Prinmt P n n h t  From Pnn Cmt of Annwtued Line 

W e y  Interest No. No. 

Pollution Control Indebtedness’ 

1 1.69% 09/14/94 w m n 4  
2 1.70% 05,2994 050i/29 
3 1.75% 05/25/94 05/01/29 
c 1.75% 05/25/94 05101!29 

1.75% 05/25/94 0510i29 
6 1.69% 05/25/94 05/01/24 
7 1.6% 09/14/94 09/01/24 
8 1.69% 10112IW lOlOlL?9 
9 1.59% 121219G ’,Z01;31 

10 1.69% 1111W96 11/01/33 
11 1 .SYR w/oimd W/Ol/&i 
1: 
I 3 Bank Commitment F e e s  
14 Tolal PC lndebteanes 

i 6 

16 Capitalired Lease Obfigabn 
19 7.48% ao lmi  io/oi103 
20 5.45% 11/01/01 11/01/06 
21 
22 Total Capitalized Lease Obligation 
23 
24 6.75% 11R2/96 11/15106 
25 5.05% i i i o i m 2  05101~9 
26 6.25% OlI13148 01/15/05 
27 5.875% Mn4m9 02115/04 
28 7.6250% oBK)7xx) 08101/05 
29 6.3750% 101W01 l O l l 5 / l l  
30 6.5000% 3101102 3/1/12 
31 4.6500% 05/15/03 05/15/15 

.^ 

15 

17 
- Ai1 Raws are Adjusted Daily 

65,750 
5i.000 
35,000 
35.000 
36,98D 
49,400 
31.500 
32.650 
6,710 

16,370 
2 , > w  

$65,750 
S . D O D  
35.000 
35.000 

49,400 
31,500 
32.6% 

6.7iO 

36.983 

m 7 0  - -  --- 
L J . J U V  

565.020 
56,501 
34.544 
34.694 
36.656 
48,803 

31.981 
6,449 

16,661 
15,103 

30,975 

. - --- 

1.74% 
1 73% 
1.78% 
:.78% 
1 .?E% 
1.74% 
1.76% 
1 .m 
184% 
1.74% . - - . I  
, . I J I .  

51.143 
988 
624 
624 
660 
861 
555 
578 
124 
293 
- I -  

-0 

3 . 2 8  
b ado.dbU 2.62% 5 l&l& 

$650 169 $650 7.75% 513 
5926 678 $926 5.45% 237 

$19,554 17,446 $19,554 5.70% $1,008 
18.293 5.79% $1,058 

100,000 
90,000 

1MI.oM) 
125,000 
300,000 
4W.OW 
375,000 
3oO.m 
2oo.m 

83,695 2 

90,000 a 
100.Doo 
125,oM) 
300.000 
400.000 
375,000 
300,000 
200.0w 32 5.6250% 05/15/04 OYlY33 

33 Total Omer LonpTerm Debt s 2,011,130 5 1,991,988 

a Other Long-Tern Debt Senior Ndes 

82.958 5.82% $5.707 
69,213 5.11% 5.598 
99,301 6.38% $6.377 

124,100 6.05% 57.564 
297,999 7.60% 523,386 
397,295 6.54% S26.770 
372,453 6.66% 524,989 
295,346 4.82% $14,469 
195,731 5.78% $1 1,563 

6.32% 5 125,881 

1 
2 
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5 
6 
7 
8 
B 

io  

12 
13 
74 

15 
16 
17 
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EXECUTIVE SUMMARY 
ARIZONA PUBLIC SERVICE COMPANY 

DOCKET NO. E-01345A-03-0437 

Ms. Keene's testimony recommends that APS recover its costs for pre-approved demand- 

side management (DSM) programs through a DSM adjustment mechanism. Staff recommends 

that the total of System Benefits should be $33,115,801. Staff recommends that the caps per 

service on EPS-1 be increased to help APS meet its Environmental Portfolio Standard 

requirements. Staff does not oppose the Returning Customer Direct Assignment Charge with 

conditions. Staff recommends that some of the charges on the service schedules be set at 

amounts lower than APS proposes. Staff also opposes some of the proposed wording changes on 

the service schedules. 

E-01 345A-03-0437 BEK.doc 
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INTRODUCTION 

Q .  
A. 

Q. 
A. 

Q. 

A. 

Q. 
A. 

Please state your name and business address. 

My name is Barbara Keene. My business address is 1200 West Washington Street, 

Phoenix, Arizona 85007. 

By whom are you employed and in what capacity? 

I am employed by the Utilities Division of the Arizona Corporation Commission as a 

Public Utilities Analyst. My duties include evaluation of electric utility special contracts, 

review of utility tariff filings, assessment of utility demand-side management programs, 

and analysis of electric utility production costs and marginal costs. A copy of my rCsumC 

is provided in the Appendix. 

As part of your employment responsibilities, were you assigned to review matters 

contained in Docket No. E-01345A-03-0437? 

Yes. 

What is the purpose of your testimony? 

My testimony is concerned with demand-side management (“DSM’) for Arizona Public 

Service (,‘APSy7), System Benefits, the Environmental Portfolio Standard, the Returning 

Customer Direct Assignment Charge, and APS’ service schedules. 

DEMAND-SIDE MANAGEMENT 

Benefits of DSM 

Q. What is DSM? 

A. DSM is the planning, implementation, and evaluation of programs to shift peak load to 

off-peak hours, to reduce peak demand (kW), and to reduce energy consumption (kWh) 

in a cost-effective manner. DSM programs are also known as conservation or energy 

efficiency programs. 

E-01 345A-03-0437 BEK.doc 
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Q .  
A. 

Q. 

A. 

Q- 
A. 

Does APS and the rest of society benefit from having DSM programs? 

Cost-effective DSM programs can meet the demand for electric energy services at a 

lower cost than purchasing or generating power. Reduced peak demand can delay the 

need for construction of new generation and transmission facilities. In addition, reducing 

energy (kwh) needs reduces the operating costs of current generating facilities. Reduced 

energy production may also lead to reduced air emissions from power plants, reduced 

consumption of water by generating unit cooling towers, and reduced degradation of land 

at mining sites. 

Why should APS and Staff consider the benefits and costs of DSM to society rather 

than just to APS? 

We are seeking the least cost means of meeting the demand for electric energy services. 

A program that is not least cost wastes society’s resources. Because customer costs and 

new generation costs may not be part of APS’ costs, we need to look beyond APS’ costs 

and benefits. The Commission adopted the use of the societal cost test in its resource 

planning decision (Decision No. 57589). 

What are the societal benefits of a DSM program? 

From a societal perspective, relevant benefits come fiom avoiding new generating, 

transmission, and distribution capacity and avoiding burning of fuel and other variable 

costs. Because existing power plants have already been built and the associated societal 

costs have already been incurred, the fixed costs of existing power plants are sunk costs 

which cannot be avoided by a reduction in the demand for kW and kWh. Therefore, the 

only costs to society that can be avoided by DSM are those associated with the 

construction of new capacity and the variable costs associated with the generation of 

additional electricity. 

E-01 345A-03-0437 BEK.doc 
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Q. How can the societal costs of a DSNI program be calculated? 

A. The costs to society to implement a DSM program are the incremental costs of any 

equipment, including installation and operating costs, and program administrative costs. 

Incentives offered to customers to participate are not societal costs, but are transfer 

payments (transfers of income from one person or organization to another without 

supplying goods or services for these payments). 

APS’ Current DSM Programs 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Does APS currently have any DSM program? 

Yes. According to semi-annual reports filed with the Commission, APS currently has 

one DSM program: Energy-Wise Assistance Program. According to APS’ response to 

STF 5-13, APS has other DSM programs that I describe later in my testimony. 

Please describe the Energy-Wise Assistance Program. 

The Energy-Wise Assistance Program was pre-approved by Staff on December 2 1, 1998. 

As presented to Staff in 1998, the program is designed to provide low-income customers 

with weatherization and energy education and consists of the following components: 

Weatherization, RepairReplacement Program, Energy Education, ACAA 

Administration, and Communications. 

Please describe the Weatherization component. 

The Weatherization component is comprehensive and includes health and safety 

measures. Where possible, the program is coordinated with the federal Weatherizatior 

Assistance Program (“WAP”) to achieve maximum cost efficiency and expand the scope 

of measures performed on each house. The maximum APS contribution is capped a1 

$1,500 per house, excluding administrative costs. Customers must have incomes less 

than 150 percent of the poverty level, using a 90-day test proof of income, to be eligiblr 

for services. Customers must also show proof of home ownership or tenant waivers fron 

E41 345A-03-0437 BEK.doc 
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their landlords. Eligible measures include adjusting space heaters and evaporative 

coolers, repairing ductwork, installing weather stripping and insulation, and general 

repairs to roofs, windows, doors, ceilings, and floors. 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Please describe the RepairReplacement Program component. 

This component repairs or replaces HVAC (heating, ventilation, and air conditioning) 

systems, evaporative coolers, and electric water heaters. Replacement is limited to when 

repair costs exceed replacement costs or when the appliance is found to be inoperable 

with repairs. Customers must have incomes less than 150 percent of the poverty level, 

using a 30-day test proof of income, to be eligible for services. Customers must show 

proof of ownership of the appliance and social security cards for all members of the 

household. 

Please describe the Energy Education component. 

Energy Education consists of training community action agency staff to deliver energy 

education, both in-office and in-home. In addition, APS will provide $25 to a community 

action agency to help cover the costs of an in-home visit for bill assistance recipients to 

receive energy education. 

Please describe the A C M  Administration component. 

The Arizona Community Action Association (“ACAA”) administers the Energy-Wise 

Assistance Program. ACAA coordinates the program between APS and nine local 

community action agencies (located in Phoenix, Tucson, Flagstaff, Yuma, Coolidge, 

Globe, and Safford); serves as the central point for invoicing, tracking, validating, and 

reporting activities to APS; identifies technical assistance needs and provides training; 

and develops the energy education program. In response to requests from ACAA, the 

Arizona Energy Office (“AEO”) calculates present value analyses of how much measures 

are worth, comparing costs to install a measure with savings to the customer. 

E-01 345A-03-0437 BEK.doc 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

2( 

21 

2: 

2: 

2L 

2: 

2t 

2: 

21 

Direct Testimony of Barbara Keene 
Docket No. E-01345A-03-0437 
Page 5 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Please describe the Communications component. 

This component includes the design and development of brochures, posters, stickers, 

survey forms, and evaluation forms. 

How much has APS agreed to spend on the Energy-Wise Assistance Program? 

As part of the 1999 Settlement, APS agreed to continue this program in an annual amount 

of at least $500,000 through July 1, 2004. 

How much has APS been spending on the Energy-Wise Assistance Program? 

A P S  has reported the following program expenditures: $434,763 in 1999; $462,990 in 

2000; $399,365 in 2001, and $394,354 in 2002. Therefore, APS did not spend the 

promised $500,000 in any year. In addition, those amounts include expenditures for bill 

assistance. Bill assistance is not DSM, although it is a System Benefit which will be 

discussed later in this testimony. 

What other DSM programs does APS currently have? 

In 1997, Staff pre-approved two programs for APS. They were the Residential New 

Construction Market Transformation Program and the Residential HVAC Retrofit Market 

Transformation Program. Beginning in 2001, APS stopped reporting on these programs 

in its semi-annual DSM reports. A statement in the report for the second half of 2000 

after the section on Market Transformation was, “This is the last time t h s  will be 

reported as a DSM activity.” Staff understood this to mean that the programs were no 

longer being conducted. At that time, Decision No. 63364 that approved the 

Environmental Portfolio Standard said that utilities should shift DSM spending to 

renewables. However, APS’ response to STF 5-13 indicates that these programs are still 

in effect. APS has indicated that it will revise its semi-annual DSM reports to include 

these programs. 

E-01345A:03-0437 BEK.doc 
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Q. 
A. 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Please describe the Residential New Construction Market Transformation Program. 

As presented to Staff in 1997, the objective of the program was to encourage the market 

adoption of energy-efficient new home construction techniques and more energy-efficient 

HVAC systems. The program promotes the Environmental Protection Agency’s Energy 

Star Home Program, which is a voluntary labeling program for energy-efficient products, 

including houses. APS provides training for home builders on selling energy efficiency 

and the Energy Star Home Program. For HVAC contractors, APS provides training, 

qualification, and advertising costs. APS provides consumers with information and 

referrals to qualified contractors. Per APS’ response to STF 5-14, APS spent $168,159 on 

this program in 2002. 

Please describe the Residential HVAC Retrofit Market Transformation Program. 

As presented to Staff in 1997, this program sought to educate contractors and residential 

customers about energy-efficient HVAC on existing houses. Per U S ’  response to STF 

5-14, APS spent $106,357 on this program in 2002. APS also spent $372,877 on joint 

education and promotional costs for both residential market transformation programs. 

Are there any other DSM programs? 

According to APS’ response to STF 5-13, A P S  also has programs for Residential Time of 

Use (educational materials); Commercial Energy Information, Analysis and Training; and 

Commercial and Industrial Power Partners Program. These programs have not been pre- 

approved by Staff. In 2002, APS spent $10,335; $47,595; and $13,383 on these 

programs, respectively. 

What DSM programs should APS pursue? 

APS should evaluate possible DSM programs, considering the costs and kW and kWh 

savings associated with each program. APS should then select the most beneficial and 

cost-effective projects to pursue. 

E-01345A-03-0437 BEK.doc 
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Ideally, A P S  should engage in DSM programs as long as the incremental societal benefits 

(deferred capacity, avoided fuel costs, and avoided environmental impacts) are greater 

than the incremental cost of those programs to society. 

Cost Recovery of DSM Programs 

Q. 
A. 

Q. 
A. 

Q. 

A. 

How does APS currently recover its costs related to its DSM activities? 

In Decision No. 59601 (APS’ Rate Reduction Agreement, April 24, 1996), the 

Commission allowed $7 million to be included in base rates for DSM and renewables. 

Of the $7 million total, A P S  was required to undertake at least $3 million of DSM per 

year on average, and at least $3 million on renewable projects per year on average. The 

Decision provides that if APS spends less than the $7 million included in base rates on 

DSM and renewables per year on average, the Commission, at the next rate case, shall 

review these expenditures and may order appropriate refunds to ratepayers. 

How much did APS spend each year? 

According to semi-annual DSM and Renewables reports filed by APS, APS spent an 

annual average of $6,992,000 from 1996 through 2002. That number is close enough to 

$7,000,000 to not require a refund to ratepayers. 

What cost recovery mechanisms could be used to recover APS’ DSM costs in the 

future? 

Possible mechanisms include using a deferral account with amortization into base rates, 

simply putting a level of costs in base rates, recovery through any fuel and purchased 

power adjustor approved for APS, or setting up a separate DSM adjustment mechanism. 

E-0134SA-03-0437 BEK.doc 
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Q- 

A. 

Q. 

A. 

Q. 

A. 

Should APS recover its DSM costs through a deferral account with base rate 

amortization? 

No. When a deferral account is used, pre-approved DSM costs are placed in the deferral 

account and earn interest until the utility’s next rate case, when the costs are considered 

for base rate cost recovery. If there are significant DSM activities taking place, the 

deferral account balance grows quickly, including the attendant interest, and can become 

a major cost which has to be dealt with in the utility’s next rate case. In addition, a 

deferral account may not allow for the timely recovery of DSM costs to the same extent 

as some other cost recovery mechanisms. 

Should APS recover its DSM costs directly through base rates with no deferral 

accounting? 

No. While recovery of DSM costs through base rates provides for current cost recovery, 

placing DSM costs in base rates does not provide the Commission and A P S  with 

flexibility to increase or decrease DSM spending, as circumstances dictate. Additionally, 

a utility could choose to end its DSM activities, and there would be no way to remove the 

DSM fimding from base rates until the next rate case. 

Should APS recover its DSM costs through a fuel and purchased power adjustor (if 

approved for APS)? 

No. While recovery of DSM costs through a fuel and purchased power adjustor would 

provide timely and more flexible cost recovery, it would complicate the administration of 

the fuel and purchased power adjustor. One disadvantage of this type of recovery 

mechanism is that customers who choose to obtain power in the competitive market 

would not continue to pay for DSM which is a public benefit. 
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Q. 
A. 

Q. 
A. 

Q. 
A. 

How should APS recover its costs for DSM programs? 

Staff recommends that APS be allowed to recover its costs for pre-approved DSM 

programs through a separate DSM adjustment mechanism. Recovery of pre-approved 

DSM costs through a DSM adjustment mechanism would provide the flexibility to adjust 

the level of DSM spending as needed in the future, while also providing timely recovery 

of pre-approved DSM costs. It would also provide a separate and specific accounting for 

pre-approved DSM costs. 

A DSM adjustment mechanism would allow the costs associated with pre-approved 

programs to be recovered as the level of expenses associated with those programs 

changes. In addition, separating these expenses from other expenses included in base 

rates provides an incentive to initiate programs at any time rather than in the context of a 

rate case. 

How would customers be billed? 

The DSM adjustment mechanism, as a charge per kwh, would be included on all 

customer bills as a separate line item. It would be a nonbypassable charge, meaning that 

customers who obtain power in the competitive market would continue to pay the charge. 

How would the proposed DSM adjustment mechanism work? 

The proposed DSM adjustment mechanism would consist of an account where the costs 

for pre-approved DSM programs would be recorded for each program by AF'S as the 

costs were incurred. By January 31 of each year, A P S  would file with Staff to set the per 

kWh DSM adjustment mechanism charge. APS would document the costs placed in each 

DSM program subaccount during the previous year and the revenue received from 

ratepayers through the per kWh charge during the previous year. Staff would analyze 

this information. Then the per kWh charge for the next year would be calculated by 
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dividing the account balance by the number of kWh used by customers in the previous 

year. 

Q. 
A. 

Q. 
A. 

Q. 

A. 

Q. 
A. 

Q. 
A. 

Should annual DSM program expenditures be capped? 

Yes. After reviewing past expenditures, Staff has determined that 

for an annual cap would be $4 million. 

What kinds of costs should APS be able to recover? 

n appropriat am unt 

Staff recommends that APS recover the program costs associated with pre-approved 

DSM projects. Program costs include administrative expenses, monitoring expenses, any 

incentives such as rebates, promotional expenses, educational program expenses, and the 

costs of demonstration facilities. The total costs to be recovered could not exceed $4 

million per year. 

Because Staff is recommending an adjustment mechanism to recover DSM costs, is 

an adjustment to operating expenses required? 

Yes. 

necessary to remove DSM costs fi-om operating expenses. 

Staff witness Dittmer describes in his testimony the adjustment ($1,05 1,381) 

What programs should APS include in the DSM adjustment mechanism? 

The costs of the Energy-Wise Assistance Program should be included in the DSM 

adjustment mechanism after the conclusion of this rate case. 

What about including the other current DSM programs? 

None of the costs of the other programs should be included in the DSM adjustment 

mechanism at this time. For the two residential market transformation programs, A P S  

should provide updated information on features of the programs as well as the evaluation 

information that APS had indicated at the time of pre-approval that it would provide at 
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regular intervals. After Staff has reviewed the information and determines that the 

programs are cost-effective, APS could begin to recover the costs of those programs 

through the adjustment mechanism. For the programs that have never been submitted to 

Staff for pre-approval, APS would need to submit those programs through the procedures 

described below. 

Implementation of DSM Programs 

Q. 
A. 

Q. 
A. 

How should APS implement DSM programs? 

APS should submit proposed programs to Staff for pre-approval. (Decision No. 59601 

delegated the authority to pre-approve DSM programs to Staff.) APS should also file a 

copy of DSM program plans with Docket Control, and interested parties would have 20 

days to comment on the proposed DSM program. After a program is pre-approved, APS 

may begin entering the costs for that program as they are incurred into a new DSM 

adjustment mechanism subaccount. 

What should APS include in a DSM program proposal? 

The proposal should include the purpose of the program, a description of the project, the 

expected level of participation, the expected kW and kWh savings, the expected societal 

costs, an implementation plan and schedule, a monitoring and evaluation plan, a 

description of incentives (if any), and a marketing plan. 

Staff would consider whether the benefits of the measures to society exceed the costs to 

society. In addition, Staff would consider the reasonableness of any customer incentives 

proposed by APS. New programs could be added or existing programs terminated 

anytime during the year subject to Staff approval. 
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Q. 
A. 

Q. 

A. 

Q. 
A. 

Why should each program proposal include a monitoring and evaluation plan? 

Monitoring can establish the impacts of each program on kWh and kW of consumption. 

Estimation of these impacts is necessary to determine whether a measure is actually cost- 

effective and to determine the amount of kW and kWh savings. Accurate estimates of 

savings are necessary in demand forecasting and long-range planning. 

Monitoring DSM programs also enables the utility to refine its marketing and incentive 

efforts for each program. APS would need information on whether an incentive it offers 

is adequate, whether any participants are getting a free lunch, whether customers are 

receiving conservation information and using it properly, and so on. 

Could engineering estimates be used to determine kW and kWh savings at lower 

cost than a monitoring program? 

No. Engineering data can provide some guidance on savings, but data on actual 

experience, taking into account customer behavior and field performance of the measure, 

is essential. An example of customer behavior influencing kW and kWh savings is when 

the customer lowers a thermostat because the new air conditioner is more efficient and 

costs less to operate. Actual experience may be far different than engineering data would 

suggest. It is difficult to know whether a program is cost-effective without knowing 

actual savings. 

What are Staffs recommendations regarding monitoring? 

A P S  should include a monitoring plan in each program proposal. If the monitoring 

activity reveals that the program is not working as well as expected, APS should modify 

or terminate the program. APS should notify Staff about any plans to terminate a 

program before such termination occurs. APS should provide Staff with its plans for 

notification to potential participants. If a program is terminated, APS would be expected 

to give proper notice to potential participants as well as honor existing commitments. 
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For programs with large numbers of participants, a sample of customers should be 

observed to obtain usage data, customer characteristics, and building characteristics so 

that a statistical analysis of the measures can be conducted. Weather should be taken into 

account as appropriate. For measures installed in only a few locations, APS may have to 

monitor all of the sites to determine the impacts of the program. APS may monitor all of 

the customer's electricity usage or may submeter end uses, depending on whether end- 

use metering is the only way to measure the program impacts. It may be necessary to 

monitor customers before and after installation of measures, or a comparison group may 

be monitored. 

Monitoring a particular type of measure may be discontinued after one or two years of 

experience, but APS should plan to monitor some customers over a longer period to 

determine whether the customers have stopped using the conservation measure after 

several years or have altered the measure's characteristics. 

Customer surveys, focus groups, and other market evaluation techniques may be used to 

determine the effectiveness of the marketing and incentives for each measure. 

Q. 
A. 

How can Staff monitor APS' efforts? 

Staff recommends that APS submit mid-year and end-year reports in Docket Control 

containing the following information separately for each program: a brief description of 

the program; program modifications; programs terminated; the level of participation; a 

description of monitoring activities and results; kW and kWh savings; problems 

encountered and proposed solutions; costs incurred during the reporting period 

disaggregated by type of cost (such as administrative costs, rebates, and monitoring 

costs); findings from all research projects; and other significant information. Each report 

would be due 60 days after the conclusion of the reporting period. In addition, the 
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Commission may review program costs and performance in future rate cases. As part of 

its semi-annual DSM reports, APS would present the status of each subaccount balance. 

SYSTEM BENEFITS 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Q. 
A. 

What are System Benefits? 

A.A.C. R14-2-1601(41) defines System Benefits as Commission-approved utility low 

income, demand-side management, consumer education, environmental, renewables, 

long-term public benefit research and development, nuclear fuel disposal and nuclear 

power plant decommissioning programs, and other programs that may be approved by the 

Commission from time to time. 

What is the System Benefit Charge? 

A.A.C. R14-2-1608 requires each utility distribution company to file for Commission 

review nonbypassable rates or related mechanisms to recover the applicable pro-rata 

costs of System Benefits &om all consumers located in the utility distribution company’s 

service area. Utility distribution companies are to file for review of the System Benefit 

Charge (“SBC”) at least every three years. 

How did the SBC first become established for APS? 

The 1999 Settlement Agreement had Direct Access tariffs attached to it that contained an 

amount for the SBC ($O.OOllS/kWh for all Direct Access customers). Neither the 

Settlement Agreement nor the Decision that approved it contain any discussion about 

how the SBC was derived for APS. 

What programs does APS currently include in its SBC? 

Per APS’ response to WRA 1-8, the proposed SBC includes $9,844,557 for renewables, 

DSM, and low income programs; $18,929,620 for Palo Verde decommissioning; 
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Q. 
A. 

Q. 
A. 

Q. 
A. 

$2,839,027 for on-going independent pent fuel storage (ISFS); and $8,130,791 for 

amortization of ISFS. The total SBC, as proposed by APS, is $39,743,995. 

Please discuss each component of the SBC. 

Staff witness Harry Judd will discuss the Palo Verde decommissioning and ISFS 

components of the SBC. Since Staff is recommending a separate mechanism to recover 

costs for DSM described in the above section of this testimony, DSM costs should be 

removed from the SBC. Costs for renewables ($6,000,000) are used to help meet the 

Environmental Portfolio Standard requirements discussed in the next section of this 

testimony. Low income programs consist of the bill assistance ($61,679) mentioned in 

the above testimony about the Energy-Wise Assistance Program and rate discounts 

associated with E-3 and E-4 assistance rates ($2,844,557). 

Please describe the E-3 and E-4 assistance rates. 

Rate Schedules E-3 (Energy Support Program) and E-4 (Medical Care Equipment) 

provide discounted rates to low-income residential customers. The amount of discount 

depends on monthly usage. According to U S '  annual report on E-3 and E-4, 24,196 

customers received discounts totaling $2,844,557 in 2002. Administrative expenses were 

$64,939. 

What does Staff recommend to be included in the SBC? 

Staff recommends that the SBC include $8,906,236 for renewables and low income 

programs (including $6,000,000 for renewables, $61,679 for bill assistance, and 

$2,844,557 for E-3 and E-4 rate discounts), $13,411,212 for Palo Verde 

Decommissioning, $2,839,027 for ISFS, and $7,959,326 for amortization of ISFS. The 

total SBC should be $33,115,801. The difference between APS'  proposed total SBC and 

Staffs proposed total SBC is due to Staffs removal of DSM costs from the SBC and the 
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adjustments proposed by Harry Jdd in the amounts for Palo Verde decommissioning an( 

ISFS amortization. 

ENVIRONMENTAL PORTFOLIO STANDARD 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Q. 
A. 

What is the Environmental Portfolio Standard? 

The Environmental Portfolio Standard (“EPS”), embodied in A.A.C. R14-2-1618, was 

approved by the Commission in 2001. The EPS requires utility distribution companies to 

derive a portion of the retail energy they sell fi-om solar resources or environmentally 

friendly renewable electricity technologies. The portfolio percentage increases annually 

and was 0.4 percent in 2002, with at least 50 percent from solar resources. 

Did APS meet its EPS requirement in 2002? 

No. APS only met 60 percent of its 2002 requirement. 

What did APS do in regard to renewables in 2002? 

During 2002, APS installed new solar generation capacity, maintained existing solar 

plants, provided off-grid solar services, continued its Solar Partners “green pricing” 

program, explored non-solar renewables, tested new technologies, and purchased EPS 

credits from other providers. 

How is the EPS funded? 

The costs of the EPS are to be recovered through current System Benefits Charges and 

through an Environmental Portfolio Surcharge, approved by Decision No. 63354 on 

February 8, 2001. The surcharge is currently set at $0.000875 per kwh with monthly 

caps per service of $0.35 for residential customers, $13.00 for non-residential customers, 

and $39.00 for non-residential customers with demands of 3,000 kW or more. 
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Q. 
A. 

Q. 

A. 

Q. 
A. 

How much funding did APS have for renewables in 2002? 

In 2002, APS received $6,571,745 from the Environmental Portfolio Surcharge, 

$6,000,000 in System Benefits, and $259,000 from its Solar Partners program. 

How much additional funding would APS have needed to meet its 2002 EPS 

requirement? 

Per APS' response to STF 9-59, A P S  would have needed an additional $50.2 million to 

meet its EPS requirement by continuing to install photovoltaic (PV) systems itself to 

meet the solar portion of the requirement. 

What does Staff recommend regarding funding of the EPS for APS? 

An increase of $50.2 million would be an extraordinary increase. However, Staff does 

recommend that funding for renewables be increased by a smaller amount to help APS 

meet its EPS requirements. The increase should occur in the Environmental Portfolio 

Surcharge (Rate Schedule EPS-1). Staff recommends that the rate on EPS-1 remain at 

$0.000875 per kWh, but that the monthly caps per service be increased to $0.99 for 

residential customers, $25.00 for non-residential customers, and $100.00 for non- 

residential customers with demands of 3,000 kW or more. It should be emphasized that 

not all customers would pay the amounts of the caps every month. The caps are a 

maximum. This should result in an increase in revenues from the surcharge of about $4.4 

million. 

In addition, Decision No. 63354 had approved EPS-1 on an interim basis, pending true- 

up in a rate review proceeding in whch fair value findings are determined by the 

Commission. Since the current proceeding would constitute such a rate review 

proceeding, Staff recommends that the EPS-1 be made permanent with Staffs proposed 

revisions. 
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Q. 
A. 

What else does Staff recommend regarding the EP 13r APS 

Currently, APS meets the solar portion of its portfolio requirement mostly by installing 

photovoltaic (“PV”) systems themselves. Staff recommends that APS take the following 

actions to make the available dollars go further: 

e APS should expand its existing buydown program, where customers pay for part 

of the cost of projects. 

e A P S  should pursue more large-scale solar thermal electric projects. 

A P S  should enter into contracts to buy electricity or EPS credits from private 

developers of solar projects (PV or thermal). 

RETURNING CUSTOMER DIRECT ASSIGNMENT CHARGE 

Q. 
A. 

Q. 
A. 

What is the Returning Customer Direct Assignment Charge? 

The Returning Customer Direct Assignment Charge (“RCDAC”) is intended to recover 

from Direct Access customers the additional costs, both one-time and recumng, that 

these customers would otherwise impose on other Standard Offer customers if and when 

the former return to Standard Offer service from their competitive suppliers. Decision 

No. 66567 approved the RCDAC for APS with conditions as proposed by Staff. 

What were those conditions? 

Staff recommended the following conditions: 

1. The RCDAC tariff should specify that the charge will be applicable only to 

individual customers or aggregated groups of customers of 3 MW or greater. 

The RCDAC tariff should indicate that a customer will not be subject to the 

RCDAC if the customer provides A P S  with one year‘s advance notice of intent to 

take Standard Offer service. 

A P S  should break down the individual components of the potential charge on the 

RCDAC tariff, define them, and provide a general framework that describes the 

way in whch the RCDAC will be calculated. 

2. 

3. 
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4. APS should file a revised Schedule AP-2 for Staff review prior to its 

implementation. 

5 .  The RCDAC and Schedule AP-2 should not be effective until the conclusion of 

APS’ rate case. 

Q. 

A. 

What is Staffs position on the RCDAC at this time? 

Staff continues to not oppose the RCDAC with the above conditions. 

SERVICE SCHEDULES 

Schedule 1 - Terms and Conditions for Standard Offer and Direct Access Services 

Q. 

A. 

What does Staff recommend in regard to Schedule l? 

APS has proposed many changes to Schedule 1, including some of the charges. Although 

most of the proposed wording changes are acceptable, Staff recommends that the charges 

primarily be cost-based, rounded up to the nearest $0.50. APS provided cost information 

in DJR-WP 1. 

Q. 

A. 

Which charges does either APS or Staff propose to change? 

The charges and proposed changes are summarized in the following table: 

trip charge (2.2.1) none 
after -hour service est ab li shment 

after-hour other services (2.2.3) none 

$5 0 
(2.2.2) 

overhead reconnection (4.5.1) $87.50 
underground reconnection (4.5.1) $125.00 
on-site energy evaluation (4.6) $50.00 
joint site meeting (6.2.3) $30.00 metro 

$75.00 outside 
$30/hr after 30 
minutes 
$10.00 

meter test (6.5) $25 .OO 
reread charge (6.4.4 and 6.4.5) 
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$17.50 $16.00 
$75.00 $75.00 

$90.00 $82.00 
$70.00 all areas $62.00 all areas 
hourly rate after 30 $53/hr after 30 
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$20.00 1 $16.50 

P $30.00 meter shop 
$100.00 field 1 $50.00 field 

$30.00 meter shop 
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Q. 
A. 

Q. 
A. 

Q. 

A. 

Q. 

A. 

Please discuss your recommendation regarding the trip charge. 

The proposed trip charge would occur when a company representative travels to a 

customer site to establish, reconnect, or re-establish service but is unable to complete the 

requested service due to lack of access to the meter panel. A P S  proposes that the charge 

be $17.50. Because DJR_WPl shows costs for a trip to be $15.56, Staff recommends 

that the trip charge be set at $16.00. 

Please discuss your recommendation regarding the after-hour establishment charge. 

An after-hour charge occurs when a customer requests that service be established, 

reconnected, or re-established outside of regular working hours or on the same day of 

request. The current charge is $50.00. APS proposes to increase the charge to $75.00. 

Although DJR-WPl show costs to be $91.13, Staff recommends that the after-hour 

charge be set at $75.00 because an increase in a charge should not be too large. 

Please discuss your recommendation regarding the after-hour charge for other 

services. 

This is a new charge for service establishment work that is generally more complicated 

and time consuming than basic service activities, APS has proposed that the charge be 

billed at hourly rates to be determined by the company. Staff recommends that the 

charge be set at a fixed rate so that the customer knows in advance what the charge will 

be. Staff recommends that the charge be set at $75.00 to be consistent with the after-hour 

establishment charge discussed above. 

Please discuss your recommendation regarding the overhead and underground 

reconnection charges. 

When a customer is reconnected after being terminated for delinquent payments, the 

customer is charged a reconnection charge. If the termination was at the pole (overhead), 

then the reconnection charge is currently $87.50. If the termination was in underground 
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equipment, the reconnection charge is currently $125.00. A P S  has proposed to increase 

the overhead reconnection charge to $100.00 and leave the underground reconnection 

charge at $125.00. Because the costs of reconnection are $96.03 for overhead and 

$1 14.54 for underground, Staff recommends that the overhead reconnection charge be set 

at $96.50 and the underground reconnection charge be reduced to $11 5 .OO. 

Q. 
A. 

Q. 
A. 

Please discuss your recommendation regarding the on-site energy evaluation charge. 

An on-site evaluation charge occurs when a company field investigator performs an on- 

site visit to evaluate how a customer may reduce energy usage. A P S  proposes to increase 

this charge from $50.00 to $90.00. Since DJR - WP1 shows costs to be $81.98, Staff 

recommends that the on-site evaluation charge be set at $82.00. 

Please discuss your recommendation regarding the joint site meeting charge. 

A joint site meeting charge occurs when an Electric Service Provider (“ESP”) or a 

customer requests a joint meeting for removal of the company’s metering equipment or 

lock ring. Currently, there is a $30.00 charge for meetings in the Phoenix metropolitan 

area and $75.00 for all other areas. There is an additional charge of $30.00 per hour if 

the meeting exceeds 30 minutes. APS proposes to charge $70.00 for all areas plus an 

hourly rate to be determined by the company for meetings that exceed 30 minutes. 

Actual costs are $30.72 for meetings in the Phoenix area, $92.68 for meetings elsewhere, 

and $52.96 for meetings that exceed 30 minutes. Since the average cost is $61.71, Staff 

recommends that the joint site meeting charge be set at $62.00 for all areas plus $53.00 

per hour for meetings that exceed 30 minutes. Although this would be a large increase 

for meetings in Phoenix, no one was charged a joint site meeting charge from January 

2001 through September 2003. 

E-01 345A-03-0437 BEK.doC 



1 

2 

3 

L 

C 
” 

t 

r 

I 

E 

s 

1( 

11 

1; 

1: 

1L 

1: 

1( 

1: 

12 

15 

2( 

2’ 

2: 

2: 

21 

2: 

2( 

2‘ 

21 

Direct Testimony of Barbara Keene 
Docket No. E-01345A-03-0437 
Page 22 

Q. 
A. 

Q.  
A. 

Q. 
A. 

Please discuss your recommendation regarding the reread charge. 

A reread charge occurs when the company is asked to reread a customer’s meter, and the 

original reading was not in error. A reread charge also occurs when a Meter Reading 

Service Provider fails to provide meter read data to the company, and the company 

obtains the data. The current charge is $10.00, and A P S  proposes to increase the charge 

to $20.00. Because actual costs are $16.50, Staff recommends that the reread charge be 

set at $16.50. 

Please discuss your recommendation regarding the meter test charge. 

APS will test a meter upon request. If the meter is found to be within acceptable limits, 

there is a meter read charge, currently set at $25.00. APS proposes to increase the charge 

to $30.00 if the test is performed in the meter shop and $100.00 if the test is performed in 

the field. Actual costs vary by phase and type of meter. Staff recommends that the meter 

test charge be set at $30.00 if performed in the meter shop and, to avoid too large of an 

increase, $50.00 if performed in the field. 

What else does Staff recommend for Schedule l? 

APS has suggested revised wording to Section 2.5.1.2 regarding criteria for not requiring 

a security deposit. APS would replace language accepting a letter from another electric 

utility with language about an acceptable credit rating. Staff opposes this change because 

it would not be consistent with A.A.C. R14-2-203.B.b. 

A P S  has proposed rewording Section 5.4 regarding company access to customer sites. 

Staff accepts the changes but recommends that the following sentence be added to the 

end of the paragraph: “Written termination notice is required prior to disconnecting 

service under this schedule.” 
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APS has proposed a new provision (Section 5.5.2) regarding customers creating hazards 

or obstructions of easements. Staff recommends the new provision be adopted but that 

the following sentence be added: “Company will notify the customer in writing of the 

violations.” 

In Section 6.2, all references to “Load Serving ESP” should be replaced with “Meter 

Service Provider” or “MSP.” 

In Section 6.4, “Load Serving ESP” should be replaced with “Meter Reading Service 

Provider.” 

Schedule 3 - Conditions Governing Extensions of Electric Distribution Lines and Services 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Please explain the current construction allowance policy. 

Currently, when a residential customer requests a line extension, there is no cost to the 

customer for 1,000 feet. The customer would pay the cost for any additional feet up to 

2,000 feet or up to $25,000. That payment would be made in the form of an advance 

which is refundable as additional customers are served off of the line extension. If the 

advance has not been totally refunded within five years, the advance is no longer 

refundable. 

What has APS proposed in regard to this policy? 

APS has proposed replacing the 1,000-foot construction allowance with a cost allowance 

of $3,500. For costs between $3,500 and $25,000, the customer would pay a non- 

refundable contribution in aid of construction. 

What does the proposed change in the construction allowance mean to customers? 

Per the testimony of APS witness Mr. David Rumolo (p. 9, lines 5-9), the proposed 

$3,500 allowance equates to the cost of a typical underground extension of 500 feet, 
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while the cost of an overheaG extension of 1, feet is approximately $1 000. In 

response to STF 7-49, A P S  states that the $3,500 allowance equates to approximately 200 

feet of an overhead extension. Therefore, under APS’  proposed $3,500 allowance, 

customers would receive 1/5 to 1/2 of the footage that is currently allowed. Staff opposes 

replacing the 1,000-foot allowance with a $3,500 allowance. 

Q. 

A. 

What does Staff recommend in regard to customer advances of costs? 

Staff recommends that the current refundable advances be retained in Schedule 3. This 

would be consistent with the provisions of A.A.C. R14-2-207.C.1. 

Schedule 7 - Electric Meter Testing and Maintenance Plan 

Q. 
A. 

Q. 
A. 

Please describe APS’ proposed changes to Schedule 7. 

APS has proposed editorial changes to reflect current American National Standards 

Institute (“ANSI”) standards and the addition of language for performance of solid-state 

meters. 

What is Staff’s recommendation regarding Schedule 7? 

Staff recommends that the changes reflecting current ANSI standards not be made at this 

time. Currently, A.A.C. R14-2-209.E.1 requires the use of “the 1995 edition (and no 

future editions) of ANSI C12.1 (American National Standard Code for Electricity 

Metering).” Staff also opposes replacing the words “meter maintenance and testing 

program” with ”performance monitoring plan.” A.A.C. R14-2-209.E.2 uses “meter 

maintenance and testing program.” To use “performance monitoring plan” may be 

misleading regarding the intent of the rule. 

Schedule 10 - Terms and Conditions for Direct Access 

Q. 

A. 

What does Staff recommend for Schedule l o ?  

In Section 3.6.1, the last word should be “less” instead of “more.” 
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Section 4.2.1 provides for an Electric Service Provider to obtain customer usage data 

from APS and that APS may charge for the data. Staff recommends that the phrase “at 

rates approved by the ACC” not be removed from the paragraph. 

In Section 5.1.7, the words “Meter Reading Service Providers (“MRSP”)” should not be 

replaced with “a Load Serving ESP or its MRSP when providing meter reading services.” 

Only an MRSP, not a Load-Serving ESP, can provide meter reading services. 

Section 8.12.2 must be made consistent with A.A.C. R14-2-1612.L.10 and 11 in regard to 

the ownership of Current Transformers and Potential Transformers. 

In the last sentence of Section 8.15, “MSRP” should be “MRSP.” 

In Section 8.16.1.3, the words “with the” should be deleted. 

SUMMARY OF STAFF RECOMMENDATIONS 

Q. Please summarize Staff’s recommendations. 

A. 1. Staff recommends that APS be allowed to recover its costs for pre-approved 

demand-side management (“DSM”) programs through a DSM adjustment 

mechanism. 

Staff recommends that the total of System Benefits should be $33,115,801. 

Staff recommends that the caps per service on EPS-1 be increased to help APS 

2. 

3. 

meet its Environmental Portfolio Standard requirements and that the tariff be 

made permanent. Staff also recommends that APS take steps to make the dollars 

go further. 

Staff does not oppose the Returning Customer Direct Assignment Charge with 

conditions. 

Staff recommends that the trip charge be set at $16.00. 

4. 

5.  

E-01 345A-034437 BEK.doc 



1 

2 

3 

4 

5 

6 

5 

e 
5 

1c 

11 

12 

13 

14 

15 

16 

17 

18 

1s 

2c 

21 

22 

2: 

21 

2: 

2( 

2‘ 

21 

Direct Testimony of Barbara Keene 
Docket No. E-01345A-03-0437 
Page 26 

6. 

7. 

8. 

9. 

10. 

11. 

12. 

13. 

14. 

15. 

16. 

17. 

18. 

19. 

20. 

21. 

22. 

Staff recommends that the after-hour establishment charge be set at $75.00. 

Staff recommends that the after-hour charge for other services be set at $75.00. 

Staff recommends that the overhead reconnection charge be set at $96.50. 

Staff recommends that the underground reconnection charge be reduced to 

$115 .OO. 

Staff recommends that the on-site evaluation charge be set at $82.00. 

Staff recommends that the joint site meeting charge be set at $62.00 for all areas 

plus $53.00 per hour for meetings that exceed 30 minutes. 

Staff recommends that the reread charge be set at $16.50. 

Staff recommends that the meter test be set at $30.00 if performed in the meter 

shop and $50.00 if performed in the field. 

Staff opposes revised wording in Section 2.5.1.2 of Schedule 1 regarding criteria 

for not requiring a security deposit. 

Staff recommends that a sentence about written termination notice be added to 

Section 5.4 of Schedule 1. 

Staff recommends that a sentence about written notification of violations be added 

to Section 5.5.2 of Schedule 1. 

Staff recommends that all references to “Load Serving ESP” be replaced with 

“Meter Service Provider” or “MSP” in Section 6.2 of Schedule 1. 

Staff recommends that all references to “Load Serving ESP” be replaced with 

“Meter Reading Service Provider” in Section 6.4 of Schedule 1. 

Staff opposes replacing the 1,000-foot allowance with a $3,500 allowance in 

Schedule 3. 

Staff recommends that the current refundable advances be retained in Schedule 3. 

Staff recommends that APS’ proposed changes in Schedule 7 reflecting current 

ANSI standards not be made at this time. 

Staff opposes replacing the words “meter maintenance and testing program” with 

“performance monitoring plan” in Schedule 7.  
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Q. 
A. 

23. 

24. 

25. 

26. 

27. 

Staff recommends that t,,e won 

of Schedule 10. 

“more” be replaced with “less” in Section 6.1 

Staff recommends that the phrase “at rates approved by the ACC” should not be 

removed from Section 4.2.1 of Schedule 10. 

Staff recommends that the words “Meter Reading Service Providers (“MRSP”)” 

should not be replaced with “a Load Serving ESP or its MRSP when providing 

meter reading services” in Section 5.1.7 of Schedule 10. 

Staff recommends that Section 8.12.2 of Schedule 10 be made consistent with 

A.A.C. R14-2-1612.L10 and 11 in regard to the ownership of Current 

Transformers and Potential Transformers. 

Staff recommends correcting typos in Sections 8.15 and 8.16.1.3 of Schedule 10. 

Does this conclude your direct testimony? 

Yes, it does. 

E41345A-03-0437 BEK.doc 



Appendix 1 
Page 1 of4  

RESUME 

BARBARA KEENE 

Education 

B.S. 
M.P.A. 
A.A. 

Political Science, Arizona State University (1 976) 
Public Administration, Arizona State University (1 982) 
Economics, Glendale Community College (1 993) 

Additional Training 

Management Development Program - State of Arizona, 1986- 1987 
UPLAN Training - LCG Consulting, 1989,1990, 1991 
various seminars, workshops, and conferences on energy efficiency, rate design, 

computer skills, labor market information, training trainers, and Census products 
. .  

Employment History 

Arizona Corporation Commission, Utilities Division, Phoenix, Arizona: Public Utilities 
Analyst V (October 2001-present), Senior Economist (July 1990-October 2001), Economist 
I1 (December 1989-July 1990), Economist I (August 1989-December 1989). Conduct 
economic and policy analyses of public utilities. Coordinate working groups of stakeholders on 
various issues. Prepare Staff recommendations and present testimony on electric resource 
planning, rate design, special contracts, energy efficiency programs, and other matters. 
Responsible for maintaining and operating UPLAN, a computer model of electricity supply and 
production costs. 

Arizona Department of Economic Security, Research Administration, Economic Analysis 
Unit: Labor Market Information Supervisor (September 1985-August 1989), Research and 
Statistical Analyst (September 1984-September 1985), Administrative Assistant (September 
1983-September 1984). Supervised professional staff engaged in economic research and 
analysis. Responsible for occupational employment forecasts, wage surveys, economic 
development studies, and over 50 publications. Edited the monthly Arizona Labor Market 
Information Newsletter, which was distributed to about 4,000 companies and individuals. 

Testimony 

Resource Planning for Electric Utilities (Docket No. U-0000-90-088), Arizona Corporation 
Commission, 1990; testimony on production costs and system reliability. 
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Trico Electric Cooperative Rate Case (Docket No. U-1461-91-254), Arizona Corporation 
Commission, 1992; testimony on demand-side management and time-of-use and interruptible 
power rates. 

Navopache Electric Cooperative Rate Case (Docket No. U- 1787-9 1 -280), Arizona Corporation 
Commission, 1992; testimony on demand-side management and economic development rates. 

Arizona Electric Power Cooperative Rate Case (Docket No. U-1773-92-214), Arizona 
Corporation Commission, 1993; testimony on demand-side management, interruptible power, 
and rate design. 

Tucson Electric Power Company Rate Case (Docket Nos. U-1933-93-006 and U-1933-93-066) 
Arizona Corporation Commission, 1993; testimony on demand-side management and a 
cogeneration agreement. 

Resource Planning for Electric Utilities (Docket No. U-0000-93-052), Arizona Corporation 
Commission, 1993; testimony on production costs, system reliability, and demand-side 
management. 

Duncan Valley Electric Cooperative Rate Case (Docket No. E-01703A-98-043 l), Arizona 
Corporation Commission, 1999; testimony on demand-side management and renewable energy. 

Tucson Electric Power Company vs. Cyprus Sierrita Corporation, Inc. (Docket No. E-00001-99- 
0243), Arizona Corporation Commission, 1999; testimony on analysis of special contracts. 

Anzona Public Service Company's Request for Variance (Docket No. E-01 345A-01-0822), 
Arizona Corporation Commission, 2002; testimony on competitive bidding. 

Generic Proceeding Concerning Electric Restructuring Issues (Docket No. E-00000A-02-005 l), 
Arizona Corporation Commission, 2002; testimony on affiliate relationships and codes of 
conduct. 

Tucson Electric Power Company's Application for Approval of New Partial Requirements 
Service Tariffs, Modification of Existing Partial Requirements Service Tariff 101 , and 
Elimination of Qualifying Facility Tariffs (Docket No. E-01933A-02-0345) and Application for 
Approval of its Stranded Cost Recovery (Docket No. E-01 933A-98-047 l), Arizona Corporation 
Commission, 2002, testimony on proposals to eliminate, modify, or introduce tariffs and 
testimony on the modification of the Market Generation Credit. 

Arizona Public Service Company's Application for Approval of Adjustment Mechanisms 
(Docket No. E-01 345A-02-0403), Arizona Corporation Commission, 2003, testimony on the 
proposed Power Supply Adjustment and the proposed Competition Rules Compliance Charge. 
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Generic Proceeding Concerning Electric Restructuring Issues, et a1 (Docket No. E-00000A-02- 
0051, et al), Arizona Corporation Commission, 2003; Staff Report on Code of Conduct. 

Publications 

Author of the following articles published in the Arizona Labor Market Information Newsletter: 

"1982 Mining Employees - Where are They Now?" - September 1984 
"The Cost of Hiring" and "Arizona's Growing Industries" - January 1985 
"Union Membership - Declining or Shifting?" - December 1985 
"Growing Industries in Arizona" - April 1986 
"Women's Work?" - July 1986 
"1987 SIC Revision'' - December 1986 
"Growing and Declining Industries'' - June 1987 
"1986 DOT Supplement" and "Consumer Expenditure Survey" - July 1987 
"The Consumer Price Index: Changing With the Times" - August 1987 
"Average Annual Pay" - November 1987 
"Annual Pay in Metropolitan Areas'' - January 1988 
"The Growing Temporary Help Industry" - February 1988 
Wpdate on the Consumer Expenditure Survey'' - April 1988 
"Employee Leasing" - August 1988 
"Metropolitan Counties Benefit from State's Growing Industries'' - November 1988 
"Arizona Network Gives Small Firms Helping Hand" - June 1989 

Major contributor to the following books published by the Arizona Department of Economic 
Security: 

Annual Planning Information - editions from 1984 to 1989 
Hispanics in Transition - 1987 

(with David Berry) "Contracting for Power," Business Economics, October 1995. 

(with Robert Gray) "Customer Selection Issues," NRW Quarterly Bulletin, Spring 1998. 

Reports 

(with Task Force) Report of the Task Force on the Feasibility of Implementing Sliding Scale 
Hookup Fees. Arizona Corporation Commission, 1992. 

Customer Repayment of Utility DSM Costs, Arizona Corporation Commission, 1995. 
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EXECUTIVE SUMMARY 
ARIZONA PUBLIC SERVICE COMPANY 

DOCKET NO. E-01345A-03-0437 

Ms Andreasen's testimony is recommending the following: 

1. In order for all customer classes to benefit from the recommended overall rate 

2. 

3. 

4. 

5 .  

6. 

decrease, Staff is recommending that no customer class or subclass be assigned a 

revenue increase or an increase to rates. 

Staff recommends that the residential class receive a 4.04 percent revenue decrease, 

the general service class receive a 13.4 percent revenue decrease, the irrigation class 

receive a 2.19 percent decrease, and the street lighting and dusk to dawn customer 

classes receive a 1.1 percent decrease. 

Within the residential rate class, Staff recommends that ET-1 and ECT-1R should 

receive average decreases. E-10 and EC-1 should receive less than the average 

decrease and E-12 should receive an above average decrease. 

Staff recommends that the categories within the general service rate class should 

receive decreases to varying degrees. Staff recommends that the medium and extra 

large general service classes should receive average decreases, the small general 

service rate class should receive a greater than average decrease, and the large general 

service class should receive less than half of the average decrease. 

If revenue requirements result in a rate increase, Staff would recommend that the 

revenues be allocated across the main customer classes in a more even distribution. 

However, Staff would recommend that the Commission adopt the proportion identified 

in this testimony for the intraclass allocation. 

Staff recommends that APS' proposal to eliminate E-10 and EC-1 be adopted, but EC- 

1 would be phased out over a one-year timeframe consistent with the phasing out of E- 

10. In addition, Staff recommends that A P S  present customers on E-10 and EC-1 with 

written notice of its intent to cancel these rates and institute a customer education plan 

to inform customers of alternative rate options. 



7. Staff recommends approval and believes that offering additional time-of-use options to 

APS' customers will provide customers with a greater range of time-of-use benefits 

and provide benefit to APS by reducing its peak load. In addition, Staff recommends 

that APS be required to file a report after three years from a decision in this 

proceeding that evaluates the outcomes of adopting the optional-time periods. The 

filing should make a recommendation regarding the continuation of the experimental 

time periods. 

8. Staff recommends that APS establish an on and off-peak rate for the winter-billing 

period on its seasonally differentiated residential and general service time-of-use rates. 

However, Staff recommends that the winter on and off-peak hours be modified to 

reflect the hours of actual system peak. 

9. Staff recommends that the residential basic services charges remain at current levels or 

are decreased to reflect cost tracking. In addition, if the revenue requirements adopted 

provide for a rate increase, APS should not increase any one residential customer 

service charge by more than 5 percent. 

10. Staff recommends that the general service basic services charges remain at current 

levels. However, if the revenue requirements adopted provide for a significant rate 

increase, APS should increase its general service basic service charges to bring them 

closer to cost. 

11. Staff recommends that APS establish an on and off-peak energy component for the 

winter billing period on E-32 TOU. In addition, Staff recommends that the winter on 

and off-peak hours be modified to reflect the hours of actual system peak. 

12. Staff recommends that APS' proposal to remove franchise fees from base rates be 

adopted and that such fees should be listed as a separate line item on customers' bills. 
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INTRODUCTION 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Please state your name, occupation, and business address. 

My name is Erinn Andreasen. I am a Public Utilities Analyst employed by the Anzona 

Corporation Commission (“ACC” or “Commission”) in the Utilities Division (“Staff 7. 
My business address is 1200 West Washington Street, Phoenix, Arizona 85007. 

Please describe your educational background and professional experience. 

In 1999, I graduated summa cum laude from Arizona State University, receiving a 

Bachelor of Science degree in Agribusiness with a specialization in international business. 

In 2003, I received a Masters Degree in Business Administration from the University of 

Phoenix with a specialization in global business. I have worked at the Commission for 

over three years as an Economist and a Public Utilities Analyst. My current duties include 

the review and evaluation of applications for electric Certificates of Convenience and 

Necessity, electric utility special contracts, demand-side management programs, utility 

tariff filings, and rate design. 

What is the scope of your testimony in this proceeding? 

My testimony will address revenue allocations and rate design proposals based on Staffs 

revenue requirement and cost of service recommendations. In addition, I will also address 

general issues related to Arizona Public Service Company’s (“APS”) rate schedules. 

Does your testimony recommend that a specific set of rates be adopted? 

No. My testimony will identify specific guidelines for the company to follow in 

structuring its rates. The rates to ultimately be adopted by the Administrative Law Judge 

and Commission will be influenced by adoption of various considerations to be put forth 

by Staff, APS, and the intervenors in this proceeding. 
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REVENUE ALLOCATIONS AND RATE DESIGN 

Q. 
A. 

Q. 

A. 

Q. 
A. 

Please identify the change in revenues that Staff is recommending. 

Based on Staff adjustments to the Test Year, Staff is recommending an overall revenue 

decrease of $154.5 million in base revenues. Staffs recommended decrease is 

approximately an 8.62 percent reduction to revenues from base rates. 

Did you rely on the cost of service study as referred to by Staff witness Smith in the 

development of Staffs recommended revenue allocations? 

Yes, as a guide. The cost of service study illustrates the degree to which the class rate of 

return deviates from the system average rate of return. The closer a class rate of return is 

to the system average the more accurately the class is contributing to its full embedded 

cost and return on rate base. 

Please identify each of the customer classes across which rates are to be spread? 

APS' cost of service study breaks down its customer classes into five main categories. 

They are: residential, general service, imgation, street lighting, and dusk to dawn. Within 

the residential class, there are categories for each of the five residential rate schedules. 

Within the general service category, there are subcategories of small (O<=kW<lOO), 

medium (1 OO<=kW<lOOO>, large (1 OOO<=kW<3000), and extra large (kW>3000). 

Certain rate schedules in the general service class such as E-32 may correspond to more 

than one subclass. For instance, customers in the small, medium, and large general 

service categories may take service on one rate schedule. 
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Q. 

A. 

Q. 

A. 

Generally, what did Staffs cost of service study identify about APS’ customer 

classes? 

The cost of service study demonstrated that to varying degrees the residential, street 

lighting, and dusk to dawn classes are contributing less than their cost, and the general 

service class is contributing more than its cost and return on rate base. 

The study also identified the differences in the intraclass returns for the general service 

and residential subclasses. The differentials between the residential subclasses are 

moderate while the differentials between the general service subclasses are greater. 

In addition to the cost of service study, what other considerations should be taken 

into account regarding revenue allocations? 

Some of the key considerations in revenue allocations include: the effect of rate design 

proposals, the availability of alternative energy options to customer groups, the magnitude 

of the overall rate change, and customer equity. 

Fofinstance, APS is proposing to eliminate a certain residential rate schedule over time. 

In order to create an incentive for customer migration, the revenue change to this schedule 

should establish a price signal that encourages customer migration. In addition, certain 

types of customers have alternative options to receiving service from APS. These 

customers can be price sensitive because they have alternatives, which could allow them 

to adopt alternative energy sources such as natural gas, to self generate, bypass the 

distribution system, or relocate their operations. 

The magnitude of the overall revenue change and customer equity are also important 

considerations in the rate allocation process. 
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Q. 

A. 

Q. 

A. 

Q. 
A. 

In addition to the information provided by the cost of service study, what non-cost 

criteria should also be considered in translating revenues into rates? 

There are a variety of generally accepted non-cost criteria that are considered in the rate 

design process. These considerations include the effectiveness in yielding the total 

revenue requirements, revenue stability for the company, rate continuity for the customer, 

simplicity and public acceptability, fairness of the rates in apportionment of total cost of 

service among different rate classes, avoidance of undue discrimination in rate 

relationships, and efficiency in discouraging the wastefbl use of the service. 

What approach did Staff take toward applying the decrease to A P S  customer 

classes? 

In order for all customer classes to benefit from the recommended overall rate decrease, 

Staff is recommending that no customer class or subclass be allocated a revenue increase 

or given an increase to rates. 

Did Staff consider other approaches regarding its rate design proposal? 

Yes, Staff considered a rate design that reflected each customer class' required 

contribution to system average rate of return based on Staffs cost of service study. 

However, designing rates based strictly on cost of service would have led to some 

customer classes getting rate increases. Staff also explored a rate design that gave an 

equal percentage decrease across all customer classes. However, this approach ignored 

the results of the cost of service study. Staff felt that it was important to give each 

customer class, and each subclass, a rate decrease, yet balance the percentage decreases 

for each class and subclass with the results of the cost of service study. Therefore, those 

customer classes who were paying a larger rate of return than the system average will 
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receive a larger rate decrease. Staffs proposed rate design balances cost-based principles 

with non-cost principles so that all customers benefit from the recommended decrease. 

Q. 

A. 

Q. 

A. 

Q. 

A. 

How do you recommend that Staffs recommended decrease be distributed among 

APS’ customer classes? 

A summary of Staffs proposed revenue allocations is shown in schedule EAA-1. Staff 

recommends that the residential class receive a 4.04 percent revenue decrease, the general 

service class receive a 13.4 percent revenue decrease, the irrigation class receive a 2.19 

percent decrease, and the street lighting and dusk to dawn customer classes receive a 1.1 

percent decrease. 

The cost of service study illustrates that the street lighting and dusk to dawn 

customer classes are contributing a negative rate of return. Why would Staff 

recommend that these classes receive a revenue decrease? 

Although Staff is recommending a decrease for these classes, the revenue decrease that 

Staff is supporting is much less than the average decrease. Staff believes that this minimal 

decrease is equitable in these circumstances. As stated above, Staff is recommending that 

no customer class or subclass be assigned an increase in rates. Instead of rigidly applying 

the results of the cost of service study, Staff has used it as a guide, and has also balanced 

cost-based principles with non-cost principles in determining how to spread the revenue 

decrease among customer classes. 

Please explain Staffs recommended intraclass revenue allocations for the residential 

class. 

Within the residential rate class, ET-1 and ECT-1R should receive average decreases. E- 

10 and EC-1 should receive less than the average decrease and E-12 should receive an 
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above average decrease. APS has proposed phasing out E-10 over a one-year timeframe 

and Staff is proposing a similar phase out period for EC-1, which will be addressed later in 

this testimony. Providing a less than average decreases to EC-1 and E-10 would create an 

incentive for customers on E-10 and EC-1 to explore other applicable rate options. 

Q. 

A. 

Q. 

A. 

Please explain Staff's recommended intraclass revenue allocations for the general 

service class. 

Staff recommends that the categories within the general service rate class should receive 

decreases to varying degrees. Staff recommends that the medium and extra large general 

service classes should receive an average decreases, the small general service rate class 

should receive a greater than average decrease, and the large general service class should 

receive less than half of the average decrease. 

If the revenue requirement were to change significantly, would your recommended 

class allocation approach change? 

While significant changes may call for an alternative approach to the apportionment 

across the main customer classes, the proportions identified in this testimony for the 

intraclass revenues would continue to apply. 

For instance, if revenue requirements resulted in a rate increase, Staff would recommend 

that the revenues be allocated across the main customer classes in a more even 

distribution. However, Staff would recommend that the Commission adopt the 

proportions identified in this testimony for the intraclass allocation. For instance, for the 

general service class, the medium and extra large general service classes would receive 

average increases, the small general service rate class would receive a less than average 
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increase, and the large general service class would receive greater than half of the average 

increase. 

Residential Rate Design 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Please summarize APS' residential rate design proposals. 

APS is proposing to eliminate frozen rate schedule E-10 after a one-year phase out period, 

eliminate frozen rate schedule EC-1, eliminate the winter time-of use periods on ET-1 and 

ECT-lR, introduce two optional on-peak time-of-use periods on ET-1 and ECT-lR, 

remove an existing summer energy block from E-12, and unbundle each residential rate. 

APS is not proposing any changes to its low income and medical equipment rates E-3 and 

E-4. 

Please summarize APS' proposal to eliminate frozen rate schedules E-10 and EC-1. 

APS is proposing to eliminate frozen rate schedules E-10 and EC-1 and place the existing 

customers onto alternative rate options. Customers on E-10 would be placed on schedule 

E-12 after a one-year phase out period while customers on EC-1 would be transferred to 

ECT-1R immediately. 

Does Staff agree with this proposal? 

Yes, in part. Staff believes that the intention in freezing these rates schedules was to 

eventually phase them out over time. Customer counts have decreased since these rates 

were frozen in 1991. At the time E-10 was frozen, approximately 50 percent of residential 

customers took service on the rate schedule. Since that time, the number of residential 

customers on E-10 has declined to 11 percent. At the time EC-1 was frozen, 

approximately 17 percent of residential customers took service on that rate schedule. 

Since that time, the number of customers on EC-1 has declined to 3 percent. 
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Although Staff agrees that E-10 and EC-1 should be eliminated, Staff believes that 

customers on EC-1 should also be given a one-year phase out period so that customers on 

both rate schedules have a similar timeframe to evaluate and choose alternative rate 

options. In addition, Staff recommends that APS present customers on E-10 and EC-1 

with written notice of its intent to cancel these rates and institute a customer education 

plan to inform customers of alternative rate options. 

Q. 
A. 

Q- 

A. 

Please describe APS' proposed changes to its residential time-of-use tariffs. 

Schedule ET-1 is a time-of-use tariff that features seasonal billing periods, a basic service 

charge, and an energy rate. Schedule ECT-1R is a time-of-use tariff that features seasonal 

billing periods, a basic service charge, and an energy and demand component. On both 

rate schedules, APS is proposing to eliminate the on-peak and off-peak hours during the 

winter billing period and replace them with a single energy rate. In addition, APS has 

introduced two optional summer on-peak time-of use periods on ET-1 and ECT-1R that 

would be limited to participation by a maximum of 10,000 customers combined for both 

rate schedules. The experimental on-peak periods proposed would be 7 am to 7 pm and 8 

am to 8 pm Monday through Friday. APS is not requesting a change to its regular 

residential on-peak period from 9 am to 9 pm. 

Does Staff recommend approval of the experimental time-of-use periods proposed by 

APS on ET-1 and ECT-lR? 

Yes, with one modification. Staff recommends approval and believes that offering 

additional time-of-use options to APS' customers will provide customers with a greater 

range of time-of-use benefits and provide benefit to APS by reducing its peak load. In 

addition, Staff recommends that APS be required to file a report after three years from a 

decision in this proceeding that evaluates the outcomes of adopting the optional-time 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

Direct Testimony of Erinn Andreasen 
Docket No. E-01345A-03-0437 
Page 9 

periods. The filing should make a recommendation regarding the continuation of the 

experimental time periods. 

Q. 

A. 

Q. 
A. 

Q. 
A. 

Does Staff agree that the on-peak and off-peak periods during the winter billing 

period for APS' residential time-of-use schedules should be eliminated? 

No. Staff believes sending on and off-peak price signals to customers to reduce their load 

during times of system peak is important to enco;rage conservation. However, Staff is 

concerned that the current on-peak winter time period does not directly correspond to 

APS' hourly on-peak system periods. See attachment EAA-2. APS' load data suggest that 

the system winter peak occurs between 7 am and 9 am and 7 pm to 10 pm. These types of 

winter peak periods are similar in other service temtories as well. APS' current winter on- 

peak time period is from 9 am to 9 pm, and is identical to the time period for the summer 

on-peak period. 

What does Staff recommend regarding APS' winter on and off-peak time periods? 

Staff recommends that APS maintain an on and off-peak rate for its winter billing period 

on its residential time-of use rata, However, Staff recommends that the on and off-peak 

hours be modified to reflect thc h m  of actual system peak. 

Please comment on APS' proposed changes to its residential basic service charges? 

A summary of the present and proposed basic service charge is presented in schedule 

EAA-3. APS is proposing to move from a monthly basic service charge to a daily basic 

service charge and make various changes to the residential basic service charges. A P S  is 

proposing to increase its basic service charges on E-10 and E-12, reduce the basic service 

charge on ET-1 slightly, and make no change to the basic service charge on ECT-1R. The 

greatest increase is $5.00 per month or a 66 percent increase on E-12. Under A P S '  
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proposal, customers who migrate from E-10 to E-12 and from EC-1 to ECT-1R will also 

experience a $5.00 per month increase. Staff does not believe that such a significant 

increase to the residential basic service charge is reasonable. However, based on Staffs 

cost of service study, APS is currently charging less than its cost on E-10, E-12, and EC-1, 

and slightly more than cost on ET-1 and ECT-1R. Therefore, if a rate increase were 

adopted, Staff would support a somewhat smaller increase on E-10 and E-12. 

Q. 
A. 

What does Staff recommend regarding the residential basic service charges? 

Staff is opposed to an increase in the residential basic service charges at this time. Staff 

recommends that the residential basic services charges remain at current levels or are 

decreased to reflect cost tracking. In addition, if the revenue requirements adopted 

provide for a rate increase, A P S  should not increase E-10 or E-12 or any customer service 

charge by more than 5 percent. 

General Service Rate Schedules 

Q. 

A. 

Please summarize APS’ General Service rate design proposals. 

APS is proposing to eliminate experimental time-of-use rates E-21, E-22, E-23, and E-24 

and transfer these customers onto a new time-of-use rate, E-32 TOU. A P S  also proposes 

to add the month of May to the summer billing period on applicable rate schedules, add 

the hours of 9:00 am and 1O:OO am to the on-peak time period on applicable rate 

schedules, unbundle rate E-30, unbundle and redesign rate E-32, introduce a new rate E- 

32 TOU, modify E-32R to be consistent with E-32, unbundle rates E-34 and E-35 and 

redesign them to provide a discount for customers who take service at transmission 

voltage levels. APS is not proposing any changes to rate E-53, and E-54, which are used 

in conjunction with other applicable rate schedules. 
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Q. 
A. 

Q. 
A. 

Q. 
A. 

Please discuss the current rate structure of Schedule E-32. 

The rate is seasonal and consists of a monthly minimum, a demand charge, and an energy 

charge. The calculation of the rate is complex because there are discrete charges set for 

various combinations of demand and energy usage. The rate is structured in such a 

manner that a customer with a higher load factor pays a lower energy charge than a 

customer using the same amount of energy at a lower load factor. This rate structure 

provides customers with an incentive to evenly spread out electricity use during times of 

APS' system peak. 

Please describe APS' proposed changes to E-32. 

APS is proposing to unbundle the rate based on customer metering and voltage 

requirements. In addition, APS has broken down the rate into two usage categories: 

monthly maximum demands of 20 kW or less and monthly maximum demands of greater 

than 20 kW. APS has simplified the rate structure for customers with monthly maximum 

demands of less than 20 kW by removing the demand component. In addition, for 

customers with monthly maximum demands of 20 kW or greater, the number of blocks 

has been reduced, a demand block has been set at 500 kW, and an energy block has been 

set at the first 200 kWh per kW. APS has also proposed providing discounts for 

customers taking service at Primary or Transmission voltage levels. 

Please comment on the changes to E-32. 

Generally, Staff is supportive of the redesign of the rate because it has been simplified and 

is more easily understandable. Under the proposed rate structure and proposed rates, for 

customers with demands greater than 20 kW, the small general service and medium 

general service customers with higher load factors generally experience less of a rate 

increase than customers with lower load factors in the same cost of service categories. For 
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the large general service class, the customers with a load factor between approximately 25 

and 45 percent would experience the greatest increase. 

Q. 
A. 

Q. 

A. 

Q. 
A. 

Please comment on the basic service charges for the general service schedules. 

APS has proposed increases to its general service basic service charges in varying degrees. 

A review of Staffs cost of service illustrates that the present rates are below cost for the 

small, medium, and large general service categories. However, Staff is opposed to an 

increase in the general basic service charges at this time. 

What does Staff recommend regarding the basic service charges for the general 

service schedules. 

Staff recommends that the general service basic services charges remain at current levels. 

However, if the revenue requirements ultimately adopted by the Commission provide for a 

rate increase, APS should be able to increase its general service basic service charges to 

bring them closer to cost. 

What does Staff recommend in regards to APS' proposed E-32 TOU? 

Staff recommends that APS establish an on and off-peak energy component for the winter 

billing period on E-32 TOU. In addition, Staff recommends that the winter on and off- 

peak hours be modified to reflect the hours of actual system peak. 

Classified Rate Schedules 

Q. 

A. 

Please summarize APS' Classified rate design proposals. 

APS is proposing to eliminate rate E-38 and E-38-8T and transfer those customers to rates 

E-221 and E-221-8T respectively. Rate E-221 has been redesigned and simplified, and 

rates E-47 and E-58 have been reformatted to include a menu format of lighting options. 
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Q. Does Staff have any recommendations regarding the classified rate schedules at this 

time? 

A. No. 

UNBUNDLED RATES 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Please describe the rationale for requiring unbundled rates. 

The Commission established the requirement for standard offer rates to be unbundled in 

the electric competition rules (R14-2-1606(C)(2)). In a retail market that is open to 

competition, unbundling the standard offer rates into their functional rate components is 

necessary in order to send customers the price signals they need in order to evaluate 

competitive service alternatives. Unbundled rates are also important to competitive 

providers, because they provide the information necessary to determine whether or not it 

would be profitable to offer their services within a specific territory. 

Please identify the unbundled rate elements that APS has proposed. 

APS has broken down certain standard offer rates into the following elements: daily basic 

service charge, metering, meter reading, billing, system benefits, transmission, 

distribution, and generation. 

Did APS adopt unbundled rate elements based on cost of service? 

No. Based on unbundled cost information provided by APS, certain rate elements deviate 

from the rates that were generated from an unbundled cost analysis. In an ideal scenario, 

these rate elements would directly reflect the embedded cost of providing these services. 

However, due to certain rate design goals, some rates would need to deviate from cost. 
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Q. 

A. 

Q. 
A. 

Q. 

A. 

Please comment on the generation and the distribution unbundled rate elements 

proposed by APS and their relationship to cost. 

Based on APS unbundled analysis, generally the generation rates for residential rates are 

below embedded cost and the generation rates for the general service rates are above 

embedded cost. Generally, the distribution costs are greater than embedded cost for 

residential rates and below embedded cost for general service rates. For its residential rate 

schedules, APS has set the distribution rate equal for all residential service schedules. 

What is the effect of adopting unbundled rate elements that do not reflect cost? 

Deviating from cost-based unbundled rate elements creates price signals that can lead to 

uneconomic distortions in the competitive market. If the Commission wishes to facilitate 

retail competition, an effort should be made to base unbundled rates on cost to the extent 

possibile. However, this can be difficult because the bundled rate from whch the 

unbundled rates are derived may not reflect the full cost due to rate design considerations. 

Does Staff have any concerns regarding the approach APS has taken to unbundling 

its rates? 

Not at this time. However, if the revenue requirements were to change significantly 

Staffs position may change. 

FRANCHISE FEES 

Q. 

A. 

What is a franchise fee? 

A franchise fee is implemented as part of a service agreement between local governments 

and a utility to reimburse local governments such as municipalities or counties for use of 

public rights-of-way and other public services. APS is assessed these fees based on its 

gross revenues. 
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Q. 
A. 

Q. 
A. 

Q. 
A. 1. 

2. 

Please explain APS' proposal regarding the assessment of franchise fees. 

Currently, the franchise fee is calculated based on a statewide average of fees charged by 

municipalities to APS. This fee is currently collected through base rates, and all 

customers pay a uniform rate. In APS' proposal, the fees would be removed from base 

rates, displayed as a separate line item on a customer's bill, and reflect the actual amount 

of the fee charged to APS by the specific municipality in which a customer resides. 

Does Staff agree with APS' proposal? 

Yes. Staff believes that this proposal is appropriate from a customer equity standpoint. 

When fianchse fees are included in base rates, some customers may be over or 

underpaying their community's fees. In some instances, customers are paying fees when 

their community does not assess them. This proposal would allow APS to match franchise 

fee amounts to the specific communities that assess them to APS. Staff recommends that 

APS' proposal to remove franchise fees from base rates be adopted and that such fees 

should be listed as a separate line item on customers' bills. 

Please summarize Staffs recommendations. 

In order for all customer classes to benefit fiom the recommended overall rate decrease, 

Staff is recommending that no customer class or subclass be assigned a revenue increase 

or given an increase to rates. 

Staff recommends that the residential class receive a 4.04 percent revenue decrease, the 

general service class receive a 13.4 percent revenue decrease, the irrigation class receive a 

2.19 percent decrease, and the street lighting and dusk to dawn customer classes receive a 

1.1 percent decrease. 
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3. Within the residential rate class, Staff recommends that ET-1 and ECT-1R should receive 

average decreases. E-10 and EC-1 should receive less than the average decrease and E-12 

should receive an above average decrease. 

4. Staff recommends that the categories within the general service rate class should receive 

decreases to varying degrees. Staff recommends that the medium and extra large general 

service classes should receive average decreases, the small general service rate class 

should receive a greater than average decrease, and the large general service class should 

receive less than half of the average decrease. 

5. If revenue requirements result in a rate increase, Staff would recommend that the revenues 

be allocated across the main customer classes in a more even distribution. However, Staff 

would recommend that the Commission adopt the proportion identified in this testimony 

for the intraclass allocation. 

6. Staff recommends that APS' proposal to eliminate E-10 and EC-1 be adopted, but EC-1 

would be phased out over a one-year timefi-ame consistent with the phasing out of E-10. 

In addition, Staff recommends that APS present customers on E-10 and EC-1 with written 

notice of its intent to cancel these rates and institute a customer education plan to inform 

customers of alternative rate options. 

7. Staff recommends approval and believes that offering additional time-of-use options to 

APS'  customers will provide customers with a greater range of time-of-use benefits and 

provide benefit to APS by reducing its peak load. In addition, Staff recommends that APS 

be required to file a report after three years from a decision in this proceeding that 

evaluates the outcomes of adopting the optional-time periods. The filing should make a 

recommendation regarding the continuation of the experimental time periods. 

8. Staff recommends that A P S  establish an on and off-peak rate for the winter-billing period 

on its seasonally differentiated residential and general service time-of-use rates. However, 
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Staff recommends that the winter on and off-peak hours be modified to reflect the hours of 

actual system peak. 

9. Staff recommends that the residential basic services charges remain at current levels or are 

Q. 
A. 

decreased to reflect cost tracking. In addition, if the revenue requirements adopted 

provide for a rate increase, APS should not increase any one residential customer service 

charge by more than 5 percent. 

LO. Staff recommends that the general service basic services charges remain at current levels. 

However, if the revenue requirements adopted provide for a significant rate increase, APS 

should increase its general service basic service charges to bring them closer to cost. 

1 1. Staff recommends that APS establish an on and off-peak energy component for the winter 

billing period on E-32 TOU. In addition, Staff recommends that the winter on and off- 

peak hours be modified to reflect the hours of actual system peak. 

12. Staff recommends that APS' proposal to remove fianchise fees from base rates be adopted 

and that such fees should be listed as a separate line item on customers' bills. 

Does this conclude your direct testimony? 

Yes, it does. 



Arizona Public Service 

Staff Recommended Revenue Allocations 
E-01345A-03-0437 

Customer Class 
IPercent 1 
IChange I 

, Residential 
General Service 
Irrigation 
Street Lighting 
Dusk to Dawn 
Total Retail 

-4.04% 
-1 3.4% 
-2.19% 
-1.01 % 
-1.01 % 
-8.26% 

EAA-1 



Megawatts 
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Arizona Public Service 

Residential Basic Service Charges 
E-01345A-03-0437 EAA-3 

Residential Rate Schedules 
Present I Company Proposed I Dollar I Percent 

Monthly Rate I Monthly Rate * I Change I Change 
' E-I 0 Classic Rate $7.50 $8.24 $0.74 9.87% 

E-I '2 Standard Rate 
ECT-1 R Combined Advantage Plan 
ET-1 Time Advantage Plan 

$7.50 
$1 5.00 
$1 5.00 

$12.50 $5.00 66.67% 
$15.00 $0.00 0.00% 
$14.75 -$0.25 -1.67% 

Effects of Customer Migration from the Phase out of E-10 and EC-1 
Present I Company Proposed I Dollar I Percent 

Monthly Rate I Monthly Rate * I Change I Change 
E-10 to E-12 $7.50 $12.50 $5.00 66.67% 
EC-1 (Residential Service with Demand) to ECTI-R $10.00 $15.00 $5.00 50.00% 

* Monthly Rate = (proposed daily rate X 365 days)/l2 months 
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I. 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Q. 
A. 

INTRODUCTION 

What is your name and business address? 

My name is Lee Smith, and I work for La Capra Associates, 20Winthrop Square, 

Boston, Massachusetts. 

On whose behalf are you testifying in this proceeding? 

I am testifying on behalf of the Arizona Corporation Commission (Commission) 

Staff. 

Please describe your background and experience. 

I am a Senior Economist at La Capra Associates. I have been with this energy 

planning and regulatory economics firm for 20 years. Prior to my employment at 

La Capra Associates, I was Director of Rates and Research, in charge of gas, 

electric, and water rates, at the Massachusetts Department of Public Utilities. 

Prior to that period, I taught economics at the college level. My resume is 

attached as Exhibit LS-1. I have testified previously regarding the 1999 

Settlement that has given rise to some issues in this proceeding. 

What is the purpose of your testimony? 

I am testifying on several topics. First, 1 present testimony on the appropriateness 

of the Company’s request for a reversal of its 1999 writeoff of $183 million (after 

tax) subsequent to the Settlement of 1999. (The pretax value related to the $183 

million is $234 million.) I also address the Company’s proposed Competition 

Rules Compliance Charge (“CRCC”), and its request to collect 100% of its 

divestiture costs. I address some cost allocation issues which are necessary for 

Mr. Dittmer to complete Staffs overall revenue adjustments, including the cost of 

transmission. Finally, I comment on the Company’s allocated cost of service 

study and present an allocated, unbundled cost study based on Staffs case. 

1 
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Q. 
A. 

Q. 
A. 

Q. 
A. 

0 

0 

0 

0 

What is the Company’s request regarding the $234 million? 

The Company is requesting a “reversal” of a writeoff of regulatory assets that it 

took in 1999. To achieve this “reversal”, it is proposing to increase rate base by 

$141.57 million, to be amortized over 15 years. The net impact on rates will be 

$7.8 million annually. (Robinson p. 40) 

Please summarize your testimony. 

My testimony addresses the original writeoff and its relation to the rate reduction 

approved in the order that reviewed the settlement, the impact on the Company of 

the rate reduction itself, and whether the Company has suffered any significant 

harm as a result of the Commission’s Track A Order, which halted its divestiture 

to PWEC. I also discuss stranded cost, both theoretically and in this context, 

since a stranded cost computation was the genesis of the original “writeoff’ 

number. I recommend approval of the Company’s proposed treatment of 

transmission costs, and recommend some modifications to the proposed 

Competition Rules Compliance Charge. 1 also support an unbundled allocated 

cost study which reflects Staffs recommendations on revenue requirements. 

Please summarize what you have found with regard to the writeoff issue. 

I have found that: 

The proposed adjustment is not necessary to produce rates that will 

recover the Company’s ongoing costs; 

The Company’s going forward revenue requirements have not been 

reduced by the previous writeoff; 

While the Commission has modified the order that approved the 1999 

Settlement, the Company has not suffered significant harm as a result of 

this modification; 

While APS did reduce rates as a result of the Settlement, some rate 

reductions would have occurred even without the Settlement; 

2 
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0 

0 

0 

Q. 
A. 

Q. 
A. 

Q* 

A. 

11. 

Q. 

It is unreasonable to assume that APS’ rates would have remained 

unchanged absent the settlement agreement; 

The Company will have collected more than the $350 million of “stranded 

costs” which the Settlement provided an opportunity for it to collect; 

The original stranded cost amount was based on an estimate of $533 

million that was too high. 

Is this case about stranded costs? 

No, it is not. In response to LCA 1-9, the company states that the “opportunity to 

recover $350 million was not affected by the failure of the Commission to permit 

the promised divestiture.. .” 

Has the Company actually experienced any stranded costs? 

No, it has not. Since almost no customers have chosen alternative suppliers, the 

Company has not had excess generation which it had to sell at an amount less 

than its embedded cost. 

Given the foregoing findings, what are your overall conclusions regarding 

the request to reverse the writeoff? 

The proposed adjustment does not meet the normal standard by which revenue 

requests are judged. While the Company appears to be proposing a different 

standard, I find that this standard also has not been met. My conclusion is that 

APS’ proposal to reverse the writeoff is not justified, and should not be allowed. 

THE NORMAL RATEMAKING STANDARD 

You indicated above that the adjustment does not meet the normal 

ratemaking standard. What is the normal ratemaking standard that you 

believe has not been met? 

3 
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A. 

Q. 

A. 

Q. 

A. 

111. 

Q. 

A. 

The normal basis for a rate request is going-forward revenue requirements. That 

is, rates are normally designed to recover what is agreed to as the Company’s cost 

of business. The Company’s witness, Dr. Ken Gordon, also describes this 

standard: “the regulatory agency . . . sets rates that provide the utility a reasonable 

opportunity to recover its just and reasonable costs.” (p.12) If the 1999 writeoff 

had resulted in a reduction to ratebase or some other change that jeopardized the 

Company’s ability in this case to produce rates that would collect its ongoing 

costs, this request might have met this standard. 

Has the Company said that the rates that it is filing in this proceeding will be 

lower because it took the writeoff? 

No. The Company’s ‘‘...net generation plant ... was not impacted by the 1999 

Settlement Agreement.” (LCA 1- 1 1) 

If the Company’s request for reversal of the writeoff is granted, will the 

resulting rates recover more than the Company’s ongoing costs? 

Yes. All else being equal, the proforma adjustment for the amortization of the 

writeoff will result in rates being set above the Company’s current costs. 

COMPANY PROPOSAL REGARDING THIS ADJUSTMENT 

If the request does not meet the normal ratemaking standard, how does the 

Company justify its request? 

The Company’s position is that as part of the 1999 Settlement it agreed to a 

number of conditions, in particular to a series of rate reductions, and in return it 

expected to transfer APS generation assets to PWEC. Since the findings of Track 

A prevented it from transferring these assets, it apparently believes that it has not 

received a benefit that it expected, and, as a result, has suffered harm. Mr. 

Wheeler describes the modification of the order approving the Settlement 

4 
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(elimination of divestiture) as being a case of “detrimental reliance.” (Wheeler 

P-4) 

The essence of the Company’s claim seems to be that: 

APS was entitled to recover $533 million in stranded costs, but 

in the Settlement it agreed to the collection of $350 million 

(both in net present value terms); 

APS had planned to establish PWEC and divest its generating 

facilities to it only because the Commission had previously 

required divestiture; 

APS had been willing to accept a pretax $234 million write off 

related to stranded costs (resulting from the aforementioned 

net present value of $183 million after-tax, the difference 

between $533 million and $350 million) as the price for being 

allowed to implement its preferred form of divestiture; 

But for the Commission-mandated divestiture, APS would not 

have agreed to the write-off as part of the 1999 Settlement; 

Given the Commission’s reversal of position on divestiture, 

APS deserves to recover the $234 million write-off. 

Q. 

A. 

Q. 

Has the Company testified that it has not had an opportunity to recover $350 

million of stranded cost because the Commission did not permit divestiture? 

No. In response to LCA1-9, which asked the Company to “...explain whether 

and how APS’ “reasonable opportunity to recovery $350 million.. .was affected 

by the non-sale”, it says precisely the opposite. “The opportunity to recover $350 

million was not affected by the Commission’s decision to prevent divestiture of 

APS generation.” 

If the Company does not claim that the $234 million is related to an 

undercollection of stranded costs, what is it actually requesting in the 

adjustment for $234 million? 
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A. 

I7 

Q. 

A. 

The Company is essentially making a claim for a retroactive rate adjustment. 

The Company appears to be saying that ‘our rates were lower in the past than we 

would like, so we would like higher rates in the future.’ Although Mr. Wheeler 

testifies that it is not seeking to take back rate decreases, (Wheeler testimony p. 

21), the Company is in fact asking to recover a portion of the rate decreases of the 

past four years. 

The company has made no showing that such revenues are appropriate under 

normal ratemaking standards, nor has the Company demonstrated that it has been 

harmed. Furthermore, I describe in Section V how the stranded cost claim by the 

company that was a basis for the settlement is a dubious figure. 

THE COMPANY HAS NOT SUFFERED SIGNIFICANT HARM 

Please summarize your response to the Company’s claims that it has been 

harmed. 

The Company has not established that it has actually suffered significant financial 

harm. The writeoff has no independent impact, as it did not result in the 

Company’s revenues being reduced, and failure to reverse the writeoff will not 

result in the Company receiving less than its cost of service in this case. Some 

rate reductions would have occurred even without the Settlement, and it is 

unreasonable for APS to assume that its rates would have remained unchanged 

subsequent to the conclusion of its stranded cost proceeding. The change in policy 

regarding divestiture has not had a large ongoing impact on the Company’s 

finances. On the other hand, since the Company has been denied the recovery of 

the one-third of costs associated with restructuring, and with the reversal of 

Commission policy, it may be appropriate to collect the one-third of costs 

associated with restructuring in a surcharge mechanism, even though they do not 

constitute a significant cost. 
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Q. 

A. 

Q. 

A. 

Q. 

A. 

Q. 
A. 

Did the Company suffer any harm as a result of agreeing to a stranded cost 

number of $350 million? 

No. Mr. Wheeler testifies that “the restoration of that write-off has nothing to do 

with the actual level of stranded costs either incurred by the Company or collected 

in rates from customers seeking Direct Access. (Testimony, p. 19)’ I will address 

the stranded cost situation further in Section V. 

Have the Company’s revenues since the Settlement been less than they would 

have been because of the writeoff? 

No. While revenues have been less than they would have been if no rate 

reductions had occurred, the writeoff was not the cause of the rate reductions, but 

the result of the rate reductions. The writeoff, according to the Company, “. . .was 

intended to represent a disallowance, on a present value basis, of a portion of the 

Company’s generation-related revenue requirement for the years 1999-2000.” 

(Response to LCA 1-3) 

Were the regulatory assets that were the subject of the writeoff included in 

the assets that formed the basis for the APS stranded cost claim that was 

addressed in the 1999 Settlement Agreement? 

No. The regulatory assets that were written down bore no relation to the 

generating assets that were the subject of the Company’s stranded cost claim. 

LCA 1-5. The Company has indicated that the affected regulatory asset balances 

had been approved for recovery by the Commission in prior proceedings. 

(Response to LCA 1-3, Wheeler Direct Testimony at 19.) 

What did APS agree to in the Settlement regarding rate decreases? 

The Settlement specified that APS would reduce rates 1.5% annually for 

customers of less than 3 MW from 1999 through 2003. Larger customers were 

Although as I will explain later, the relevant measure of stranded cost collection is not determined 1 

only by customers choosing Direct Access. 

7 



I 
8 
B 
I 
I 
I 
I 
8 
8 
I 
1 
1 
I 
I 
I 
1 
I 
t 
I 

1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

27 

28 

29 

30 

Direct Testimony of Lee Smith 
Docket No. E-0 1345A-03-0437 

also to receive rate decreases. The Settlement also allowed APS to seek a change 

in rates prior to 2004 in the event of an emergency or of material changes in APS’ 

cost of service resulting from legal or regulatory actions. 

Q. APS implies that there would have been no change in its rates if it had not 

signed this particular Settlement. Do you agree with this? 

No. The proceeding regarding stranded costs and restructuring that resulted in the 

Settlement addressed APS’ operations and APS’ rates. There was a wide 

divergence of opinions in this proceeding regarding APS’ rate levels and its 

stranded costs, and some parties took positions that may have led to rate 

reductions. Thus, it is quite possible that if the restructuring case had been 

litigated rather than settled, APS’ rates would have been reduced by Commission 

order. APS’ position that its rates would have remained unchanged if it had not 

signed this particular Settlement is speculative. 

A. 

Q. In the absence of the Settlement and the absence of any stranded costs, would 

a rate decrease have been justified? 

A. Yes. Evidence suggests that a rate decrease would have been justified 

independent of a settlement and/or any stranded costs. Part of the Settlement’s 

initial rate reduction would have been required as a result of the 1996 Rate 

Reduction Settlement. (See letter from Ms. Klemstine in response to LCA 7- 

216). Moreover, there is evidence that APS has earned considerably more than 

its last allowed return on equity for most of the time since the Settlement. Thus, 

even without the Settlement, APS’ rates would have been reduced in 1999, albeit 

by a lower amount, and also there would have been grounds for reducing APS’ 

rates in the succeeding years. Thus, there is an important question as to what 

revenues, if any, the Company actually gave up in the Settlement. The Settlement 

may merely have been the actual mechanism that prevented overearning, but other 

mechanisms might have also achieved this result. 
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Q. 
A. 

What is the evidence that APS has overearned? 

APS files quarterly Financial Reports with the Commission. These show total 

company returns on equity (“ROE”) for calendar years 2000, 200 1, and 2002 of 

15.2%, 12.4%, and 9.2%. The allowed ROE was 11.75%. 

Q. These reports also show a lower return, which reflects the removal of the 

writedown and the impact of energy trading operations. Does the Company 

claim that the unadjusted or the adjusted returns reflect its return on equity? 

The Company argues that the adjusted return should be utilized rather than the 

total Company ROE. It suggests that earnings from unregulated energy trading 

operations should not be considered, because they “were not generated by 

ratepayers revenue”. Thus, it has removed either the profits or losses earned by 

the marketing and trading desk. It also argues that the loss recognized for 

accounting purposes relative to the “write-down” should not be included. (AECC 

1.7) Expenses are increased by an amortization expense associated with the $183 

million, which has the effect of reducing net income and reducing the return. 

A. 

Q. Do you think it is appropriate to adjust the return to remove the effect of 

energy trading? 

I do not. The marketing and trading desk was formerly simply a part of APS’ 

operations, but was transferred to PWEC. The energy trading operation, 

unregulated under PWEC’s auspices, has had the ability to generate revenue at 

least partly because of resources provided by regulated operations. This is 

particularly true before the first PWEC assets came on line in mid-2001. I note 

that net income attributed to the unregulated entity significantly increased the rate 

of return in 2001, and that most of the earnings resulting from trading occurred in 

the first two quarters of 2001. During this period, the trading operation was 

utilizing APS resources and contracts, and the personnel had been trained through 

working for APS. In fact, the entire APS marketing and trading operation was 

simply transferred to PWEC in 2001. There is no reason why the ratepayers who 

A. 
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had supported those resources and paid for the training of personnel should not 

benefit from the trading operations. 

Q. Regarding the writeoff, if it were appropriate to adjust actual earnings to 

determine what the Company would have earned without the writeoff, has 

the Company made the appropriate adjustments? 

No. To consider what the rate of return might have been without the writeoff also 

requires increasing actual Company earnings for the foregone revenue. This 

presents a truer picture of where APS would have been if its rates had remained 

unchanged, since according to APS the “writeoff” and the rate reductions were 

intimately linked. If its rates had not changed, APS would have had additional 

revenues from 1999 through 2002 of $175.7 million (Response to LCA1-7). 

Thus, to demonstrate where APS would have been if its rates had not changed, 

after increasing expenses by the adjustment suggested by APS, the increase in 

amortization expense, we also must increase income. Exhibit LS-2 “undoes” the 

Settlement by adjusting the amortization expense, as the Company would do, and 

also increases revenues by the after-tax impact of the rate reduction. This 

computation again shows that APS would have overearned but for the rate 

reductions. The rates of return in 2000, 2001, and 2002 would have been 15.0%, 

13.2%, and 10.8%. The major data responses that have been used in this 

computation and referred to elsewhere are contained in Exhibit LS-3. 

A. 

Q. The Company has further claimed that it has been harmed because the 

Commission modified the order that approved the 1999 Settlement. Has the 

Company demonstrated that it has actually suffered significant financial 

harm because of this modification? 

No. The response to LCA1-10 states that the Company made numerous 

concessions, including agreeing to less than $530 million in stranded costs, the 

writeoff, the rate decreases, the disallowance of 1/3 of divestiture costs, and the 

A. 
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dismissal of litigation against the Commission. 

“concessions” below. 

I will address each of these 

Q. 

A. 

Q. 

A. 

Q. 

A. 

Does the Company claim that it has suffered any other costs as a result of the 

change in Commission policy? 

Yes. According to the response to LCA1-10, “It has also left part of the 

generation built to serve APS load effectively “stranded” at PWEC with the 

associated diseconomies and financial strain of having to maintain two separate 

organizations for the same essential utility function.” (LCA 1 - 10) 

Has the Company established the value of what it has been denied by the 

cessation of the transfer of generating assets to PWEC? 

No. There has been no demonstration of the actual cost of the diseconomies 

which are supposed to result from having two separate organizations. In fact, 

since PWCC basically transferred Mr. Bhatti and its generation planning 

functions from APS to PWEC, it is not evident that any costs have been 

duplicated. In response to LCA 19-458, the Company states that the cost of 

financing PWEC on a stand-alone basis was at least 264 basis points. However, 

PWEC’s financing costs would have been higher than APS’ financing costs even 

if APS generation assets had been transferred to PWEC, because PWEC is a 

competitive unregulated entity and thus is subject to more risk than the regulated 

utility. 

If there have been diseconomies resulting from the existence of the two 

separate organizations, need they persist into the future? 

No. Any APS costs associated with generation will be included as part of APS’ 

regulated revenue requirement. PWEC, a non-regulated entity, may or may not 

recover all of its costs through its competitive activities. PWEC may compete 

with other nonregulated generating entities that also presumably have higher 

financing costs than regulated entities. 

11 
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Q. Could there have been circumstances in which PWCC would have had 

expectations of a more profitable PWEC? 

The short-term profits of any competitive entity are affected by the vagaries of the 

market in which it operates. However, if PWEC purchased the APS generating 

assets at their fair market value, it would not have expected extraordinary profits 

over the long-run. PWCC would have expected PWEC to be very profitable if 

APS transferred its generating assets to PWEC at less than their market value. As 

noted below, APS testified in the Settlement proceeding that such was not its 

expectation. 

A. 

Q. Please summarize your comments regarding the so-called “concessions” in 

the Settlement. 

I have explained that the Company has not undercollected stranded costs, that the 

writeoff has no independent impact, that at least some of the rate reductions 

would have occurred even without the Settlement, and that APS cannot be certain 

that its rates would have remained unchanged at the conclusion of the stranded 

cost proceeding. The one-third of the divestiture cost does not comprise a 

substantial sum and by itself does not justify reversal of the wrute-off. (In Section 

VI 1 recommend allowing the Company to collect the one-third of the costs of 

divestiture.), Thus, I recommend that APS not be allowed recovery of the $234 

million. 

A. 

Q. Has the Company collected $350 million to cover the stranded costs agreed to 

in the Settlement? 

It is on track to collect $353 million by the end of the period in which it was 

planning to collect stranded costs (July 2004). (DGR WP-33 p.54) Mr. Propper 

testified in Docket E-01345A-98-0473 as to how the recovery of Stranded Costs 

would be accounted for by the Company. The Company computed a 

Competitive Transition Charge, or CTC, designed to collect the $350 million 

A. 
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from its customers. Actual annual sales to jurisdictional customers would be 

multiplied by the CTC, and also multiplied by the percentage of load eligible for 

Direct Access Service (“DAS”) during each year. This methodology was 

consistent with how the Company computed stranded costs. 

Q. Could you explain why the CTC was multiplied by total load eligible for 

DAS, rather than only by load that chose DAS? 

Yes. Based on the concept of stranded costs, it is appropriate to multiply the CTC 

times the total load eligible for DAS because customers who continue to purchase 

generation from APS are contributing to the collection of APS’ stranded costs. 

The standard offer generation price covers both stranded cost and the market cost 

of generation, so that customers who purchase generation from the Company are 

contributing to the collection of stranded costs through the standard offer price. 

Customers who choose Direct Access would contribute to stranded cost collection 

through an explicit CTC. 

A. 

V. THE ISSUE OF STRANDED COSTS 

Q. 

A. 

How are stranded costs defined? 

The concept of stranded costs arose out of concerns that a company might be 

unable to collect all of the dollars that it had expended on generating assets if its 

customers were given the ability to purchase generation from other suppliers - in 

other words, if retail access were offered with no charge to customers for leaving. 

This would be a concern to a company when the embedded costs of the generating 

assets still to be recovered are greater than the revenues that the Company would 

receive by selling either the generating units themselves or by selling energy that 

becomes excess when customers choose alternative suppliers. 
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Another way of looking at stranded cost is as the difference between the value of 

the assets on the utility’s books, or their net book value, and the market value of 

the same assets. This reflects the utility’s position if it sells the assets. It might 

be interested in selling assets if it expected its generation load to decrease. If the 

market price is less than the net book value, the utility will not recover its full 

costs by selling the units, and would be considered to have stranded costs. 

The Company seems to recognize this concept, as Mr. Wheeler testifies that 

“Stranded cost referred to the difference between the regulated cost of service for 

competitive electric assets, in this case generation, and what was then believed to 

be their market value.” (Wheeler testimony, p.19) Stranded costs refer to the 

generation costs that the Company may be unable to collect when customers can 

choose other suppliers. Typically, a rate is developed which will allow the 

Company to collect these stranded costs from all customers. 

Q. Has this definition and collection of stranded costs been used in other 

jurisdictions? 

Yes. To my knowledge, all jurisdictions that have allowed utilities to collect 

stranded costs have computed stranded costs in a manner consistent with this 

definition: that is, comparing the market value of the assets with their book value. 

In some states, vertically integrated utilities have been required to sell their assets 

to the highest bidder. The sale price clearly establishes what the market is willing 

to pay for the assets, and the stranded costs which the utilities have been allowed 

to collect are the difference between the sale price and the book value. 

A. 

Q. Does the $533 million figure that APS refers to as its stranded cost have any 

relevance to this case? 

Only in that it is the basis for the claim that APS gave up something when it 

agreed to collect $350 million in stranded costs, rather than $533 million. APS 

attempted to demonstrate previously that it would have experienced $533 million 

of stranded costs if customers had chosen retail access. This figure was cited in 

A. 
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the 1999 Settlement Agreement. APS’ estimate was computed by multiplying the 

kwhs that were eligible for retail access (and thus might be lost to APS generation 

sales) by the difference between the Company’s embedded generation costs and 

its projected market revenue, for six years, 1999 through 2004. However, this is 

too short a period to evaluate the value of the assets. 

The Company’s version of “stranded cost’’ represented generation revenues that 

APS would not have collected over the six year period if all customers who were 

allowed retail access chose alternative suppliers. This did not mean that if APS 

did not collect the $533 million it would be unable to recover its full investment 

in its generation. The $533 million computation only reflected sales and revenues 

from the generating assets over six years, rather than over the lives of the assets. 

The appropriate period should reflect the entire lives of the generating units which 

are being considered. This is because the units are producing economic value 

over their entire lives, not only over six years The short-run look at costs is 

similar to basing a claim that one has lost money on a house purchase by 

comparing the mortgage paid during six years to an alternative rental over the 

same period, and ignoring the fact that the house might be sold for more than the 

dollars remaining in the mortgage. In the case of generating plant, if, at the end of 

the six year period, the market value of the assets were greater than the book 

value of the assets at that time, the entity owning the units could recover the full 

market value of the assets by either selling generation at market prices or by 

selling the generating assets at their market value. 

If the analysis were for a longer period of time, it is possible, and even likely, that 

the amount collected from sales into the competitive market would have been 

greater than the remaining embedded revenue requirement. 

Q. Is there evidence in this case that illustrates the concept that a short-run view 

may appear to result in stranded costs, while a long-run view does not? 

Yes. The Company states that ratebasing the PWEC units (i.e. pricing them at 

embedded costs) will cost customers more than paying market prices for energy in 

A. 
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the near-term. It also claims that over the lives of the units customers will pay 

less in total net present value if they pay embedded costs rather than market 

prices. This illustrates the point that a short-run view does not capture the full 

value of such long-lived assets. The computation of the market value of the 

generating assets compared to the book values and the computation of the life-of- 

unit net revenue streams received from selling at competitive prices as compared 

to selling at embedded rates would accurately show the full value of the assets 

over their useful lives. This is because the market value of assets will typically be 

based on the net revenues that could be recovered from the assets over time. One 

method of estimating the value of the generating assets is to accumulate the 

estimated net revenues that the assets will receive from the competitive market, 

and to compute the net current value of that stream of net income. This is usually 

described as the Discounted Cash Flow method and should predict what the 

current market sales price of the units would be. 

Q. Why does an accurate measurement of stranded cost require examining 

either asset sale prices or a rigorous analysis of generating units over their 

entire lives? 

Although currently there may be a gap between embedded costs and market 

revenues, this gap will shrink and will probably reverse itself over time. As a 

result, in the later years of a unit’s life, it is likely to be profitable in the market - 

that is, it will receive greater revenues by selling into the competitive market than 

it would have by selling at embedded costs.2 This turnaround typically occurs 

because over time market prices tend to rise, while the embedded costs of a 

A. 

generating portfolio are likely to be stable or even to decrease, because the rate 

base tends to decrease as the initial investment is depreciated (i.e. costs are front- 

loaded). As a result, even if current embedded costs exceed market prices, lines 

depicting the two values over time usually cross in the future. Thus, typically 

~~~~ ~~ 

O&M costs will usually rise, which is the reason that embedded costs do not always decrease over 2 

time. 
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there are near-term years in which market revenues will be less than embedded 

cost revenues, and future years in which this relationship is reversed. The buyer 

of the asset will recognize the full value of the asset over time, so asset sales 

prices provide this correct valuation. By focusing only on the next six years, 

APS’ method for estimating stranded costs does not reflect the full value of the 

assets, and would overcompensate the Company for costs that are truly at risk of 

being stranded. 

Q. 

A. 

A. 

Q. 

Q. 
A. 

Q. 

A,. 

Did the Settlement require APS to sell its generating assets for their market 

value? 

No. In fact, the Settlement specified that the units should be transferred at then 

current book value to a competitive affiliate of APS. 

What would be the result of this transfer at book value? 

It would mean that if the units at that time were worth less than book value, the 

competitive affiliate would lose money on the units. However, if the units were 

worth more than book value, the competitive affiliate (and therefore PWCC) 

would make profits from sales from these units. 

Was there other criticism of the Company’s computation of stranded costs? 

Yes. Staff criticized the Company’s projection of market prices as being too low, 

based on information available at the time. 

Did the Company present any evidence prior to the Settlement regarding the 

market value of the generating assets at the time they would have been 

transferred to the competitive affiliate? 

The Settlement proceeding did not contain any such analysis. However, Mr. 

Landon testified in the Settlement proceeding for the Company that the assets 

This is the reason that some jurisdictions have required divestiture before providing utilities with 3 

stranded costs; the sale of the units clearly represents what the market thinks the units are worth. 
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Q. 

A. 

Q. 

A. 

were being transferred at more than their market value, so the Company should 

not have anticipated that the APS assets would have created profits. 

What does the Company say currently about the market value of the APS 

assets? 

The Company indicates that its estimate of the market value of the output of its 

Was the Company’s method of computing stranded costs allowed by the 

ACC, and if so, why? 

The Commission had provided for a methodology similar to that utilized by the 

Company, although neither the methodology nor the $350 million were discussed 

substantively in the Settlement order. 

The decision in RE-OOOOC-94-0165 in Order 60977 allowed only two options for 

utilities to choose and to receive stranded cost recovery. These included either a 

divestiture of all generation assets, which would determine the amount of stranded 

costs, or the “Transition Revenues Methodology”, which was intended to provide 

sufficient revenues to stay out of bankruptcy. 

In Decision 6 1677, the Commission noted that this appeared to condition recovery 

of stranded costs upon forced divestiture, which it ruled was not in the public 

interest. The Commission at that time accordingly added another option for 

computing stranded cost. The additional option was labeled the “Net Revenues 

Lost Methodology”, While this was described as a methodology similar to that 

set forth by APS, the Order did not provide detailed guidance as to the 

computation of stranded costs, and its discussion of the collection of stranded cost 

is different from that adopted in the Settlement. In the Settlement Order, the 
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methodology issue was not discussed, and the $350 million that was to be 

collected was a result of negotiation. 

Q. 

A. 

VI. 

Q. 
A. 

Q. 
A. 

What bearing does the issue of stranded cost have on the current 

proceeding? 

If the PWEC assets are rate-based, the Company may claim additional stranded 

costs associated with them. According to APS’ methodology of calculating price 

differences for only a few years, there will be stranded costs associated with these 

units if APS’ retail generation load  decrease^.^ This is because typical cost of 

service treatment fi-ont-loads recovery of the cost of assets, so in the short-run 

even efficient units do not look profitable. However, if stranded costs were 

computed according to the discounted cash flow method, market sales from these 

particular units will probably be almost sufficient to recover embedded costs over 

the lives of the units. In fact, the major reason they might not be completely 

sufficient is that market prices at the present time appear to be below the long-run 

equilibrium. 

COMPETITION RULES COMPLIANCE CHARGE 

What is the Company requesting recovery of in the proposed CRCC? 

The Company is requesting the approval of a Competition Rules Compliance 

Charge (“CRCC”) which shall collect $49,334,000 plus interest over 5 years. 

This will result in an annual expense of $8,283,000. 

What costs are included in the $49 million? 

According to Mr. Robinson, there are three parts: 1) costs associated with the 

implementation of Direct Access; 2) costs associated with divestiture; and 3) costs 

The existing rules would appear to prohibit stranded costs based on the PWEC assets, because of 4 

the date they were built. 
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associated with the implementation of Track B. These three categories of costs 

include the deferred balance as of December 31, 2002, plus costs the Company 

projects it will incur prior to July 1, 2004, plus the 1/3 of asset divestiture 

amounts that had not been included in the balance. Interest is included at the 

actual 2”d quarter 2003 interest rate. The total amount to be collected is reduced 

by the amount the Company projects will be overrecovered by December 31, 

2004 through the CTC. 

Q. 
A. 

What gave rise to these deferrals? 

Provision 2.6 of the Settlement specified that “...the Commission shall, prior to 

December 3 1, 2002, approve an adjustment clause or clauses which will provide 

full and timely recovery beginning July 1, 2004, of the reasonable and prudent 

costs of. .. compliance with the Electric Competition Rules of Commission- 

ordered programs or directives related to the implementation of the Electric 

Competition Rules.. .” 

Q. If the Commission previously approved the Settlement and the Settlement 

addendum that gave rise to these deferrals, what must be decided in this 

case? 

I believe there are three issues. One is whether all of the costs being requested are 

collectible. This depends first, on whether the costs were all “reasonable and 

prudent” and second, on whether they were completely a result of the electric 

restructuring efforts. Another issue is whether the Company should be allowed 

recovery of the 1/3 of costs associated with divestiture which the Commission 

concluded should be borne by shareholders. The final issue is the period of time 

over which these costs should be recovered. 

A. 

Q. 
A. 

Please describe the costs included in the Direct Access category. 

Below I list the 13 categories listed by the Company. I also group related costs 

together into 6 categories for ease of discussion, 
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Direct Access Capability 

FERC Compliance 

Direct Access Support 

Metering 

Load information 

Overhead 

Q. 

A. 

Q. 
A. 

Were all of these costs required by Direct Access efforts, and required only 

because of Direct Access efforts? 

It does not appear so. 

incurred without the efforts to develop Direct Access. 

I believe that some of these costs would have been 

Please describe the Direct Access Capability costs. 

In order to comply with the Electric Competition Rule, the Company needed to 

enhance its customer data and its billing system. This would enable it to keep 

track of Direct Access, to bill different rates, and to communicate with potential 

alternative suppliers. According to the responses to RUCO 5.7 and to CNE/SE 

1.8, this required additional personnel and mainframe capacity, which has resulted 
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Q. 
A. 

Q. 
A. 

Q. 
A. 

in deferred and ongoing lease payments for this capacity. There have also been 

additional payroll expenses which have been deferred. 

Are these unusual expenses or levels of expense? 

In my experience, providing retail access generally requires additional Customer 

Information System and Billing (“CIS/Billing”) activities. Bills usually need to 

be reformatted, additional customer data must be collected, and additional 

communication with customers and with retail suppliers must be provided for. 

These typically create additional costs. While the amounts spent by APS have 

been large, in my experience they are not dramatically out of line with such 

expenditures by other utilities that have unbundled rates and offered direct access. 

However, some of the dollars spent on CIShilling probably provide the Company 

with additional capabilities that may have value in addition to providing 

customers with Direct Access. Some of the expenses that have been deferred in 

this category may have been necessary in the future in the absence of the 

Competition Rules. 

Do you recommend denial of some of these Direct Access Capability costs? 

I have not seen information that would be a basis for denial of any of these costs. 

Amortizing these costs over a number of years is an appropriate way to respond to 

any costs that may provide additional services over a number of years. 

Please describe what you have categorized as the FERC Compliance costs. 

In Order 2000 and Order 888, FERC has been requiring utilities to separate their 

transmission systems from their other operations in order to create truly open 

access to the nation’s transmission system. The most recent manifestation of this 

effort is the establishment of Independent System Operators or Regional 

Transmission Organizations. Utilities in the Southwest have put efforts into 

forming complying organizations, first through Desert Star and more recently 

through West Connect. 
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Q. 
A. 

Do you recommend inclusion of these costs in the CRCC? 

No. In response to CNE/SE 1.8 a, the Company states that these are the 

Company’s share of development costs of first Desert Star and then West 

Connect, and notes that “Consistent with the Competition Rules, APS is 

supporting the development of an RTO.” While these efforts would have 

contributed to a system that allowed Retail Access, I believe that the expenditures 

on West Connect and Desert Star would have been required whether or not 

Arizona wrote the Competition Rules and opened up Direct Access. The efforts 

to create a workable Independent System Operator (“ISO’’) or even a Regional 

Transmission Organization (“RTO”) were necessary to respond to FERC’ s orders. 

These costs should not have been deferred for collection in the CRCC. 

Q. What do you recommend with regards to costs in the Direct Access Support, 

Metering, and Load Information categories? 

While these costs may have some value outside of Direct Access, it also appears 

that they were necessary to prepare for Direct Access. I recommend allowing 

these costs in the CRCC. 

A. 

Q. 
A. 

What do you recommend with regard to Overhead costs? 

The Settlement Order specified that all costs associated with Direct Access should 

be allowed. However, the “return plus benefit loads” costs included in the 

Company’s requests must be reduced. Benefits associated with personnel whose 

salaries are included in the FERC Compliance category should be eliminated. 

From 1997 through 2002, the return component was based on the cost of short- 

term debt. (Response to LCA 25-533). Thereafter, it was computed on the basis 

of what the Company describes as the FERC-prescribed formula, which reflects 

equity as well as debt cost. I do not see a problem with this methodology. 

23 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

27 

28 

29 

30 

Direct Testimony of Lee Smith 
Docket No. E-01345A-03-0437 

Q. 
A. 

Q. 
A. 

Q. 
A. 

Q. 

A. 

What are the issues associated with divestiture costs? 

Again, they entail whether the costs were prudent, and whether they were all 

necessary for the efforts toward divestiture, and the issue of whether the utility 

should be denied 1/3 of these costs. 

What do the divestiture efforts consist of, given that APS did not divest? 

The Company in response to LCA 25-543 describes the efforts as consisting of 

extensive analyses and preparation of submittals and filings that prepared for the 

transfer of plants. Further, they provided a breakdown of the almost $10 million 

of costs by category. 

Do you see any problems with the divestiture expenses? 

It would be more accurate to say that I still have some questions regarding the 

level of expense. In particular, there are $2.5 million of internal Payroll-Related 

expenses, excluding inhouse legal expenses. These expenses suggest that the 

equivalent of between 7 and 11 full-time APS personnel worked on divestiture 

issues in 2000 and 200 1. This strikes me as high, and may also have contributed 

to portfolio planning that had previously been performed by APS, but was being 

performed by PWEC during this period. There is additional discovery pending on 

this issue. I recommend that this expense be removed unless the Company 

response provides adequate support for this level of expense. 

What do you recommend with regard to the 1/3 of divestiture costs which the 

Commission concluded should be borne by shareholders? 

I recommend that the Company be allowed to collect these costs. The Company 

expended these costs in response to an expectation of divestiture. These expenses 

were incurred solely in expectation of divestiture, and the Commission reversal of 

position on divestiture is therefore grounds to allow recovery of these expenses. 
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Q. 
A. 

Q. 
A. 

VII. 

Q. 

A. 

Q. 

A. 

What are the issues related to Track B costs? 

It is not clear to me that these costs are allowed within the CRCC, as necessary to 

comply with the Electric Competition Rules. Purchasing power has always been 

a function of the utility, and will remain so as long as the utility has a 

responsibility to acquire power for any of its customers. The Track B costs were 

incurred out of the test year, and may have been higher than would be expected on 

an ongoing basis, but I do not recommend that they be collected in the CRCC. 

Have you computed a recommended number? 

I have estimated the reduced annual CRCC based on these recommendations, that 

is excluding FERC compliance costs and the Payroll-related expenses in the 

Divestiture category. This results in an annual expense of $7.4 million, This 

computation is summarized in Exhibit LS -4. 

ALLOCATION ISSUES RELATIVE TO REVENUE REQUIREMENTS 

Please summarize the cost allocation issues that are directly relevant to the 

Staff computation of the total ACC revenue requirement. 

The total revenue requirement supported by Staff is affected by the treatment of 

transmission costs that has been proposed by the Company and by the allocation 

of various costs between the retail and the wholesale jurisdiction. 

Please describe how transmission costs can be treated to develop 

transmission rates. 

In a typical rate case, historic transmission costs are identified, and proforma 

adjustments may be made to reflect known and measurable changes. If the utility 

is “unbundling” its costs, it will allocate a portion of its administrative and general 

expenses to the transmission function, and will include in the revenue requirement 
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calculation a return and income taxes on transmission rate base. 

standard treatment of the cost of service in a retail proceeding. 

This is the 

Q. 

A. 

Q* 

A. 

Q. 
A. 

Q. 

Have you been aware of any alternative approaches to setting transmission 

rates? 

Yes. In states with retail access, the transmission rate may be based directly on 

the utility’s Open Access Transmission Tariff (OATT). 

APS has made a number of adjustments to rate base and to expenses 

associated with the provision of transmission and ancillary services. Please 

describe them. 

APS has essentially removed the standard transmission costs from its revenue 

requirements and replaced them with transmission costs based on a different 

computation, that of the OATT expense associated with its load. 

Why has the Company proposed this different treatment? 

FERC requires that utilities with unbundled rates bill Scheduling Coordinators 

under the provisions of their Open Access Transmission Tariffs. This should 

ensure that customers choosing alternative generation suppliers are charged for 

transmission service on the basis of the same FERC approved transmission rate as 

Standard Offer customers. The OATT contains rates for both transmission 

service and most ancillary services (excepting must-run service). The proposed 

revenue request reflects APS’ OATT billings as expenses associated with 

transmission and ancillary services. If transmission rate base and allocated 

expenses were not removed from the cost of service used to determine rates, 

transmission related costs would be recovered twice. The capital costs of the 

portion of assets that support ancillary services have also been removed from rate 

base. 

What are the assets that support ancillary services? 
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A. 

Q. 

A. 

Q. 

A. 

Q. 
A. 

For the most part they are generation assets that are run partly to provide such 

ancillary services as regulation and spinning reserves. The Company has 

estimated the amount of generation rate base that provides these services by 

analyzing which particular generating units have been used to provide these 

services, and removing the corresponding portion from rate base. 

How is the OATT expense which substitutes for the standard cost of 

transmission service computed? 

The Company computes a proforma expense by applying the OATT tariff to its 

proformed billing determinants. This represents what its OATT bill would be for 

its proforma load, and is more consistent with the filed case than the actual test 

year OATT bill. 

What is the dollar impact on customers if the proposed adjustment is 

accepted? 

This depends on the Commission’s findings regarding various aspects of the 

proposed revenue request. If the Company’s rate of return, depreciation expense, 

and any other adjustments that impact the transmission cost of service calculation 

are accepted, it appears that retail customers will pay approximately $14 million 

less under the Company’s proposed approach than they would under the standard 

cost of service approach. 

Can you explain how this difference arises? 

Not precisely. There are usually some differences between FERC rate filings and 

state retail filings, so that even if the Company filed a case at FERC to justify a 

new OATT at the same time that it made a state cost of service filing, the rates 

would not be identical. In particular, FERC typically approves a different return 

on equity, which is usually higher. This cost component alone suggests that retail 

customers might pay somewhat more under a FERC rate than under a retail cost 

computation, all else being equal. Other reasons for differences between FERC 
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and retail rates may be that the treatment of some costs are different in the two 

jurisdictions, and the allocation between jurisdictions are different between FERC 

and the state commission. However, I expect that the biggest cause of the 

differences is that the OATT rates were based on costs and sales in test year 1995 

(response to LCA 2.49). Since that time, I expect that rate base, expenses, and 

billing determinants have all increased, and the retail return requested in this 

proceeding is probably not equal to the return allowed in the existing OATT rate. 

Q. What will the dollar impact on customers be if Staffs cost of service 

recommendations, rather than the Company’s proposals, are adopted by the 

Commission and if the proposed transmission treatment is accepted? 

It appears that the differences between the two approaches are much smaller, but 

it is likely that customers will still pay less under the proposal to replace 

transmission cost of service with OATT expenses. 

A. 

Q. Will customers continue to pay less in the long run under the Company’s 

proposal than they would have under the cost of service approach? 

This depends on whether the Commission accepts a transmission cost adjustor. If 

it does, the amount that customers will pay will change. The amount is likely to 

change only slightly because of changed billing determinants, but may change by 

a significant amount if APS refiles its OATT and FERC approves a different 

OATT. Any resulting increase or decrease would flow through to customers 

through the transmission adjustor ( called the TCCF). The Company should keep 

the Commission informed when it files new OATT tariffs at FERC. 

A. 

Q. If the Company’s proposed approach may not save customers much, is there 

any reason to accept it? 

I believe that there is. Retail choice could be distorted if the transmission charges 

to standard offer customers are based on the cost of service calculation rather than 

on the OATT rates. As I understand FERC’s policies and jurisdiction, any retail 

A. 
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choice customer should be charged on the basis of the OATT. A customer that 

considers retail choice should make the decision based on the cost of generation 

from the utility versus the cost of generation from an alternative supplier. If the 

RA customer pays the OATT rate, and the Standard Offer customer pays the retail 

cost of service rate, the decision to choose retail access will be partly determined 

by the difference between the transmission rates, rather than on competitive 

generation prices. 

Q. 

A. 

Q. 

A. 

If the Commission accepts the treatment of transmission costs as proposed by 

the Company, does this require that it also approve the proposed 

transmission adjustor? 

Accepting the proposed treatment of transmission costs does not require 

acceptance of the transmission cost adjustor. The adjustor was designed by the 

Company “to track changes occurring in a specific cost, whose base amount is 

included in retail rates.” (Propper testimony, p. 18) The adjustor is necessary to 

ensure that Direct Access customers pay the same for transmission as Standard 

Offer customers, since Scheduling Coordinators will be charged the full OATT 

charge. Thus, if the OATT has changed since the OATT that was the basis for 

retail rates, and if there is not an adjustor, the DA transmission bill will be 

different from the Standard Offer transmission bill. I note, however, that even 

with the Company’s proposal, there may be small differences between what 

customers pay due, for instance, to the timing of the imposition of the adjustor, 

and the fact that the adjustor will not be differentiated by class. 

The Company has proposed that specific details regarding a Transmission 

Cost Adjustor be developed subsequent to the acceptance of the TCA concept 

by the Commission. Is that an acceptable means of working out some of the 

implementation? 

I believe that implementation details can be worked out subsequent to approval of 

the TCA. 
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Q. 
A. 

What are your recommendations with regard to the TCA? 

I recommend that when the Company files a change in any of its OATT rates with 

FERC, it should also file a notice of such a filing with the ACC in this docket. In 

addition, it should be required to file its FERC application with the Utility 

Division director. The one change I would recommend to the Company’s 

proposal is that the TCA should not take effect until the shortfall reflected in the 

Balancing Account reaches a trigger level that indicates a significant change. I 

suggest that a trigger of 5% of the total retail transmission cost approved in this 

case. When this trigger amount was reached, the Company should file for 

Commission approval of a TCA rate. I recommend that the Commission order 

the Company to file an implementation plant within 120 days of a decision in this 

case, for Commission approval. 

Q. You also mentioned the allocation of costs between retail and wholesale. Are 

you making any recommendations that will have a significant impact on 

retail revenue requirements? 

Yes. I recommend in section VI11 that generation production capacity costs be 

allocated through use of the peak and average allocator, rather than the 4 

Coincident Peak allocator which the Company has used. I believe that this better 

reflects cost causation, and is more consistent with ACC allocation precedents. 

This affects the allocation of some costs between retail and wholesale. 

A. 

VIII. ALLOCATION AND UNBUNDLING OF COSTS 

Q. Has the Company presented a cost of service study (“COSS”) which 

unbundles its costs into different functions and allocates those costs 

between rate classes? 

Yes, the Company has presented results of a fully unbundled and allocated cost of 

service study, sponsored by Mr. Propper. This type of study is an appropriate 

A. 
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vehicle to produce the information necessary to develop unbundled rates based on 

embedded costs. 

Q. 

A. 

Q* 

A. 

Q. 

A. 

Please describe the methodology used by the Company in its allocated 

Cost of Service Study. 

Costs are “classified” as demand, energy, or customer related, and are also 

“unbundled” into various functions. Distribution costs, for instance, are 

categorized as substation, primary, and secondary. This subcategorization allows 

for a more accurate allocation of costs, since different customers place different 

demands on these parts of the distribution system. Costs which serve many 

functions, such as administrative and general costs, are spread among the 

functions. The functionalized costs are then allocated to the various rate classes. 

The study calculates the rates of return earned by each class based on the 

Company’s depiction of its total costs, and also calculates total costs by function 

at the requested rate of return. These results can provide the basis for charging 

customers separately for different services, such as generation capacity, energy, 

transmission, distribution, and customer services. 

Has the Company proposed to base its unbundled rate components for 

each class on the results of its COSS? 

No. As discussed by Ms. Andreassen, it has utilized the COSS only indirectly to 

affect its proposed rate design. 

Does the COSS identify directly the costs that the Company proposes to 

reflect in a Fuel and Purchased Power (“FPPAC”) adjustor, so that it can 

be utilized directly to set a FPPAC? 

No, it does not. Although there is a function called Production Energy, this 

includes more than fuel and purchased power costs. For instance, it includes 

operating and maintenance costs other than fuel and purchased power that are 
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classified as energy related. This function also includes a share of administrative 

and general expense. Neither the other energy related costs nor the administrative 

and general expense would be tracked in a FPPAC. 

Q. 

A. 

Q. 
A. 

Q. 

A. 

What did the Company’s allocated Cost of Service Study indicate about 

the rates of return earned by the various rate classes? 

The Company’s COSS found that the ACC jurisdictional load was earning a 

considerably lower rate of return than the nonjurisdictional load. Within the 

ACC, all of the General Service classes except the Large General Service class 

earned more than the average Company test year rate of return. All other classes 

earned less than the average Company rate of return, with the streetlighting 

classes earning the lowest rates of return. 

Does the Company compute all functional costs in the same manner? 

No. Transmission and ancillary service costs are measured in a different manner, 

as discussed in Section VI1 above. The cost of service study computes allocated 

transmission costs, but these costs are then removed and the OATT transmission 

expense is substituted to represent transmission costs. 

How does the Company model allocate costs between ACC jurisdictional 

load and the small amount of nonjurisdictional load? 

Jurisdictional allocation is determined by the cost of service study using the same 

allocation basis that is used to allocate costs between rate classes. In other words, 

rather than a different allocator to identifj the non jurisdictional portion of a cost, 

each functional cost line is allocated first to jurisdictions and then to classes using 

the same allocator. This treats nonjurisdictional customers consistently with how 

retail customers are treated, so that the FERC jurisdictional classes even receive 

an allocation of overhead costs. 
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Q* 

A. 

Q. 
A. 

Q. 
A. 

Q. 

A. 

Do you support the methodology of using the same allocator for apportioning 

costs between jurisdictions and between rate classes? 

Yes. If an allocator best reflects the reason that the Company incurred a 

particular cost, it should be used to allocate between jurisdictions as well as 

between classes. 

How has the Company allocated costs between classes? 

Generation, distribution, and customer costs are allocated on the basis of different 

allocators which are supposed to reflect cost causation, or the basic reason that the 

costs are incurred. 

Generation capacity costs, also referred to as production-related demand costs, are 

allocated on the basis of system peak load, as measured by the coincident peaks in 

the four summer months (“4CP”). Mr. Propper testifies that production related 

assets “are generally designed and built to enable the Company to meet its system 

peak load’’. (Propper, p. 5) 

Have you found that Mr. Propper has allocated costs appropriately? 

Forthe most part I support the Company’s choice of allocators. However, I 

believe that the allocation of generation capacity costs is incorrect. The allocation 

of generation capacity costs is important, because a very large proportion of the 

Company’s total costs are categorized as generation capacity. Of the Company’s 

requested total company revenue requirement of $1,944 million, $677 million is 

in the production capacity function. (AP WP-3 p.5) 

Why do you believe the Company’s choice of allocator for generation 

capacity is incorrect? 

The 4 CP allocation method for generation capacity does not reflect cost causation 

because it does not reflect how the utility makes decisions regarding generation 

investment. Using the 4CP method implies that all generation capacity costs can 
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be explained by the utility’s need to meet its peak load. While it is true that the 

amount of capacity in MWs that a utility will build (or purchase) is determined by 

its need to meet its peak load, the types of generation capacity that the utility 

acquires, and thus the dollars that it spends on capacity, are affected by a number 

of other considerations, but primarily by the tradeoff between capacity and energy 

costs. The cost of generating facilities per MW varies significantly between 

different types of generating units, from low capacity cost peaking units (roughly 

$400/KW) to very high capacity cost nuclear units (which cost more than 

$4000/KW). Normally, utilities build peaking units to meet peak needs. They 

build more expensive baseload plants when they expect to utilize them for many 

hours, so that they result in lower energy costs than if they had built peaking 

units. Mr. Bhatti agrees that “..the Company has sometimes built baseload plant 

[rather] than intermediate or peaking plant because the energy cost savings that 

result from building baseload plant rather than intermediate or peaking plant are 

greater than the additional capacity cost of the baseload plant”. (Response to 

LCA 16-370) Customers with a high load factor, who use a large amount of 

energy relative to their peak loads, benefit from baseload plants because energy 

costs are lower than they would be without these plants. If capacity costs are 

allocated only on peak load, the proportion of capacity costs that high load factor 

customers pay for will not reflect the impact of the capacity dollars spent to 

reduce their energy costs. The high load factor customers pay less for energy, 

but do not pay their fair share of capacity costs that gave rise to the low energy 

costs. Conversely, allocation on the basis of peak alone results in low load factor 

customers, such as residential and small general service customers, paying a high 

proportion of generating capacity costs even though they do not receive a high 

proportion of energy savings. 

Q. 
A. 

How do you recommend allocating generation capacity costs? 

There are a number of allocation methods that reflect the fact that much of 

generation capacity cost is incurred in order to reduce energy costs and benefit 
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high load factor customers. In this case I recommend the “peak and average” 

method, which allocates a portion of generation capacity costs based on peak use 

and the remaining amount on energy. This method is relatively simple, requires 

less data than more sophisticated methods, and reflects the basics of cost 

causation better than allocating on peak alone. 

Q. Have you estimated the cost of serving each class consistent with Staff 

recommendations on revenue requirements and with your recommendations 

on the allocation of generation capacity costs? 

Yes. The Company provided me with the proprietary models that it uses to 

develop expense and ratebase inputs, and with the model that allocates these 

costs, and also assisted me in the use of these models. (Supplemental response to 

LCA 2-26) I have modified the inputs to these models to estimate class 

unbundled revenue requirements based on Staffs recommendations regarding 

revenue requirements and allocation. 

A. 

Q. Please describe how you modified the cost of service model to reflect Staffs 

adjustments to revenue requirements. 

First, I changed the demand production allocator from the 4 CP allocator to a 

Peak and Average allocator. Next, the total Company costs were modified. 

A. 

The Company’s model allocates what the Company depicts as test year costs and 

also all of its proforma adjustments. For the major Staff adjustments made to 

eliminate ratebasing of the PWEC assets and the reversal of the writeoff, it was 

possible to utilize the Company’s models directly. The results of this process I 

will refer to as the “adjusted model.” All of the proposed proforma adjustments 

are represented in the model by discreet “switches”; by turning off the switch, the 

model removes all costs associated with the adjustment. I rejected the rate base 

and expense adjustments associated with ratebasing the PWEC units and with 
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reversing the writeoff. 

reflected in these two adjustments. 

The model reduces the cost of service by the dollars 

Q. Did reversing these proforma Company adjustments require anything other 

than reversing the steps the Company took to make these adjustments? 

Yes, in one instance. The Company proposes that the rate of return should be 

higher if the PWEC assets are not ratebased. The COSS model reflects this rate 

of return through a revenue component of the PWEC adjustment. That is, the cost 

of service model computes costs associated with an 8.6% ROR. The Company 

would reflect the reduction in return that would result from utilizing the total 

Company ROR of 8.3% in the allocated cost model by entering a revenue increase 

associated with ratebasing the PWEC units. Since Staff does not agree that it is 

appropriate to utilize a different capital structure and a higher ROR if PWEC is 

not ratebased, when I “turned off’ the PWEC adjustment I did not make a revenue 

adjustment for a different rate ‘of return. I did enter a reduction in revenues 

associated with off-system sales that would not be made without the PWEC units. 

A. 

Q. Did you also estimate the impact of the other adjustments recommended by 

Staff that were not simply a matter of reversing the Company’s proforma 

adjustment? 

Yes. 

proposed. We have modified the Company’s model to reflect this lower return. 

The adjustments proposed by Mr. Dittmer and Mr. Majoros are somewhat more 

complicated because they reflect changes to various items of rate base and 

expense that are either changes to test year amounts or are partial changes to the 

Company proforma adjustments. In order to reflect the impact of these 

adjustments on class revenue requirements, I made discreet “below the line” 

changes to the model-produced revenue requirements. 

A. Staff is supporting a lower return on rate base than the Company has 

Q. How did you allocate these adjustments between functions? 
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A. This was a two step process. Rate base and expense adjustments were reconciled 

to Staffs case, and then were allocated across functions. Staffs additional 

jurisdictional rate base adjustments were either functionalized as production 

capacity (deferred Pacificorp gain), distribution (eliminate capital vehicle lease), 

or as miscellaneous rate base. The miscellaneous rate base adjustment reflected 

the remaining difference between the adjusted model rate base, the specific 

production capacity and distribution capacity adjustments, and the final Staff 

ACC rate base. These rate base adjustments were then allocated to the ACC 

functional revenue requirements on the basis of the direct functionalization 

produced by the adjusted model. For example, the additional proforma 

distribution rate base adjustment was allocated among the distribution and 

customer accounts functions by the same percentage that total rate base in these 

functions was spread by the adjusted model. The miscellaneous rate base 

adjustment was spread across all functions that contained rate base costs. 

Expenses were treated similarly, with the fuel and purchased power adjustment 

functionalized as production energy and all remaining adjustments allocated as 

expenses excluding energy expense. 

Q. 
A. 

Please describe the estimation of class unbundled revenue requirements. 

Again, the adjusted model did most of the work. The additional proforma 

functionalized adjustments were allocated to classes based on the allocation of 

each function by the adjusted model to the class. For instance, if the adjusted 

model allocated x% of distribution substation plant to the Small General Service 

class, I would also allocate x% of the total proforma adjustment that was 

functionalized as distribution substation plant. The adjusted class rate base by 

function was added to the model rate base, and the return and associated income 

taxes were computed. The adjusted class expenses were added to the adjusted 

model’s expenses by function, and totaled to produce the revenue requirement for 

the class and the function. The adjusted revenue requirement results for the ACC 

jurisdiction class are presented in Exhibit LS-5. 
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Q. Will your results be identical to those that would be derived from making 

each expense and rate base adjustment within the model? 

No, but the results will be close enough to judge what the percentage impacts on 

customer classes would be of setting revenue requirements at the cost of service. 

At the conclusion of the case, the Company should file a revised allocated cost of 

service study that reflects more exactly all adjustments approved by the 

Commission. 

A. 

Q. What are the impacts on class rates of return of changing the generation 

capacity allocator alone, while not changing the requested revenue 

requirement? 

The total Company return does not change, of course, nor does the general 

relationship between major retail class rates of return, that is, the residential rate 

of return is lower than the general service class as a whole. However, the 

differentials between the class rates of return are generally reduced. The 

streetlighting classes’ deficiencies increase significantly as the production demand 

allocator is changed to peak and average. 

A. 

Q. Please describe the results of the revised allocation of the Company’s revenue 

requirement. 

First, the nonjurisdictional ROR decreased to a negative return. The overrall 

residential class ROR became positive, and the General Service ROR, while still 

positive, decreased. The cost of service study showed that for each class to earn 

the allowed rate of return, only the irrigation, streetlighting, and Large General 

service, and the Residential E-10 would need rate increases. Rates to other 

classes need to be decreased to result in equal class rates of return. Exhibit LS-6 

shows the computation of class earned rates of return based on Staff revenue 

requirements. 
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IX. CONCLUSIONS 

Q. 
A. 

Do you agree that the Company is entitled to ecovery of the $234 million? 

No. The request clearly does not meet standard ratemaking criteria. On a going- 

forward basis, there is no evidence that this reduction has any significant impact 

on rates that the Company is filing in this proceeding. 

This issue is not about stranded cost, but about rate reductions which the 

Company agreed to 4 years ago as part of the Settlement. It is true that 

Commission policy has changed, and the movement toward divestiture that was 

envisioned 4 years ago has not occurred. However, to allow the Company now to 

increase rates to recover some of the rate reductions agreed to in 1999 is simply 

retroactive ratemaking. The Company cannot ‘demonstrate that rates would not 

have been reduced in the absence of the Settlement. It has also not demonstrated 

that it has suffered significant financial harm as a result of not being able to divest 

its generating assets to PWEC. I do not think the Company has provided 

justification as to why the Commission should take the highly unusual step of 

increasing the Company’s rates to replace revenue which the Company did not 

earn in previous years, particularly since such additional revenues would have 

created additional overearning in some of those years. 

Q. What are your recommendations regarding the transmission cost adjustment 

and the CRCC? 

I recommend that the Commission accept the proposed treatment of transmission 

and a transmission cost adjustment mechanism. Further, I recommend that the 

Commission approve a CRCC which will recover the requested Direct Access 

costs, (excluding what I have categorized as FERC-compliance costs, and 

associated benefits), and Track B costs. With regard to divestiture costs, I 

recommend that the Company be allowed to collect 100% of these costs 

excluding the Payroll-Related costs. 

A. 
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1 Q* 
2 

3 A. 

4 

5 

6 

7 

8 

9 Q* 
10 A. 

11 

What are your recommendations with regard to the allocated cost of service 

study? 

I recommend that production capacity costs be allocated on the basis of the peak 

and average allocator. The functional revenue requirements that I have estimated 

reflect the results of Staffs revenue requirement recommendations. Further, 

final functionalized costs should be determined on the basis of the final 

adjustments accepted by the Commission. 

Does this conclude your testimony? 

Yes, it does. 
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LEE SMITH 
LA CAPRA ASSOCIATES 
Managing Consultant 

Ms. Lee Smith is a Managing Consultant and Senior Economist at La Capra Associates. Ms. Smith 
has twenty years experience in utility economics and regulation. Her work has encompassed all 
aspects of utility pricing, cost analysis, forecasting, and both demand-side and supply planning in 
electric, gas, and water utility cases. Ms. Smith has analyzed issues of electric rates, including 
Standard Offer rates, rate unbundling, and appropriateness of utility costs in 18 different states for a 
multitude of utilities and other entities. She participated in development of the New England ZSO, 
and has advised a number of clients on RTO pricing and organization. As a consultant, her clients 
have included gas and electric utilities, regulatory commissions and other public bodies. Previous to 
La Capra Associates, Ms. Smith was employed as the Director of Rates and Research at the 
Department of Public Utilities. 
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Testified on PBR filing by Keyspan Gas for Massachusetts Attorney General. 

Advised the Arkansas Public Utilities Commission Staff on various issues, including 
EAI's sale of baseload generation. 

Testified at FERC on mechanisms to recover revenues lost when through or out rates 
eliminated. 

Advised the Pennsylvania Office of the Public Advocate on Standard Market Design, 
and testified at FERC on transmission pricing. 

Estimated retail class generation rates under continued regulated and retail access 
Arkansas Public Utilities Commission Staff, analyzed proposed change to System 
Resource Agreement by Entergy. 

Testified on delivery service rates in New Hampshire, Illinois, and Texas. 

Advised, provided testimony and participated in settlement discussion on Provider of 
Last Resort rates for Pennsylvania Office of the Public Advocate. 

Assisted the Arizona Corporation Commission in unbundling rates for all Arizona 
utilities, and negotiating with utilities on stranded cost and rate design. 

Advised Pennsylvania Office of the Public Advocate staff in restructuring proceedings; 
presented testimony on rate unbundling in eight cases. 

Assisted Massachusetts Division of Energy Resources in drafting restructuring 
legislation and negotiating additional restructuring settlements with utilities. 
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Exhibit LS- 1 

Lee Smith 
Page 2 of 2 

0 Represented the Massachusetts Department of Energy Resources at NEPOOL 
committees engaged in developing the New England Independent System Operator, and 
an Open Access Transmission Tariff for New England. 

EMPLOYMENT HISTORY 

La Capra Associates 
Managing Consultant 

Department of Public Utilities: 
Director of Rates and Research, 

EDUCATION 

Tufts University, Economics 
Ph.D., all hut dissertation 
TUBS University Economics Department Fellowship, 1967-68 

Brown University, 
International Relations and Economics, B.A., Honors 
Prize in International Relations. 1965 

Boston College 
Study of Statistics 

Radcliffe 
Bunting Institute Fellow ship 

Boston, MA 
2000 -Present 

Boston, MA 
1982 - 1984 

Medford, MA 
I966 - I969 

Providence, RI 
1965 

Boston, MA 
1966 

Cambridge, MA 
19 70- I9 71 
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Page 1 

LACAPRA’S FIRST SET OF DATA REQUESTS TO ARIZONA PUBLIC SERVICE COMPANY 
IN THE MATTER OF THE APPLICATION OF ARIZONA PUBLIC SERVICE COMPANY FOR 

A HEARING TO DETERMINE THE FAIR VALUE OF THE UTILITY PROPERTY OF THE 
COMPANY FOR RATEMAKING PURPOSES, TO FIX A JUST AND REASONABLE RATE OF 

RETURN THEREON, TO APPROVE RATE SCHEDULES DESIGNED TO DEVELOP SUCH 
RETURN, AND FOR APPORVAL OF PURCHASED POWER CONTRACT 

E-01345A-03-0437 

LCA 1-9 (a) Please explain whether and how APS’ “reasonable opportunity to recover 
$350 million net present value through a competitive transition charge” (see 
Section 3.3 of the May 14 Settlement Agreement), was affected by the non-”sale” 
(see Wheeler Direct Testimony at 22, line 1). 

RESPONSE: 
The opportunity to recover $350 million was not affected by the failure of the 
Commission to permit the promised divestiture of APS generation. However, 
absent such a promise, the Company would have never agreed to the write-off 
and would have continued to recover the entire $533 million during the period 
through 2004. 

Witness: Steve Wheeler 
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LACAPRA’S FIRST SET OF DATA REQUESTS TO ARIZONA PUBLIC SERVICE COMPANY 
IN THE MATTER OF THE APPLICATION OF ARIZONA PUBLIC SERVICE COMPANY FOR 

A HEARING TO DETERMINE THE FAIR VALUE OF THE UTILITY PROPERTY OF THE 
COMPANY FOR RATEMAKING PURPOSES, TO FIX A JUST AND REASONABLE RATE OF 

RETURN THEREON, TO APPROVE RATE SCHEDULES DESIGNED TO DEVELOP SUCH 
RETURN, AND FORAPPORVAL OF PURCHASED POWER CONTRACT 

E-01345A-03-0437 

LCA 1-3 In reference to Mr. Wheeler’s Direct Testimony (at 19, line 5-8), please verify 
that the write off “related directly to costs already found just and reasonable” was 
applied to assets (e.g., regulatory assets) that were different from those 
encompassed by the company’s stranded cost claim (Le., the $533 million 
discussed in Section 3.3 of the 1999 Settlement Agreement). 

RESPONSE: 
As an accounting matter, the write-off was taken against the regulatory asset 
amount allowed under the terms of both the 1996 and 1999 Settlements. It was 
intended to represent a disallowance, on a present value basis, of a portion of the 
Company’s generation-related revenue requirement for the years 1999-2004. 

Witness: Steven Wheeler 

Page 2 
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Page 3 
LACAPRA'S SEVENTH SET OF DATA REQUESTS 

TO ARIZONA PUBLIC SERVICE COMPANY 
IN THE MATTER OF THE APPLICATION OF ARIZONA PUBLIC SERVICE COMPANY FOR A 

HEARING TO DETERMINE THE FAIR VALUE OF THE UTILITY PROPERTY OF THE COMPANY 
FOR RATEMAKING PURPOSES, TO FM A JUST AND REASONABLE RATE OF RETURN THEREON, 
TO APPROVE RATE SCHEDULES DESIGNED TO DEVELOP SUCH RETURN, AND FOR APPORVAL 

OF PURCHASED POWER CONTRACT 
E-01345A-03-0437 

LCA 7.216 LCA Please provide the annual filings that were made in response to the 1996 Rate 
Reduction Agreement, i.e. the filings that resulted in the rate reductions in the four years 
prior to the Settlement. 

RESPONSE: 

Please see attachments marked RC01336 through RC01339. 

Witness - To Be Determined 
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Barbara A. Klemstine 
Manager 
Regulatory Affairs 

Mr. Ray Williamson 
Acting Director, Utilities Division 
ARIZONA CORPORATION COMMISSION 
1200 West Washington Street 
Phoenix, Arimna 85007 

Tel 602/250-2031 '999ddk?4io~9p 3, 
Fax 602/250-3399 P.O. Box 5399 

May21,1999 

Re: Docket No. E-01345-95-491 (U-1345-95-491) 
Arizona Public Service Company 
Reduction in Retail Rates Pursuant to Paragraph 15.B of the 
Second Restated and Amended Rate Reduction Agreement 

Dear Mr. Williamson: 

Pursuant to Decision No. 59601 (April 18, 1996), Arizona Public Service Company ("APS") is filing the 
annual calculation to determine the reduction to base rates provided for under Paragraph 15.B of the Second 
Restated and Amended Rate Reduction Agreement ("1996 Agreement"). The 1996 Agreement provided for a $48.5 
million decrease in APS' retail rates, effective July 1, 1996 and also established a moratorium period (through July 
1,1999) on rate increases, while providing consumers an opportunity to automatically receive fbture price 
reductions based on the Company's ability to continue to lower its average cost. 

Future rate reductions through the tern of the 1996 Agreement were to be based on a comparison of the 
Company's average price per kilowatt-hour and its average cost per kilowatt-hour resulting from operations for the 
proceeding calendar year as defined in Attachment 3 of the 1996 Agreement. Any reduction for the current year 
would become effective for usage on or after July 1, if approved by the Commission. Under this provision, APS 
has decreased retail rates on July 1, 1997 by $17.6, and by an additional $16.9 million effective July 1, 1998. 

Based upon the Company's 1998 financial performance, as adjusted pursuant to Attachment 3 from the 
1996 Agreement and calculated pursuant to Exhibit No. 1 attached to Decision No. 60225, APS is able to &rther 
reduce rates through the rate incentive mechanism established in the 1996 Agreement. More specifically, the 
Company proposes to reduce annual retail rates by approximately $10.8 million, or .68%, effective July 1, 1999. 

RCO 1 3 39 
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Page 5 

Arizona Public Service Company 
COMPANY CORRESPONDENCE 

Mr. Ray Williamson 
May 19,1999 
page2 

The Campany is rcquestingthatthis reduction be cansidered by the cosnmission for approval in 
CopljUnCtian with the 1999 scrtlanart Agreemenf dated May 17,1999. The 1999 settlement Agreement (Article II, 
Section 2.2) provides f i r  a 1.5% rate rcchmn, cffectivc July 1,1999, which is inclusive ofthe .68% reduction. 
The reduction will be applied with a uniform percent to customer’s demand and energy charges, except as provided 
for in Attachment 2 of the 19% Agreement. 

Attached are: (1) a calculation of tbe proposed reduction in retail rates, (2) a copy of A#achment 3 Erom 
the 1996 Agreanens (3) a copy of Exhibit #1, Decision 60225, (4) a worksheet of adjustments to comply with the 
definitians from Attachment 3, (5) a worksbeet that applies the reduction to ebgible customers, and (6) a 
~ a r i s o p r o f p ~ a n d p r o p o s c d r a t e s .  

Please call me at (602)250-2031 if you or your Staff have any questions. 

cc: LoriHocmr (w/oaMbslms) 
All Puitier of- W NO. U-1345-95-491 
Dodrctcaatroi 
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LACAPRA’S FIRST SET OF DATA REQUESTS TO ARIZONA PUBLIC SERVICE COMPANY 
I N  THE MATTER OF THE APPLICATION OF ARIZONA PUBLIC SERVICE COMPANY FOR 

A HEARING TO DETERMINE THE FAIR VALUE OF THE UTILITY PROPERTY OF THE 
COMPANY FOR RATEMAKING PURPOSES, TO FIX A JUST AND REASONABLE RATE OF 
RETURN THEREON, TO APPROVE RATE SCHEDULES DESIGNED TO DEVELOP SUCH 

RETURN, AND FOR APPORVAL OF PURCHASED POWER CONTRACT 
E-0 1345A-03-0437 

LAC 1-7. Please identify all amounts (by year) by which APS’ retail revenues have been 
(and will be) reduced relative to what they would otherwise have been as a 
consequence of implementation of the CTCs described under Section 3.3 of the 
Settlement Agreement: 

RESPONSE: 
Below are the annual amounts of revenue foregone due to the rate decreases 
required by the 1999 Settlement which APS contends were made possible by the 
reduced CTC implemented by such Settlement. 

1999 3,526 
2000 28,846 
2001 58,167 
2002 85,112 
2003 (Estimated) 114,310 
2004 (Estimated) 65,861 (through June 30,2004) 

Witness: Donald Robinson 
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LACAPRA’S FIRST SET OF DATA REQUESTS TO ARIZONA PUBLIC SERVICE COMPANY 
IN THE MATTER OF THE APPLICATION OF ARIZONA PUBLIC SERVICE COMPANY FOR 

A HEARING TO DETERMINE THE FAIR VALUE OF THE UTILITY PROPERTY OF THE 
COMPANY FOR RATEMAKING PURPOSES, TO FIX A JUST AND REASONABLE RATE OF 
RETURN THEREON, TO APPROVE RATE SCHEDULES DESIGNED TO DEVELOP SUCH 

RETURN, AND FOR APPORVAL OF PURCHASED POWER CONTRACT 
E-01345A-03-0437 

LCA 1-10 Stranded cost recovery aside, please indicate whether and how the fact that “sale 
that was never consummated” (see Wheeler Direct Testimony at 22, line 1) 
adversely affected or might affect APS. For example, has any APS asset suffered 
impairment as a consequence of the “non-sale”? 

RESPONSE: 
The failure of the Commission to allow divestiture as promised in the 1999 
Settlement violated one of the basic premises of the Agreement in which APS 
made numerous concessions, not the least of which were the write-off, five rate 
decreases, the disallowance of one-third of divestiture costs that had previously 
been fully recoverable under a prior Commission order and the dismissal with 
prejudice of litigation against the Commission. It has also left part of the 
generation built to serve APS load effectively “stranded” at PWEC with the 
associated diseconomies and financial strain of having to maintain two separate 
organizations for the same essential utility function. Whether these latter factors 
will continue to affect APS depends largely on how the Commission responds to 
the Company’s request to rate base the PWEC assets. 

Witness: Steve Wheeler 
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Page 8 
LACAPRA'S NINETEENTH SET OF DATA REQUESTS 

TO ARIZONA PUBLIC SERVICE COMPANY 
IN THE MATTER OF THE APPLICATION OF ARIZONA PUBLIC SERVICE COMPANY FOR 

A HEARING TO DETERMINE THE FAIR VALUE OF THE UTILITY PROPERTY OF THE 
COMPANY FOR RATEMAKING PURPOSES, TO F M  A JUST AND REASONABLE RATE OF 
RETURN THEREON, TO APPROVE RATE SCHEDULES DESIGNED TO DEVELOP SUCH 

RETURN, AND FOR APPORVAL OF PURCHASED POWER CONTRACT 
E-01345A-03-0437 

LCA 19-458 With regard to the inefficiencies and costs created by PWCC having two separate 
generation entities, please quantify the annual cost that has been caused by this 
circumstance from 1999. Please provide workpapers and specific explanation of 
which costs have been duplicated. 

RESPONSE: 

Prior to the Track A Order, APS generation and PWEC generation operated as a 
single Generation Business Unit, and thus the inefficiencies and additional costs 
of having two entities (aside from the costs incurred to achieve divestiture) were 
minimal excepting perhaps for the higher cost of financing needed plant 
expansion at PWEC rather than at APS. APS has not calculated those higher 
historical financing costs. 

Since the Track A Order, the Commission has required increasingly greater 
separation of the PWEC and APS generation. Moreover, the Commission itself 
determined the ongoing cost of financing PWEC on a stand-alone basis was at 
least 264 basis points. See Decision No. 65434. It its claim letter to the State of 
Arizona of February 21,2003, this cost was estimated at $81,417.000. 

Witness - Steven M. Wheeler 
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LACAPRA'S SIXTENTH SET OF DATA REQUESTS 

TO ARIZONA PUBLIC SERVICE COMPANY 
IN THE MATTER OF THE APPLICATION OF ARIZONA PUBLIC SERVICE 

COMPANY FOR A HEARING TO DETERMINE THE FAIR VALUE OF THE UTILITY 
PROPERTY OF THE COMPANY FOR RATEMAKTNG PURPOSES, TO FIX A JUST 

AND REASONABLE RATE OF RETURN THEREON, TO APPROVE RATE 
SCHEDULES DESIGNED TO DEVELOP SUCH RETURN, AND FOR APPORVAL OF 

PURCHASED POWER CONTRACT 
E-01345A-03-0437 

LCA 16-3 7 1 Does APS have a current estimate of the market value of its generating assets? If 
so, please provide. 

RESPONSE: 

Market value is not relevant under prior ACC precedent to the determination of 
fair value rate base. However, to your point, APS has not performed any study 
addressing market value of APS' existing generation. However, the GE MAPS 
model provides the data needed for market valuation based on discounted cash 
flows. Based on the same philosophy for valuing incremental generation such as 
the PWEC units, attached are the higher inferred market valves, for APS existing 
generation assets. Market values from August 2003 for the same 3 scenarios 
described in the response to LCA 8-237 and RC01932, which is being provided 
pursuant to a protective agreement on a yellow-labeled CR-ROM. 

Witness- Aj it Bhatti 
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No New Gen. 

Page 10 

Market Value Above (below) Book Value 
(Millions) 

* Ranges vary depending on discount rate of from 7.07% to 8.25% 
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LACAPRA’S TWENTY-FIFTH SET OF DATA REQUESTS 
TO ARIZONA PUBLIC SERVICE COMPANY 

IN THE M A T E R  OF THE APPLICATION OF ARIZONA PUBLIC SERVICE COMPANY 
FOR A HEARING TO DETERMINE THE FAIR VALUE OF THE UTILITY PROPERTY OF 
THE COMPANY FOR RATEMAKING PURPOSES. TO FIX A JUST AND REASONABLE 

RATE OF RETURN THEREON, TO APPROVE RATE SCHEDULES DESIGNED TO 
DEVELOP SUCH RETURN. AND FOR APPORVAL OF PURCHASED POWER CONTRACT 

E-0 1345A-03-0437 

LCA 2.5-533 Please provide an electronic worksheet, with formulae intact, that shows the 
derivation of the Return costs that are included in the Return which is included in 
the Return plus Benefit Loads value of $7,180,430 as shown on RC02100, 
“Project to Date.” 

RESPONSE: 
See attached RC02467. As the attached file contains values to the penny, there is 
an insignificant difference of $99 from the value provided on RC02 100. Also, 
please note that a schedule responsive to LCA 2.5-532 is contained in the 
“Summary” tab of the Excel file attached hereto. 

Regarding the calculation of the return costs, each month there are system 
generated entries made by the accounting system that take the APS cost of capital 
rate, at that point in time, times the prior month‘s balance of all the various 
Direct Access accounts. The sum of all of these entries is the Direct Access 
return component. 

From 1997 through 2002, the return cost was calculated as capitalized interest. 
During that timeframe, capitalized interest was calculated each month as a 
percentage of the prior month’s ending Construction Work In Progress (“CWIP’) 
balance. The percentage used was calculated in accordance with SFAS 34, with 
the FERC assumption that construction is financed first by short-term debt. The 
weighted average cost of short-term debt was multiplied by the ratio of average 
short-term debt divided by average CWIP (“SAV”) .  This percentage was then 
added to the weighted average cost of long-term debt multiplied by (1 - S/W). 

Thereafter, and due to the Commission’s change of direction in the Track A 
Order, the return cost has been calculated as Allowance for Funds Used During 
Construction (“AFUDC”). AFUDC has been calculated each month as a 
percentage of the prior month’s ending CWIP balance. The percentage used is 
derived from the FERC-prescribed formula which assumes that construction is 
financed first by short-term debt, and then by a combination of long-term debt 
and equity. The weighted average cost of short-term debt is multiplied by S N .  
This percentage is then added to the weighted average cost of capital (including 
long-term debt and equity) multiplied by (1-SnV). 

Also, each month there are system generated entries made by the accounting 
system that take the APS benefit loads rates, at that point in time, times all direct 
payroll charge to all of the various Direct Access accounts. The sum of all of 
these entries is the Direct Access Benefits Load. The benefits included in the 
benefit load rate include payroll taxes and the expenses associated with pensions, 
OPEB, 40 l(k): etc. 

Witness: Donald Robinson 
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Page 12 
LACAPRA'S TWENTY-FIFTH SET OF DATA REQUESTS 

TO ARIZONA PUBLIC SERVICE COMPANY 
IN THE MATTER OF THE APPLICATION OF ARIZONA PUBLIC SERVICE COMPANY 

FOR A KEARING TO DETERMINE THE FAIR VALUE OF THE UTILITY PROPERTY OF 
THE COMPANY FOR RATEMAKING PURPOSES. TO FIX A JUST AND REASONABLE 

RATE OF RETURN THEREON, TO APPROVE RATE SCHEDULES DESIGNED TO 
DEVELOP SUCH RETURN, AND FOR APPORVAL OF PURCHASED POWER CONTRACT 

E-01345A-03-0437 

LCA 25-543 
Divestiture 

Please provide a description of the activities that gave rise to the gross 

cost at the end of 2002, detailing expenses by year and by activity and by vendor 
when applicable. 

RESPONSE: 

As a result of the settlement with the ACC in 1999, APS was required to divest 
all of its generation assets by December 31,2002. In order to meet this 
requirement, APS identified and undertook the necessary tasks to prepare for the 
transfer of its generation assets to Pinnacle West Energy Company (PWEC), an 
APS affiliate engaged in the sale of electricity at wholesale in the western United 
States. Due to the complex nature of these tasks, APS not only relied on in- 
house expertise, but also used the services of various outside counsel and 
consultants. Pursuant to the terms of the settlement, APS was allowed to recover 
two-thirds of the costs associated with the divestiture of these assets. It is these 
activities that give rise to the gross divestiture costs at the end of 2002. They 
include, but are not limited to extensive analyses and, where required, 
preparation of submittals and filings to attend to the following issues, among 
others: 

0 

0 

0 

0 

0 

0 

0 

0 

0 

0 

0 

Appropriate corporate structure. 
Compliance with Federal Energy Regulatory Commission (FERC) 
regulations. 
Compliance with Nuclear Regulatory Commission (NRC) regulations. 
Environmental permit transfers. 
Various contractual issues includmg warranty claims and assignment of 
contracts. 
Tax issues relating to IRS clearances (e.g., private letter rulings). 
Employment matters. 
Real property transfers. 
Mortgage, sale and leaseback and other financial issues. 
Participant relations at APS power plants. 
Licenses, permits and authorizations. 

Additionally, amounts associated with setting up office space and for new 
computer hardware and software were included. 

Attached as RC02468 is a schedule showing annual amounts by year (through 
September 2002) by activity with major vendors identified. 

Witness: Donald Robinson 
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Divestiture Costs Activity by Resource Category by Year -Major Vendors Identified 

, Major Vendor 
Materials 8 Supplies 
Detail 

Cambell Fisher Design 
Cisco Systems 
US Business Interiors 

Payroll-Related (excluding Law Department) 

Transportaion 8 Travel 

Rating Agency Expenses 
Detail 

Moody's Investor Services 

Utilites - TWX, Microwave, Phone 

Computer HardwarelSofhvare Purchase 
Detail 

Cisco Systems 

Memberships and Dues 

Land Rights - Applications, Processing Fees 

Outside Services -Accounting, Audit 
Detail 

Deloitte & Touche 

Outside Services - Computer Software 

Outside Services - Contractors/Construction 
Detail 

Stevens-Leinweber Construction 

Contract Maintenance 

Outside Services - Consulting 
Detarl 

Arthur Anderren LLP 

Outside Services - Engineering 

Outside Services - Environmental 
Detail 

S & W Consultants 

Outside Services - Legal 

Legal Out-ofPocket 

Outside Services -Security 

Outside Services - Seminars 8 Workshops 

Outside Services - Contract Labor 

Outside Services -Contract Labor Overtime 

NonSpecific Contract Labor 

Outside Services - Other 
Detail 

PA Consulting Services 
Geotechnical & Environmental Consultants 

Training Materials 8 Programs 

Other Expenses -General 111 
Detail 

Bank of America 
Navajo Nation 
PA Consulting Services 
S & W Consultants 
Standard & Poors 

Contruction Overhead Load 

TOTAL 

Total 

$462.282 

$78.746 
$85.449 

$154,925 

$2,499,724 

$37,216 

$260,000 

$235,000 

$92 

$208.437 

$1 53,324 

$5 

$150 

$75,000 

$75,000 

$197 

$777.325 

$689,170 

$2,056 

$392,696 

$302,762 

$47.856 

$484,451 

$462.565 

$1,847,047 

$2.404 

$61 

$2 

$824 

$16 

$14,624 

$271.720 

$155.589 
$65,000 

$6 

$2,030,157 

$97,165 
$200,000 
$83,299 

$523,050 
$300,000 

$252,124 

59,666,472 

2002 

$187,709 

$105,497 

$314,739 

$1 29 

$0 

$92 

$73 

$5 

$0 

$0 

$1 97 

$340,807 

$291.787 

$1,975 

$13,314 

$0 

$36,953 

$0 

$0 

9252,672 

$0 

$24 

$2 

($432) 

$0 

$1,907 

$1 7 

$6 

$47,045 

$102,423 

$1,299,680 

I l l  Includes $433,736 of in-house law department charges, both payroll and non-payroll 

2001 

$274,534 

$78.746 
$85.449 
$49,428 

$912,336 

$19,369 

$235,000 

$235.000 

$0 

$200,450 

$153,324 

$0 

jaf.400) 

$0 

$0 

$436,297 

$397.383 

$81 

$127,813 

$51.193 

$10.902 

$464.451 

$462,565 

$697,516 

$1,096 

$36 

$0 

$1,235 

$16 

94,547 

$84,290 

$65,000 

SO 

$579.543 

$97,165 

$83,299 

$300,000 

$149.701 

$4,197,813 

Page 13 

2000 1999 

$40 

$759,188 

$17,718 

$25,000 

$0 

$7,913 

$0 

$1,550 

$75,000 

$75,000 

$0 

$221 

so 

$251.569 

$251,569 

$0 

$20,000 

$0 

$896,858 

$1,309 

$0 

$0 

$0 

$0 

$8,169 

$187.414 

$155.589 

$0 

$802,303 

$200.000 

$523.050 

$0 

$3,054,251 

$0 

$513,462 

$0 

$0 

$0 

$0 

$0 

SO 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

$601.266 

$0 

$1,114,728 

RC02468 
Page 1 of 1 



LACAPRA’S SECOND SET OF DATA REQUESTS 
TO ARIZONA PUBLIC SERVICE COMPANY 

IN THE MATTER OF THE APPLICATION OF ARIZONA PUBLIC SERVICE COMPANY FOR 
A HEARING TO DETERMINE THE FAIR VALUE OF THE UTILITY PROPERTY OF THE 

COMPANY FOR RATEMAKING PURPOSES, TO FIX A JUST AND REASONABLE RATE OF 
RETURN T€€ERJ3ON, TO APPROVE RATE SCHEDULES DESIGNED TO DEVELOP SUCH 

RETURN, AND FOR APPORVAL OF PURCHASED POWER CONTRACT 
E-01345A-03-0437 

LCA 2.49 How was the APS OAT’T developed? 

RESPONSE: 
The APS OATT was developed to be consistent with the requirements established by 
FERC in its FERC Order No. 888 as set forth in APS’ filings in FERC Docket Nos. ER 
96-1 53-000 and ER 96-2401-000. The pertinent rates for transmission services were 
developed based on a COSS TYE 1995 

Witness-Alan Propper 



RUCO’S FIFTH SET OF DATA REQUESTS 
TO ARIZONA PUBLIC SERVICE COMPANY 

IN THE MATTER OF THE APPLICATION OF ARIZONA PUBLIC SERVICE COMPANY FOR 
A HEARING TO DETERMINE THE FAIR VALUE OF THE UTILITY PROPERTY OF THE 

COMPANY FOR RATEMAKING PURPOSES, TO FIX A JUST AND REASONABLE RATE OF 
RETURN THEREON, TO APPROVE RATE SCHEDULES DESIGNED TO DEVELOP SUCH 

RETURN, AND FOR APPORVAL OF PURCHASED POWER CONTRACT 
E-01345A-03-0437 

5.7 Direct Access Costs 
information: 
a) 

b) 

Refer to DGR_w/p18, page 2, and provide the following 

Provide a description of the cost item titled “Incremental Mainframe” and 
explain why it should be recovered on an annual basis: and 
Provide a description of the amounts included on the line entitled “2002 Payroll” 
and explain why APS’ payroll annualization does not already capture this same 
payroll. 

RESPONSE: 

a) To comply with the Electric Competition Rule several modifications were 
required to the APS Customer Information System. These modifications, such as 
Universal Meter Capture, Dual Billing, Standard Offer Unbundling, Meter 
Ownership, and Direct Access Customer Identification, required additional main 
frame capacity and therefore it became necessary to lease a larger processor. The 
incremental increase in expenses between the existing and the new larger 
processor was deferred, as allowed under the 1999 Settlement Agreement, 
Section 2.6(3). 

In 2002, these incremental costs were deferred. Once the deferral ceases, these 
incremental expenses will have to be charged to on-going O&M. 

b) The payroll included on the line entitled “2002 Payroll” is the incremental payroll 
that was deferred in 2002 and associated with the personnel increases necessary 
to comply with the Electric Competition Rules such as responding to customer 
inquiries regarding Direct Access and the Electric Competition Rules, and 
support for Direct Access systems such as DASR and MDMA. In 2002, these 
payroll expenses were being deferred and thus were not included in test period 
O&M expenses. The payroll annualization adjustment uses the 2002 test year 
relationship between O&M and total payroll to allocate the change in payroll 
expense due to changes in monthly employee head counts and wage rates. 
Because these expenses are not in the test year O&M, no associated amounts are 
being allocated in the payroll annualization adjustment. 
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Witness: Donald Robinson 
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CNE/SE 1.8 Re: page 10 of DGR-WP33: Twelve costs related to the implementation of 
Direct Access are identified. For each of the twelve costs identified, please 
describe: 

- a. the general or overall purpose of the expenditure; 
b. the primary components of the expenditure, if not included in (a); and 
c. the rationale for the allocation of cost components, or whatever other 

division of costs was used, between Incremental and Capital Assets 

RESPONSE: 
a. CIS/Billing - As specified by the Competition Rules, the Company 

implemented new billing requirements. The cost of developing and 
implementing the required changes to the CIS (Customer Information System) 
was charged to this category. Most charges to this category consist of 
incremental leases and licensing. 

DA Coordination - Implementation costs and, as necessary, on-going costs 
associated with APS coordinating with ESPs (Energy Service Providers) in 
order to provide Direct Access to customers consistent with the Competition 
Rules. For example, APS must be able to accept and process DASRs (Direct 
Access Service Requests) and had to build specialized systems and hire 
incremental personnel. Most charges to this category are for payroll 
associated with new employees hired to perform this work. 

APS Westconnect - The Company’s share of development costs associated 
with the development of Westconnect, the future RTO (Regional 
Transmission Organization). Consistent with the Competition Rules, APS is 
supporting the development of an RTO. Most charges to this category consist 
of incremental outside legal fees. 

Desert Star IOU - The development costs associated with the development 
of Desert Star, the predecessor to West Connect. Most charges to this 
category consist of incremental outside legal fees. 

Financial - Costs associated with APS using ED1 (Electronic Data 
Interchange) to handle ESP billings as required by the Competition Rules 
Charges are mainly for incremental outside vendor services. 

Generic Proceedings - Costs associated with Commission-initiated 
proceedings related to electric industry restructuring, particularly Track A and 
Track B. Most charges are related to incremental outside consulting services. 

Inform & Educate - The Competition Rules require the Company to inform 
and educate customers on their options related to Direct Access. Activities 
related to these requirements, including incremental payroll, direct mailings 
and bill stuffers, printing, etc., are charged to this category. 
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Itron - Initially APS thought that the metering and billing requirements 
associated with the Competition Rules might require changes to the Itron 
system. The Itron system consists of a hand-held meter reading device which 
electronically downloads metering information into the Itron database for 
further use in our CIS. It was subsequently determined, however, that no 

Metering - Charges. to this category reflect the metering requirements 
associated with the Competition Rules. Charges to this category consist 
mostly of contract labor and incremental payroll. 

Scheduling - The majority of the charges to this category are fees paid to the 
AzISA (Arizona Independent Scheduling Administrator). Consistent with the 
Competition Rules and the 1999 Settlement, APS supported the AzISA. Also, 
in order to implement Direct Access, each ESP is required to have a SC 
(Scheduling Coordinator) to schedule the power on the APS system. To 
comply with the intent of the Competition Rules and the anticipated increases 
in the number of scheduling entities and the scheduling activity, APS needed 
to modify the scheduling software and increase the manpower associated with 
scheduling. 

Settlement/Load Profiling - Implementation of a ”settlement” computer 
system was needed to comply with the intent of the Competition Rules. The 
settlement system, and associated load profiling computer system. is used to 
determine and account for energy usage on APS’ transmission system. Costs 
associated with this category include incremental payroll, consulting and 
outside services. 

Return Plus Benefit Loads - This category represents the carrying costs 
associated with Direct Access projects and the cost of benefits associated with 
payroll charges from the prior categories. 

b. Please see response to CNE/SE 1.8 (a). 

c. The terms Incremental and Capital Assets are the classification that those 
expenditures would have under normal non-deferred accounting treatment. 
Incremental would have been charged to O&M, while Capital Assets woulc 
have been charged to a capital related work order. 

Witness - Donald G. Robinson 
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LCA 16-370 Does Mr. Bhatti agree that the Company has sometimes built baseload plant than 
intermediate or peaking plant because the energy cost savings that result from 
building baseload plant rather than intermediate or peaking plant are greater than 
the additional capacity cost of the baseload plant? If he does not agree, please 
explain why the Company or any utility would build plant with higher capacity 
costs than would be caused by intermediate or peaking plant. 

RESPONSE: 
Yes. The last APS built baseload plants added to APS system were the Cholla 
and Palo Verde Power plants, which were initially planned in the 1970’s and 
completed in the 1980’s. The planning of these plants was based on the 
prevalent issues at that time: short supply of natural gas, Fuel Use Act that 
prohibited burning of natural gas in new power plants perceived, environmental 
issues with coal, need for diversity in APS generation mix, etc. Economics at 
that time supported the construction of the baseload plants and provided diversity 
in APS fuel mix. 

Conditions have changed dramatically since the 1980’s, and thus the economics 
associated with generation alternatives have also changed. While economics 
play a very large role in the selection of new generation, fuel diversity and risk 
assessment are also an integral part. At the time a new resource decision is 
made, the relevant factors will be considered. 

Witness-Ajit Bhatti 
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Major Vendor 
Materials 8 Supplies 
Detail 

Cambell Fisher Design 
Cisco Systems 
US Business Interiors 

Payroll-Related (excluding Law Department) 

Transportaion 8 Travel 

Rating Agency Expenses 
Detail 

Moody's Investor Services 

Utilites - W X ,  Microwave, Phone 

Computer HardwarelSoftware Purchase 
Detail 

Cisco Systems 

Memberships and Dues 

Land Rights -Applications, Processing Fees 

Outside Services -Accounting, Audit 
Detail 

Celoitte & Touche 

Outside Services - Computer Software 

Outside Services - ContractorslConstruction 
Detail 

Stevens-Leinweber Construction 

Contract Maintenance 

Outside Services - Consulting 
Detail 

Arthur Andersen LLP 

Outside Services - Engineering 

Outside Services - Environmental 
Detail 

S & W Consultants 

Outside Services - Legal 

Legal Outof-Pocket 

Outside Services - Security 

Outside Services - Seminars 8 Workshops 

Outside Services - Contract Labor 

Outside Services - Contract Labor Overtime 

NonSpecific Contract Labor 

Outside Services - Other 
Detail 

PA Consulting Services 
Geotechnical & Environmental Consultants 

Training Materials 8 Programs 

Other Expenses -General 111 
Detail 

Bank of America 
Navajo Nation 
PA Consulting Services 
S 8, W Consultants 
Standard & Poors 

Contruction Overhead Load 

TOTAL 

Total 

$462.282 

$78,746 
$85.449 

$154,925 

$2,499,724 

$37,216 

$260.000 

$235.000 

$92 

$208437 

$153,324 

$5 

$150 

$75,000 

$75,000 

$197 

$777.325 

$689,170 

$2,056 

$392,696 

$302,762 

$47,856 

$484,451 

$462,565 

$1,847,047 

$2404 

$61 

$2 

$824 

$16 

$14,624 

$271,720 

$155.589 
$65,000 

$6 

$2,030,157 

$97.165 
$200.000 

$523.050 
$300.000 

$252,124 

$9,666472 

$83,299 

2002 

$187,709 

$1 05,497 

$314,739 

$1 29 

$0 

$92 

$73 

$5 

$0 

$0 

$1 97 

$340,807 

$291,787 

$1,975 

$13.314 

$0 

$36,953 

$0 

$0 

$252,672 

$0 

$24 

$2 

W 2 )  

$0 

$1,907 

$1 7 

$6 

547,045 

$102,423 

$1,299,680 

2001 

$274,534 

$78,746 
$85.449 
$49,428 

$912,336 

$19.369 

$235,000 

$235,000 

$0 

$200,450 

$153.324 

$0 

($1.400) 

$0 

$0 

$436,297 

$397,383 

$81 

$127,813 

$51,193 

$10,902 

$464,451 

$462,565 

$697.51 6 

$1,096 

$36 

$0 

$1,235 

$16 

$4,547 

$84,290 

$65,000 

$0 

$579,543 

$97 165 

$83,299 

$300.000 

$149,701 

$4,197,813 

2000 

$40 

$759,188 

$17,718 

$25,000 

$0 

$7,913 

$0 

$1,550 

$75,000 

$75,000 

$0 

$221 

$0 

$251,569 

$251.569 

$0 

$20,000 

$0 

$896,858 

$1,309 

$0 

SO 

$0 

so 

$8,169 

$187,414 

$155.589 

$0 

$802,303 

$200.000 

$523,050 

SO 

$3,054,251 

1999 

$0 

$513.462 

$0 

$0 

$0 

5601,266 

$0 

$1,114,728 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

$0 

so 

so 
SO 

$0 

$0 

$0 

SO 

I l l  Includes $433.736 of in-house law department charges, both payroll and non-payroll 

~ ~ 0 2 4 6 8  
Page 1 of 1 
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Q. 

A. 

Q* 
A. 

Q. 
A. 

INTRODUCTION 

Please state your name and business address, and identify your 

employer. 

My name is Douglas C. Smith. 

Associates, 20 Winthrop Square, Boston, Massachusetts. 

I am the Technical Director for La Capra 

LaCapra Associates (“La Capra”) is a consulting firm specializing in electric 

industry restructuring, energy planning, market analysis, and regulatory policy in 

the electricity and natural gas industries. For over twenty years, we have served a 

broad range of organizations involved with energy markets -- public and private 

utilities, energy producers and traders, financial institutions and investors, 

consumers, regulatory agencies, and public policy and research organizations. 

On whose behalf are you testifying in this proceeding? 

I am testifying on behalf of the Staff of the Arizona Corporation 

Commission (“Staff”). 

Please summarize your professional background and education. 

I am an electric power industry planning and transactions specialist with 17 years 

of experience in areas including power systems planning and analysis, wholesale 

and retail power transactions, and electric utility rates. I have participated in 

restructuring-related activities in Pennsylvania, Massachusetts, Vermont, New 

Jersey and Ohio. I have participated in numerous generation asset valuation and 

competitive market assessment projects on behalf of merchant generating 

companies, electric utilities, state regulatory and consumer agencies, and end- 

users. During the past two years I have assisted the California Bureau of State 

Audits in its review of approximately $50 billion of transactions conducted by the 

California Department of Water Resources (“DWR’) in 2000 and 2001, and I 

have reviewed the power transactions of PacifiCorp (which serves six states in the 

western United States) and the Arizona Electric Division of Citizens 

Communications Company. 

1 
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I have managed the electric power supplies of several electric utilities, and have 

advised electric utilities regarding their power transactions and risk management 

strategies. I presently assist several retail electricity customers, including the 

National Railroad Passenger Corporation (“Amtrak”), in the procurement of retail 

generation service from competitive suppliers. I have presented testimony before 

state regulatory authorities in Pennsylvania, Massachusetts, New Hampshire, New 

Jersey, Vermont, Wyoming, Arizona, Nevada and Puerto Rico. 

A copy of my resume is included as Exhibit DCS-1. 

I. SUMMARY 

Q. Please summarize your testimony. 

A. I have reviewed the Company’s proforma Test Year fuel and purchased power 

expenses, particularly as presented by APS witness Donald Robinson. On the 

basis of my review, I recommend several changes to the Adjusted Test Year fuel 

and purchased power expenses submitted by APS. I also discuss the merits and 

drawbacks associated with potential purchased power and fuel adjustment 

mechanisms, and recommend that the Commission not approve an adjustor for 

APS in this proceeding. 

Q. Please summarize your findings with regard to fuel and purchased power 

expenses. 

I recommend changes to the Company’s pro-forma analysis of fuel and purchased 

power expenses, based on two issues: transportation costs for owned and 

purchased gas- fired resources; and the assumed availability of the Palo Verde 

generating units. I have developed an adjustment to the Company’s pro forma 

purchased power and fuel costs to reflect these two issues. 

As explained by Staff witnesses Linda Jaress and Harvey Salgo, Staff does not 

support APS’ proposal to rate base the PWEC generating units. The amount of 

my recommended adjustment regarding natural gas transportation costs depends 

to a significant extent on whether or not the PWEC units are part of the 

A. 
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Q. 

A. 

Company’s power supply mix. Therefore, the effects of my proposed adjustments 

to the Company’s pro forma fuel and purchased power analysis are as follows: 

? A $5.08 million reduction (for both PWEC in and out) to reflect 
higher availability for the Palo Verde generating units. The 
jurisdictional component of this adjustment is $5 .O million; 

? A $4.61 million reduction to reflect lower gas transportation 
costs (if the PWEC units are included in rate base), or a $1.48 
million reduction if the PWEC units are not included in rate base. 
The jurisdictional components are $4.54 million and $1.46 
million respectively. 

I have provided these recommended adjustments to Staff witness James Dittmer, 

for incorporation n his analysis of the Company’s total cost of service. These 

modifications to the Company’s proposed revenue requirement provide an 

appropriate base from which to develop a fuel and purchased power adjustor, as 

they represent an updated view of fuel and purchased power costs. My fuel and 

purchased power recommendation, however, should be reduced by approximately 

$23 million if the Commission concludes that APS should not have an adjustor. 

Please summarize your findings and recommendations with respect to a 

prospective power supply adjustor mechanism. 

The Commission’s Decision No. 66567 in Docket E-01 345A-02-0403 

contemplates an adjustor that would address only changes in the Company’s 

purchased power costs. Staff is concerned that an adjustor that addresses only 

purchased power expenses would not accurately depict changes in the Company’s 

net power supply costs, including fuel expenses and revenues associated with 

sales for resale. In APS’ present circumstances, this flaw is important because 

fuel expenses, purchased power expenses, and sales for resale revenues each can 

have a significant effect on the net power costs. An adjustor addressing only 

purchased power would also fail to provide incentives for APS to operate its 

system in a least-cost manner, and could actually encourage APS to make power 

supply choices that increase its net power supply costs. 
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For these reasons, Staff recommends that the Commission not implement an 

adjustor mechanism that focuses solely on purchased power expenses. The 

preferable options range from no adjustor at all &e., a fixed retail rate) to a “full” 

adjustor designed to reconcile all changes in APS’ fuel costs, purchased power 

costs, and resales. 

Staff is concerned, however, that in the event of significant load growth an 

adjustor could lead to an unintended overrecovery of APS’ total power supply 

costs. This is meaningful for APS because: (a) it has experienced significant load 

growth in the past, and expects to continue to do so; and (b) APS has relatively 

large fixed power costs, which would tend to decline on a centslkwh basis as load 

grows but would not be included in an adjustor as presently envisioned. Staffs 

view is therefore that the adjustor currently proposed by APS would not be 

appropriate. If the concern with respect to potential overrecovery can be 

adequately addressed, Staff would support an adjustor that includes purchased 

power and fuel costs. 

11. FUEL AND PURCHASED POWER COSTS 

Q. 
A. 

Please provide an overview of the Company’s power suppg sources. 

In developing its pro forma fuel and purchased power costs, APS conducted an 

analysis using the Real Time Simulation (“RTSIM’) production simulation 

software. This analysis is intended to approximate the dispatch of the APS 

system on a daily and hourly basis, taking into account the APS load shape and 

the characteristics of its owned generating plants and its committed purchase and 

sale transactions. The analysis also estimates the effects of short- term exchanges 

(e.g., daily and hourly purchases and sales for resale) with the regional wholesale 

electricity market. 

I have summarized the results of APS’ simulation analysis as follows. Exhibit 

DCS-2 shows APS’ monthly energy mix, in terms of the major types of power 

plant and interchange, assuming that the PWEC units are included in ratebase. 
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Exhibit DCS-2 also presents the same summary, assuming that the PWEC units 

are not included in ratebase. Exhibit DCS-3 summarizes APS’ annual energy 

mix, along with the average price of fuel (or purchases/sales, as applicable) for 

each category, for the PWEC “in” and “out” cases. 

From the perspective of assessing APS’ exposure to fuel and market price 

changes, the following observations are notable: 

? Most of the APS energy supply comes from its nuclear units 
(with an average fuel cost of roughly $5 per MWh) and coal- 
fired units (with an average fuel cost of less than $13/MWh). 
From a system operations perspective, these units are almost 
always fully utilized to meet APS’ present retail load 
requirements, with very little surplus available for resale. 

A substantial portion of the APS energy supply comes from gas- 
fired generating units - a combination of APS-owned units and 
the PWEC units. These gas-fired units tend to be the Company’s 
marginal generating sources, following its seasonal and daily 
load requirements. The average fuel costs for the gas-fired units 
are much higher than for the Company’s coal and nuclear units, 
and well above the system average cost per MWh for fuel and 
purchased power. As shown on Exhibit DCS-3, the gas-fired 
units are estimated to provide about 25% of total system energy 
requirements (assuming PWEC is ratebased) but represent a cost 
of about $299 million per year or over half of the Company’s net 
fuel and purchased power cost. As a result, changes in natural 
gas prices can significantly affect the Company’s total fuel and 
purchased power expense. Similarly, changes in the operation of 
the gas-fired units (e.g., due to demand growth, or unseasonably 
hot or cool weather) can have a significant effect on APS’ total 
fuel expense. 

If the PWEC units are not included in rate base, APS will be a 
modest net purchaser in the spot market. ’ Specifically, the net of 
daily and hourly transactions amounts to a net purchase of 
roughly 1 million MWh or about 4 percent of the APS system 
requirements. The APS analysis shows that if the PWEC units 
are included in rate base, APS will be a net seller in the spot 
market. Estimated net spot market sales amount to about 1.7 
million MWh per year, or roughly 6.5 percent of APS system 
requirements. 

? 

? 

In summary, the APS fuel mix has a significant amount of fuel diversity, but 

energy supplied by gas-fired generating units and purchased from the spot market 

represent a substantial portion of APS’ net power supply costs. 
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Q. How does APS’ significant reliance on natural gas-fired generation and 

market power purchases affect its future rate path? 

Natural gas prices have shown considerable variance in recent years, as illustrated 

on Exhibit DCS-4.’ As the Commission knows, electricity markets also tend to 

feature volatile prices, driven in part by natural gas prices as well as numerous 

other factors. 

A. 

It is reasonable to expect that both gas and electricity market prices will continue 

to vary significantly in the foreseeable future. The Company’s gas fuel costs and 

electricity market purchases, if not hedged, will represent a significant source of 

cost uncertainty in future years. Even if APS does conduct an aggressive hedging 

program, it will probably not be practical to eliminate all fuel cost uncertainty. 

Whether or not the PWEC units are included in rate base, it appears that APS’ 

natural gas fuel requirements will represent a larger net expenditure in the near 

term (and, likely, a larger financial rjsk exposure) than the Company’s projected 

spot market electricity transactions. 

Q. Are increases in fuel prices a primary driver of APS’ requested rate 

increase? 

Yes. Recent spot prices for natural gas, and forward indicators for natural gas 

deliveries in 2004, are well above actual gas price levels that were experienced in 

the Test Year. The natural gas price environment also affects electricity market 

prices. Electricity forward prices for deliveries in 2004 have increased relative to 

Test Year spot market prices, as well. As I will explain below, APS’ pro forma 

power cost analysis reflects this higher price environment. 

A. 

These gas and market price increases are significant in the context of the APS 

power supply, even though APS gets most of its energy from nuclear and coab 

fired units that feature lower and more stable fuel prices. In addition to a 

significant amount of owned natural gas-fired generation, APS has in place large 

’ Staff witness Barbara Keene submitted this same exhibit in Docket E01345A-02-0403 
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gas-fired purchases (i.e., Track B purchases from the PWEC units) during 

summer months. APS also makes short-term market purchases at prices that 

reflect, in part, marginal gas-fired units in the WECC region. If the PWEC units 

are ratebased, APS power supply costs will depend even more directly on natural 

gas prices. The increases in natural gas and (to a lesser extent) electricity market 

prices are the primary driver of APS’ pro forma increase to fuel and purchased 

power costs. 

Q. What natural gas and electricity market price assumptions did APS utilize as 

inputs to its pro forma analysis in this case? 

In developing its pro forma adjustment to fuel and purchased power costs, APS 

relied on monthly market price quotations that were available in late April 2003, 

A. 

for gas and electricity deliveries in the following twelve months (May 2003 

through April 2004). The forward gas prices were at key supply basins; APS 

added applicable variable transportation costs, losses and taxes to obtain effective 

delivered prices to its generating plants. The forward electricity price quotations 

were for monthly peak and off-peak deliveries at Palo Verde, a western trading 

hub close to the APS service territory. In its production simulation analysis, APS 

utilized the monthly Palo Verde forwards to develop prices for daily and hourly 

spot market purchases. 

APS made one broad adjustment to those forward prices: a reduction of ten 

percent to the natural gas prices. APS explained this adjustment as compensating 

for what it believed were exceptionally low forward spark spreads (i.e., the 

difference between forward electricity and natural gas prices) being quoted in the 

market. 

Q. How do the Company’s price assumptions for natural gas and electricity 

compare to recent conditions? 

Short-term market prices for gas and electricity have fluctuated noticeably 

between April 2003 and the present. Recent forward price quotations provided by 

the Company, however, indicate that the natural gas and electricity market prices 

A. 
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Q. 

A. 

Q. 

A. 

underlying the Company’s pro forma analysis are reasonably representative of 

current market expectations for deliveries in the near future - including the period 

July 2004 to June 2005, the first year in which the rates set in this docket will be 

in effect. It therefore appears that the Company’s assumptions about the natural 

gas and electricity price environment are suitable for use in setting the reference 

level of fuel and purchased power costs in this case, particularly if a PPFAC is 

adopted. 

NORMALIZATION OF FUEL & PURCHASED POWER 

In developing its adjustment to fuel and power costs, did APS consider load 

growth beyond the test year? 

Yes. The Company’s pro forma adjustment to fuel and purchased power costs, 

which is summarized in Mr. Robinson’s Attachment DGR-5, page 7, relies in part 

on assumed load growth in 2003. 

Please explain what sales levels were used to develop the normalized fuel and 

purchased power costs. 

First, APS estimated a normalized 2003 fuel and purchased power cost of 2.317 

centskwh. This figure represents estimated normalized 2003 fuel and purchased 

power costs of $584.087 million, divided by normalized 2003 sales of about 25.2 

million MWh. This sales level is associated with projected year-end 2003 

customer levels, and is well above the Company’s actual test year sales. 

Next, APS compared the normalized 2003 fuel and purchased power cost of 2.3 17 

cents/kWh to the test year he1 and purchased power cost of 1.8033 cents/kWh, 

determining that power costs per kWh will be higher by 0.5137 cents/kWh than 

average 2002 power costs. The increase is due both to higher fuel and purchased 

power costs and to a different dispatch of generating units to meet higher load. 

Finally, APS multiplies this adjustment to its adjusted 2002 sales (which account 

for weather normalization, and year-end 2002 customer levels) of about 23.5 
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Q. 
A. 

Q. 

A. 

Q. 

A. 

million MWh, to obtain its pro forma adjustment to fuel and purchased power 

expenses of $120.584 million. Thus, while APS’ total proforma fuel and 

purchased power cost (in dollars) is not as high as 2003 power costs muld be, the 

pro forma cost per kwh does reflect the impact of higher loads. 

Are the nature of the Company’s proforma adjustments appropriate? 

Both adjustments seem appropriate as a base power cost which would be adjusted 

by a PPFAC. However, if an adjustor is not adopted, I am concerned that the 

Company will have essentially proformed one component of its costs to reflect 

2003 sales levels, while not all other components were similarly proformed to 

reflect those sales levels. 

What is the effect of using 2003 loads to develop the average fuel and 

purchased power cost? 

Load growth tends to increase the Company’s fuel and purchased power costs per 

kwh. To my knowledge APS has not provided an estimate of fuel and purchased 

power costs based on its lower adjusted 2002 sales, but the effect is substantial. 

Assuming that sales growth is served with incremental fuel and purchased power 

at a price of $5OIMWh (which is consistent with the forward electricity prices 

used in the Company’s pro forma analysis), the Company’s use of the higher sales 

figure would increase the pro forma average fuel and purchased power cost by 

approximately $23 million. 

APS has not, however, proformed a corresponding decrease in the cost per kWh 

of its fixed power supply costs. This raises a potential inconsistency, and a 

potential for APS to overrecover its total power supply costs. 

What is your recommendation with respect to APS’ use of 2003 sales levels in 

its derivation of pro forma fuel and purchased power costs per kWh? 

The Company’s use of 2003 sales in this calculation would be reasonable in the 

context of a PPFAC. Therefore, if the Company is able to develop a PPFAC 
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Q. 

A. 

Q. 

A. 

mechanism that addresses the concerns that I have raised with respect to load 

growth, its pro forma fuel and purchased power costs would be - subject to the 

specific adjustments that I recommend below related to gas transportation costs 

and nuclear unit generation - an appropriate basis. 

If the Commission instead determines that a PPFAC is not appropriate z i  this 

time, I recommend that the Company’s pro forma fuel and purchased power 

expense be reduced to remove the effects of 2003 sales growth. I estimate that the 

associated reduction would be approximately $23 million 

PURCHASED POWER AND FUEL ADJUSTMENT 

MECHANISM 
# 

Please summarize your recommendations with regard to a purchased power 

and fuel adjustment mechanism. 

Staff recommends that if the Commission decides to approve an adjustor 

mechanism, the mechanism should include fuel as well as purchased power. 

However, Staffs primary recommendation is that the Commission should not 

approve such a mechanism for APS at this time. Below I will explain why Staff 

recommends against an adjustor that includes only purchased power, and will 

describe the unique circumstances that result in the recommendation that no 

adjustor be approved for APS. 

Have you reviewed the Commission’s findings, in Docket E01345A-02-0403, 

with respect to a potential adjustment mechanism to track changes in APS 

purchased poller costs? 

Yes, I have reviewed ACC Decision No. 66567, and also the October 2, 2003 

recommendation of ALJ Farmer. The draft order recommended approval of a 

Power Supply Adjustor, including fuel and purchased power costs, subject to a 

number of specific conditions, but the final Order appears to contemplate a 

mechanism that adjusts APS rates for changes in its purchased power costs, but 
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not fuel costs. A specific methodology for implementing the adjustment 

mechanism was not adopted. 

It is my understanding that in the context of the present docket, the Commission 

intends to determine whether an adjustor should be implemented for APS and, if 

so, what the broad features of the adjustor should be. 

Q. 
A. 

How would a purchased power adjustor for APS work? 

In Docket E-01345A-02-0403, the Commission addressed the prospect of a 

purchased power adjustor conceptually, but did not present all the details of how 

it would be implemented. For the purpose of this discussion, I will assume a 

relatively simple purchased power adjustor designed to track changes in the 

Company’s purchased power expenses. 

Under this type of mechanism the Company’s reference level of purchased power 

expenses would be established by the Commission, presumably on an annual 

basis. Retail rates would initially be set to collect this reference level of 

purchased power expense, along with the other components of the Company’s 

cost of service. The Company’s actual purchased power expenses would 

subsequently be measured, and compared to the reference level periodically, on a 

cost per kWh basis. To the extent that actual purchased power expenses turned 

out to be greater (less) than the reference level, the difference would subsequently 

be collected (returned) by APS over a future period. 

The specific design and implementation of a purchased power adjustor (or other 

forms of adjustors) would entail a number of details, many of which were raised 

in the adjustor proceeding. These include the accounts that would be included, 

the amount of information to be monitored and filed, how often the adjustor could 

change, amortization schedules, the amount that rates would be able to increase 

because of the adjustor, etc. However, a purchased power adjustor that does not 

include fuel raises additional issues. 
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Q. Would a simple adjustor mechanism focusing only on the Company’s 

purchased power costs have important limitations or drawbacks? 

Yes, the Commission should consider several significant drawbacks that would be 

associated with an adjustor that focuses only on changes in the Company’s 

purchased power expenses. These drawbacks stem from the fact that APS’ 

present power supply includes not only purchased power, but also substantial 

amounts of gas-fired generatioq and these resources can substitute for one 

another. 

A. 

First, a simple adjustor mechanism reflecting only changes in APS purchased 

power costs would not effectively capture how a number of practical 

developments would affect A P S ’  net power supply costs, including fuel and 

purchased power. From the Company’s standpoint, this type of adjustor may not 

“make them whole” when prices are rising, and from the customer’ standpoint, 

this adjustor may not pass along all power cost reductions. 

Second, under some conditions, a simple adjustor mechanism focusing only on 

purchased power expenses (a “PPA”) would not provide incentives for APS to 

operate its system in a least-cost manner, and could encourage APS to make 

power supply choices that actually increase its net power supply costs. 

Alternative adjustor mchanisms that addressed only purchased power could 

potentially be developed, but to accurately track APS’ net costs they would need 

to be fairly complex and would require extensive Commission review. 

Q. Please explain the first concern, that a purchasedpower adjustor would not 

effectively capture changes in APS’ net power supply costs. 

The problem is that purchased power expenses are only one component of APS’ 

net power supply costs. Changes in purchased power expense are often 

accompanied by offsetting changes to the other components: fuel consumption 

and sales for resale. Two simple examples may be illustrative. 

A. 

First, consider an instance in which, shortly after the reference level of purchased 

power expense is established, wholesale power market prices decline significantly 
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(say, from 3.5 centslkWh to 3 centskWh) while prices for fuel at APS’ gas-fired 

generating units are unchanged (at, say, 3.3 cents/kWh). In response to this 

change, it will tend to be cost-effective for APS to increase purchases from the 

short-term power market at 3 centslkwh, while backing down production from its 

marginal gas-fired units at 3.3 cents/kWh. In this example the PPA would show 

APS’ purchased power expenses greater than the reference level, indicating that 

APS is undercollecting, even though APS’ net power supply costs have declined. 

Alternatively, consider an instance in which the Company’s Palo Verde nuclear 

units are actually available to produce significantly more energy than assumed in 

the development of the reference level of purchased power expense. The 

additional production of nuclear energy at relatively low fuel cost will reduce 

APS’ net power supply costs. But if APS has purchased its forecasted electricity 

needs for the year in advance, using forward contracts, the savings to APS would 

come through reduced dispatch of its higher-cost gas- fired units or additional 

resales in the short-term electricity market. In this example, APS’ actual 

purchased power expenses would not decrease, because they are locked in 

through forward purchases. Instead, the additional Palo Verde energy would 

allow APS to make some unanticipated short-term resales. The related revenues, 

and the associated overcollection of power supply costs, would not be captured by 

the PPA. 

These examples show that an adjustor designed to reflect only changes in 

purchased power expenses (and not hel ,  or sales for resale) could realistically 

indicate that APS is undercollecting in instances where APS’ net power supply 

costs have increased only modestly, or actually decreased. Similarly, a PPA may 

not capture instances in which APS’ net costs have legitimately increased. Other 

practical examples could be developed to illustrate the limitations of an adjustor 

that focuses only on purchased power expenses. Note that in these examples APS 

is assumed to pursue the economic course of action in response to changing fuel 

prices or power market conditions. The concern is simply that the PPA would not 

accurately depict the changes in APS’ net costs. 
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Q. Please explain the second concern, that an adjustor focusing only on 

purchased power expenses could provide incentives that encourage APS not 

to pursue an economic course; i.e. to make power supply choices that 

increase its net power supply costs. 

The primary concern derives from the potential economic substitution between A. 

purchasing power and generating energy from APS-owned generating units. 

Because increases in purchased power expenses would be recoverable through the 

adjustor, while changes in fuel expenses at APS units would not, APS would 

generally have an incentive to maximize market purchases in lieu of generating 

energy from its own units, even if the latter were the cheaper option. This 

substitution dynamic can be significant in the APS power supply, which contains 

substantial amounts of dispatchable owned resources (particularly the Company’s 

gas-fired steam and combined cycle units, along with Track B purchases from the 

PWEC units during summer months). APS has the ability to adjust output from 

these resources in response to changing prices for fuel and power. 

Q. Could a simple PPA be modified to address the concerns that you have 

raised? 

Possibly, but simple modifications would probably not make a PPA very effective 

at capturing changes in the Company’s net power supply costs. This is because 

purchased power volumes and prices are each subject to significant variation from 

month to month and year to year, making simple approximations (e.g., applying 

observed changes in electricity market prices to the volumes of purchased power 

assumed in the reference cost analysis) subject to significant errors. In order to 

capture these net changes accurately, a more detailed analysis (resembling a full 

adjustor that tracks actual fuel expenses and sales for resale) would be needed. 

A. 

Q. In view of the foregoing, what is Staff’s recommendation with respect to a 

purchased power adjustor? 

For the reasons above, and considering APS’ particular power supply mix, Staff 

believes that an adjustor mechanism focusing solely on purchased power expenses 

A. 
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is not advisable. The preferable options range from no adjustor mechanism at all 

(i.e., a fixed retail rate) to a “full” adjustor designed to reconcile all changes in 

APS’ fuel costs, purchased power costs, and resales (i.e., a purchased power and 

fuel adjustor, or “PPFAC”). 

Q. May there be some circumstances in which a full adjustor, including fuel and 

purchased power, is preferable to a fixed rate? 

Yes, although, there are usually legitimate tradeoffs among these options. In 

Docket E-01345A-02-0403, Staff identified a number of advantages and 

disadvantages associated with a PPFAC; these remain valid today. Specifically, 

Staff identified the following advantages: 

A. 

1. The reporting requirements and forecasts facilitate utility 
planning and Staff overview of costs; 

2. An adjustor that works correctly, over time, reduces the 
volatility of a utility’s earnings and the risk reduction can be 
reflected in the cost of equity capital in a rate case and result in 
lower rates; 

3. Adjustors can create price signals to consumers, although the 
effectiveness is reduced considerably when a band is included 
and a twelve month rolling average is used; 

4. Adjustors can help reduce the frequency of rate cases; 

5. Regulatory lag between the incurrence of an expense and its 
recovery is reduced, and generational inequities are also 
reduced. 

The disadvantages identified by Staff were as follows: 

6. Adjustors can reduce incentives to minimize costs. 

7. An adjustor that includes fuel or purchased power costs 
potentially biases capital investment decisions toward those 
with lower capital costs and higher fuel costs; 

8. Adjustors create another layer of regulation, in addition to rate 
cases; 

9. An adjustor can shift a disproportionate portion of the risk of 
forced outages and systems operations from shareholders to 
ratepayers; 

10. Adjustors result in piecemeal regulation, in that they reflect an 
increase in one expense but ignore potential offsetting savings 
in other costs; 
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11. Adjustors are complex and often difficult for analysts to read 
and interpret, and are difficult to explain to customers; 

12. Proper monitoring of adjustor filings and audits require the 
devotion of significant Staff resources; 

13. Under an adjustor rates are less stable, resulting in rates 
changing frequently, making it difficult for customers to plan 
energy consumption and the purchase of energy consuming 
appliances. 

What other empirical circumstances bear on the advisability of an adjustor 

mechanism? 

Empirical considerations which may affect the advisability of an adjustor 

mechanism include the prospective volatility of fuel and/or purchased power 

expenses, the proportion of the utility’s revenue requirement which is subject to 

such volatility, and the rate of load growth which can be expected. Utilities with 

a large proportion of their costs subject to volatility, based on events outside of 

their control, and with relatively low load growth, are likely to be appropriate 

candidates for adjustor mechanisms. 

Ln the specific circumstances facing APS, natural gas prices (including spot prices 

and futures contracts) have exhibited substantial volatility in recent years, and 

appear likely to continue to do so in the near future. As shown in Exhibit DCS-3, 

the Company’s power supply mix in the near fiture will rely significantly on 

energy fi-om natural gas-fired generating units and purchases, and (to a lesser 

extent) on short term power purchases. Gas costs represent a large fraction of the 

Company’s net fuel and purchased power costs and a significant fraction of its 

total annual revenue requirement. These costs are not entirely out of APS’ 

control, however, as APS can (and presently does) reduce its exposure to potential 

market price changes by hedging (e.g., by purchasing fuel well before it is 

consumed, or utilizing future contracts or options). In the context of considering 

an adjustor mechanism, it is also important to note that a very substantial portion 

of the Company’s power supply costs are fixed. 

32 
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Q. Do the empirical circumstances in APS’ case raise concerns with a fuel and 

purchased power adjustor that were not discussed explicitly in the previous 

proceeding? 

Yes. Staff is concerned that if APS continues to experience substantial load 

growth (i.e., growth in retail kwh sales), a PPFAC could lead to overrecovery of 

total power costs. 

A. 

Specifically, a large fraction of APS’ power costs are fixed costs (e.g., 

depreciation, return on equity, fixed O&M) associated with its owned generating 

units. Customers pay for these fixed costs as part of their volumetric rate. The 

concern is that as sales grow, APS will essentially be collecting more money from 

retail customers for its fixed power costs, even though such costs do not increase 

commensurately. The PPFAC, at least in the form proposed by APS and 

discussed above, would not recognize this. That is, while a PPFAC would 

compensate APS for observed increases in its fuel and purchased power costs per 

kwh caused by load growth, it would not reflect offsetting declines in cost per 

kwh sold associated with the fixed components of power supply costs. This is an 

example of the “piecemeal regulation” concern cited by Staff in Docket E- 

01345A-02-0403; its effect is that APS stands to achieve increasing net power 

cost margins associated with load growth 

Q. 
A. 

In this context, is growth in APS sales a significant issue? 

Yes, the Company’s retail sales increased at an average rate of over 3 percent per 

year between 1997 and 20022, and APS projects growth to continue at an average 

rate of over 4 percent per year over the next five years.3 

Q. Have you been able to estimate what impact a PPFAC might have in these 

circumstances? 

Yes, Exhibit DCS-5 illustrates how load growth of 4 percent (equivalent to the 

annual growth forecast by APS) would affect the Company’s power supply costs 

A. 

I 
I 

Supplement to APS 2002 Annual Report 
APS 2003 Long Range Forecast (August 2003) 3 
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and collections from ratepayers. 

following: 

o Fuel and purchased power costs represent well under half of APS’ total power 

Key points from this illustration are the 

supply costs. 

o Much of the Company’s power supply costs are fixed, and are not included in 

fuel and purchased power. These costs - which include depreciation, return on 

equity, and income taxes associated with APS owned generating plants - are 

not dnven by sales. The actual fixed costs in APS rates will depend on 

several factors, including whether the PWEC units are rate based. For the 

purpose of this illustration I have used a figure of $500 million which is 

within the range of potential outcomes. 

o Assuming that sales growth of 4 percent is supplied with a combination of 

purchased power and increased generation from APS units, at an average cost 

of about $5O/MWh, APS’ actual fuel and purchased power costs per kwh 

would increase, leading to an undercollection of about $27 million. Under a 

simple PPFAC, this amount would ultimately be collected from ratepayers in 

a future period. 

o APS’ fixed power supply costs are not driven by sales4 in the near term, and 

therefore decline on a cents per kWh basis by 4 percent in this example. APS 

would effectively overcollect for these fixed power supply costs by about $20 

million. Under a simple PPFAC mechanism, this overcollection would not be 

tracked or returned to ratepayers. 

24 

25 

26 

27 

28 

This example illustrates that if retail sales increase significantly, a simple adjustor 

combined with based rates could result in a windfall to APS on the order of $20 

million Undercollections in one portion of power supply costs - fuel and 

purchased power - would be reconciled through the PPFAC while overcollections 

in fixed power supply costs would not. Note that APS total power supply costs 

4 In actual practice, some of the fixed power supply costs (e.g., depreciation, return) would tend to remain 
constant or decrease over time, while others (e.g., power plant O&M) would tend to increase. Because a 
substantial fraction of APS’ fixed power supply costs are of the former type, the results illustrated here are 
not strongly sensitive to this breakdown and may be conservative. 
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Q. 

A. 

Q. 

A. 

Q. 

A. 

(including the components that are increasing and decreasing on a centslkwh 

basis) track relatively closely to those being collected in rates. 

Does the concern about net revenues associated with load growth need to be 

addressed? 

Yes. APS has experienced significant load growth during recent years and 

expects continued robust growth in the future. Further, fixed costs (which would 

not be included in the PPFAC) make up a large fraction of APS’ total power 

supply costs. Due to these circumstances, Staff believes that the load growth 

issue is a particular concern in the context of the APS system. Staff believes that 

the Commission should not adopt an adjustor in this case if the issues associated 

with load growth cannot be adequately addressed. Staff would, however, be 

willing to review suggestions from the Company in its rebuttal case as to how to 

design an adjustor that appropriately addresses these issues. 

Given the respective advantages and disadvantages, what is Staffs present 

recommendation? 

Considering the context of APS’ present power supply, Staff recommends against 

a PPFAC. 

Could a PPFAC potentially be developed that would address the concerns 

you have presented? 

Yes. A more complex adjustor could attempt to prevent windfall gains resulting 

fiom load growth. For example, the earnings test proposed by Staff in Docket E- 

O 1345A-02-0403 would have accomplished this objective. Similarly, in the past 

Colorado has taken steps (e.g., an arnings test, exclusion of purchased power 

capacity costs from the PPFAC) to address this problem. However, such steps 

would likely be fairly complex and more difficult to administer than the 

mechanisms that have thus far been considered in this proceeding and in Docket 

E- 0 1 3 45 A- 02- 0403. 
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Q. 

A. 

Would the concerns that you have presented exist without a PPFAC? 

Yes, the concerns would still be relevant in the absence of an adjustor. An 

adjustor would exacerbate the concern, however, because it would pass through to 

ratepayers the portion of APS power supply costs (fuel and purchased power) that 

is likely to increase as a result of load growth. 

Q. Could other modifications to the PPFAC concept help provide the Company 

with incentives to “hedge” and to otherwise keep down power costs? 

Yes, a PPFAC could contain a “deadband” range. Rather than triggering a full 

reconciliation when a certain amount of over- or under-collection was reached5, as 

had been proposed in Docket EO1345A-02-0403, a deadband would define an 

amount of annual variation from the base that would never be collected. 

A. 

Q. Please explain more fully what you mean by a “deadband” range, and how it 

compares to the approach proposed by APS in the recent adjustor 

proceeding. 

The Power Supply Adjustor mechanism proposed by APS in Docket B01345A- 

02-0403 would track over- and under-collections outside a bandwidth in a 

Balancing Account, with a maximum threshold of $50 million. APS proposed 

that if and when the Balancing Account passed the $50 million threshold, a new 

energy-based charge should be created to amortize the full balance over a one- 

year period, and the current Balancing Account reset to zero. In an instance when 

APS’ cumulative actual power supply costs exceeded those in the current base 

power supply charge by more than $50 million, APS would have ultimately 

recovered the entire difference (along with interest) from customers. 

A. 

Staffs recommendation is that if a PPFAC is implemented, it should incorporate 

a deadband range approach, with the following key features: 

? Variances of net fuel and purchased power costs (ie., the 
difference between APS’ actual net costs and those that 

The trigger discussed in Docket E-01345A-02-0403 would only delay when the adjustor begins to 5 

provide recovery, rather than limiting the amount of the recovery. 
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APS collected in the base power supply charge) would be 
calculated once per year, on a regular cycle; 

If t k  annual variance in net fuel and purchased power costs 
exceeds the prescribed deadband range, the variance in 
excess of the deadband would be collected from (returned 
to) customers over the following year, via an energy-based 
charge (credit). To the extent that the variance in net fuel 
and purchased power costs is less than the deadband range, 
no adjustment would be made for that year. 

Overhnder collections of fuel and purchased power costs 
would not be carried over from one year to the next. 

The base power supply charge would remain constant, at 
the level established in the present rate case, until modified 
in a future rate case. 

? 

? 

? 

Q. Do you recommend a specific deadband range that would apply in the event 

that the Commission chooses to implement a PPFAC for APS? 

The choice of the deadband figure should balance several objectives. First, in 

order to provide the Company with an incentive to control its costs, the deadband 

range should be sufficiently large that the Company’s actual costs have a 

substantial probability of actually falling within the range. Too small a deadband 

range would not accomplish this goal, and would also expose customers to 

PPFAC adjustments for relatively small changes in fuel and purchased power 

costs. Second, the deadband range should not be so large that the Company 

suffers serious financial harm if actual file1 and purchased power costs turn out in 

the high end of the range. 

I believe that a deadband range of plus or minus $20 million would accomplish 

these objectives. I should note that, however, that this deadband could regularly 

be exceeded if APS load growth continues and the adjustor is not modified in 

some fashion to reflect the effect of load growth. 

A. 

Q. How does the “deadband” approach differ from APS’ proposal in Docket E 

01345A-02-0403, and from the adjustor contemplated in the Commission’s 

Order in that docket? 
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A. The primary difference is that under the approach that Staff presents in this case, 

only net cost changes outside the deadband range would be passed through to 

customers. Over a significant range of actual net costs, APS would bear the costs 

and rewards of the fuel and power procurement choices that it makes, giving APS 

a significant direct incentive to control its net power costs. This feature 

addresses, to a significant degree, one of the key concerns identified by Staff (and 

by other parties) that would otherwise be associated with a PPFAC. The annual 

review process proposed by Staff is intended to reduce the frequency and burden 

associated with the review of APS’ actual power supply costs. 

Q. What is your recommendation regarding the conditions approved by the 

Commission in Decision No. 66567? 

Staff recommends that an adjustor include Condition 1, which would allow 

review of the workings of the adjustor after three years. Staff also believes that if 

A. 

an adjustor is implemented, it will be appropriate to adopt the conditions in 

Decision No. 66567 with the exception of Staff Conditions 6 and 1 1. 

Q. Please discuss how the Company’s procurement choices will affect its future 

net power costs, and the considerations associated with how the Commission 

will review those choices. 

As discussed above, natural gas fired generation and short-term power purchases 

play significant roles in the APS power supply. As a result, APS actual future 

power costs will sometimes depend significantly on the procurement choices 

(e.g., when to purchase fuel or power on a forward basis, how much to purchase 

and for how long) that APS makes. The outcomes of such decisions are likely to 

attract scrutiny if a PPFAC is implemented, because customers may directly bear 

those outcomes. 

A. 

In California and some other U.S. states, a lack of clarity about these parameters 

has sometimes resulted in disagreements as to whether utilities could have 

avoided substantial excess power costs, and whether the utilities should be 

allowed to collect them from retail ratepayers. In particular, in the aftermath of 
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the Western power crisis of 2000-01, some utilities argued that they failed to 

hedge their market exposure (e.g., by purchasing forecasted needs ahead of time 

through forward contracts) because there was uncertainty as to how such 

commitments would be evaluated for retail rate recovery. 

APS has indicated that its present practice is to purchase (or otherwise hedge the 

cost of) a majority of its forecasted fuel and power needs ahead of time. While it 

is appropriate that APS has a strategy, and some degree of hedging is advisable, I 

am not aware that APS and the Commission have an understanding as to what the 

goals of APS’ hedging strategy should be. 

Particularly if an adjustor mechanism is adopted, it will be useful for Arizona 

regulators to maintain a dialogue (or at least an understanding of basic principles) 

with APS regarding the objectives of its procurement and hedging activities and 

the appropriate tools for it to use. Such a dialogue would help to avoid 

misunderstandings, and would maximize the likelihood that APS’ hedging 

activities are oriented toward goals that the Commission supports. 

In context of the present case, I would recommend that the Commission set some 

broad ground rules for the design and implementation of APS’ procurement 

strategy. Specifically, I recommend that the Commission consider the following 

guidelines: 

? The presence of a PPFAC does not mean that APS should 
adopt a strategy of purchasing its fuel and power primarily 
from the spot market. Rather, APS should continue to 
judiciously use forward purchases and other types of 
transactions to reduce the expected cost and/or risk of the 
portfolio. 

Forward purchases and sales, options, and other derivative 
transactions should be conducted solely for the purpose‘of 
hedging APS’ retail book, and should not be used for 
speculation. 

? APS should base its procurement decisions on appropriate 
risk management tools and analysis, and proper market 
intelligence, regarding its market exposures and the 
products available to hedge those exposures. 

? 
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? APS’ transaction strategy and implementation will be 
subject to after-the-fact review by the Commission. The 
prudency of APS’ procurement choices will be evaluated 
based on the pertinent information (e.g., market 
fundamentals, forecasted power requirements, the price of 
the products available) that was available at the time the 
choices were made (and on the appropriateness of APS’ 
strategy) rather than on how the transactions “turned out” 
in hindsight. 

? APS should maintain proper records regarding its hedging 
strategy, the information that it reviewed in evaluating 
potential transactions for the APS system book, and the 
rationale for entering into (or choosing not to enter into) 
specific transactions. 

While these guidelines may put some burden on APS, Staff believes that they are 

ultimately in the interest of both APS and ratepaqers because they serve to define 

expectations and avoid potential costly outcomes of the type that can lead to 

disallowances. 

GAS TRANSPORTATION COSTS 

Please summarize your concerns regarding APS’ estimate of natural gas 

transportation costs. 

APS’  pro forma analysis of fuel and purchased power costs includes an increase 

in natural gas transportation costs. The increase is based in part on the 

assumption that the Company will need to make significant monthly firm 

purchases of gas transportation service from the capacity release market. As I 

will explain more fully below, my review indicates that APS’ estimate of gas 

transportation costs is somewhat overstated, in part because it understates the 

amount of firm transportation that will be available under existing contracts at 

more favorable prices. To address this issue, I recommend that the Company’s 

pro forma gas transportation costs be reduced by about $4.6 million annually if 

the PWEC generating units are rate based, and by about $1.5 million if the PWEC 

assets are not rate based. 
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Q. Please provide a brief overview of the Company’s natural gas 

purchases. 

APS and PWEC purchase the vast majority of their natural gas requirements from 

producers located in the Permian Basin in west Texas and southeast New Mexico; 

the San Juan Basin in northwest New Mexico and southwest Colorado; and the 

Waha trading hub. Prior to September of 2003, the gas from these basins was 

transported by El Paso Natural Gas, a FERC jurisdictional interstate pipeline, 

under a full requirements (FR) contract jointly held by APS/PWEC. The FR 

contract contained no limit on the amount of gas that APS/PWEC could purchase, 

but it was subject to capacity constraints on El Paso’s pipeline system including 

the primary receipt points specified in the contract. To the extent that customer 

nominations exceeded capacity at a given receipt point, nominations were reduced 

on a pro rata bask6 Customers unable to receive all of their nominated firm 

volumes were allowed to re-nominate service from other receipt points. 

In order to reduce the incidence of pro rata allocations and improve the reliability 

of firm service on El Paso, the FERC in an Order issued July 9,2003 directed that 

FR contracts be converted to contract demand (CD) contracts, effective 

September 1, 2003. CD contracts provide firm customers the right to transport 

gas up to specified quantity limitations at delivery points designated in the 

contracts. The primary source of capacity to support these new contract demands 

is El Paso’s unsubscribed system capacity, which was historically being used to 

supply FR customers. Unsubscribed capacity includes the rights to capacity on 

El Paso turned back by California local distribution companies. This turned-back 

capacity was divided into three blocks: Block I capacity has alternate receipt point 

rights unless the capacity is sold for maximum tariff rates and, in that event, it has 

A. 

In recent years, gas supplies from San Juan have been less expensive than gas from Permian and 
Anadarko, making San Juan the preferred gas supply area for El Paso customers. As a result, San Juan 
nominations have regularly exceeded available capacity resulting in frequent pro rata reductions in 
nominations. In contrast, nominations for gas supplies from the other basins connected to El Paso (Permian 
and Anadarko) were rarely reduced. 

In this context, unsubscribed capacity means El Paso’s total available system capacity less the capacity 
under contract to CD customers plus a reasonable amount of reserved for small FR customers not subject 
the FERC’s conversion order. 

7 
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primary receipt point rights only to the Permian and Anadarko Basins. Block I1 

turned back capacity has primary access to all system receipt points including the 

San Juan Basin, but can be recalled by northern California shippers. Block I1 

capacity also has primary deliveries to Topock in California. Block 111 capacity 

has primary access rights to all system receipt points. The FERC also directed El 

Paso to make additional capacity available to former FR customers through the 

Line 2000 Power-Up Project ( “ ~ o w e r - ~ p ~ ~ ) .  * 

Q. How did El Paso allocate the unsubscribed capacity among the 

converting FR customers? 

The FERC directed El Paso to apportion the unsubscribed capacity among FR 

customers using each customer’s pro rata share based on its monthly demand over 

the 12 months ending August 31, 2002. The APSPWEC share of the allocated 

capacity comprises four categories: Base, Line 2000, Block and Power-Up. The 

Base and Line 2000 capacities have primary access to all system receipt points. 

As noted above, the Block capacity derives from capacity turned-back by 

A. 

California local distribution companies and is divided into three blocks. The vast 

majority of APS/PWEC’s block capacity is associated with Block 11. Finally, 

the Power-Up capacity has receipt point rights only to Permian. Exhibit DCS-6 

shows monthly APS/PWEC transportation capacities on El hso, including the 

firm and nonfirm designations that APS has assumed in its pro forma analysis. 

As shown on the exhibit, the total CD capacity allocated to APS/PWEC varies 

in February to a maximum of monthly from a minimum of 98,000 MMBtu/day 

385,000 MMBtu/day in August. 

Q. Please summarize the Company’s calcula 

costs for the adjusted test year. 

ion of gas transportation 

Rates on El Paso were established pursuant to a Settlement entered into in 1996. The 1996 Settlement set 
the current rates and terms and conditions of service for a ten-year period, i.e., until January 1, 2006. 
Service under the new CD contracts will be charged at rates established in the 1996 Settlement. 
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A. The Company has assumed that a portion of the daily gas requirements for the 

APS/PWEC gas-fired generating units will be met with the allocated Base and 

Line 2000 CD entitlements from the FERC RPOO-336 proceeding.9 As shown in 

the “Firm Capacity” portion of Exhibit DCS-6, these entitlements vary monthly 

from a low of 53,000 MMBtu/day in February to a high of 172,000 MMBtu/day 

in August. To put these entitlements in context, the minimum and maximum daily 

gas requirements for the APS/PWEC units for February 2003 were estimated at 

approximately 5 1,000 and 226,000 MMBtu/day respectively. For August 2003, 

the corresponding quantities were 123,000 and 303,000 MMBtu/day. 

Daily gas requirements in excess of the Base and Line 2000 entitlements are 

assumed to be met with firm purchases of pipeline capacity in El Paso’s capacity 

release market, rather than with the Block and Power-Up CD entitlements 

allocated to APS/PWEC in Docket RPOO-336. Capacity release is a FERC 

approved program that allows shippers of gas on El Paso to sell or purchase 

surplus capacity at market based rates. The Company’s calculation assumes that 

APS/PWEC will purchase at the beginning of each month sufficient firm release 

capacity to meet the projected maximum daily requirement for the month at a rate 

of almost twice that paid for firm Base and Line 2000 CD service.” 

On days when the sum of the Base and Line 2000 CD entitlements and the 

capacity release purchases exceed the projected daily gas requirements, the 

Company’s calculation assumes that the excess will be released on a daily basis at 

a rate equal to one fourth of the price to acquire that capacity. Based on the 

projected daily gas requirements for the APS and PWEC gas fired generating 

units in the adjusted test year, the assumed capacity release purchases and sales, 

and the assumed charges for CD and capacity release transportation services, the 

The Line 2000 capacity is an allocation of recently completed capacity. Base capacity is unsubscribed 

The basis for this rate is Sheet 23 of the El Paso Tariff. That is, the Company assumes it will pay a 

9 

system capacity. 

blend of the maximum daily base reservation rates for transportation from the San Juan and Permian basins 
to Arizona. 

reasonable because daily releases of capacity are less valuable than monthly releases. 
Although the Company was unable to provide support for this assumption, it contends that it is I I  
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A. 

Q. 
A. 

Company estimated a net transportation cost of $20.5 million. This calculation is 

summarized in Exhibit DCS-7.12 

Why did the Company not utilize in its calculation of pro forma 

transportation costs the Block and Power-Up CD capacity allocated to 

APS/PWEC in RP00-336? 

The Company contends that the Block and Power-Up capacity allocated to 

APS/PWEC in WOO-336 is less firm than the Base and Lone 2000 capacity. l 3  In 

comments filed with the FERC in Docket WOO-336, APSPWEC argued that: (i) 

Block I1 capacity is recallable by California customers; and (ii) the primary 

delivery points associated with the Block capacity are not usable because they are 

located in California, thus requiring the Company to re-nominate to secondary 

delivery points in its market area. Since secondary delivery points would be 

scheduled at a lower priority than primary points, the risk of curtailment would be 

increased. l4 In addition, APS/PWEC has argued that there is insufficient pipeline 

capacity connecting El Paso’s northern and southern systems to ensure that gas 

delivered to Topock will be delivered to the Arizona market area. A map 

depicting the major features of the El Paso pipeline system is shown in Exhibit 

DCS-8. 

Do you agree with these arguments? 

First, it is true that California customers may recall Block I1 capacity. To do this, 

they must at least match the rate in the contract covering the capacity to be 

recalled and subscribe to the capacity for a term of longer than one month. If a 

customer seeks to recall the capacity for a term of less than one month, it must 

’* Note that I attempted to replicate the Company’s calculation, but fell short by approximately $0.5 
million. Our request for the workpapers supporting the Company’s estimate is currently outstanding. 
l 3  See response to LCA 19-461, which is attached as Exhibit DCS-6. 

Request of El Paso Natural Gas Company for Clarification or Rehearing, Docket RP00-336, September 16, 
2003. 

See Joint Answer of Arizona Public Service Company and Pinnacle West Energy Corporation to 14 
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agree to pay the maximum rate.15 

likelihood that recalls will be frequent. 

These recall conditions may limit the 

There is almost no operating history under the new CD regime (which was 

implemented in September 2003) that would provide a basis for estimating with 

confidence how often Block I1 capacity will be recalled, whether recalls will be 

limited to peak periods, or how much of the Block I1 capacity might actually be 

recalled. Despite this lack of operating history, it seems reasonable to assume that 

if Block I1 capacity is recalled, it is more likely to occur in the onpeak months. 

Similarly, there is little market history upon which to base the likely availability 

and price of release capacity during periods when Block I1 capacity might be 

recalled. This is significant because if California customers were to recall Block 

I1 capacity for economic reasons (i.e., because it provides them access to gas 

priced below that available on cther pipelines), APS/PWEC might be able to 

replace the recalled capacity with purchases in the release market at a limited 

incremental cost. 

Regarding the second claim, the Company itself notes in comments filed in 

Docket RPOO-336 that the FERC has already accepted its argument and directed 

El Paso to modify the transportation service agreements to incorporate primary 

delivery points located in its historic market area. 

Regarding the third claim, the Company itself has argued that the existing 

allocations of the northto-south crossover capacity are based on customer 

delivery point preferences provided to El Paso in December 2002, long before the 

FERC clarified that APS/PWEC and other FR customers could re-designate 

delivery points on their Block capacity. Consistent with this argument, the 

Company has requested the FERC to direct El Paso to re-allocate the northto- 

south capacity using allocation factors that reflect re-designated delivery points. 

While such a re-allocation would not guarantee APS/PWEC full use of the San 

FERC Order on Rehearing, July 9,2003, Docket RPOO-336, page 71 15 

l 6  See Joint Reply Comments of Arizona Public Service Company and Pinnacle West Energy Corporation 
to Technical Conference and Associated Filings, page 1, November 3, 2003 in RP0@-336 
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Juan receipt points associated with its Block I1 capacity entitlements, it would 

clearly enhance the reliability of that capacity. 

For the above reasons, I believe the reliability of Block I1 capacity is likely to be 

greater than that assumed by the Company in its calculation of transportation 

costs. 

Q. Are there other points that you would like to make regarding the issue 

of gas supply reliability? 

Yes, there are at least two additional points that I believe are relevant. The first 

relates to the Power-Up capacity allocated to APS/PWEC in WOO-336, which 

accounts for 41 percent of the total capacity that the Company classified as norr 

firm in its pro forma analysis. Since the Power-Up project makes new capacity 

available through the addition of compression to the Line 2000 project, and its 

primary receipt points are located in the Permian basin, this capacity will not be 

subject to the constraints that could limit the reliability of Block I1 capacity. 

Also, as I noted earlier, the Power-Up capacity is not subject to recalls by 

California shippers, as is Block 11. Thus, it would appear that at least 41 percent 

of the capacity that APS has designated as nonfirm in its pro forma analysis 

could be reasonably relied upon to displace more costly capacity release 

purchases. 

A. 

My second point relates to the fact that in developing its pro forma gas 

transportation costs, APS assumed that it will need to purchase sufficient firm 

monthly transportation to meet the simulated gas requirements for the single 

highest day of usage in each month. These fuel requirements include generation 

to serve APS’ own load requirements, as well as sales for resale on a daily or 

hourly basis. APS would only conduct such sales, and would only purchase firm 

transportation to support them, if it is cost-effective to do so. It is not clear that 

APS would purchase firm monthly transportation to support spot market energy 

sales (which typically feature limited profit margins), as the Company’s pro forma 

analysis effectively assumes. It is reasonable to expect that APS will weigh the 

costs and risks associated with potential transaction strategies, choosing a strategy 
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that seeks to limit expenses while maintaining a reliable fuel supply. This process 

is likely to yield a less costly outcome than that assumed in the pro forma 

analysis. 

Q. Given the foregoing, what is your recommendation with respect to gas 

transportation costs? 

A. Some judgment is required here. On one hand, there are a number of 

uncertainties associated with the transition from the historical FR contract regime 

to a CD regime. As explained above, the Company’s pro forma estimate of gas 

transportation costs is based on a number of significant assumptions (e.g., market 

prices for monthly capacity release purchases and daily capacity release sales, 

how often certain transportation rights will be recalled, APS’ own procurement 

strategy under the new CD regime) that cannot be tested against any significant 

operating history. In fact, it is possible that the appellate court could choose to 

remand the case back to FERC for further action, raising uncertainty about the 

ultimate allocations and other details of the CD regime. 

On the other hand, it does appear that a transition to a CD regime is in progress, 

and that this will increase costs to APS by some amount. I understand that on 

September 1, 2003, El Paso actually terminated FR transportation service to 

APS/PWEC and replaced it with CD service in a manner consistent with the 

FERC orders in RPOO-336. My recommendation therefore reflects the new CD 

regime using the Company’s general approach and assumptions, but adjusted to 

reflect the specific concerns raised above regarding the amount of additional firm 

transportation that APS will need to purchase. 

Specifically, I believe that it is reasonable to assume that 75 percent of 

APS/PWEC’s entitlement to Block and Power-Up capacity can be utilized to 

deliver gas to APS/PWEC generating units in all months, at a reservation rate of 

$0.1636/MMBtu/day. l 7  This approach is equivalent to assuming full availability 

of the Power-Up project in all months and a substantial rate of recall for the Block 

allocations in certain high demand months. I assume that the balance of APS’ 
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transportation needs will be purchased from the capacity release market on a 

monthly basis, using the Company’s approach and price assumptions. Using this 

method, I estimate a total net transportation cost of about $15.9 million per year, a 

reduction of $4.6 million from the Company’s pro forma analysis. Exhibit DCS- 

10 summarizes this calculation. 

Q. Did the Company also estimate the net transportation cost under a 

scenario in which PWEC units are not rate based? 

Yes. APS estimates that the net cost of transporting gas on the El Paso pipeline to 

meet its daily gas requirements (including those associated with the Track B 

purchases) in the adjusted test year at $1 1.98 million. As with the PWEC rate 

base scenario, the Company’s calculation assumes that all of the Base and Line 

2000 capacity allocated to APS/PWEC in FERC proceeding WOO-336 will be 

available to meet APS’ gas requirements. Similarly, daily gas requirements in 

excess of the Base and Line 2000 entitlements are assumed to be met with firm 

capacity purchases in the capacity release market. 

A. 

Q. 
A. 

Do you agree with the Company’s estimate? 

No. For the reasons given above regarding the Company’s calculation under the 

PWEC rate base scenario, I believe that the APS analysis overstates the amount of 

capacity release purchases that it d l  need to make. Assuming that APS will 

retain 100% of the APS/PWEC CD entitlements, and that 75 percent of the Block 

and Power-Up capacity can be treated as firm, I estimate an adjusted test year 

transportation cost of approximately $10.5 million, or $1.48 million less than the 

cost estimated by the Company. This calculation is summarized in Exhibit DCS- 

11. 

VI. NUCLEAR UNIT AVAILABILITY 

l 7  See LCA 19469, which is attached as Exhibit DCS-9 
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Q .  Please explain how the operation of the Palo Verde nuclear units can 

impact APS' adjusted test year fuel and purchased power expense. 

The Palo Verde nuclear units, in which APS has a 29% ownership interest, are the 

largest and lowest-cost generating units on the APS system. Thus, any increase in 

the availability of these units could avoid the need to burn expensive fuel in 

generating units with higher variable costs or, alternatively, avoid purchases of 

relatively high-priced wholesale power. 

A. 

Q. What assumptions did the Company make regarding operation of the 

Palo Verde nuclear plant in the adjusted test year? 

The Company used different capacity factors for the three units in its modeling of 

system fuel and purchased power costs. l 8  Unit 1 was assumed to have an annual 

average capacity factor of 97.6% during the adjusted test year, reflecting no 

planned outages for refueling and limited unscheduled outages. Units 2 and 3 

were assumed to have capacity factors of 86.8% and 87.7% respectively, 

reflecting planned refueling outages of over 30 days for each unit. Overall, the 

plant was assumed to have a weighted average capacity factor of 90.6%. 

A. 

Q. 
A. 

Do you agree with these assumptions? 

Not totally. While it is reasonable to assume that refueling outages at multi-unit 

nuclear plants will be staggered, thus resulting in each unit having a different 

capacity factor in any given year, those capacity factors should not be the basis of 

fuel and purchased power cost estimates in base rate proceedings. The Palo 

Verde nuclear units, like other pressurized water reactors, operate on a three year 

fuel cycle.'' Thus, in order to avoid using a capacity factor that is not 

representative of future operations, I recommend using a three- year rolling 

average capacity factor to estimate the output of each unit. Using actual annual 

capacity factors for the Palo Verde units over the last three years results in a 

decrease in Unit 1 output and increases in the output of Units 2 and 3 relative to 

Capacity factor is a measurement of the plants' actual operation, compared to its rated capability. 
j 9  This means that each unit will be refueled in two of any three consecutive years. 
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Q. 
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the output levels assumed in the Company’s pro forma analysis.20 These 

historical unit operating levels are equivalent to weighted average capacity factor 

of 91.8%, which is just over 1% more than the Company’s assumption. 

How do your capacity factor assumptions compare to industry 

averages? 

Data on US nuclear industry capacity factors is reported by the Nuclear Energy 

Institute. Those data show that most nuclear plant operators have been successful 

over the last decade in minimizing the frequency and duration of forced outages 

and minimizing the duration of scheduled outages. As a result, the industry 

average capacity factor has improved dramatically from just 71.3% in 1992 to 

91.9% in 2002. The industry average does not, of course, show the variation in 

performance between plant operators. This is provided in Exhibit DCS- 12, which 

presents industry capacity factor data by quartile. This exhibit shows that the top 

25% of performers (i.e., lst Quartile) had an average capacity factor of 96.5% in 

2002, whereas the 4*h Quartile averaged only 85.8% in the same year. Based on 

this analysis, the Palo Verde nuclear units would appear to rate as Zd and Td 
Quartile performers. It is also significant that the weighted average capacity 

factor for Palo Verde that results from using the three-year rolling averages 

(91.8%) is less than the plant’s weighted average capacity factor of 94.4% in 

2002, the test year for this case. My recommendation represents a reduction in 

the Palo Verde production (and an associated increase in APS net power supply 

costs) relative to the test year actual results. 

What is the basis of the capacity factors used by the Company in its 

pro forma analysis? 

Despite requests for supporting workpapers and calculations, the Company did 

not clearly explain how it developed the capacity factors underlying the Palo 

Verde monthly generation quantities in its pro forma analyses. 

*’ The three-year rolling averages for Units 1 , 2  and 3 are respectively 92.5%, 90.7% and 92.1%. The 
corresponding factors in the Company’s analysis are 97.6%, 86.8% and 87.7%. 
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Q. What are the cost implications of your recommended capacity factors? 

Based on the assumption that an increase in nuclear generation will displace 

wholesale market power purchases, I estimate that this would reduce APS’ 

purchased power expense by approximately $5 million in the adjusted test year. 

This calculation is summarized in Exhibit DCS- 13. 

1 A 

2 

3 

4 

5 

Q. Does this conclude your testimony? 

6 A. Yes. 

7 
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Exhibit DCS- 1 

DOUGLAS C. SMITH 
LA CAPRA ASSOCIATES 
Technical Director 

Douglas Smith, Technical Director, has over 16 years of experience in the electric power industry. 
He is experienced and skilled in the areas of electricity markets, transactions and competitive 
procurement, resource planning, system simulation, and project feasibility analysis. While at La 
Capra Associates Mr. Smith has assisted utilities, generators, and regulatory agencies in the analysis 
of issues related to electric system planning, price forecasting, risk management and power 
transactions. Prior to joining La Capra Associates, Mr. Smith was employed as an Electrical 
Planning Engineer and Power Cost Analyst for the Vermont Department of Public Service. 

As Techca l  Director, Mr. Smith has also taken a lead role in managing and directing La Capra 
Associates’ work on renewable energy technologies and policies. His experience in wholesale 
market design and transactions has directed our clients to successfully purchase renewable power, 
as well as to understand how market conditions and the market’s structure will influence sales of 
renewable electricity generation. 

RELEVANT EXPERIENCE 

0 On behalf of the California Bureau of State Audits, reviewed the power purchasing 
program conducted by the California Department of Water Resources during 200 1. Mr. 
Smith managed La Capra Associates’ investigation of the Department’s $10 billion of 
short term power transactions, and participated in the investigation of the Department’s 
$43 billion of long term purchases. 

Managed and conducted power transactions of several New England electric utilities, 
from 199 1 to present. Responsibilities include risk management strategy and analysis, 
simulations of alternative procurement strategies, negotiation with potential trading 
partners, and development of contract terms. Presently responsible for managing the 
power supply portfolio of the Washington (VT) Electric Cooperative, Inc. 

Leads the procurement of competitive retail generation service contracts for Amtrak (the 
National Railroad Passenger Corporation). Responsibilities include analysis of utility 
“shopping credits,” solicitation of competitive supplies, evaluation of proposals, and 
competitive negotiations with suppliers. This effort produced successful supply contracts 
with several suppliers, resulting in several million dollars of customer savings. 

Reviewed PacifiCorp’s procurement practices in the western markets for power 
deliveries during the fall 2000 through fall 2001 period in the context of a request for 
recovery of deferred excess power costs. Mr. Smith analyzed historical spot market 
prices, forward market conditions and utility’s net short position and procurement 
practices to assess the merits of the company’s request. Findings were presented in 
written and oral testimony before the Wyoming Public Service Commission. 
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Exhibit DCS- 1 

Provided testimony and advice on behalf of the New Hampshire Public Utilities 
Commission Staffs review of a proposal by Unitil for the provision of Transition 
Service power supply regarding the design of POLR service, and the auction to divest 
Unitil’s power supply. 

Led La Capra Associates team in assisting the Massachusetts Division of Energy 
Resources to implement the Massachusetts Renewable Portfolio Standard. Identified 
and evaluated program design options such as technology eligibility, applicability of 
RPS to retail generation providers, and provisions for “banking” of compliance. 
Performed cost analysis, presented technical policy options to stakeholder group, and 
facilitated discussion with stakeholder group and regulators on key issues. 

Led a detailed analysis of future wholesale electricity market prices in the PJM 
Interconnection, and presented the analysis in expert testimony before the Pennsylvania 
Public Utilities Commission. The forecast was adopted by the Commission as the basis 
for determining the stranded generation costs of Pennsylvania utilities. 

Led detailed dispatch simulations of electric utility systems -- including the NEPOOL, 
PJM and ECAR regions of the U.S., the state of Maharashtra (India), and numerous 
individual U.S. utilities -- to identify the implications of alternative resource choices and 
planning assumptions on market prices and revenues. 

EMPLOYMENT HISTORY 

La Capra Associates 
Technical Director 

Vermont Department of Public Service 
Electrical Planning Engineer 

EDUCATION 

Brown University 
B.S., Mechanical Engineering with Energy Conversion emphasis 

Boston, MA 
1990-Present 

Montpelier, VT 
1988-1 990 

Providence, RI 
I986 

RECENT REPORTS 

Massachusetts Renewable Portfolio Standard: Cost Analysis Report, Massachusetts Division of 
Energy Resources, December 2 1,2000. Senior Advisor and Co-Author. 

Massachusetts Renewable Portfolio Standard: Report on Sales from Existing Renewable 
Generating Sources, Massachusetts Division of Energy Resources, May 25, 2000. Senior 
Advisor and Co-Author. 
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Illustrative Effect of Load Growth Under a PPFAC 

Base Case, Der APS Filinq 

Normalized Ownload Sales (MWh) 

Normalized Fuel & Purchased Power Expenses (a) 

(b) Fixed Power Supply Costs 

Illustrative Costs, Assumina 4 Percent Load Growth 

Additional System Energy Requirements (MWh) 
Adjusted System Energy Requirements (MWh) 
Incremental Fuel & Purchased Power ($/MWh) 
Incremental Fuel & Purchased Power Cost 

Adjusted Fuel 8 Purchased Power Expenses 

Fixed Power Supply Costs 

Summarv of Rate Recovery 
Fuel & Purchased Power Expenses 

Collected in Rates 
Actual Expenditure 

Over/(under) Collection - Reconciled in PPFAC 

Demand-Related Power Supply Costs 
Collected in Rates 

MWh/vear 

25,208,287 

1,008,331 
26,216,618 

$50.0 
$50,416,574 

Annual Cost Averaae $/MWh 

$584,087,000 

$500,000,000 

$634,503,574 

$500,000,000 

$ 607,450,480 
$ 634,503,574 
f (27,053,094) 

$ 520,000,000 
Actual Expenditure $ 500,000,000 

I Over/(under) Collection - Not Reconciled $ 20,000,000 I 

(a) Normalized 2003 Fuel & Purchased Power Cost, DGR workpaper 12, page 3 
(b) Illustrative value, representing rough magnitude of depreciation, return, and income taxes related to production 
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Direct Testimony of Harvey Salgo 
Docket No. E-01345A-03-0437 

I. INTRODUCTION 

Q. What is your name and business address? 

A. My name is Harvey Salgo and my business address is La Capra Associates, 20 Winthrop 

Square, Boston, Massachusetts. 

Q. On whose behalf are you testifying in this proceeding? 

A. I am testifying on behalf of the Arizona Corporation Commission (Commission) Staff. 

Q. Please describe your background and experience. 

A. I am a Principal at La Capra Associates, where I have been since 1992. I am both an 

economist and an attorney, although any legal work I do now is quite limited in both 

scope and subject matter. Prior to joining La Capra Associates, I was an assistant 

professor of economics at the University of Vermont (1 969-74), an attorney/economist at 

the then-named Massachusetts Department of Public Utilities (1 977-78), a partner in the 

law firm of Salgo&Lee (1978-87), and a consultant at the Tellus Institute (1987-92). 

Throughout my experience, I have worked extensively in regulation, industry structure 

and competitive markets, competitive procurement, and planning. In addition to 

numerous U.S. clients, I have been a long-term advisor to the World Bank and have 

worked extensively for it and other development banks or agencies in a number of 

countries. I have recently worked in matters related to the Western markets for the 

California Bureau of State Audits, the Wyoming Industrial Energy Consumers and the 

Nevada Bureau of Consumer Protection. I have been an invited speaker on numerous 

occasions and have previously testified in Massachusetts, Vermont, Rhode Island, 

Colorado, and Pennsylvania. 

My resume is attached as Exhibit HS-1. 
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Q. What is the purpose of your testimony? 

A. I am testifying regarding the APS (Company) proposal to acquire and to ratebase the 

PWEC generating units. 

11. SUMMARY OF TESTIMONY 

Q. APS is requesting approval to ratebase five generating units owned and operated by 

its Pinnacle West Energy Company (“PWEC”) affiliate. What is your view of APS’ 

proposal? 

A. The ratebasing of the five PWEC generating facilities would substantially increase APS’ 

The Company has failed to revenue requirement and rates to APS’ customers. 

demonstrate that approval of its request is warranted. 

Q. Please summarize your conclusions and recommendations. 

A. My conclusions and recommendations are as follows: 

(1) The Commission should review the Company’s proposal to ratebase the PWEC 

generating units on a prospective basis and in the same manner as it would review a 

comparable acquisition from an unrelated entity. 

(2) The adverse impacts of the Company’s proposal are significant. 

(3) The Company’s proposal would require that the winning short-term bids and 

associated PWEC contracts in the Track B solicitation - which were from PWEC 

itself - be foregone. The foregone benefits are substantial and in the long run, APS’ 

proposal would impose significant net costs on ratepayers. 

(4) A Commission disapproval of the Company’s proposal to ratebase the PWEC units 

would not mean that the Company would have to rely entirely on the market as a 

replacement. For example, were the Company to retain the Track B PWEC contracts 

and construct (and ratebase in 2007) new units that are similar to the PWEC units 

@e., 1,700 MW of combined cycle plants), the total costs to ratepayers would be 

comparable to the costs of the Company’s proposal. 
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(5) Nor would disapproval mean that the Company and its customers would have to face 

a lower level of reliability. The Track B contracts secure the supplies for APS in the 

near term and longer term options can be developed. 

(6) The foregoing example (paragraph 4) should be seen as a “ceiling” price or cost and is 

not recommended as an alternative resource plan for APS because, with proper 

resource planning and implementation, the Company should do no worse than the 

example and perhaps could do significantly better. 

(7) I recommend that the Commission reject APS’ ratebasing proposal. 

(8) However, if the Commission decides for some reason that the PWEC assets should be 

ratebased, the amount allowed in ratebase should be no more than the current value of 

the units, which is below their book value, adjusted to reflect the value lost in 

foregoing the PWEC Track B contract. 

(9) APS’ proposal to ratebase units that it would acquire from another entity is, in terms 

of its implications for industry structure, no different than were it to ratebase power 

plants that it built itself. Hence, if the Commission determines that, in principle, the 

ratebasing of purchased or self-built power plants is consistent with its views 

regarding industry structure, the Commission should make clear that APS has the 

authority to build, own and operate new generating facilities. 

Q. Please provide an overview of the balance of your testimony. 

A. (1) In Section I11 important background information is provided. 

(2) In Section IV, I discuss the principles that the Commission should consider in 

order to evaluate APS’ proposed resource acquisition. 

(3) Section V is a discussion of APS’ Application. 

(4) Section VI is a discussion of generation supply options. 

(5) In Section VII, I summarize my conclusions and recommendations. 

3 



I 
1 
I 
I 
I 
1 
1 
I 
I 
1 
1 
I 
1 
I 
1 
I 
I 
8 
I 

1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

24 

25 

26 

27 

28 

29 

30 

Direct Testimony of Harvey Salgo 
Docket No. E-01345A-03-0437 

111. BACKGROUND 

Q. Please describe the generating assets that APS is proposing to add to its ratebase. 

A. APS is proposing to add to its ratebase five generating facilities owned and operated by 

PWEC within the State of Arizona (the “PWEC Assets”). These units are Redhawk 

Units 1 and 2 (1,060 MW total), West Phoenix 4 (120 MW), West Phoenix 5 (530 MW), 

and the Saguaro Unit (80 MW). All but the Saguaro CT 3 facility are natural gas-fired, 

combined cycle generating units. The Saguaro unit is a natural gas-fired combustion 

turbine. The sum of their peak season, summer capacities, as identified in Table 1 to 

Company Witness Bhatti’s Direct testimony, is 1,700 MW. 

Q. What are the essential features of APS’ PWEC ratebasing proposal? 

A. The proposed ratebasing of the PWEC Assets would affect both ratebase and the income 

and expense items that contribute to revenue requirements. 

Q. How will ratebase be affected? 

A. The amount that APS proposes to add to ratebase would equal the gross plant investment 

in the PWEC Assets as of June 30, 2004 (including some transmission plant associated 

with the Redhawk facilities), adjusted downward to reflect accumulated depreciation and 

accumulated deferred income taxes. This calculation is reflected in Mr. Robinson’s 

workpapers (see Workpaper DGR-WP 1, at 1) on a system level (i.e., including some 

small non-jurisdictional wholesale contracts). The amount to be added to ratebase, 

$889.2 million, equals the amount in that workpaper (i.e,, the $895.1 million in the 

“Ratebase” line for June 30, 2004), multiplied by an ACC-jurisdictional allocator (see 

Schedule B-2, page 1 of 3). The Company’s revenue requirement will increase as a 

function of the allowed rate of return applied to this ratebase increase. 
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Q. In what other manner will rates be affected? 

A. Ratebasing the PWEC Assets would also affect various expense items and offsetting 

revenues. The Company’s revenue requirement will increase as a function of the net 

amount of the return, the expense, and the revenue adjustments. 

Q. Has the Company indicated what the overall impact of adding the PWEC Assets to 

ratebase would be? 

A. Yes. In its August 7, 2003 letter to Commissioner Gleason the Company explains the 

impact of adding the PWEC Assets to ratebase by describing the net impact on the 

revenue requirement. The Company indicates that, by adding the PWEC Assets to 

ratebase, revenue requirements would increase (on an annualized basis) by 

$106.6 million. 

Q. What are the rate implications of a $106.6 million increase to the revenue 

requirement? 

A. A $106.6 million increase to the revenue requirements corresponds to an approximately 

6 percent increase in rates, based on the figures introduced by the Company in 

Schedule A- 1. 

Q. Has APS made any investment in the PWEC Assets? 

A. No. To my knowledge the PWEC assets were built by and currently belong to APS’ 

affiliate, PWEC. 

Q. Does APS currently use the PWEC assets to serve its customers, as APS Witness 

Bhatti claims? 

A. APS has a contract with PWEC that entitles APS to purchase the output of PWEC’s 

Redhawk, West Phoenix and Saguaro units during the summer peaking season (i.e., June 

through September) starting in 2003 and ending in 2006. APS does not, however, own 

these assets, and they are not part of APS’ investment in generation plant. 
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Q. Is approval from the Federal Energy Regulatoy Commission (“FERC”) necessary 

before the ratebasing transaction proposed by APS can proceed? 

A. The Company indicates that PWEC would be required to make an application under 

Section 203 of the Federal Power Act and receive FERC authorization to transfer the 

PWEC Assets to APS (see response to AzCPA 1-92). Until FERC issues its ruling, there 

will be uncertainty regarding whether, when or under what conditions FERC would allow 

the transfer to proceed. If FERC imposes conditions that have cost implications for APS, 

the economics of the proposed transfer may be affected. 

IV. STANDARD OF REVIEW 

Q. According to the Company, how should the Commission evaluate the prudence of 

adding the PWEC Assets to APS’ rate base? 

A. The Company’s view, described broadly, is that since PWCC’s planning was 

“APS-centric”, it is the prudency of PWCC’s planning and PWEC’s implementation of 

those plans that should be scrutinized and evaluated by the Commission. The Company 

proposes that the Commission’s evaluation focus on what was known at the time of those 

PWEC actions. 

Q. Is this the proper timeframe to evaluate in this case? 

A. No, it is not. APS’ investment in the PWEC facilities should be evaluated relative to 

circumstances at the time that APS proposes to make the investment. As described by 

Staff Witness Linda Jaress, the Company’s claim that these assets should be viewed as if 

APS had itself built these units to meet APS loads is unfounded. 

Q. Do you agree with the Company’s claim that planning was “APS-centric”? 

A. No, I do not. A better way to describe the planning for these assets is that it was Pinnacle 

West-centric. First, as described by Linda Jaress, the Company’s quarterly and annual 

reports issued contemporaneously make clear that the generation planning done at that 
6 
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time was focused on developing merchant (unregulated) generation to sell into 

competitive markets in the West, not exclusively the APS market. This can be construed 

to be “APS-centric” only to the extent that the APS service territory was central to the 

portions of the western markets to which the PW merchant strategy was targeted. 

Second, while Mr. Hieronymus points to 1999 planning studies that, he contends, support 

the “APS-centric” assertion, that seems to be unlikely. He points out that these studies 

demonstrated that PWEC’s low-cost competitive position would enable it to be the 

successful bidder for 100 percent of APS’s load requirement. My interpretation of 

Mr. Hieronymus’ statement is that a more plausible conclusion is that the study was 

focused on PWEC as a market-based competitor for APS load, not as an ”agent” or other 

form of dedicated provider. PWCC and PWEC may have concluded that they had a 

distinct market advantage in competing for the APS load as part of their overall strategy, 

which would include sales, not only to APS, but to other potential purchasers as well. 

Q. Please describe the approach you utilized in assessing APS’ request to include the 

PWEC Assets in ratebase. 

A. I reviewed the Company’s proposal on a going-forward basis. Also, my review was 

indifferent to the affiliate relationship between APS and PWEC. That is, it is my view 

that the proposal should be reviewed in the same manner as would a transaction between 

APS and an unaffiliated seller of generation assets. More specifically, I examined 

whether APS has demonstrated that the PWEC Assets represent the best, most cost- 

effective additions to APS’ supply portfolio, given full consideration of the attendant 

benefits, costs and risks to ratepayers as evaluated relative to the full range of 

alternatives. In my view, the appropriate measure of the merits of APS’ proposal to 

acquire the PWEC assets in question is on a current market economics basis. 

From this perspective, I have assumed that the Track B contracts are commitments 

already made by APS. This is important on a going-forward basis as the APS ratebasing 

proposal includes the elimination of the PWEC Track B contract. 
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Q. Does the Company’s application satisfy the foregoing standard? 

A. No, it does not. The Company focuses a great deal of its attention on the applicability of 

the prudency standard to actions by PWCC and PWEC when these facilities were 

planned and built. Company Witness Hieronymus asserts that an analysis of the 

contemporary economics of these assets is inappropriate and, accordingly, the Company 

does not present any systematic appraisal of the current market value of these assets. 

On the other hand, the Company does reference several analyses that, it argues, 

demonstrate the value of the PWEC assets to APS ratepayers. These analyses assess the 

purported ratepayer benefits of the PWEC units on a going-forward basis; but, as I will 

describe, they are limited in scope and inappropriate to addressing the standard I propose. 

What the Company’s analyses do not do is assess the PWEC assets in relation to the 

options available to APS today, using current cost assumptions, and performed in light of 

proper supply planning objectives and constraints regarding, for example, reliability, 

resource mix, fuel diversity, location, exposure to price volatility, water use, emissions, 

and efficiency. 

Q. Even if one were to apply the prudence standard that APS appears to have 

proposed, has APS demonstrated that the PWEC assets were prudent? 

A. If the Commission accepts the Company’s request to review PWEC’s planning at the 

time those investments were made by PWEC, I would recommend that APS (as the 

regulated entity) be required to demonstrate both that (a) PWEC’s planning was indeed 

focused on meeting APS’ requirements for additional generation supplies and (b) that its 

planning was tied to what would have been optimal for APS rather than for PWEC (or 

Pinnacle West Capital Corporation). In addition, for inclusion in rate base, APS would 

need to demonstrate that the acquisition is “used or useful” in light of present 

circumstances. 

To satisfy the foregoing, PWEC’s investments should be evaluated individually rather 

than as a group. With respect to prudency, APS should be required to demonstrate that, 
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for each unit, at the time the investments were made, it represented the best option 

available for APS. To do so, the Company should be required to produce planning 

documents prepared at the time that show that the PWEC investment was optimal for 

APS, given due consideration of all pertinent factors, including but not limited to the 

following: 

0 Whether the PWEC unit would be part of a generation expansion plan (specific for 

APS’ requirements) that would have been cost-effective (for APS) relative to other 

supply- and demand-side options. By way of example, the Company could produce 

production cost runs and results for APS’ own load, similar to those included in its 

2003 Long Run Forecast (see the response to LCA 16-365) that existed at the time of 

the investment in a given PWEC unit; 

Whether the PWEC unit would contribute to meeting APS’ need (as distinct from a 

more general need in the region) for incremental generating capacity and/or energy. 

By way of example, the Company could produce load and energy balances for APS’ 

own load, with and without the PWEC unit in question, as existed at the time of the 

investment in a given PWEC unit; and 

Whether the PWEC unit would offer a hedge against outcomes that would be adverse 

to the interests of APS ratepayers. By way of example, the Company could produce 

“stress tests,” as existed at the time of the investment in the PWEC unit, that show 

how ratepayers might benefit during a run up in fuel prices if the PWEC unit in 

question were available as part of APS’ supply portfolio. 

The Company’s application does not provide the contemporary information that would 

allow the Commission to evaluate in a systematic, comprehensive manner PWEC’s 

decision processes relative to APS’ needs and APS’ options in light of conditions known 

at the time that each PWEC investment decision was made. 
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V. ASSESSMENT OF APS’ APPLICATION 

Q. Does APS have an immediate need for incremental generation supplies? 

A. APS’ needs for incremental generating capacity are summarized in Attachment AB-2 to 

the Direct Testimony of Company Witness Bhatti. Attachment AB-2 provides a view of 

APS’ need for additional generating capacity (i.e., MWs) - it does not address APS’ 

energy needs or other aspects of its resource requirements. Attachment AB-2 indicates 

that the Company has sufficient generation supplies during 2003. A relatively small 

capacity need appears in 2004, the year in which APS proposes to include the five PWEC 

units in ratebase. Attachment AB-2 identifies a need for 161 MW of additional 

generating capacity in 2004, increasing steadily thereafter. 

Q. Does the Company’s filing address its overall needs for incremental generating 

capacity ? 

A. No. The Company’s ratebasing proposal would have no effect on its incremental 

capacity needs during 2004 through 2006. The Company’s filing addresses only a part of 

its incremental capacity needs for 2007. As I explain in more detail below, the 

Company’s filing focuses on whether ratebasing the PWEC Assets is a good choice 

relative to (1) ratebasing a similar set of new generating units in 2005, and (2) relative to 

purchasing a like amount of power (i.e., quantities that the PWEC Assets would be able 

to produce) from the wholesale power market. The Company’s filing does not address 

whether replacing the Track B PWEC contract with the PWEC Assets would be 

appropriate. Nor does the Company address important resource planning questions 

within the context of the overall capacity (or energy) needs of the Company. 

Q. Does APS need to acquire 1,700 MW of generating capacity to serve its customers 

in 2004 when it proposes to put the PWEC Assets into ratebase? 

A. No. But for a relatively few megawatts - i.e., the 161 MW need for 2004, representing 

an amount less than 10 percent of the PWEC capacity, and which could be met through 
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short-term market purchases - additional capacity is not needed in the immediate future 

because of the Track B contract with PWEC. 

Q. In his Direct Testimony, Company Witness Bhatti describes a load pocket in the 

Does APS have a need for incremental generation supplies to Phoenix area. 

effectively respond to this load pocket? 

A. I have not performed an independent assessment of the situation, although I would like to 

comment on it. A load pocket can introduce problems both from the standpoint of 

reliability and costs. APS should certainly take all reasonable steps to evaluate its 

system to determine the degree to which a load pocket does or will exist, and should 

respond to its findings in an appropriate manner. That said, APS has contractual rights to 

the output of the PWEC facilities during the summer peak season through 2006. It seems 

unlikely that ratebasing those same generating units would affect its position relative to 

potential load pocket concerns. APS may identify needs relative to the load pocket in 

2007 and beyond, but an appropriate response -- whether it includes some of the PWEC 

Assets, or other strategies - should be developed in the context of a comprehensive 

resource plan. 

Q. Does the state of the wholesale power market affect APS’ power supply options? 

A. The Company states that it cannot rely on the wholesale power market that serves 

Arizona as a reliable source of low-cost power, implying that it has a need for owned 

generation supplies. 

APS witness Bhatti warns that the current capacity surplus in Arizona could disappear by 

2006, leading to potential shortages and higher prices. In addition, Dr. Hieronymus 

projects that the western power market will cease to be surplus sometime between 2005 

and 2008. I have not performed a study of the supply/demand balance in Arizona, so I 

cannot comment directly on these forecasts. 
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Q. What are your views regarding the foregoing? 

A. If the market is such that the Company should have additional owned generation, that 

case should be made by a full examination of all options, and the associated risks, on a 

going forward basis. This would necessarily include a demonstration that the present 

acquisition of the PWEC Assets is the best option. 

I have examined a simple alternative to this option: that is, retention of the Track B 

PWEC contract through 2006 and the construction by the Company of 1,700 MW of 

natural gas-fired combined cycle units to be ratebased in 2007. See Exhibit HS - 2. The 

cost of this alternative is comparable to, and probably slightly lower than, the Company’s 

proposal in this case. It appears that the Company has reached essentially the same 

conclusion. See Exhibit HS - 3. 

Given this option, which I assume the Company can improve upon, there is assurance 

that the alternative to the PWEC Assets need not be either a lower level of service 

reliability or a heavier reliance on the market. Another advantage is that the Company 

would have some time to explore other options, which might provide either short or long 

term benefits to its customers. In other words, if the Company is persuaded that market 

prices will quickly increase, and that the potential benefits of the market are associated 

with unacceptable risks, options other than the PWEC Assets are available. 

If the build option I just alluded to were indeed to be available, the Commission may 

need to clarify that APS has the authority to build, own, and operate its own power 

plants. As I state elsewhere, I do not believe that there are fundamental differences, as 

regards industry structure, between ratebasing a power plant that is purchased from 

another entity and one that is self-built. 

Q. Given the foregoing, what are the shortcomings of the Company’s application? 

A. The Company did not make a presentation based on the current market value of these 

assets. Nor does the application contain the information needed to assess the current 
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value of these assets and the suitability of these assets to meet the requirements of APS 

customers. More specifically: 

1. The Company has not presented an estimate of the current value of these 

assets based upon a comprehensive resource plan, which in my view, is 

essential. 

2. In addition, it is my view that, as a matter of policy, where major 

transactions - such as the Company’s proposal here - are contemplated 

between affiliated entities, there should be proper, independent (that is, 

qualified third party) verification of the operating history and present 

condition of the assets. It does not appear that such a review has been 

undertaken. 

3. The Company’s analysis does not reflect the’benefits of the power supply 

commitments made by PWEC to APS in Track B. 

4. The Company has failed to provide a clear view of its target resource portfolio 

and related supply planning objectives. Without this essential context, it is 

impossible to evaluate the extent to which the acquisition of the PWEC assets 

would contribute to or detract from important planning goals. 

Q. Why do you believe it is important for the Commission to have accurate information 

on the current market value of these assets? 

A. In any situation wherein a regulated entity is seeking approval of a major asset 

acquisition, a comprehensive and transparent resource plan that demonstrates its value 

should be required. In this case, where the buyer and seller are affiliated entities, the 

need is exacerbated. 

Even under the APS-proposed alternative standard, a current market valuation is 

important for the Commission to have so that the amount of “consideration” that is 

provided to PWEC by APS ratepayers is quantified and the terms of the deal are 

transparent. 
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Q. Why are you concerned that the APS analysis does not reflect the benefits of the 

Track B contracts? 

Ratebasing the PWEC Assets in July 2003 would negate the very substantial ratepayer 

benefits achieved through APS’ Track B contract with PWEC, which the Company’s 

analysis indicates is quite favorable to the Company compared to market alternatives. 

The present value of these lost ratepayer benefits is estimated to be roughly $= million, 

based upon the Company’s August 2003 market price projections. See Exhibit HS - 4. 

Q. Please explain your concern regarding the fact that APS has not addressed its 

broader portfolio planning objectives. 

A. The Company has failed to properly define its need for additional generating resources. 

While it has indicated its need for additional generating capacity (i.e., MWs), the basic 

planning objectives that should govern additions to the Company’s resource portfolio are 

unclear. In my view there are many planning considerations that bear on this proposal 

that would be important to the Company and to the Commission. These may include the 

following: 

Reliability - Testimony presented by APS witnesses raises questions 

regarding reliability of supply to its customers. However, the Company’s 

filing contains no comprehensive presentation regarding the resources that 

it should acquire to ensure supply reliability, or the degree to which it 

would be appropriate to rely on owned versus contract supplies. 

Price Security - Testimony presented by APS witnesses also raise concerns 

regarding risks (levels, volatility) in the price of power to customers. 

However, the Company does not explain in an effective manner how its 

supply plan, which is dependent on prices in natural gas markets, would 

hedge against electricity market price volatility. 

Generation Mix - The PWEC supply additions proposed by the Company 

are dominated by combined cycle generating capacity. It has not 
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demonstrated that such additions would best serve the energy requirements 

(i.e., as distinct from capacity requirements) of its customers. For 

example, there is no indication whether a supply plan that relies more 

heavily on peak season purchases (similar to that implicit in the Track B 

PWEC contract), or combustion turbines might be more beneficial to APS’ 

customers. Environmental goals also might affect APS’ optimal 

generation mix. 

Fuel Mix - APS’ filing makes a limited presentation on the fuel mix that 

would be achieved by ratebasing the PWEC assets. However, it does not 

explain why it is the best mix for ratepayers. 

Open Access Policy - The Company should address the impact that its 

supply plan would have on efforts to open Arizona’s wholesale and retail 

power markets to competition. Moreover, APS has not addressed its 

anticipated role in securing power supplies for its customers, or why such 

approach is consistent with overall planning objectives. 

Rate Impacts - As noted above, ratebasing the PWEC proposal would have 

a substantial near term impact on rates. Other near- and long-term 

(including contract) supply options could have significantly different rate 

implications. The Company’s filing is silent on this important issue. 

In short, the Company has failed to set a foundation that would enable the Commission to 

understand why the PWEC Assets represent the best means by which to meet the needs 

of APS’ customers relative to its alternatives available today and in the future. 

Q. Is the Company familiar with the critical elements of a proper resource plan? 

A. Certainly, it is. For example, in his July 2003 presentation to the Pinnacle West Board of 

Directors, Company Witness Wheeler made a presentation entitled ‘- 

-.” That presentation included a slide entitled “I- 
m’ which includes ’ 
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” See Exhibit HS - 5. 

Q. Should the Company be expected to provide the Commission with the critical 

elements of a resource plan? 

A. As with any new acquisition of new generating assets, APS should be expected to 

demonstrate how its chosen supply plan would reasonably balance important policy 

considerations and compliment its overall resource plan. 

Q. What statements has the Company made in its filing regarding the benefits that it 

claims will result from ratebasing the PWEC Assets? 

A. The Company points to a total of five different amounts reflecting the savings projected 

to accrue to ratepayers if its application is approved. In each instance, the savings 

identified consider neither current conditions in wholesale power markets nor the full 

range of supply options that currently may be available to APS. The Company’s savings 

estimates leave unanswered the question of whether it currently has access to other 

supply options that would outperform the proposed PWEC ratebasing. 

Q. Do these savings estimates offer a clear view of the costs and benefits if the PWEC 

Assets are included in ratebase? 

A. No, they do not. My view is that, contrary to the Company’s estimates, the rate base 

proposal will be more costly to ratepayers in both the near and longer term; one important 

reason for this is that the Company’s proposal would negate the favorable Track B 

contracts. 

As for the Company’s going-forward savings estimates, it is my view that the figures 

presented are inadequate, leaving the Commission without the information necessary to 

evaluate its request. An assessment of the savings that its proposal would offer relative to 

a full range of resource options would have been more proper. Instead, and for example, 

two of the Company’s savings estimates derive from analyses that show only that the 
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investment and carrying costs of used facilities likely will be less than those a similar set 

of new ones, which is what one would expect. I will discuss these and the other 

Company estimates below. 

Before doing so, however, it is important to not lose sight of a key problem with each of 

the Company’s estimates: none accounts for - that is to say nets out - the impact on costs 

of the loss of the Track B contract benefits. In other words, each of the Company’s 

estimates implicitly assumes that the status quo does not include these deals. 

Q. But since APS’ Track B contracts with PWEC expire in 2006, won’t it be a good 

deal for ratepayers to include the PWEC assets in APS’ rate base after that date? 

A. APS’ case does not establish that. The Company has not proposed ratebasing the PWEC 

Assets in 2007, nor has it identified the costs of ratebasing the PWEC Assets in 2007. 

The Company has not stated whether PWEC would allow its assets to be transferred 

in 2007, nor whether APS would have other less expensive alternatives. 

Q. Please identify the first of the Company’s “savings” statements and explain your 

concerns. 

A. Mr. Wheeler states in his Direct Testimony at 12 that “the reduction in the Company’s 

acquisition cost will save APS customers approximately $2 14 million in future revenue 

requirements.. .”. Mr. Bhatti restates this figure in his Direct Testimony at 4. 

The Company is proposing to place the PWEC Assets into ratebase at their book value as 

of June 30,2004 (see Wheeler Direct Testimony at 12, lines 2-3). Because the plants will 

be partially depreciated at that time, the amount ratebased will be roughly $73 million 

less than the original cost of the assets. The $214 million figure represents the future 

value of the revenue requirements reductions associated with the $73 million difference 

between the costs of the plants new and their partially depreciated cost. A fair analogy 

would be to suggest to a prospective car buyer that he/she will save thousands of dollars 

in car loan payments over the term of the loan, if a less expensive used car is purchased 

rather than a new one. 
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However interesting that may be for other reasons, it does not answer the key question 

here: of the options that are or may be available -- including the Track B contracts, which 

indeed are available - is this the right choice? In other words, such assessments, 

particularly with respect to major proposals, should be based upon a comprehensive 

resource plan. By way of example, if one compares the Company’s proposal to an 

alternative wherein it (a) keeps the PWEC Track B contract, (b) builds units comparable 

to the PWEC Assets (1,700 MW of gas turbine-based generation) and (c) puts them into 

service and in rate base in 2007, the overall capital cost to APS’ customers would be 

comparable, with no consideration of the likely efficiency improvements in newer 

equipment. With the inclusion of some reasonable estimates of the efficiency (heat rate) 

improvements, the alternative plan improves substantially. This example, which is 

offered as an upper bound (“ceiling”), is not intended as an alternative resource plan; but 

it does indicate that there are indeed likely to be preferable resource options which do not 

compromise reliability. This example is discussed in more detail in Section VI and in 

Exhibit HS - 2. 

Q. What is the Company’s second claim regarding PWEC savings? 

A. Mr. Wheeler states in his Direct Testimony at 12 that “compared to the cost of APS 

constructing new generation assets in 2004 of comparable.size and type, life cycle savings 

[are] nearly $500 million.” Mr. Bhatti also restates this figure in his Direct Testimony 

at 4. 

Q. What is the nature of the $500 million savings figure identified by Messrs. Wheeler 

and Bhatti? 

A. The $500 million figure simply reflects a comparison of some of the costs of new 

generating units (assumed to be in service in 2005) to used ones @e., the PWEC units). 

The analysis presented is limited because it considers only the relative costs of the “initial 

investment” and a return. See Workpaper SMW - WP 17. The analysis excludes 

consideration of a range of factors relevant to a comparison of the PWEC assets to a 

similar set of new units. The omissions include the foreseeable improved performance 
18 
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characteristics of newer units, differences in operating and maintenance costs, differences 

in property and income taxes, etc. The Company’s basic conclusion is that, from the 

standpoint of investment costs, new units cost more than used ones. 

Q. What are your concerns with this analysis by the Company? 

A. In general terms, the Company compares the future value of revenue requirements (in 

nominal dollars) of the PWEC Assets to the revenue requirements associated with new 

generating units that are “of comparable size and type.” Wheeler Direct Testimony at 12. 

On a stand-alone basis, the analysis does not consider various performance and cost 

factors that are essential to a proper savings analysis. The Company’s conclusion is that 

the foregoing comparison demonstrates that ratebasing the PWEC units would bring 

savings. 

Passing aside my concerns with what the Company did, perhaps the more important 

concern with the estimate is what it does not do. That is, as with the others, it is not 

based upon an assessment of properly identified alternative options; nor does it account 

for the costs associated with the loss of the Track B PWEC contracts. In short, the 

foregoing analysis should not be relied upon as a reasonable estimate of the 

going-forward benefits of the Company’s ratebase proposal. 

Q. What are the Company’s third and fourth sets of claims regarding PWEC savings? 

A. Mr. Bhatti states in his Direct Testimony at 5 that “cost-of-service treatment of the 

PWEC Assets was shown by the Company’s economic analysis to potentially save APS 

customers over $519 million (net present value over the life of the assets).” In addition, 

Mr. Bhatti states in his Direct Testimony at 68 that “ratebasing the PWEC Assets could 

have been anticipated to yield a benefit ranging from approximately $496 million to 

$6 15 million in net present value over the life of the projects. 
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Q. What is the nature of the $496 million, $519 million, and $615 million savings 

figures identified by Messrs. Wheeler and Bhatti? 

A. These figures represent various calculations of the savings that would result if the PWEC 

Assets were used to supply power to APS rather than purchases from the competitive 

wholesale market. The $496 million, $519 million, and $615 million savings figures are 

the net present value of forecast savings estimates, as calculated using three different 

discount rates (i.e., 8.25 percent, 8.00 percent, and 7.07 percent, respectively). See 

Response to LCA 1 - 1 (APB - WP 23). These estimates are of course quite sensitive to the 

assumptions made regarding such matters as market prices, generating unit costs, and 

discount rates. More importantly, these savings estimates leave unanswered the question 

of the extent of savings, if any, as compared to some other reasonable alternatives (to the 

PWEC ratebasing) supply plan, including the retention of the Track B contracts. 

Q. Please describe the calculation by which the three savings estimates are produced. 

A. The calculation compares the busbar costs of producing power from the PWEC Assets to 

the costs of purchasing a like quantity of power from the market over a 30-year period. 

The different savings estimates are calculated to reflect different discount rates applied to 

the two streams of net power costs over the term of the 30 year period. 

Q. Do you find the Company’s calculations to be problematic? 

A. Yes, I have concerns with the calculations. For example, the discount rates used by the 

Company are significantly below the percent rate that the Company presents as 

reasonable for long-term planning purposes in its 2003 Forecast (see 2003 Long Run 

Forecast, Response to LCA 16-365, at 4). Alternative estimates, using the same 

methodology but a higher discount rate and lower market prices, will obviously lower the 

ostensible savings. For another example, I have concerns with the fact that the results are 

derived as an average of several similar analyses performed some time ago. No current 

view of potential savings is included. 
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And as with the other Company going-forward savings estimates, the failure to include 

the costs associated with negating the Track B contracts renders it incomplete. Despite 

my differences with the Company’s assumptions here, the analysis does compare the 

ratebase proposal to another option. However, the exclusion of an available, inexpensive 

resource - from Track B - means that, all else equal, the claimed savings are overstated. 

Q. Please summarize your conclusions regarding the Company’s analyses of the savings 

from its ratebase proposal. 

A. While it is proper to assess the potential benefits from the proposal on a going-forward 

basis, I do not agree with the Company’s methodologies, as I have just described. 

Although there are other issues, which I do not reiterate here, a common theme has been 

the exclusion of the Track B contracts. Nor do these analyses demonstrate that ratebasing 

the PWEC Assets would be the best choice after the Track B PWEC contract expires. 

There are likely to be options other than complete reliance on the market and these should 

figure into the analyses. 

VI. OTHER GENERATION SUPPLY OPTIONS 

Q.Does the Company have resource options that are likely to be more cost 

effective than ratebasing the PWEC Assets? 

A. Yes, it does. As I stated earlier, a fundamental problem with the Company’s 

proposal is that it would negate the benefits that could be obtained from the Track 

B solicitation. The winning short-term bids - from PWEC itself - would provide 

substantial savings as compared to other near term options. When these contracts 

are included in the resource mix, the picture changes significantly. 

In addition, I would note that the Company received long-term bids - 
in the Track B solicitation that over 10- and 20-year time frames provided savings, 

as the Company itself concluded. The savings depended crucially, however, on 
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how the winning short-term bids - were treated in the Company’s 

evaluation of the long-term proposals. Specifically, the long-term proposals 

provided benefits to APS only when the short-term bids were excluded from 

consideration. Once the short-term bids were included, those results no longer 

obtained. The upshot is that APS accepted the short-term Track B bids - which it 

would now negate - and rejected the long-term proposals. 

Q.Please explain the importance of the Track B results to the Company’s 

proposal to ratebase the PWEC Assets. 

A. The winning bids fill an important need and provide power to APS through 2006 at 

quite favorable prices. Note that had another entity been the successful bidder to 

meet APS’ needs through 2006, the Company’s proposal to ratebase the PWEC 

Assets - had it been made - would have had to address a near term excess capacity 

situation, as it would not be in a position to recommend that the winning bids be 

negated. 

The point here is straightforward. The Company’s ratebase proposal should be 

evaluated in the same manner as if the assets were to be acquired from an 

unrelated entity. Correspondingly, how one treats the results of Track B should 

not depend upon who was the winning party. The Company’s proposal here is in 

fact to implicitly treat them differently, as it assumes that favorable contracts with 

the affiliated PWEC can be negated. Contracts with unrelated third parties clearly 

would have to be dealt with differently. 

Q. You mentioned that the Company has more cost-effective alternatives than its 

ratebase proposal here. Please explain that statement. 

A. First, as I mentioned earlier, the Company prepared an assessment of the revenue 

requirement differences between its proposal in this case and a scenario in which 

the Track B PWEC contract was retained and new units were built (otherwise 

obtained) and ratebased in 2007. The Company, using a production costing tool, 
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concluded that the latter had lower long term revenue requirements on a present 

value basis. See Exhibit HS - 3. 

We did something similar, essentially as a check of the Company’s analysis, albeit 

in spreadsheet form.’ Specifically, we compared the Company’s proposal to a 

scenario in which (1) the short-term bids from Track B were in APS’ resource mix 

until 2006 (per Track B) and (2) APS constructed (and added to rate base in 2007) 

1,700 MW of natural gas-fired power plants. As shown in Exhibit HS - 2, on a 

capital cost basis only, our analysis shows that this alternative is approximately the 

same as the Company’s ratebase proposal. That exhibit also shows the impact of 

the potential improvements in the efficiency of new generating plants relative to 

the PWEC Assets. 

Because there has been a rather steady improvement in gas turbine-based power 

plant efficiencies, it is also reasonable to assume that units that are newer than the 

PWEC Assets would have improved heat rates. Based upon reasonable 

assumptions about gas prices and hours of generation, a conservative one percent 

improvement in heat rates would save on the order of $22 million in present worth 

terms. As shown in Exhibit HS - 6, a 2.5 percent improvement would lead to 

roughly $56 million in savings. The efficiency gains should be considered in the 

comparison of the Company’s proposal with the foregoing alternative. I would 

also note, however, that while it is reasonable to expect efficiency gains, the proper 

way to assess their magnitude would be to utilize a production costing tool, so as 

to model the entire system. Hence, the forgoing estimates should be considered to 

be indicative only. 

Q. What do you conclude from the foregoing analysis? 

A. Obviously, the spreadsheet analysis summarized in Exhibit HS - 2 is not a ”least 

cost” plan. The plan to implement should be much more comprehensive and be 

developed by the Company. With proper planning, the Company should do no 

~ 

I The methodology is explained in Exhibit HS - 2. 
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worse and almost certainly could do better. 

developed a ‘least cost’ plan, but, rather, a ”ceiling price.” 

One can be reasonably confident from the Company’s analysis, as well as ours, 

that if the Company’s proposal here is rejected, the alternative need not be 

complete reliance on the market nor any degradation in the reliability of service. 

The analyses indicate that if the Track B contracts are retained, the Company 

should be able to ensure that it could provide power to its customers, with no 

degradation in reliability, at a comparable or better price. 

In other words, we have not 

VII. RECOMMENDATIONS TO THE COMMISSION 

Q. What are your conclusions regarding the Company’s proposal to ratebase the 

PWEC Assets? 

A. The conclusions based on our review of the Company’s proposal are: 

0 APS’ proposal does not include a current economic assessment of the long term value 

of the PWEC assets to APS ratepayers; 

APS has not made a current least-cost planning case for these assets; 

The long term economics of the proposed acquisition of the PWEC assets at book 

cost is, at best, near break-even and, quite possibly, significantly uneconomic due to 

the availability of other economic options to APS; 

APS’s ratebasing proposal would result in the loss of the near-term benefits from the 

cancellation of the PWEC Track B contract; and 

With the Track B results, APS has some time to assess longer term options and 

maintain cost effective and reliable service in the near term. 

0 

0 

0 

Q. Please summarize your recommendations. 

A. Based on the foregoing conclusions, I recommend that the Commission: 

0 Review APS’ proposal as it would a current, arms-length acquisition of assets; 
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Reject the Company’s rate-basing proposal for the PWEC assets; 

Retain the Track B contracts; and 

Clarify the Company’s authority to build generation assets for the purposes of serving 

its load obligations. 

Q. What is your recommendation in the event that the Commission determines to 

include the PWEC Assets in ratebase? 

A. Two things are clear from the Company’s presentation. First, because APS has failed to 

consider a full range of resource options available at this juncture, it has not shown what 

level of net benefits, if any, would be achieved through ratebasing the PWEC Assets. 

Second, ratebasing the PWEC Assets would eliminate $= million in ratepayer benefits 

implicit in the Track B PWEC contract, resulting from the Track B costs being less than 

market prices. The amount of the Track B benefit is calculated from APS’ own estimates 

and is consistent with the view of market prices that APS takes in this case. Under the 

circumstances, protecting ratepayers requires that if the Track B PWEC contract is to be 

eliminated, the associated savings should be preserved. 

Q. How might the Commission act to protect ratepayers? 

A. There are probably several approaches that could be implemented to ensure that 

ratepayers do not lose the benefits of the Track B PWEC contract. I recommend that the 

Commission implement a $4 million downward adjustment to the revenue requirement 

calculated under the “ratebase PWEC” scenario. See Exhibit HS - 4. This $4 million 

downward rate adjustment would be applied across the term of the Track B PWEC 

contract, and is sufficient to ensure that the $= million in Track B savings would be 

preserved for ratepayers. 
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Q. Are you concerned by the fact that APS has not engaged a qualified third-party to 

perform a current, independent assessment of the condition and value of the PWEC 

Assets? 

A. In my view, as I alluded to earlier, there should be a “standard procedure” under the 

circumstances. The problem might best be seen in relation to the RFP for assets currently 

being conducted by the Company. If APS determines to purchase assets from another 

generation developer, it may be sufficient for the Company to rely on its (internal) 

expertise to verify that the assets are worth the selling price. This is a proper approach in 

an arm’s length transaction. But it is improper to ask the Commission to ratebase the 

PWEC Assets on the basis of either the Company’s or its affiliate’s representations 

regarding, for example, the physical condition of the assets. In this instance, the proposed 

transaction between PWEC and APS is not at arm’s length. A reputable entity should 

have been engaged to opine on the condition of the power plants. 

I should stress that I have no information that would lead me to believe either that APS 

does not have the requisite expertise or that there are any problems with the generating 

plants. Nonetheless, I think that it is proper as a general policy matter to require, in major 

transactions between affiliates, that there be third party due diligence. 

Q. How does the lack of a proper due diligence assessment affect your recommendation 

to the Commission in this proceeding? 

A. In my view, if the Commission determines to ratebase the PWEC assets, it should 

establish performance standards (e.g., regarding such matters as availability and heat rate) 

whereby APS is penalized if the units perform at levels below what would be expected of 

units of their type and vintage. 

Q. Has APS asked the Commission to approve the PWEC contract that resulted from 

the Track B solicitation? 

A. Yes. APS witness Wheeler requested that the Commission approve and “assure cost 

recovery” of the recently executed Track B contract between APS and PWEC. 
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Q. Does Staff recommend that the Commission approve the APS/PWEC contract? 

A. It is my understanding that the Commission does not ordinarily provide approvals for 

contracts of this type. Instead, the Commission reviews the reasonableness and prudence 

of the costs incurred under the contract. This review generally takes place after the fact. 

Because the costs incurred under this contract are so favorable for ratepayers, I 

recommend that the Commission take the highly unusual step of approving them in this 

proceeding. 

Q. Does this conclude your testimony? 

A. Yes, it does. 
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EXHIBIT HS - 1 

HARVEY SALGO 

LA CAPRA ASSOCIATES 
Principal 

Harvey Salgo, Principal of La Capra Associates, is an economist and attorney with extensive 
experience in electric industry restructuring and regulation. His recent work (from 1992-2001) 
includes assisting in the India effort (supported by the World Bank) to restructure (and privatize 
certain functions of) the power sector in India and has worked (to a lesser extent) on similar issues in 
Pakistan. He has prepared for the World Bank an energy strategy for Montenegro (2002) and has 
reviewed and particpated in the development of a new energy law (2002-03). He has also drafted a 
power sector reform law in Zimbabwe (along with local counsel) and has prepared detailed 
comments on the evolving law in Vietnam and China. Among his experiences, Mr. Salgo was 
formerly an Assistant Professor of Economics at the University of Vermont (1969-74), an 
economist/ attorney at the Massachusetts Department of Public Utilities (1 977-79), and an attorney 
and consultant in private practice with the firm of Salgo and Lee (1979-87). Mr. Salgo has 
represented numerous clients and has, as a consultant, testified as an expert witness on numerous 
occasions. He has provided consulting services to a wide variety of domestic (US) clients and has 
worked abroad for the World Bank, Inter-American Development Bank and U.S. Agency for 
International Development. 

RELEVANT EXPERIENCE 

0 University of Vermont. Assessment OL cogeneration options at the university. 

World Bank: Zambia. Assessment of the possibilities and likelihood of success of the 
commercialization of the state-owned power utility of Zambia. 2003. 

World Bank: Cambodia. Advice regarding power supply arrangements between 
Cambodia and Vietnam. 

World Bank: Nigeria. Conducted a peer review of a major World Bank project to assist 
in the reform of the Nigerian power sector. 2003 

Massachusetts Technology Collaborative. Manager of project to assist the MTC in its 
development of new and creative ways to utilize its funds to leverage the development of 
renewable energy projects. The MTC is a state agency that administers a large fund to be 
used to support -through loan, grant, equity, or other means - renewables projects so as 
to facilitate their development in the state. 2003. 

Town of Weymouth, MA 

The town is host to a nearly complete power project that is in default on its loans. 
Advisor to the town regarding its commercial rights and obligations. 2003. 
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California Office of Ratepayer Advocate. Review of power purchasing activities of 
Pacific Gas & Electric Company in a period during the crisis in Western Power Markets. 
2003. 

World Bank: Montenegro. Preparation of a power sector strategy for Montenegro; 
review of drafts of the new law (establishing a regulatory body and other matters), 
preparation of detailed comments regarding the law; due diligence review of later draft. 

Massachusetts Technology Collaborative. Provided assistance in the due diligence 
review of proposed renewables projects in Massachusetts. The MTC is a state agency 
that administers a large fund to be used to support - through loan, grant, equity, or other 
means - renewables projects so as to facilitate their development in the state. 2002-03. 

Nevada Office of the Attorney General. Assisted in the review of certain power 
purchases undertaken by the Nevada Power Corporation during and after the power crisis 
in the US Western markets. 2002-03. 

Wyoming Industrial Energy Consumers. Provided assistance in the review of certain 
power purchases undertaken by PacifiiCorp before and during the power crisis in the US 
Western markets. 2002-03. 

Pennsylvania Office of Consumer Advocate. Provision of advice regarding various 
matters associated with FERC’s proposed Standard Market Design: assistance in the 
preparation of alternative proposals and detailed comments to FERC. 2002-03. 

California Bureau of State Audits. Audit of the performance of the Department of 
Water Resources, which was given emergency statutory authority to purchase the ‘net 
short’ position of the bankrupt California utilities. The purchasing authority amounted to 
thousands of megawatts; and the audit was mandated by statute. 2001. 

Narragansett Bay Commission. Provided assistance to the Commission (the primary 
water supplier in Rhode Island) in the assessment of whether to obtain future power 
requirements from the local utility or from an on-site power project (or some combination 
of the two); other ongoing tasks. 2001-02. 

World Bank: India. Member of team established to assess technical, market, and 
regulatory constraints to rural access to electricity service. Principal responsibility: paper 
concerning key regulatory issues and policies. Provided advice concerning the approach 
to the privatization of distribution in Andhra Pradesh, a large southern state. 

World Bank and GTZ (Germany): Zimbabwe. Ongoing work in Zimbabwe regarding 
power sector reform and the near term privatization of a generating station. Preparation 
of power sector reform legislation (supported by GTZ) in conjunction with local 
attorneys. 200 1. 

World Bank Peer Review. Review of the proposed approach to reform as prepared by 
the Bank’s Nigeria team; discussion with senior Bank management. 2001. 

California Office of Ratepayer Advocate. Review of the power purchasing strategy of 
California utilities in light of recent problems in the power markets; assessment of the 

2002-03. 



extent to which the high prices for wholesale power may have been mitigated by hedging 
strategies. 200 1. 

World Bank and Asian Devlopment Bank: Vietnam. Review of draft legislation 
regarding power sector reform; preparation of comments and suggested revisions of the 
draft; participation in high-level workshop regarding reform. Advisor to Ministry of 
Power working group concerning the drafting of power sector reform legislation; 
participation in second high level workshop regarding reform. 2000-200 1. 

0 World Bank: China. Particpation in high level reform workshop; presentation of review 
of present China law and whether it is consistent with the next stages of power sector 
reform. 2000. 

0 World Bank: India. (2000). Continuation of work (begun in 1992-) with the Bank 
regarding power sector restructuring, including sector unbundling, establishment of 
regulatory agencies, distribution privatization and numerous other matters. The work in 
India was extensive and virtually full time and covered a broad range of tasks. Tasks 
included: 

o participation in the development of power sector reform programs at various 
stages in Orissa, Andhra Pradesh, Haryana, Uttar Pradesh, Rajasthan, 
Karnataka; 

-advisor to the Orissa government and GRIDCO in developing a plan for a 
management contract for one distribution area, soliciting proposals, selection 
of company as contractor, contracting with company; 

.advisor to the Orissa GRIDCO regarding the privatization (now complete) 
of its entire distribution business (four companies); assistance to merchant 
bankers in the preparation of documents for a transpapernt bidding process 
(preparation of draft RFQ and RFP); 

.review of major gas combined cycle project (Dahbol Project) south of 
Mumbai; assessment of whether the power would be economic for purchase 
by Maharashtra State Electricity Board; 

.organization of nationwide conference (on behalf of Indian Ministry of 
Power and World Bank) concerning competitive bidding for power 
(Hyderabad, 1994) and privatization of distribution (Bangalore, 1995); 

.preparation of a widely distributed handbook on competitive bidding; 

eongoing review and assessment of draft legislation, secondary legislation 
(regulations) for newly formed state and central regulatory agencies; 

eongoing review and assessment of various planning documents, including 
the methodology for analyzing the disaggregation of the statewide 
distribution territories (in the reforming states) into smaller companies (as a 
prelude to privatization). 

o 

o 

o 

o 

o 

o 

o 

World Bank: Pakistan. Continuation of work with the Bank (begun in 1997) regarding 
power sector restructuring and related matters. Primary work in Pakistan was assistance 



to the regulatory authority (NEPRA) regarding the implementation of its law and the 
development of secondary legislation (regulations). 1999. 

0 Infrastructure Leasing & Financial Services (New Delhi, Mumbai). Advice regarding 
the development of privately owned and operated infrastructure projects (roads, etc.) in 
India; specific tasks include preparation of competitive procurement documents, contract 
review, liaison with World Bank which provided funding. 1997. 

0 New Hampshire Public Utilities Commission. Advice to the Commission regarding the 
utility restructuring process in New Hampshire, as mandated by the Legislature. 1996. 

0 Rhode Island Public Utilities Commission. Advice concerning the restructuring of the 
utilities under the jurisdiction of the Rhode Island PUC. 1996. 

0 Commonwealth Gas Company. Continuation of work begun several years earlier. 
Strategic consultant to the company on matters concerning the implementation of a major 
gas conservation program including the post-implementation process and impact 
evaluations. The task includes participation in, and review of, major decisions; and 
assistance in the hiring of technical consultants, and review of their work. 1996. 

Commonwealth Gas Company. Advice concerning certain regulatory settlement 
matters concerning DSM and competitive market issues. 1996. 

0 New Hampshire Legislature. Advice concerning the approach to restructuring the 
electricity industry in New Hampshire. In addition to advice regarding legislative policy, 
the tasks included calculation of the estimated stranded costs in the state. 

Nantucket Electric Company. Preparation of solicitation and review of proposals for 
the development of an undersea cable to the island of Nantucket and for the sale of power 
to supply the island's long term needs. NEC intends to phase out its own generation over 
time. 1993. 

0 Rhode Island Public Utilities Commission. Assistance to the Commission Concerning 
its review of a power supply proposal for the state. The Commission has the statutory 
authority to purchase power for resale and is evaluating an offer for a substantial number 
of megawatts. 1993. 

Colonial Gas Company. Preparation of RFP for DSM services from energy services 
companies. Assistance in the review of ESCO proposals and in the selection of winning 
vendors. 1992. 

Gas Ventures Advisors. Review of a variety of Power Purchase Agreements to 
determine the relationship between certain contract provisions and the structure of project 
pricing. The review will examine energy-only pricing, simple fixedhariable agreements, 
and more complex arrangements. 1992. 

0 Washington, D.C. Office of People's Council. Assistance in the analysis and review of 
the Washington Gas Company's Integrated Resource Plan, including participation in 
periodic IRP planning meetings with the Company and other parties. 1992. 



0 Vermont Electric Cooperative. Preparation of Integrated Resource Plan for the 
Cooperative. 1992. 

0 Gas Evaluation and Monitoring Study (GEMS). Consultant to the 11 gas utilities in 
New England which are participating in GEMS. GEMS is the joint analysis of DSM 
impacts utilizing end-use meters located in the Boston Gas service territory. Tasks 
included work on the design of the study, statistical consultation and other matters. 1992. 

0 Inter-American Development Bank. Review and analysis of DSM potential in Costa 
Rica's electric utility industry; development of priorities for DSM pilot programs. 1992. 

0 Vermont Department of Public Service. Negotiation of contracts for power from 
private power generators. 1992. 

0 Massachusetts Division of Energy Resources. Assistance in the preparation of a DOER 
proposal to develop a windpower project. The prospective power purchaser is New 
England Power Company, which has issued solicitation for renewable power projects. 
1992. 

0 International Institute for Energy Conservation. Work with IIEC to prepare draft 
Terms of Reference for the Asian Development Bank; the TOR concerns energy 
efficiency technical and economic assessments. 199 1. 

0 University of Missouri. Analysis of the university's energy options, including whether 
or not to privatize its coal cogeneration plant; development of a strategic plan for the 
university. 199 1. 

0 Long Island Power Authority. Consultation concerning the conversion of the Shoreham 
Nuclear facility to a gas-fired combined cycle unit and for the use of project revenues to 
finance DSM investments. Assistance in the preparation of requests for proposals for the 
conversion and for the DSM projects. 1991. 

Consumers Gas Company, Canada. Preparation of process and impact evaluation 
scoping study as part of the Company's Integrated Resource Plan. 199 1. 

U.S. Agency for International Development. Manager of energy price reform studies 
for Czechoslovakia and Romania. Provide strategic advice to governments regarding 
energy price reform and energy planning, including methods for the incorporation of 
environmental costs into resource planning and pricing decisions. 1991. 

District of Columbia Office of People's Counsel. Review of the process and impact 
evaluation efforts undertaken by DC Natural Gas. 1990. 

Rhode Island Governor's Office of Housing, Energy, and Intergovernmental 
Relations. Assessment of cogeneration (district/heating) potential at Manchester Street 
Station, a gas-fired combined cycle retrofit to be undertaken by New England Power 
Company. 1990. 

0 Institute of International Education. Conduct a week long training session for 
delegation from five Southeast Asian countries on matters related to project solicitation 



and evaluation. Training will include contract and finance issues, as well as appropriate 
methods for the calculation of avoided costs. 1990. 

0 Wisconsin Gas Company. Assistance in the preparation of an RFP for vendors to 
provide conservation services to the Company's large commercial customers. Assistance 
in the evaluation and selection of winning proposals. 1990. 

0 City of Lowell, MA. Negotiation of contract for a regional recycling facility, in 
consultation with attorney for the City. 1990. 

0 Vermont Department of Public Service. Assistance in the preparation of an RFP and 
related material for the VDPS' solicitation of Qualifying Facilities and Independent Power 
Producers; review and initial evaluation of proposals received by the VDPS. 1989. 

0 U.S. Agency for International Development. Presentation to delegation of senior utility 
personnel from the Philippines concerning various private power solicitation and contract 
issues. Meetings arranged for the delegation with Massachusetts regulatory officials and 
utility executives. 1989. 

0 World Bank: Thailand Mission. Development of a framework for private ownership of 
electric generating facilities and review of specific projects to determine if appropriate for 
private sector development. The task includes interviewing key government and utility 
officials, outlining areas in which resolution of differences is necessary, preparing 
specific proposals for the implementation of privately owned projects in Thailand. 1989. 

Boston Gas Company. Strategic consultant to the company on matters concerning the 
implementation of a major gas conservation program including the post-implementation 
process and impact evaluations. The task includes participation in, and review of, major 
decisions; and assistance in the hiring of technical consultants, and review of their work. 
1989. 

U.S. Agency for International Development. Preparation of two major sections of a 
report: Biomass Projects and Private Power Regulations. The two sections concern (1) 
the identification and management of private power risks to the utility, developers, 
financial entities, governments, and others; and (2) assessment of the skill areas which 
utilities and governmental bodies will require to implement a successful private power 
program. 1989. 

Rhode Island Energy Coordinating Council. Consultant to the ECC, established by an 
Executive Order from the Governor, to assess the electricity options for the state, and 
matters such as energy security and environmental impacts. 1989. 

Minnesota Department of Public Service. Assist the Department concerning proposed 
rules for least-cost planning and regulatory incentives; assess the Department's staffing 
and other needs to allow it to effectively participate in the planning process. Project 
Manager and Principal Investigator. 1989. 

U.S. Agency for International Development. Paper and presentations concerning the 
methods for soliciting and evaluating private power projects and structuring necessary 
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contractual arrangements between utility and producer. Presentations were made to 
A.I.D. sponsored conferences in Jakarta, Indonesia. 1989. 

0 Pennsylvania Office of Consumer Advocate. Review and analysis of a supply and 
DSM bidding proposed by Orange and Rockland Utilities. 1989. 

0 Madison Gas & Electric Company. Assist in the preparation of an RFP for DSM 
resources, as required by the PUC; assist in other aspects of the solicitation process; assist 
in the selection of DSM providers. 1988. 

0 Massachusetts Port Authority. Conduct a seminar for MassPort executives concerning 
the feasibility of cogeneration at Logan Airport in Boston. 1987. 

0 Rhode Island Department of Central Services. Assist in the preparation of an RFP, 
and review of proposals, for a cogeneration system at the University of Rhode Island; 
assist in the preparation of necessary contracts. 1987. 

0 Rhode Island PUC. Head of Task Force (which included utilities, financial entities, 
qualifying facility developers, state agencies) seeking to "negotiate" a methodology for 
the regulatory treatment of utility/qualifying facility relationships under PURPA. 1990. 

0 Massachusetts Executive Office of Energy Resources. Preparation of proposed 
comprehensive regulations regarding PURPA (re: utilicy qualifying facility sales and 
other relationships); legal representation in related matters. Preparation of proposal 
concerning the regulatory treatment of new utility plant consistent with regulations 
regarding utility/qualifying facility relationship under PURPA and, more generally, with 
least-cost integrated planning. Testimony on these matters before the Massachusetts 
Department of Public Utilities. 1984. 

Northeast States for Coordinated Air Use Management. Assistance in the preparation 
of, and participation in, workshops designed to bring together utility planning and air 
quality professionals. The task is to facilitate a discussion between the two groups so as 
to examine the impact of air quality constraints on electric generation (utility and non- 
utility) planning. NESCAUM consists of representatives of various state agencies 
concerned with air quality issues. 1986, 1988. 

0 Rhode Island Governor's Office of Energy Assistance. Attorney for the GOEA in rate 
case focus on conservation and rate design (Blackstone Valley Electric Co., Docket No. 
1849). 1986. 

Massachusetts Energy Facilities Siting Council. Preparation of analysis of certain 
aspects of New England Power Pool planning and pricing with focus on cogeneration, 
small power production, and conservation. 1986-87. 

Vermont Electric Cooperative, Inc.. Special consultant to the Vermont Electric 
Cooperative, Inc., which was in serious financial difficulty. Coordinate necessary 
analyses (energy and demand forecast, power needs, power sales possibilities, financial 
condition); assist in the evaluation of bankruptcy as an option; negotiate with major 
creditors (Rural Electrification Administration and Cooperative Finance Corporation); 
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coordinate with Vermont regulators and Congressional delegation; provide general advice 
and counsel to the VEC Trustees and management. 1986. 

0 Coalition of Northeast Governors. Preparation of analysis of certain aspects of PURPA 
(utility/qualifying facility relation-ships) with emphasis on biomass facilities; delivery of 
paper at conference; continued consultation. 1986. 

EMPLOYMENT HISTORY 

La Capra Associates 
Principal 

Tellus Institute 
Manager of the Energy Group’s international work 
Manager of Integrated Least Cost Planning Group 

Salgo & Lee 
Private Practice: Attorney and Economic Consultant 

University of Massachusetts Dept. of Economics 
Instructor 

Goddard College 
Instructor in Economics 

New England Energy Congress 
Director, Low Income Backup Project 

Massachusetts Deptartment of Public Utilities 
Attorney and Economist 

University of Vermont 
Instructor (Part-time while in Law School) 

University of Vermont 
Assistant Professor of Economics 

EDUCATION 

Northeastern University School of Law 
J. D. 

Admitted to Massachusetts Bar 

Boston, MA 
1992 - present 

Boston, MA 
1988 - 1990 

Boston, MA 
1979 - 1987 

Amherst, MA 
1980 - 1984 

Plainfield, VT 
1979 

1978 - 1979 

Boston, MA 
1977 - 1978 

Burlington, VT 
1975 - 1977 

Burlington, VT 
1969 - 1974 

Boston, MA 
1977 

1977 
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University of Wisconsin Madison, WI 
1967 MA.  in Economics; all requirements for Ph.D. complete except for 

dissertation; Distinction on the written examination for the PhD. 

Hunter College New York, NY 
1964 B.A. in Economics, with Honors, Phi Beta Kappa and Cum Laude 

SELECTED RESEARCH 

The Potential Impact of Environmental Externalities on New Resource Selection and Electric 
Rates, Principal Investigator, for and with the Massachusetts Division of Energy Resources. 
1991. 

District HeatingJlom the Manchester Street Station: A Public Policy Perspective, A report to 
the Rhode Island Governor's Office of Housing, Energy, and Intergovernmental Relations. 
Tellus Study No. 90-034. Principal author. 1990. 

Review of Southern Connecticut Gas Company's Conservation Impact Model. Prepared for The 
Conservation Collaborative Group: Southern Connecticut Gas Company; Connecticut 
Department of Public Utility Control (DPUC); Prosecutorial Division, DPUC; Office of Policy 
and Management/Energy Division; Office of Consumer Counsel. Tellus Study No. 90-084. Co- 
author. 1990. 

Methodology for the Incorporation of Environmental Externalities in the Selection of Resources. 
Co-Author of Report to the Massachusetts Department of Energy Resources. 1990. 

Evaluation of Staffing Requirements for the Minnesota Department of Public Service Imposed by 
Potential Least Cost Planning Processes. Co-Author. A report to the Minnesota DPS. 1989. 

Rhode Island's Options for Electric Generation. Co-Author. A report to the Rhode Island 
Energy Coordinating Council. 1989. 

A Survey of Selected States' Implementation of Least Cost Integrated Planning Processes for 
Electric Utilities. Co-Author. A report to the Missouri Office of the Public Counsel. 1988. 

Fuel Procurement Planning of Gas-Fired Cogeneration Projects Proposed for  Massachusetts. 
Co-Author. A report to the Massachusetts Executive Office of Energy Resources. 1988. 

An Overview of the Processes by which Power is Purchased from Qualzfiing Facilities in New 
England. Principal Investigator. A report to the New England Cogeneration Association. 1988. 



Analysis of the Economic and Financial Aspects of a Proposed Hazardous Waste Incinerator in 
the Town of Braintree, Massachusetts. For the Town of Braintree Local Assessment 
Committee. 1987-89. 

Feasibility of a Power Authority in the State of Vermont. A report to the Vermont Department of 
Public Service. Principal Investigator. 1987. 

Assistance in the Development of a Regional Management Plan. Co-author. A report to the 
Northeast Interstate Low-Level Radioactive Waste Commission. 1987. 

PRESENTATIONS AND REPORTS 

Invited Speaker, National Association of Regulatory Utility Commissioners (NARUC): What 
happened in California? The La Capra audit of the state’s Department of Water Resources, 
Washington DC. 2002. 

Invited Chair, Panel of PUC Commissioners, Roundtable Session: “Retrench, Reregulate, or 
Proceed: Experiences with Restructuring and Future Directions” at the Michigan State 
University Institute of Pubilc Utilities 33rd Annual Regulatory Policy Conference, Williamsburg, 
Virginia. 200 1. 

Invited speaker, Consistency of present Chinese Power Sector Law with Competitive Markets, 
Beijing, November, 2000 

Invited expert participant, Need for Power Sector Reform in Vietnam, Ha Long City, October, 
2000 

Author, The India Power Sector: the Need for Reform, Pacific and Asian Journal of Energy, Vol. 
7, No. 2, December 1997. 

Invited Speaker, Conference on Improving the Health of the Indian Power Sector, jointly 
sponsored by the Indian Ministry of Power and the German Government, New Delhi, January 
1997. 

Conference Chair, Nuclear Power in the Competitive Era, Infocast, Washington, DC, January 
1997. 

Author, India Faces Restructuring: The Need is with the States, The Electricity Journal, March 
1996. 

Co-author, India: Energy Sector -- Issues and Options, World Bank. 1996. 

Invited speaker (and a principal conference organizer), Private Sector Participation in Indian 
Distribution, Bangalore. 1995. 



Invited Speaker, Retail Wheeling Issues, NARUC IRP Conference, Kalispell, Montana. May 
1994. 

Invited speaker (and a principal organizer), conference on Competitive Bidding in India, 
Hyderabad. 1994. 

Author, Update on the Power Market in India, Power Magazine. 1994. 

Invited Speaker, Joint Delivery of Gas and Electric DSM Programs: Barriers and Opportunities 
for More Efficient Program Delivery. Massachusetts Energy Efficiency Council DSM 
Conference, Boston. March 1994. 

Invited Speaker, "International Diversification and the Utility Ratepayer", Ninth Annual 
Cogeneration and Independent Conference, McGraw Hill, New Orleans (March); (paper 
presented by colleague). 1994. 

Invited Speaker, Conference: Private Power in India, Infocast, Washington, D.C. 1993. 

Invited Speaker, DSM Impact Evaluation: How Much is Just Enough?, Washington Gas Light 
Co., Least Cost Planning Conference, Washington, D.C. 1992. 

Invited Speaker, DSM Impact Evaluation: Costs and Benefits, NASUCA, Washington, D.C. 
1992. 

Co-author, Bidding for Performance: The Large Commercial Gas Conservation Program at 
Wisconsin Gas Company, presented (by co-author) at DSM implementation conference, 
Philadelphia. 1992. 

Invited Speaker, Treatment of Environmental Externalities: Issues and Perspectives, New 
England Cogeneration Association, Waltham, MA. 199 1. 

Invited Speaker, Project Development Opportunities in the Developing World, International 
Private Power Conference, New York. 199 1. 

Invited Speaker, Structuring DSM Programs for Gas Utilities, New England Gas Association. 
1990. 

Co-Author, Tracking Activity and Results in DSM Programs, accepted for presentation at annual 
ACEEE Summer Conference. 1990. 

Invited Speaker, Financial Incentives to Utilities for DSM Implementation: In What 
Circumstances?, presentation to National Association of State Utility Consumer Advocates 
(NASUCA), Santa Fe, NM. 1990. 



Invited Speaker, Least Cost Planning and Gas Utilities, Presentation at Gas Utility Conference 
sponsored by the Bar Association of the District of Columbia and the District of Columbia 
Natural Gas Co., Washington, D.C. 1989. 

Invited Speaker, Regulatory Frameworks in New England for Utility/Private Power 
Arrangements, Presentation to Delegation from Thailand, Sponsored by the U.S. Agency for 
International Development, Boston, Mass. 1989. 

Invited Speaker, Framework for the Development of a Private Power Program, International 
Workshop on Opportunities for Private Power Sector Power Generation in Indonesia, Sponsored 
by the U.S. Agency for International Development, Jakarta, Indonesia. Paper presented. 1989. 

Invited Speaker, Implications of Changing Environmental Regulations for Utility Regulators, 
New England Cogeneration Association Conference on Energy and Environmental Issues, 
Boxborough, Mass. 1988. 

Invited Speaker, Bidding Systems: Some Theoretical and Practical Issues, NARUC Biennial 
Regulatory Information Conference, Columbus, Ohio. Paper published in Proceedings. 1988. 

Invited Speaker, Innovative Supply-side and Demand-Side Projects: A National Sampler, 
Conference on Least-Cost Energy Planning for the Carolinas. Sponsored by the North and South 
Carolina PUCs, the North Carolina Dept. of Commerce and the North Carolina Alternative 
Energy Corp. 1988. 

Invited Speaker, Renewable Energy Resources and Least-Cost Planning, Sponsored by 
Renewable Resource Associates (under U.S. Dept. of Energy grant), Golden, Colorado. 1988. 

Invited Speaker, The QF Market in New England, Cogeneration Market Conference, Sponsored 
by Cogeneration Report and Power Magazine, New Orleans. Paper published in Proceedings. 
1988. 

Invited Speaker, Development and Implementation of Least-Cost Plans, Northeast States 
Coalition for Air Use Management, Annapolis. 1988. 

Invited Speaker, New England Energy Task Force, U.S. Dept. of Energy, The Changing 
Environment for Non-Utility Resources, Boston. 1988. 

Invited Speaker, Regional Transmission Issues, New England Conference of Public Utilities 
Commissioners, New Hampshire. 1987. 

Invited Speaker, PURPA Bidding Systems, American Cogeneration Association, Houston. 
1987. 

Invited Speaker, Bidding and Least-Cost Planning, NASUCA, New Orleans. 1987. 



Invited Speaker, Massachusetts QF Bidding Regulations, sponsored by Boston Edison for 
prospective bidders. 1987. 

"PURPA Implementation: Policy Issues and Choices." Coalition of Northeast Governors: 
Biomass Project, Montpelier, VT. Presentation. 1986. 

Law and Society Association Annual Meeting, Denver, Colorado. Invited Discussant. 1983. 

"New England Utilities: Conservation Incentives and Their Impact on Financial Health." 
Sponsored by New England Energy Congress. Invited Panelist. 198 1. 

Co-author, "An Introduction to Statistical and Rate Making Issues Underlying Load Data and 
Costing Requirements of Section 133 of Public Utility Regulatory Policies Act (PURPA)," for 
the Legal Services Corporation. 198 1. 

Co-author, "Ratemaking, Financing Arrangements, and Diversification: Utility Proposals and 
Regulatory Responses." Eastern Economic Association. Invited paper. 198 1. 

TESTIMONY 

Forum 

Department of 
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REDACTED 
EXHIBIT HS - 2 

A COMPARISON OF PWEC TO A 2007 NEWBUILD OPTION 
(A Differential Revenue Requirements Analysis -. 

ACC Jurisdictional, in $ millions) 

2004 
2005 
2006 
2007 
2008 
2009 
201 0 
201 I 
201 2 
201 3 
2014 
201 5 
201 6 
201 7 
201 8 
201 9 
2020 
2021 
2022 
2023 
2024 
2025 
2026 
2027 
2028 
2029 
2030 
2031 
2032 
2033 

NOTES: 

PWEC 
RR [I1 

$151 .O 
$146.5 
$142.0 
$137.5 
$1 33.0 
$128.5 
$124.1 
$1 19.6 
$115.1 
$1 10.6 
$106.1 
$101.6 
$97.1 
$92.6 
$88.1 
$83.7 
$79.2 
$74.7 
$70.2 
$65.7 
$61.2 
$56.7 
$52.2 
$47.8 
$43.3 
$38.8 
$34.3 

NewBuild 
RR 121 

$205.5 
$199.8 
$194.2 
$188.6 
$1 83.0 
$177.4 
$1 71.8 
$166.2 
$160.6 
$155.0 
$149.4 
$143.8 
$138.2 
$1 32.6 
$127.0 
$121.3 
$1 15.7 
$110.1 
$104.5 
$98.9 
$93.3 
$87.7 
$82.1 
$76.5 
$70.9 
$65.3 
$59.7 

Efficiency 
Difference Cumulative Benefits Cumulative 

RR PV pv [GI PV 

!S53.3) [31 
[41 
[51 

$54.5 
$53.4 
$52.2 
$51 .I 
$50.0 
$48.9 
$47.8 
$46.6 
$45.5 
$44.4 
$43.3 
$42.2 
$41 .O 
$39.9 
$38.8 
$37.7 
$36.6 
$35.4 
$34.3 
$33.2 
$32.1 
$31 .O 
$29.8 
$28.7 
$27.6 
$26.5 
$25.4 

$1.6 
$1.5 
$1.4 
$1.3 
$1.2 
$1.2 
$1.1 
$1 .o 
$1 .o 
$1 .o 
$0.9 
$0.9 
$0.8 
$0.8 
$0.7 
$0.7 
$0.7 
$0.6 
$0.6 
$0.6 
$0.5 
$0.5 
$0.5 
$0.5 
$0.4 
$0.4 
$0.4 

* Negative numbers indicate 2007 NewBuild option costs less than PWEC 
ratebasing option. 

** An extended version of this analysis shows that 2033 is the year in which 
the differential savings attributable to the 2007 NewBuild option is at a minimum. 

*** Present values (PV) are calculated as of January 2004 using future capital 
costs identified in the 2003 Long Run Forecast, as provided in response to 
LCA 16-365, at 4. 

expense, property tax expense, return on undepreciated investment and 
income tax savings. These costs are based on the ratebase amount 
for December 31, 2004 as identified in DGR-WPI. 

[I] PWEC revenue requirements are calculated as the after tax sum of depreciation 



121 NewBuild revenue requirements are calculated as the after tax sum of depreciation 
expense, property tax expense, return on undepreciated investment and 
income tax savings. NewBuild investment costs in 2007 are assumed to be 
ten percent greater than the PWEC gross plant costs in DGR-WP 1. 

[3] The NewBuild option would include savings to total revenue requirements 
from retaining the Track B PWEC contract. The 2004 amount is calculated 
as half of the $106.6 million annual revenue requirement impact reported to 
Commissioner Gleason in an 8/7/03 APS letter in this proceeding. 

[4] The 2005 revenue requirements savings from retaining the Track B PWEC 
contract is identified in the Company's 2003 Long Run Forecast, as 
provided in response to LCA 16-365, at 31 (see Alt 3). 

contract is identified in the Company's 2003 Long Run Forecast, as 
provided in response to LCA 16-365, at 31 (see Alt 3). 

[6] This analysis assumes a minimum savings level ($22 million NPV) from 
efficiency gains in the NewBuild facilities (see Exhibit HS - 6). 

[5] The 2006 revenue requirements savings from retaining the Track B PWEC 



EXHIBIT HS - 3 

APS’ COMPLETE RESPONSE TO LCA 20-491(a) 

LCA 20-49 1 Substitute 

a. Please confirm that, but for the analysis identified in response to 
LCA 16-365, during 2003 (and prior to this data request) APS has 
not performed a comparison (e.g., using its GEMAPS model or its 
RTSim model) to compare (i) the long-run production costs of its 
supply portfolio with the PWEC units “in” the supply mix @.e., in 
ratebase) to (ii) those costs with the PWEC units “out” of the 
supply mix. If the preceding statement is incorrect please so 
indicate, describe the analysis and provide a copy of the inputs and 
outputs to that analysis. 

RESPONSE: 

a. In April 2003 an analysis was made of the revenue requirement 
impacts of ratebasing the PWEC assets (including the PWEC 
assets) vs building new assets (excluding the PWEC assets) in 
2005 and in 2007. In the case where new assets were placed in 
service in 2007, the PWEC Track B contracts were assumed to be 
in place for years 2005 and 2006. The results of this analysis 
showed ratebasing the PWEC assets had $144 million lower 
revenue requirements (CPV) for customers than building new 
assets in 2005 and $36 million higher revenue requirements 
(CPV) than building new assets in 2007 after the Track B 
contracts. See attached RC0264 1 through RC02643 or redacted 
file RC0264 1R through RC02643R annual revenue requirement 
analysis which is being provided pursuant to a protective 
agreement on a yellow-labeled CD. [Emphasis in response added 
by H. Salgo.] 



EXHIBIT HS - 4 REDACTED 
ESTIMATED SAVINGS FROM TRACK B PWEC CONTRACT 

RELATIVE TO MARKET PURCHASES 

Track B 
Savings 

(m i I I ions) Note: 

2004 I 

2005 2 

2006 3 

NPV 1 

NPV 2 

4 

5 

Annual 6, 7 

Notes: 7 One-third of $ million (a three-year total, see response to LCA 21-499), then multiplied by 
three-quarters to reflect savings in July 04 through September 04 (but not June 04). 

2 Year 2005 revenue requirements with Track B "in" ($ million, see Alt. 3) less 
million, see AH. 4), Year 2005 revenue requirements with Track B "out" ($ 

as identified in APS' August 2003 Long Range Forecast, provided in 
response to LCA 16-365, at 31. 

3 Year 2006 savings, similarly based on the response to LCA 16-365, at 31. 

4 Present value of the savings as of January 1, 2004, using Staff's recommended 7.26 percent 
cost of capital. 

5 Present value of the savings as of July 1, 2004, using Staffs recommended 7.26 percent 
cost of capital. 

6 Levelized amount necessary to recapture savings in rates over 2.5 years, 
based on an end-of-period convention and Staff's recommended 7.26 percent rate of return. 

7 Ideally, these calculations would be performed with monthly savings data. 



EXHIBIT HS - 5 

A selection from APS’ response to LCA 16-365 (RCO 1925). 

Redacted 



REDACTED 
Exhibit HS - 6 

Present Value of Efficiency Savings Achieved Through 
Generating Units Built in 2007 

Efficiency Improvement 
Implicit in New Units 

- 1% 2.50% - 5 yo 
984 MW 
P Verde CCs $1 3,809,832 $34,524,581 $69,049,161 

112 MW 
Valley CC $885,550 $2,213,874 $4,427,749 

506 MW 
Valley CC $7,921,559 $1 9,803,897 $39,607,794 

)Total $22,616,941 $56.542.352 $1 13.084.7041 

Notes: 
1. 

2. 

3. 

4. 

5. 

Discount rate used in PV calculation is 
long-run weighted average cost of capital, as identified in response 
to LCA 16-365, at 4. 
Analysis is based on operating costs and characteristics of the 
PWEC units from Company's August 2003 Long Run Forecast 
as provided in response to LCA 16-365. 
Fuel Prices are from the 2003 Long Run Forecast, see 
LCA 16-365, at I O .  
Capacity Factors as approximated based on the 2003 Long Run 
Forecast (see LCA 24-531. 

%, the Company's 

Redhawk: % RC02627, at 2 
WPCC 4: % RC02625, at 2 
WPCC 5: YO RC02624, at 2 

Heat Rates as approximated based on the 2003 Long Run 
Forecast (see LCA 24-531). 

Red hawk: RC02627, at 3 
WPCC 4: RC02625, at 3 
WPCC 5: RC02624, at 3 
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Q. 

A. 

Q. 

A. 

Q- 

A. 

DIRECT TESTIMONY 
OF 

JAMES R DITTMER 

ARIZONA PUBLIC SERVICE COMPANY 
DOCKET NO. E-01345A-03-0437 

Please state your name and address. 

My name is James R. Dittmer. My business address is 740 Northwest Blue 

Parkway, Suite 204, Lee’s Summit, Missouri 64086. 

By whom are you employed? 

I am a Senior Regulatory Consultant with the firm of Utilitech, Inc., a 

consulting fm engaged primarily in utility rate work. The fm’s engagements 

include review of utility rate applications on behalf of various federal, state and 

municipal governmental agencies as well as industrial groups. In addition to 

utility intervention work, the firm has been engaged to perform special studies 

for use in utility contract negotiations. 

On whose behalf are you appearing? 

Utilitech, Inc. has been retained by the Utilities Division Staff (,‘Sta.f%”) of the 

Arizona Corporation Commission (“ACC” or “Commission”) to undertake a 

review of what would commonly be referred to as the “traditional” rate base and 

operating income statement components of Arizona Public Service Company’s 

((‘APS” or “Company”) retail electric cost of service study. Additionally, 

Utilitech personnel are responsible for assisting in the quantification, and 
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16 
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18 

19 

20 

21 

22 

23 

incorporating the recommendations, of other ACC Staff witnesses and co- 

consultants. Thus, the testimony that I am presenting is offered on behalf of the 

ACC S M .  

QUALIFICATIONS 

Q. Before discussing in greater detail the issues and various recommendations that 

you will be addressing, please state your educational background. 

A. I graduated from the University of Missouri - Columbia, with a Bachelor of 

Science Degree in Business Administration, with an Accounting Major, in 1975. 

I hold a Certified Public Accountant Certificate in the State of Missouri. I am a 

member of the American Institute of Certified Public Accountants, and the 

Missouri Society of Certified Public Accountants. 

Q. 

A. 

Please summarize your professional experience. 

Subsequent to graduation from the University of Missouri, I accepted a position 

as auditor for the Missouri Public In 1978, I was 

promoted to Accounting Manager of the Kansas City Office of the 

Commission Staff. In that position, I was responsible for all utility audits 

performed in the western third of the State of Missouri. During my service with 

the Missouri Public Service Commission, I was involved in the audits of 

numerous electric, gas, water and sewer utility companies. Additionally, I was 

involved in numerous fuel adjustment clause audits, and played an active part 

in the formulation and implementation of accounting staff policies with regard 

Service Commission. 

2 
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to rate case audits and accounting issue presentations in Missouri. In 1979, I 

left the Missouri Public Service Commission to start my own consulting 

business. From 1979 through 1985 I practiced as an independent regulatory 

utility consultant. In 1985, Dittmer, Brosch and Associates was organized. 

Dittmer, Brosch and Associates, Inc. changed its name to Utilitech, Inc in 1992. 

My professional experience since leaving the Missouri Public Service 

Commission has consisted primarily with issues associated with utility rate, 

contract and acquisition matters. For the past twenty-four years, I have 

appeared on behalf of clients in utility rate proceedings before various federal 

and state regulatory agencies. In representing those clients, I performed revenue 

requirement studies for electric, gas, water and sewer utilities and testified as an 

expert witness on a variety of rate matters. As a consultant, I have filed 

testimony on behalf of industrial consumers, consumer groups, the Missouri 

Office of the Public Counsel, the Missouri Public Service Commission Staff, the 

Indiana Utility Consumer Counselor, the Mississippi Public Service 

Commission SMf, the Arizona Corporation Commission Staff, the Arizona 

Residential Utility Consumer Office, the Nevada Office of the Consumer 

Advocate, the Washington Attorney General's Office, the Hawaii Consumer 

Advocate's S W ,  the Oklahoma Attorney General's Office, the West Virginia 

Public Service Commission Consumer Advocate's Staff, municipalities and the 

Federal government before regulatory agencies in the states of Arizona, Alaska, 

Michigan, Missouri, Oklahoma, Ohio, Florida, Colorado, Hawaii, Kansas, 
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Q. 

A. 

Q. 

A. 

Mississippi, New Mexico, Nevada, New York, West Virginia, Washington and 

Indiana, as well as the Federal Energy Regulatory Commission. 

DEVELOPMENT OF JURISDICTIONAL REVENUE 
REQUIREMENT ACCOUNTING EXHIBITS 

Have you prepared exhibits which quantify, summarize and incorporate the 

results of the various recommendations being made by ACC Staff witnesses, 

other co-consultants as well as yourself? 

Yes. Mr. Steven Carver and I have prepared Staff Exhibit - which consists of 

a series of Joint Accounting Schedules. The noted Joint Accounting Schedules 

reflect the individual and cumulative results of all the various recommendations 

being made by or on behalf of the Utilities Division Staff. 

Please describe how Staff Exhibit - has been prepared and organized. 

Staff Exhibit - largely follows the style and format of the accounting exhibits 

prepared by the Company as part of the Standard Filing Requirements. 

Specifically, Schedule A is the Revenue Requirement Summary, which reflects 

the cumulative impact of the various revenue, operating expense, rate base and 

cost of capital recommendations being sponsored by witnesses appearing on 

behalf of the ACC Staff. Also shown on Schedule A are the values of the 

various components underlying the Company's revenue requirement 

recommendation. Thus, one can observe on a summary level basis how the 

various components of Staff's revenue requirement recommendation contrast 
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with the Company’s proposal (i.e., rate base, adjusted operating income, overall 

cost of capital). 

Q. Does Schedule A - Revenue Requirement Summary also show a required return 

on a “fair value” rate base? 

Yes, however, such number has simply been “backed into” utilizing the return 

requirement calculated developed with the Staffs proposed original cost rate 

base. In a manner consistent with the Company’s presentation of a “fair value” 

return requirement, I have calculated a “fair value” rate base which consists of 

an average of a Reconstruction Cost New - Depreciated (“RCND”) and original 

cost rate base. I have developed a RCND net plant in service value by simply 

applying ratios derived from APS’ original cost and RCND plant in service 

values. Other RCND rate base components were deemed to be equal to their 

original cost values. As stated previously, I have developed a “fair value” 

return and “fair value” rate base in a manner thought to be consistent with that 

developed by APS. 

A. 

Q. Please continue your discussion of the development of the Joint Accounting 

Schedules. 

Schedule B is the Rate Base Summary. In developing Staffs proposed retail 

rate base I have started by showing APS’ proposed jurisdictional rate base by 

detailed component (Le., Column A). In Column B of Schedule B I show the 

sum of all Staff rate base adjustments, and in Column C one can observe Staff’s 

A. 
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proposed “as adjusted” retail rate base by detailed category. Immediately 

following Schedule B - Rate Base Summary are a number of supporting 

schedules which set forth each individual Staff rate base adjustment. Each 

individual rate base adjustment has a separate designation such as B-1, B-2, etc. 

Thus, each rate base adjustment identified and presented with a separate “B- - ” 

designation becomes a reconciling item between APS’ and StafYs rate base 

recommendation. 

Schedule C is the Net Operating Income Summary. In a manner similar to the 

rate base schedules, I begin on Schedule C by showing the Company’s 

“proposed” or “as adjusted” net operating income by major component. The 

s u m  of all of Staffs adjustments to net operating income can be found in 

Column B of Schedule C ,  with the support for each income statement 

adjustment developed on separate schedules designated as Schedule C-1, C-2, 

etc. Thus, like the rate base schedules, each “Schedule C--” reflects a 

reconciling component or adjustment between APS’ proposed net operating 

income and S W s  proposed net operating income. Through the remainder of 

my testimony I will use the terms “Adjustment B--” and “Schedule B--” as 

well as “Adjustment C--” and “Schedule C--” interchangeably. 

Schedule D reflects the Company’s as well as the Staffs proposed capital 

structure, including the weighted cost of debt, preferred stock and recommended 

return on equity. Staffs proposed capital structure and component cost 
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recommendations are sponsored by Utilities Division Staff witness Mr. Joel 

Reiker. 

Q. 

A. 

PEAK AND AVERAGE ALLOCATION ADJUSTMENTS 

Please describe the first adjustment to APS’ proposed retail jurisdictional rate 

base. 

Ms. Lee Smith, a consultant with the firm of LaCapra Associates also appearing 

on behalf of the Utilities Division Staff, is proposing that retail jurisdictional 

rates be designed by employing a “Peak and Average” methodology for 

allocating production demand-related costs. I will not describe or reiterate 

herein the arguments espoused by Ms. Smith in support of the employment of 

the Peak and Average allocation methodology. Suffice it to say, this 

methodology has the effect of allocating a somewhat smaller amount of fixed 

production investment and expense to the ACC retail jurisdiction. 

Rate base Adjustment No. B-1 is posted to restate the Company’s “as adjusted” 

or “proforma” retail rate base employing the noted “Peak and Average’’ 

allocation methodology. Similarly, income statement Adjustment No. C-1 is 

posted to restate the Company’s proposed “as adjusted” or “proforma” retail 

operating results. Because we are restating and reflecting the allocation of the 

Company’s “as adjusted” retail cost of service employing the ‘Peak and 

Average” allocation methodology, every subsequent “total company” 
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adjustment which reflects production demand costs which Staff is proposing is 

therefore allocated utilizing the Peak and Average methodology. 

Q. What is the value of allocating rate base and expenses utilizing the Peak and 

Average allocation methodology versus the Company-proposed 4-CP 

methodology? 

The value of the issue will be dependent upon the level of fixed production 

investment and expense included in the total company cost of service, as well as 

the authorized rate of return determined to be reasonable. In other words, the 

value of the jurisdictional allocation issue will rise as more production and 

investment is included in the total company cost of service and as the overall 

return found reasonable increases. That stated, the impact of simply revising 

APS’ requested cost of service to reflect the Peak and Average allocation 

methodology is to reduce APS’ requested retail increase by approximately $5.1 

million. The Staff is recommending several adjustments to APS’ proposed level 

of production investment and fixed production expenses. Further, Staff is 

recommending a lower overall cost of capital. Thus, the value of the Peak and 

Average allocation issue would be smaller if quantified using Staffs proposed 

production cost levels and cost of capital recommendation. 

A. 

REMOVAL OF PWEC RATE BASE AND NET OPERATING 
EXPENSE 

Q. Please discuss your next adjustment to APS’ proposed retail jurisdictional rate 

base. 
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A. The next rate base adjustment found on Schedule B-2 is made to remove the 

Pinnacle West Energy Corporation (“PWEC“) generation assets f?om APS’ 

proposed retail jurisdictional rate base. A corollary income statement 

adjustment is found on Schedule C-2. The arguments and support underlying 

these adjustments are sponsored by Utilities Division Staff consultant Mr. 

Harvey Salgo of LaCapra Associates. The calculations I undertake and reflect 

on Schedules B-2 and C-2 are made at Mi-. Salgo’s direction. 

Staff‘s primary recommendation is to remove all PWEC investment from rate 

base, as well as eliminate all PWEC operating expenses from cost of service 

development. Staff does offer an alternative adjustment to reflect the PWEC 

generating units in rate base, albeit with other accompanying adjustment also 

sponsored by witnesses from the consulting firm of LaCapra Associates. I shall 

discuss and describe this “alternative” recommendation in a later section of 

testimony. 

REVERSAL OF WRITE DOWN 

Please discuss your next adjustment to APS’ proposed jurisdictional rate base. 

The adjustment shown on Schedule B-3 reverses APS’ proposed reinstatement 

or “add back” of a write-down to plant in service recorded on the Company’s 

books in 1999. There is a corollary income statement adjustment shown on 

Schedule C-3 wherein APS’ proposed amortization of the “add back” to plant is 

Q. 

A. 
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eliminated from revenue requirement consideration. These two adjustments are 

also sponsored by Ms. Lee Smith.. 

DEFERRED GAIN ON PACIFICORJ? SALE 

Please describe your next adjustment to APS’ proposed jurisdictional rate base. 

As shown on Schedule B-4, I am proposing that the Deferred Gain on the 

PacifiCorp Sale be reflected as a reduction to jurisdictional rate base. Such 

funds represent a cost free source of capital to APS, and accordingly, should be 

utilized as a reduction to rate base. 

What is the source of the cost free funds underlying the items you have referred 

to as “Gain on PacifiCorp Sale?” 

In 1991 APS entered into several inter-related agreements that encompassed the 

sale and exchange of generating assets, as well as the consummation of long 

term power supply and transmission arrangements. There were several 

interrelated complex long term agreements that were ultimately approved, with 

certain conditions, by this Commission. 

One element of the noted 1991 power supply agreement provided that APS was 

to construct for PacifiCorp 150 megawatts of combustion turbines (“CT”) that 

would be interconnected to APS’ high voltage transmission system. Such units 

would be owned by PacifiCorp but operated and maintained by A P S .  The units 

were to be constructed and in service by December 31, 1996. APS was to be 
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paid $20 million upon commercial operation of the noted combustion turbines. 

According to the Company’s response to Data Request No. UTI-12-292, 

PacifiCorp subsequently determined that it would not require the additional CT 

capacity, but nonetheless agreed to pay APS the $20 million that was to be 

tendered upon construction of the units. It is the $20 million that APS received 

from PacifiCorp in January 1997 related to agreeing to build CT units which is 

the source of the cost free funds that exist in the form of, and are recognized on 

APS’ books and records as, the “Deferred Gain on PacifiCorp Sale.” 

Q. What is the regulatory treatment to be afforded the noted Deferred Gain on 

PacifiCorp Sale? 

Pursuant to a settlement entered into between APS and the Utilities Division 

Staff in 1991 (“1991 Settlement Agreement”), which was ultimately approved 

by this Commission in Decision No. 57459, the “gain” received from 

constructing - or eventually merely agreeing to construct the combustion 

turbines for PacifiCorp - is to be amortized for ratepayers’ benefit over a ten 

year period beginning in 2010. The 1991 Settlement Agreement, as well as the 

ACC decision approving the 1991 Settlement Agreement, does not address the 

regulatory treatment to be afforded the cost free funds received from PacifiCorp 

fiom the time of receipt until they are amortized as a reduction to cost of service 

beginning in the year 20 10. 

A. 
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Q. 

A. 

Q- 

A. 

What is the rationale for deferring the amortization of the gain for constructing 

the combustion turbines until the year 20 1 O? 

The deferral of the amortization of the noted gain until the year 20 10 was a Staff 

proposal. Staffs analysis at the time suggested that the entire transaction was 

only marginally beneficial to ratepayers on a net present value basis over the life 

of all elements of the complex transaction. Specifically, Staffs analysis 

indicated that the transaction was, overall, slightly beneficial to ratepayers. 

However, the way the entire approximate-30-year transaction was structured, 

ratepayers would receive the majority of economic benefits fiom the various 

transactions during the first ten years following the original implementation of 

the various transactions. The worst of the economic cost or “detriment” of all 

the various related transactions was forecasted to occur in the last ten years of 

the 30-year agreement (Le., year 2010 through year 2019). Accordingly, the 

Utilities Division StafT proposed, APS agreed to, and this Commission 

authorized, the amortization of the gain over a ten year period beginning in the 

year 20 10. 

Since the Utilities Division Staff once recommended, and still supports, the 

amortization of the gain for the benefit of ratepayers beginning in the year 201 0, 

why should ratepayers begin to receive the economic benefit of a rate base 

offset for such funds at this point in time? 

First, these are truly “cost free” funds to the Company. If such funds are not 

utilized as a rate base offset, APS will receive an unwarranted and unnecessary 
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return on such funds. In other words, investors will receive a return on an 

investment that simply does not exist. 

Second, the noted 199 1 Settlement Agreement, and ACC decision approving the 

settlement agreement, do not suggest, promise or imply that such cost free funds 

should not be utilized as a rate base offset from date of receipt until the time 

they are returned, or begun to be returned, to ratepayers. Admittedly, neither 

the 1991 Settlement Agreement, or the ACC decision approving the Settlement 

Agreement, state specifically that the noted “gain” can or should be used as a 

rate base offset until such time that the funds are amortized for ratepayer 

benefit. But simple equity would suggest that since such funds are “cost free” 

to the utility, the Company should not be entitled to earn a return on such “cost 

free” finds. Accordingly, it is both appropriate and equitable to utilize such 

funds as a rate base offset at this point in time - even though the amortization 

benefit to ratepayers will not begin until the year 20 10. 

Finally, beyond the equity argument for rate base recognition noted above, 

reflection of such funds as a rate base offset would be in compliance with the 

intentions of the ACC Staff in 1991 when collectively it was making its 

recommendations to this Commission regarding the entire complex transaction. 

When analyzing the complex transaction, and specifically what “costs” and 

“savings” were expected fiom the entire transaction, the Utilities Division Staff 

assumed that 100% of the gains from the construction of PacifiCorp combustion 
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turbines, as well as other sale transactions, would be passed on to ratepayers. In 

the case of the gain on the construction of the combustion turbines, StafT 

recommended, and included within its model analyzing the entire transaction, 

that the benefit of the amortization of the gain would occur over a ten year 

period beginning in the year 2010. Additionally, however, Staff assumed and 

included within its model analyzing the transaction, that the cost free funds 

derived from various “gains” occurring from the complex transaction (i.e., gains 

from CT construction as well as other elements of the transaction) would be 

utiIized as a rate base ocffsetj?om date of receipt until returned in their entirety 

to ratepayers. In other words, from the Staffs perspective, it was always 

envisioned and recommended that such gains would be used as a rate base 

offset. 

Q. Are you certain that it was Staffs position that the gains fiom the construction 

of PacifiCorp CTs and other transactions were to always be reflected as a rate 

base offset? 

Yes. I was one of the Staffs witnesses regarding the PacifiCorp transaction in 

199 1. More specifically, I prepared the economic model which incorporated the 

assumptions and recommendations of all Utilities Division Staff witnesses 

appearing in the 1991 docket. Further, I was the Utilities Division Staff witness 

who addressed the regulatory treatment being recommended for the “gains” for 

the construction of the CTs as well as other elements of the transaction. APS 

was arguing for retaining or sharing the “gains” from various elements of the 

A. 
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transaction. Staffs position, as testified to by me, was that 100% of such gains 

should be passed along to ratepayers. Admittedly, the significant argument 

addressed in testimony surrounding the regulatory treatment of the “gains” was 

whether the gains should be “shared.” However, it is clear from an exhibit 

presented in the 1991 docket that Staff always envisioned that any cost free 

capital arising from “gains” being derived from the various transactions should 

be immediately reflected as a rate base offset, even if the actual return to 

ratepayers through amortization as a reduction to the cost of service was not to 

occur until sometime in the future. Thus, in summary on this point, it was 

always the Staff‘s intention that any “gain” from any transaction arising from 

the PacifiCorp agreement should be assigned in its entirety to ratepayers, and 

further, that any cost free funds existing in the form of such “gains” should be 

reflected as a rate base offset until such funds were returned to ratepayers in 

their entirety. 

Do you know why APS did not reflect the gains for constructing the PacifiCorp 

CTs as a rate base offset? 

According to the Company’s response to Staff Data Request No. UTI-1-66, 

APS excluded such funds “[iln accordance with the 1991 Cholla 4 Order 

(Decision No. 57459).” 

Does Decision No. 57459 prescribe or order that the gains for constructing the 

PacifiCorp CTs be excluded from rate base development? 
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A. As stated previously, no. In this regard, as a follow up to the response given by 

APS to Staff Data Request No. UTI-1-66, I asked in Staff Data Request No. 

UTI-7-224 what “specific language of any ACC order [APS] relied upon to 

conclude that such gain should be excluded from retail rate base development.” 

The Company’s response stated: 

In Decision No. 57459 the ACC explicitly ordered that “the 
agreement presented to the Commission by Arizona Public 
Service Company and StafY, and which is attached hereto, is 
hereby approved as if fully set forth herein.” Item No. 3 of the 
Agreement of’settlement and Stipulation attached to the 
Decision specified that: 

“APS will amortize the Combustion Turbine payment above the 
line over ten years beginning in 2010. The parties agree that the 
Commission need not make a determination at this time of the 
proper allocation between ratepayers and shareholders of any 
damages won by PacifiCorp, or agreed to by paid [SIC] by APS, 
for any failure of APS to perform in the construction or operation 
of Combustion Turbines.” 

APS has consistently interpreted the above language to mean that 
the rate base deduction for the unamortized balance of the 
amount received would also begin in 2010, rather than beginning 
on the date of receipt. 

As evidenced from the language quoted from the 1991 Settlement Agreement 

above, there is no Commission directive that the payments received for 

constructing the PacifiCorp CTs be excluded from rate base development. 

Accordingly, I submit that APS has simply been misinterpreting the above- 

quoted language when coming to a conclusion that the unamortized balance of 

payments received should not be used as a rate base offset. 
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Thus in summary on this issue, there is no Commission directive to exclude 

such payments fiom rate base development until they begin to be amortized in 

the year 2010. Certainly it was the Utilities Division Staff‘s intention in 1991 

that such funds be used as a rate base offset until returned to ratepayers. Finally, 

these funds are truly “cost fiee” to the Company. Accordingly, it is equitable 

and appropriate to utilize such cost fiee funds as an offset to rate base in this 

and future APS rate proceedings. 

ELIMINATE DOUBLE COUNT OF VEHICLE LEASE 
COSTS INCLUDED W I T ”  APS’  COST OF SERVICE 

Please continue by describing your next adjustment to APS’ proposed rate base. 

APS leased a number of vehicles during the historic test year, the cost for which 

were accounted for as an “operating lease.” When leased assets are accounted 

for as “operating leases,” the rental payment is simply charged to operations and 

maintenance expense. Under Generally Accepted Accounting Principals, some 

leases meet criteria that cause them to be recorded as an asset on the lessee’s 

books and records. When leased assets are recognized as assets on the lessee’s 

books, they are referred to as “capital leases.” Under “capital lease” 

accounting, the debt financing underlying the leased asset is also shown on the 

lessee’s balance sheet, and further, “depreciation expense” is recorded on the 

leased assets. 

Q. 

A. 

Through discovery and discussions with the Company it was revealed that 

vehicles which were afforded “operating lease” accounting during the historic 
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Q. 

A. 

Q. 

A. 

test year were, at the end of the test year, also recorded and recognized as a 

capital lease. While it is appropriate to recognize the cost of these vehicles in 

the cost of service once, it is clearly inappropriate and inequitable to include 

their costs twice (i.e., once as operating lease costshental payments and again 

with rate base/depreciation expense recognition). Accordingly, my next rate 

base adjustment, as reflected on Schedule B-5, removes certain vehicle costs 

that are reflected within APS’ proposed rate base, but which were also recorded 

as “operating lease” or rental expense during the test year. 

Has the Company acknowledged the need for this adjustment? 

Yes. I believe the Company agrees that such adjustment needs to be made to 

APS’ case as filed. 

Is there a corresponding income statement adjustment? 

Yes. When calculating its proforma depreciation expense annm,,zition 

adjustment the Company calculated depreciation expense on the approximate 

$19 million of rate base (Le., the capitalized leased vehicles) which I propose to 

remove on Schedule B-5. Accordingly, in addition to posting the rate base 

eliminating adjustment found on Exhibit B-5, it is also necessary to remove the 

annualized depreciation expense on such leased vehicles that is included within 

the Company’s cost of service study. The corresponding adjustment to 

eliminate related depreciation expense is shown on Exhibit C-5. 
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Finally on this issue, I note that it is my understanding that the underlying debt 

financing associated with the leased vehicles was included within APS’ 

proposed capital structure. Mr. Joel Reiker, appearing as Staff? s cost of capital 

witness, has also eliminated such vehicle lease debt from the capital structure 

that he is sponsoring. In short and in sum, the assethate base, depreciation 

expense and financing cost of the vehicles included within APS’ cost of service 

development as “capital lease” components, but which are also recognized as 

“operating lease” expense during the historic test year, have been excluded from 

Staffs cost of service model. Staff has left test year actual vehicle “operating 

lease” expense unadjusted. In so doing, APS is fully compensated for its leased 

vehicle costs. 

NET LOSS ON REACQUIRED DEBT 

Please describe your next adjustment to jurisdictional rate base. 

APS proposes to include in rate base the balance of deferred losses and deferred 

gains from reacquiring long-term debt instruments. Specifically, APS proposes 

to include $7.5 million of its “net” loss on reacquired debt in rate base. On 

Exhibit B-6 I propose to eliminate the net loss on reacquired debt included in 

the development of APS’ jurisdictional rate base. 

Q. 

A. 

Q. Is it your intention, or that of the Staff‘s, that the Company not be allowed to 

recover costs incurred to refinance a higher cost debt instrument? 
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A. No. However, the S W  is proposing traditional recovery of such cost vis-&vis 

recognition of higher interest costs associated with the debt instruments issued 

to refinance the debt instruments that were retired. Specifically, Mr. Joel Reiker 

appearing on behalf of the Utilities Division Staff has reduced the balance of 

long term debt outstanding by the net loss on reacquired debt which I eliminate 

from rate base development on Schedule B-6. Furthermore, Mr. Reiker has 

added the amortization of the net loss on reacquired debt to bond discount and 

issuance costs. Reducing the debt balance outstanding by the unamortized net 

loss on reacquired debt, as well as adding the amortization of the net loss on 

reacquired debt to bond discount and issuance costs, has the impact of raising 

the calculated effective interest rate on the debt instruments issued to refinance 

the higher cost debt being retired. Recognition of the effective higher interest 

rate in this manner has the impact of returning to APS the costs incurred to 

refinance high cost debt that is supporting utility rate base investment. The 

Company-proposed non-traditional method of including the amortization of the 

net loss on reacquired debt as an above-the-line operating expense, with 

attendant rate base recognition of the unamortized net loss, results in all the 

refinancing costs being allocated to regulated utility operations. Accordingly, I 

believe Staffs proposed traditional recovery of these costs is more equitable to 

ratepayers in that it ensures that ratepayers will only pay the cost of refinancing 

related to debt instruments supporting jurisdictional rate base. 

22 
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TEST PERIOD REVENUE ADJUSTMENTS 

Please describe the adjustments proposed by APS to normalize and annualize 

test year revenues. 

The Company has proposed several test year revenue adjustments to annualize 

rate changes, normalize weather conditions and annualize for customer levels at 

test year-end. 

Q. 

A. 

Q. After reviewing the Company’s adjustments, does Staff take issue with any of 

the proposed adjustments? 

Yes. In its adjustment to annualize customer levels at test year-end, APS has 

also increased certain Customer Accounts and Customer Service expenses, as if 

such expenses vary directly with the number of customers served. Mr. 

Robinson sponsors Attachment DGR-5, Page 4 of 27, which is the sumfnary of 

his “Pro Forma Adjustment: Annualize Customer Levels to Year-End 2002”. 

At line 14 of this summary, a “Pro Forma Adjustment to Customer Accounts 

Expense” in the amount of $361 (thousand) is proposed, based upon the 

presumption that all non-labor expenses incurred in Accounts 901 through 910 

vary directly with the number of customers being served. I believe that the 

direct correlation assumed in the Company’s expense adjustment for added 

customers is unproven, tends to overstate expenses, and thereby understates the 

profit margins earned by APS when it adds new customers. Accordingly, on 

Schedule C-4 I reverse that part of APS’ proposed customer revenue 

A. 
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annualization made to capture certain non-payroll related customer expenses 

purported to be variable with customers added. 

Q. By removing labor costs charged into its Customer Accounts and Customer 

Services expense accounts, hasn’t the Company addressed any concern about 

whether such costs are fixed, and thus, not variable with new customers added? 

A. Certainly the Company’s removal of labor costs appears to recognize that APS 

does not hire new employees each time a new customer is added. In fact, in 

response to Data Request UTI 3.132, the Company stated, “The exclusion of 

‘Total O&M Payroll’ from expenses charged to those FERC accounts (payroll 

representing 75% of the FERC accounts’ total) removes predominantly fixed 

expenses fi-om the calculations leading to “Monthly Other O&M per Customer”. 

However, some of the non-labor costs in these accounts are also predominantly 

fixed and should not be treated as variable with each new customer being added. 

Specifically, APS’ non-labor costs in the Customer Accounts and Customer 

Services accounts do not vary directly with the number of customers being 

served, and therefore, should not be recognized as an offset to revenues 

attributable to new individual customers added and considered within the 

Company’s customer anndization adjustment. 

Q. What are the specific types of expenses included in FERC Accounts 901 

through 910 that APS has treated as directly variable with the number of 

customers being served? 
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A. Summarizing fkom the FERC Uniform System of Accounts', the following 

activities and costs are contained within the expense amounts in question: 

90 1 Sumrvision: expenses incurred in the general direction and supervision 

of customer accounting and collecting activities. 

902 Meter Reading: expenses incurred in reading customer meters, and 

determining consumption when performed by employees 

engaged in reading meters. 

903 Customer Records & Collection: expenses incurred in work on customer 

applications, contracts, orders, credit investigations, 

billing and accounting, collections and complaints. 

904 Uncollectible Accounts: charged with amounts sufficient to provide for 

losses from uncollectible utility revenues. 

905 Miscellaneous Customer Accounts: costs of labor, materials used and 

expenses incurred not provided for in other accounts. 

expenses incurred in the general direction and supervision 

of customer service activities, the object of which is to 

encourage safe, efficient and economical use of the 

utility's service. 

907 Supervision: 

908 Customer Assistance: expenses incurred in providing instructions or 

assistance to customers, the object of which is to promote 

safe, efficient and economical use of the utility's service. 

18 CFR 1-10 1, FERC Electric Uniform System of Accounts 90 1 through 9 10. 1 
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Q. 

A. 

909 Informational Advertising: expenses incurred in activities which primarily 

convey information as to what the utility urges or 

suggests customers should do in utilizing electric service 

to protect health and safety, to encourage environmental 

protection, to utilize their electric equipment safely and 

economically, or to conserve electric energy. 

910 Miscellaneous Customer Service & Information: expenses incurred in 

connection with customer service and informational 

activities which are not includible in other customer 

information expense accounts. 

Once labor costs are removed, the remaining expenses in these accounts include 

operation and maintenance costs for automated customer billing and service 

systems, accruals to provide for uncollectible accounts, handling of customer 

service orders, collections and complaints, remittance processing and costs of 

communications to customers. Many of these costs do not increase as a direct 

result of adding new customers. 

Did you prepare any quantitative analysis to evaluate the Company’s assumed 

correlation between the number of customers served and the level of non-labor 

customer accounts and customer service expenses being incurred? 

Yes. In response to Staff Data Request UTI 2-102, the Company provided a 

summary of its actual non-payroll charges for each year 1998 through 2002 to 
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A. 

each of the FERC Accounts within the Customer Accounts and Customer 

Service account groupings. This expense information appears in the following 

table: 

Non-Labor ExDenses Incurred $000 
Account 1998 1999 2000 2001 2002 
901 $112 $221 $85 $186 $213 
902 788 901 1,163 1,214 1,121 
903 7,727 9,060 10,780 15,531 15,787 
904 3,743 4,778 5,438 7,609 2,680 
905 15,606 1,393 76 1 2,126 1,463 
907 31 38 26 18 24 
908 570 198 705 708 3 14 
909 423 470 584 884 489 
910 106 157 278 133 816 
Total $000 29,106 17,216 19,820 28,409 22,907 
Percentage Change -40.9% 15.1% 43.3% -19.4% 

From this data, one can observe significant fluctuation in expense values 

between years as well as no consistent pattern of gradual increases that coincide 

with annual growth in the number of customers being served. Therefore, the 

. APS presumption that these expenses vary directly with the number of 

customers served is not supported by actual historical data. 

If these expense values are evaluated on a per-customer basis, is there any 

support for the Company’s assumption that these costs increase in direct 

proportion to the addition of new customers? 

No. In response to Staff Data Request UTI 2-103, the Company provided data 

indicating the average numbers of customers served for each of these five years. 

That information indicates annual growth in APS customer levels from 3 to 4 
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percent annually. When the information regarding non-labor expenses in the 

previous table is divided by the number of customers served each year, the lack 

of any direct correlation between the level of customers and the level of these 

costs is apparent: 

Customers 
90 1 
902 
903 
904 
905 
907 
908 
909 
910 
Total 

Non-Labor ExDense Per Average Customer 
1998 1999 2000 2001 
777,762 810,339 843,480 874,603 
$0.14 $0.28 $0.1 1 $0.24 
$1.01 $1.16 $1.50 $1.56 
$9.93 $11.65 $13.86 $19.97 
$4.81 $6.14 $6.99 $9.78 
$20.07 $1.79 $0.98 $2.73 
$0.04 $0.05 $0.03 $0.02 
$0.73 $0.25 $0.91 $0.91 
$0.54 $0.60 $0.75 $1.14 
$0.14 $0.20 $0.36 $0.17 
$37.42 $22.14 $25.48 $36.53 

2002 
902,096 
$0.27 
$1.44 
$20.30 
$3.45 
$1.88 
$0.03 
$0.40 
$0.63 
$1.05 
$29.45 

Q. What is your recommendation regarding the Company’s proposed adjustment 

for customers added through December 3 1,2002? 

I recommend removal of the “Pro Forma Adjustment to Customer Accounts 

Expense” in the amount of $361 (thousand), because this element of the 

Company’s adjustment relies upon an unproven assumption that such costs vary 

directly with the number of customers being served and that assumption is not 

supported by historical expense trends or the nature of costs in these accounts. 

ACC S M  Adjustment C-4 has been prepared to include this revision to the 

Company’s proposed adjustment. 

A. 
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PROPERTY TAX ADJUSTMENT 

Q. Please continue by describing your next adjustment to test year operating 

expense. 

The adjustment shown on Schedule C-6 is made to reduce the Company’s 

proposed level of ongoing property tax expense. While shown as one 

adjustment on the noted schedule, there are actually two distinct components to 

this adjustment. Specifically, one element of the adjustment is to remove a 

“prior period” payment made and recorded as property tax expense in calendar 

year 2002. The noted “prior period” payment is related to the settlement of a 

2001 New Mexico property tax dispute. The other element of this adjustment 

deals with the level or amount of “ongoing” Arizona property tax expense to be 

included within the development of proforma operating expense. 

A. 

Q. Please further elaborate on the first element of the adjustment found on 

Schedule C-6 - the removal of a prior period expense. 

According to APS, there was a dispute regarding property taxes to be paid to the 

Navajo Indian tribe related to production facilities owned by APS, but located in 

New Mexico. During 2002 the dispute was ultimately settled. The settlement 

payment in the amount of $7,545,85 1 made in 2002, and recorded in its entirety 

as 2002 property tax expense, was tendered to settle 2001 as well as 2002 

property tax assessments. Specifically, $3,793,668 and $3,752,182 was paid to 

settle APS’ 2001 and 2002 New Mexico property tax obligations, respectively. 

A. 
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Q- 

A. 

Q. 

A. 

The part of the payment tendered for the 2002 assessment should be considered 

“ongoing” and included in the development of the test year cost of service (i.e., 

$3,752,182). However, the part of the payment related to the 2001 obligation is 

a “prior period” expense that should be eliminated (Le., $3,793,668). Thus, as 

shown on Schedule C-6, I have removed the New Mexico property taxes paid 

during the 2002 test year that is related to A P S ’  2001 property tax obligation. 

Please continue by discussing that part of your adjustment that relates to 

reflecting an “ongoing” level of Arizona property tax expense. 

First, I would note that it is my proposal to simply reflect as an ongoing level of 

property tax expense the actual Arizona property taxes assessed and partially 

paid during 2003. Specifically, in November 2003 A P S  was officially billed for 

approximately one-half of the property taxes assessed for calendar year 2003. 

The remaining half of 2003 property taxes will be paid in May 2004. However, 

it is the total assessed amount for 2003 that I am proposing to reflect as 

“ongoing” for cost of service development. 

My proposal contrasts with APS’ proposal wherein the Company basically 

applied 2002 tax rates (last known to A P S  at the time of preparing its filing) to 

the Company’s proposed end-of-test year plant in service values. 

Please briefly describe the property tax assessment process in Arizona. 

Property taxes “assessed” in any given year are derived from the value of 

property owned at the end of the calendar year two years preceding the 
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“assessment year.” For instance, 2003 “assessed” property taxes were 

ultimately derived by considering the property which APS owned at December 

31, 2001. It should also be noted that only half of 2003 “assessed” property 

taxes are paid in November 2003. The remaining half of 2003 “assessed” 

property taxes will be paid in May 2004. Even though not all 2003 “assessed” 

property taxes are paid in 2003, the total amount of 2003 “assessed” property 

taxes is accrued as an operating expense during calendar year 2003. 

While the assessment process begins by considering the “book value” of plant 

as well as materials and supplies, the “book value” of utility assets are 

translated, pursuant to statutorily derived formulas, into “full cash values.” 

Further, once the “full cash value” is derived, the “assessed” value is 

determined, again pursuant to statute, to be 25% of “full cash value.” Once the 

assessed value has been derived and relayed to the various taxing authorities, 

individual taxing authorities can develop a specific tax “rate” to be applied to all 

assessed values within their jurisdiction. While the “full cash value” 

determination for various classes of utility property has changed occasionaZZy 

over the years, the individual tax “rate” applied to assessed values will change 

every year based on the individual taxing authority’s fiscal needs for the 

forthcoming year. 

I believe two significant points should be emphasized from the brief explanation 

of the property tax assessment process in Arizona. First, the derivation of 
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property taxes “assessed” in any given calendar year begins with the 

consideration of a utility’s “book value” of property two years prior to the 

assessment year. Second, while there is an undeniable dependence or linkage to 

a utility’s “book value” in the property tax assessment process, there is not a 

pure or direct correlation between a utility’s “book value” and the amount of 

property tax it is ultimately assessed. For again, each taxing authority will set a 

different tax “rate” each calendar year based upon the cumulative “assessed” 

value of property within its jurisdiction as well as the fiscal needs of the 

governmental entity. Thus, from year to year a taxpayer will not necessarily 

experience a change in property taxes to be paid that is exactly proportional to 

the change in its “book value” of property. 

Q. Please explain why you believe reflection of 2003 Arizona property tax 

assessments is reasonable for cost of service development in this case. 

First, the noted 2003 assessed amounts are “actual” amounts. Second, the 

amounts assessed by the various taxing authorities were obviously calculated 

utilizing last known “actual” property tax rates. And third, inclusion of such 

amounts captures the most recently-available assessments, which in turn, reflect 

the most-recent cumulative fiscal needs of all the property taxing authorities to 

which APS is obligated. 

A. 

Q. What do you find unacceptable in the Company’s approach? 
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A. First, in light of 2003 property tax data now available, it is more precise and 

equitable to consider this more-current data. Specifically, the composite or 

“average” property tax rate as a percentage of the assessed value of all Arizona 

property fell fkom 9.56% in 2002 (the rate the Company effectively employed in 

its property tax adjustment) to 9.25% in 2003. I should quickly point out that 

the 2003 “average” property tax rate was not available to the Company when it 

was preparing its filing. 

Second, for two years running APS’ “book value,” “fidl cash value,” and 

“assessed value” have risen. However, while the three noted “values” have all 

risen, the composite or “average” Arizona property tax rate paid on assessed 

property values by APS has declined. The net result is that, in total, Arizona 

property taxes have fluctuated. More specifically, there has not been a direct 

correlation between changes in APS’ book value of plant and actual property 

taxes eventually paid - a correlation implicitly assumed within APS’ 

calculations. 

In developing its proforma Arizona property tax level, APS begins with its end- 

of-test-year plant values. Utilizing historical relationships, APS then derives a 

“full cash value” and “assessed value” to which it applies the historical 2002 

average property tax rate. As previously noted, for two years running, the 

average property tax rate paid by APS to all Arizona taxing authorities has 

declined. APS’ method basically assumes that property taxes will rise in direct 
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proportion to its investment in utility plant, even though that relationship has not 

existed - at least for a couple of years. 

I do not believe the method that APS employed would be inappropriate or lead 

to inequitable results in cases where there is a fairly direct relationship between 

growth or decline in “book values” and increases or decreases in actual property 

taxes ultimately paid related to those book values. However, in this case, where 

the correlation is not that good, and where there is better information now 

available to consider (Le., 2003 actual assessments), I believe it is much more 

precise and equitable to simply utilize 2003 actual property tax assessments for 

cost of service development. 

Q. 

A. 

Please describe how your adjustment was calculated. 

Referring to Schedule C-6, on lines one (1) through five (5) I calculate the 

increase in 2003 over 2002 Arizona property tax expense. On line eight (8) I 

’ show the removal of the 2001 “prior period” New Mexico property tax payment 

included as 2002 property tax expense. Line eleven (1 1) shows the sum of the 

two noted components of my property tax expense adjustment. In other words, 

line eleven (1 1) shows the “net” adjustment to test year actual property tax 

expense recorded. However, because we are reflecting adjustments to APS’ 

proposed proforma cost of service, it is also necessary to subtract out APS’ 

proposed increase in test year Arizona property tax expense. This calculation is 

reflected on a “total company electric” basis on lines twelve (12) through 
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seventeen (17). Finally, the jurisdictional impact of the property tax adjustment 

is reflected on line twenty-two (22). 

ELIMINATE NON-RECURRING MAIN FRAME 
COMPUTER LEASE COSTS 

Q. Please describe your next adjustment to test year operation and maintenance 

expense. 

The adjustment shown on Exhibit C-7 eliminates the costs incurred during the A. 

first half of the historic test year associated with leasing a mainframe computer. 

In answer to Staff Data Request No. UTI-10-265, the Company acknowledged 

that the mainframe lease which expired in May 2002 was not renewed. 

Furthermore, in response to Staff Data Request No. UTI-12-291, AF’S 

acknowledged that the mainframe that had been leased during the first four 

months of the historic test year was purchased in April 2002. Because the cost 

of the purchased mainframe is included within APS’ proposed year-end rate 

base, and proforma depreciation has been calculated on such year-end plant 

value, it is equitable to eliminate the operating lease expense recorded during 

the historic test year related to the mainframe computer. Accordingly, on 

Exhibit C-7 I have eliminated the “non-recurring” mainframe operating lease 

expense recorded during the historic test year. 

FUEL AM) PURCHASED POWER EXPENSE 

Q. Is the Staff proposing any adjustments to fuel and purchased power expense? 
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A. Yes. On Schedule C-8 I have posted an adjustment to APS’ proposed level of 

fuel and purchased power expense assuming the P WEC assets are not included 

in the development of jurisdictional rate base. This adjustment is being 

sponsored by Mr. Douglas C. Smith of LaCapra Associates. 

ECONOMIC DEVELOPMENT EXPENSES 

Q. 

A. 

Please describe your next adjustment reflected on Schedule C-9. 

This adjustment removes the test period expenses incurred by APS for 

Community Relations and Economic Development activities. Such 

expenditures are discretionary and not required for the provision of regulated 

electric utility services. These costs provide no direct, tangible benefit to 

ratepayers, and therefore should not be included in the Company’s jurisdictional 

revenue requirement. 

Q. What activities are undertaken by APS that are the subject of this Staff 

adjustment? 

The Company engages in and sponsors business recruitment, business retention 

and expansion, and community development activities in an effort to enhance 

the economic vitality and viability of the communities it serves in Arizona. 

Expenditures include the development and maintenance of information for a 

www.move2az.com website containing comparative statistics for Arizona 

communities with out-of-state business locations, sponsoring and publishing 

A. 

34 

http://www.move2az.com


1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

23 

I 

studies of the business climate in Arizona, and maintaining information about 

available business sites. If such activities are successfid, there is little doubt that 

APS demands might grow along with the local economy. However, such 

expenditures to promote local and state-wide economic development raise a 

regulatory policy issue regarding whether the Company should be allowed to 

directly charge such costs to its ratepayers. 

If the Commission removes these costs fiom the APS revenue requirement, 

won’t the Company be discouraged from funding economic development and 

community relations activities? 

Not necessarily. Even if these costs are not explicitly included in the 

determination of revenue requirements, APS can continue to incur economic 

development costs and will benefit between rate case test years from any 

incremental electric sales and revenues associated with load growth caused by 

successful economic development efforts. Regulatory lag allows shareholders 

to retain the profit margins associated with serving new customers between test 

periods. Notably, utilities routinely incur costs for charitable contributions, 

political advocacy and civic event sponsorships even though such costs are not 

chargeable above-the-line for recovery from utility customers. 

A. 

Q. Can the Company’s Community Relations and Economic Development costs be 

thought of as discretionary payments to promote the welfare of the local 

communities being served? 
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A. Yes. And in this sense such costs are analogous to Donations that are required 

to be charged to a below-the-line account under the FERC Uniform System of 

Accounts: 

426.1 Donations: 
donations for charitable, social or community welfare purposes.2 

This account shall include all payments or 

As an alternative to making these discretionary expenditures, APS could elect to 

instead make direct donations to community welfare organizations to assist in 

funding their economic development programs. If made in this way, such 

donations would be recorded in below-the-line account 426.1 and not be at issue 

in this proceeding. 

NUCLEAR DECOMMISSIONING EXPENSE 

Is the Utilities Division Staff proposing any modification to APS’ recommended 

level of nuclear decommissioning expense? 

Q. 

A. Yes. Mr. Harold Judd of Accion Group is appearing on behalf of the Utilities 

Division S M .  Mr. Judd has reviewed APS’ nuclear decommissioning study. 

As a result of such review Mr. Judd is proposing some modifications to APS’ 

proposed nuclear decommissioning funding level. The impact of Mr. Judd’s 

proposed changes is reflected within the adjustment shown on Schedule C-10. 

DEPRECIATION AND AMORTIZATION EXPENSE 

Has the Utilities Division Staff reviewed APS’ proposed depreciation rates? Q. 

Id. Account 426.1 2 
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Yes. Mr. Michael Majoros with the firm of Snavely, King, Majoros, O’Connor 

and Lee was retained by the Staff to review APS’ depreciation study. Mr. 

Maj oros is making several recommendations regarding APS’ depreciation rates 

and depreciation accounting. A summary of Mr. Majoros’ recommendations is 

contained within Schedule C-1 1, which reflects Staff‘s proposed changes to 

APS’ proforma depreciation expense. 

ELIMINATE TEST YEAR DEMAND SIDE MANAGEMENT 
CHARGES FOR RECOVERY THROUGH A TRACKING 
MECHANISM 

Please discuss your next adjustment to test year operating expense. 

On Schedule C-16 I eliminate test year charges for Demand Side Management 

(“DSM’) activities. The Utilities Division S ~ ,  through Ms. Barbara Keene, is 

proposing that DSM costs be “tracked” or recovered through an automatic 

adjustor mechanism. While DSM expenses incurred during the test year are 

being eliminated on Schedule C-25, such adjustment should not be considered a 

“disallowance” inasmuch as the Staff is simply proposing that such costs be 

recovered vis-his  an adjustor mechanism. 

ADVERTISING EXPENSE DISALLOWANCE 

Please describe your next adjustment to test year advertising expense. 

Staff Schedule C-17 reflects a detailed calculation of an adjustment to remove 

the expenses incurred by APS in the test year for discretionary advertising that 

is not required in the provision of safe and adequate service and is of no direct, 
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tangible benefit to ratepayers. The proposed partial disallowance of APS 

advertising removes the direct and indirect costs incurred for test year image- 

building advertising and sports team sponsorships that are designed to promote 

APS as a highly reliable, affordable, customer-fiiendly and cost-effective 

company. Such image-building or positioning advertisements are unnecessary 

if APS actually provides safe and reliable service in a cost-effective manner in 

its role as the incumbent retail supplier of electric utility services. Further, as 

the provider of a regulated service in a certificated service territory, there is no 

reason to undertake the image building advertising that may otherwise make 

economic sense for a firm selling non-essential goods or services in a 

competitive open market. 

Q. Please explain the types of messages that are communicated in the advertising 

that is disallowed in Adjustment No. C-17. 

Most of the objectionable costs relate to the Company’s “Simple Things 

Campaign” that was emphasized throughout the test period. Television, radio, 

print and outdoor ads were placed to achieve positive imagery for the Company, 

with the following types of messages or tag lines: 

A. 

d& At APS, we’re doing loads of things to make sure electricity is there 

when and where you need it. Like securing new sources of electricity to 

meet Arizona’s ever-growing needs. 

Thanks to APS, you’ll never have to worry about things that go bump in 

the night.. .Like your toes. 
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1 dk At APS, our Customer Call Center is open day and night. So, you’re 

never left in the dark. 

At APS, we do some pretty cool things. Like power your fan for less 

2 

3 

4 than 2 cents an hour. 

5 APS - The Power to Make It Happen [tag-line] 

6 You’re not thinking about the electricity that powers those video games. 

7 That’s our job. At APS, we’re always thinking about how to keep your 

8 electricity affordable and reliable so you can focus on important things 

9 like bonding with the people you care most about. 

In its response to Staff Data Request UTI-1-18, the Company provided copies of 10 

11 advertisements and cost information and stated: 

12 
13 
14 
15 
16 
17 
18 

Please note that many of the advertisements concern customer 
service; public notices; customer safety, energy efficiency, 
information on billing, payment and rate options; and the like. 
Taken in total, these communications with our customers are 
directed towards customer service and satisfaction and have led 
to marked increases in customer satisfaction. 

19 Q. Does the adjustment you sponsor remove &I advertising costs that were 

20 incurred in the test year? 

21 A. No. S W s  adjustment does not remove advertising costs where the message is 

22 about customer safety, public notices, energy efficiency, or information on 

23 billing, payment and rate options. For example, significant costs were incurred 

24 in the test period for the APS “Power Tips” campaign that provided information 

25 to consumers about energy conservation on peak demand days, Surepay billing 

26 programs, aps.com and online billing, appliance eEiciency, the selection of 

39 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

1 1  

12 

13 

14 
15 
16 
17 
18 
19 
20 
21 
22 
23 
24 
25 
26 
27 
28 
29 
30 
31 
32 
33 

qualified contractors, or electric safety. A review of the first four lines of 

Schedule C-17 and the related footnotes illustrates how costs for television, 

print, and radio media placement of APS advertising were distributed between 

image-building (disallowed) costs and specific (allowed) advertising of tangible 

benefit to ratepayers because of an information, conservation, efficiency or 

safety message. 

Q. Why are the costs of advertisements for KNXV Weather, Dodge Theater, and 

various professional sports teams, as set forth at lines 4 through 9 of Schedule 

C-17 disallowed on a 50 percent basis? 

A. APS sponsorship costs represent financial commitments made for charitable as 

well as public relations purposes. In response to Data Request UTI 1-18, the 

Company stated: 

To encourage and support downtown Phoenix re-development the 
Company has sponsored entities such as the Dodge Theater, the 
Arizona Diamondbacks, and the Phoenix Suns. Such 
redevelopment allowed APS to garner additional sales revenues 
and margins from the above entities, plus margins from those 
support entities that derived their business fi-om downtown 
redevelopment (e.g. restaurants), using, in part, already existing 
APS inhtructure. And in conjunction with these same 
sponsorships, the Company did a Simple Things Campaign 
directed at customer service and satisfaction. 

Also, many if not all, sponsorships/advertising contained multiple 
elements. These included “pure” advertising, public service 
announcements, charitable programs, environmental or renewable 
program participation, employee or customer benefits (e.g., free or 
reduced admission to events), etc. Some, but not all, of the 
sponsorships/advertising allocated specific costs to each such 
element. Others charged a lump sum for the entire package of 
APS benefits. 
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Q. 

A. 

Staffs 50 percent disallowance of sports team sponsorship costs is a 

conservatively generous cost recovery proposal, based upon the mix of 

“package” benefits received by APS for such expenditures, given the 

absence of tangible, direct value to ratepayers from Phoenix economic 

development, charitable programs and fiee or reduced price admission to 

events. A review of the Company’s stadidarena advertising and 

bundled TV and radio messages alone would support disallowance of at 

least 50 percent of sports sponsorship costs, because an emphasis was 

placed upon the “Simple Things” campaign messages (i.e., the disallowed 

image building campaign) in such advertising, as previously discussed. 

Is there any linkage between favorable public opinion about APS service 

quality and value, in relation to incentive compensation amounts earned 

by Company management? 

Yes. As explained in Mr. Carver’s testimony, one determinant of how 

much incentive compensation is payable to management is the percentage 

of customers stating they are “very satisfied” with APS service in 

responding to customer survey questioning. linage-building advertising 

can be employed and timed to create goodwill toward the Company and a 

strengthened perception that informed ratepayers should be “very 

satisfied” with APS, given the repeated messages about reliability, value 

and customer responsiveness within the “Simple Things” campaign. 
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Q. Regarding the Company’s suggestion that downtown re-development may 

promote additional sales revenues and margins, shouldn‘t such 

promotional costs, if effective, be included in the revenue requirement? 

A. Probably not. Promotional advertising by energy utilities is often 

disallowed by regulators as a matter of policy because it may be contrary 

to conservation and integrated resource planning goals. Further, sales 

gains made by the electric supplier may be achieved in part fiom sales 

losses by the competing regulated natural gas distribution utility. 

Moreover, it is difficult to determine whether economic development 

financial participation by a utility is cost effective in relation to sales 

growth that might be achieved even if economic development activities 

were left entirely to other private and public entities. In addition, it should 

be noted that, assuming incremental revenues fiom customers added 

exceed incremental cost to provide such service, sales gains made by APS 

between rate case test periods provide benefits solely to shareholders 

because regulatory lag does not “capture” the impact of increases in sales 

margins until the “next” rate case occurs. 

. 

Q. Would APS have a greater interest in promotional advertising and 

favorable public impressions about the Company if industry restructuring 

and competition had been implemented as planned in Arizona? 

A. Yes. Achieving favorable service quality and value impressions among 

the buying public would be highly desirable in a competitive market and 
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may have influenced company judgments regarding the level and types of 

advertising purchased in the test period. However, such costs should 

ultimately be borne out of profits earned through the competitive supply of 

energy and not the regulated delivery service pricing. 

Q. Please explain your treatment of “Indirect Payroll, Administration and Ad 

Agency Fees” at lines 12 and 13 of Schedule C-17. 

The advertising elements listed on lines 1 through 10 represent the direct 

costs of advertising placement paid to vendors during the test period. In 

addition to these direct costs that are totaled on line 10, APS incurs certain 

indirect costs for Company personnel and advertising agencies for 

planning, development and administration of the advertising and 

sponsorship programs. These indirect overhead costs are disallowed in 

proportion to the treatment of the direct costs, using the percentage value 

developed on lines 10 and 1 1. 

A. 

STATE INCOME TAX CREDITS AND PERMANENT 
BOOIUI’AX DIFFERENCES 

Q. Please describe your next adjustment to APS’ proforma level of income tax 

expense. 

A. Within its development of proforma income tax expense, A P S  has failed to 

capture 1) the test year savings it achieved by way of Arizona state income tax 

credits and 2) the test year cost penalty it incurred as a result of not being able to 

deduct certain meals and entertainment expense. The adjustment shown on 
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Schedule C-18 is therefore made to reinstate the net impact of the two items 

noted. 

Q. Was the net impact of the two items reflected within test year actual operating 

results? 

Yes. However, the Company’s total company and ACC jurisdictional proforma 

cost of service study was developed by simply applying the composite federal 

and state income tax rate (i.e., 39.5%) to total company and ACC jurisdictional 

proforma above-the-line operating results less below-the-line interest expense 

that was calculated by multiplying APS’ proposed rate base times A P S ’  

proposed weighted cost of debt. The Company’s methodology had the impact 

of eliminating the savings recognized during the test year stemming from the 

Arizona state income tax credits and the cost penalty resulting fiom the inability 

to deduct certain “meals and entertainment” expense. It is therefore necessary 

to reflect an adjustment to capture the net impact of the two noted events. 

A. 

Q. Please briefly describe what events or transactions give rise to receiving an 

Arizona state income tax credit. 

During the test year APS received four separate Arizona state tax credits First, 

it received a credit in the amount of $60,500 related to its hiring of employees 

within qualified enterprise zones. Second, APS received a credit in the amount 

of $1,167,690 stemming fiom its investment in facilities constructed to control 

or prevent pollution. Third, the Company received a credit in the amount of 

A. 
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$1,167,690 related to the purchase of coal consumed in generating electrical 

power in Arizona. Fourth, APS received a credit in the amount of $1,108,206 

for its investment in an alternative fuel delivery system for the dispensing of 

renewable fuels. According to the Company’s response to Data Request UTI-6- 

188, the credit for investing in alternative fuel delivery systems was repealed 

with an effective date of January 1,2004. While this repeal date is well beyond 

the end of the test year, I have nonetheless conservatively excluded this credit in 

developing the adjustment shown on Schedule C- 18. 
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Are the “meals and entertainment” expenses which are not deductible for 

purposes of calculating taxable income included as above-the-line operating 

expenses? 

According to Company representatives, theses items do relate to above-the-line 

test year operating expenses. As previously discussed in testimony, in 

Adjustment C-17 I have eliminated certain sports and entertainment sponsorship 

programs undertaken by APS. To the extent that any or all of those expenses 

eliminated in my Adjustment C-17 are included as test year non-deductible 

“meals and entertainment” expense, a revision to either Adjustment C-17 or C- 

18 will be required. AS of the time this testimony was to be prepared I had 

discovery outstanding on this issue. For purposes of developing Adjustment C- 

17 I have assumed that all of the expense being eliminated within Adjustment 

C-17 (i.e., the sportdentertainment adjustment) was deductible for purposes of 

developing taxable income. 

45 

e 



1 

2 Q. 

3 

4 A. 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

INTEREST SYNCHRONIZATION 

Please discuss your next adjustment to APS’ proforma level of income tax 

expense. 

The adjustment shown on Schedule C-19 is undertaken to synchronize the 

interest deduction for consideration in the development of Staffs cost of service 

income tax expense with the jurisdictional rate base and weighted cost of debt 

being proposed or recommended by various Staff witnesses. This adjustment, 

which is routinely calculated and adopted by regulatory commissions in utility 

rate cases, is derived by multiplying Staffs proposed retail jurisdictional rate 

base times the weighed cost of debt included within Staffs development of the 

overall cost of capital. To the extent this Commission may adopt a different rate 

base or cost of capital than that being proposed by the Utilities Division Staff, it 

would be appropriate to revise this calculation or adjustment for the return and 

rate base found reasonable by the ACC in this docket. 

16 

17 

18 

19 

20 

21 
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23 

TURN AROUND OF EXCESS DEFERRED INCOME TAXES 

Are you proposing any other adjustments to APS’ proposed level of income tax 

expense incorporated within the Company’s cost of service?. 

Not at this point in time. I am, however, still investigating the need for an 

adjustment to reflect the amortization of excess accumulated deferred federal 

income taxes. I have reserved Schedule C-20 for such an adjustment if 

forthcoming data indicates that an adjustment is appropriate. 

Q. 

A. 

46 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

Q. 

A. 

What transactions give rise to “accumulated deferred income taxes?” 

Utilizing guidelines set forth as Generally Accepted Accounting Principles 

( “ G M ’ )  which are established by the Financial Accounting Standards Board, 

companies will record receipts and expenditures of monies as either revenues, 

income, expense or investment. By following GAAP, the transactions are 

intended to be recorded in a consistent manner following such guidelines so that 

the various companies’ reported income and investment can be reviewed and 

compared on a consistent basis. 

The recognition of revenues and expense for financial statement reporting 

purposes does not always coincide exactly with the development of revenues 

and expense for purposes of developing current taxable income. The difference 

in the development of revenues, expense and income for financial statement 

reporting purposes versus the development of current taxable income gives rise 

to “book and tax” differences. Some of the differences are “permanent” 

differences - as in the case of the non-deductible meals and entertainment 

expense. However, the majority of book and tax differences are merely 

“timing” differences. For instance, one of the largest recurring book/tax timing 

differences stems fiom the development of depreciation expense recognized for 

financial statement reporting purposes versus that recognized for purposes of 

calculating current federal and state taxable income. 
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Using a convention commonly referred to as “normalization accounting,” APS 

as well as virtually all other regulated and unregulated companies, derive an 

amount of income tax expense shown for financial statement reporting purposes 

by essentially applying the current federal and state income tax rates to “book 

income.” To the extent that “taxable income” varies from reported “book” or 

“financial statement” income because of book and tax timing differences, an 

“accumulated deferred income tax reserve” is established by applying the 

current fededstate tax rates to the various timing differences. Later, when a 

timing difference reverses (Le., taxable income exceeds book income or vice 

verse), the related accumulated deferred tax reserve established when the timing 

difference first arose is, likewise, reversed. Thus, under such “normalization 

accounting,” income tax expense for fmancial statement reporting purposes in 

total will approximately equal “book income” times the current federal and state 

tax rates. However, the split or distribution of total reported income tax 

expense between “current” and “deferred” income tax expense can fluctuate 

significantly fiom year to year as booWtax timing differences arise and reverse. 

Q. 

A. 

What has given rise to excess accumulated federalsincome tax reserves? 

The amount of taxes deferred or “reserved” in any given taxable year related to 

booMtax timing differences is based upon the then-current federal and state 

effective tax rates. While the current corporate federal income tax rate of 35% 

has remained fairly constant since the mid-1980’~~ up through the mid-1980’s 

the rate was considerably higher - ranging from 46% to 48%. Specifically, 
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there were depreciation deductions taken for tax purposes for which deferred tax 

reserves were established assuming that when the timing difference turned 

around the federal income tax rate would still be 46% or 48%. Since the current 

federal tax rate is 35%, there exists excess accumulated deferred income taxes 

accrued at 46%/48% that should, nonetheless, be returned to ratepayers vis-a-vis 

an amortization mechanism. 

Q. 

A. 

Does APS recognize the need for this adjustment? 

From discussions that I have recently held with APS accounting personnel, I am 

certain that APS conceptually agrees with the need or equity in crediting 

ratepayers for excess deferred taxes accrued on its books and collected in rates 

in prior years. However, the Company’s position is that there is an exact offset 

or shortfall to such excess accumulated deferred income taxes, and accordingly, 

no further adjustment to test year cost of service income tax expense is 

warranted. As stated at the outset of this section of my testimony, I am not 

posting an adjustment at this point in time as I continue discussions with APS 

on this complex issue. If at a later point in time I determine that ratepayers have 

not been, or are not being, credited for excess accruals of deferred taxes I will 

supplement my direct testimony and post an adjustment to test year income tax 

expense as deemed appropriate. 
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SCHEDULE 1 TARIF" CHANGES 

What is the purpose of the adjustment set forth at Staff Schedule C-21? 

At Attachment DGR-5, page 5 ,  the Company proposes a ratemaking adjustment 

for the revenue impact of changing certain miscellaneous service charges under 

its Schedule 1 tariff. The Specific Company-proposed rate changes are 

described in A P S  witness Rumolo's testimony starting at page 3. However, as 

discussed in the testimony of S W  witness Ms. Barbara Keene, different 

Schedule 1 charge amounts are being proposed by Staff in this Docket. 

Therefore, it is necessary to modify the Company's adjustment to reflect the 

revenue impact of Staff's alternative Schedule 1 rate proposals, as shown in 

Schedule C-21. Ms. Keene is responsible for the Staff rate proposals on this 

Schedule. 

Q. 

A. 

ACCELERATED AMORTIZATION OF REGULATORY 
ASSETS 

Q. Is A P S  proposing to amortize certain expenses that have been deferred pursuant 

to ACC orders? 

Yes. The Company has eliminated the amortization of deferred costs which, 

pursuant to a 1996 Settlement Agreement which was subsequently approved by 

the ACC, will be l l l y  recovered by June 30,2004. However, APS witness Mi-. 

Donald Robinson notes that other costs have been deferred since the 1996 

A. 
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Settlement Agreement. APS proposes to recover such remaining deferred costs 

over a five year period. 

Q. Are you in agreement with APS’ proposed five year amortization of such 

deferred costs? 

No. The net deferred costs consist primarily of 1) remaining deferred Palo 

Verde saleAeaseback payments and 2) Net Unamortized Loss on Reacquired 

Debt. Referring first to the Net Unamortized Loss on Reacquired Debt, as 

discussed in a previous section of testimony, Staff is proposing to recover such 

costs vis-a-vis its development of the effective interest rate on bonds issued to 

retire higher cost bonds. Accordingly, it is not necessary, and indeed, it would 

be duplicative, to also reflect such costs as an above-the-line operating expense. 

Further, there is no apparent reason to accelerate the recovery of such deferred 

A. 

I 

costs as APS has proposed. The benefit of retiring such high cost bonds will be 

realized over the life of the new lower cost bonds. Accordingly, because the 

Staff has considered such costs in the development of its effective interest rate 

on long term debt, it is not necessary to also reflect such costs as an above-the- 

line operating expense - on an accelerated five-year basis as proposed by APS 

or over the life of any new bonds issued to retire higher costs bonds. 

The other significant deferred costs which APS proposes to amortize over a five 

year period relates to deferred Palo Verde Sale Leaseback payment. There is 

approximately twelve years remaining on the Palo Verde Unit 2 lease. 
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Accordingly, I am proposing that deferred Palo Verde lease expense be 

amortized, or recovered, over the remaining life of the Palo Verde Unit 2 lease. 

On Schedule C-22 I propose an adjustment to 1) eliminate APS’ proposed 

above-the-line amortization of net losses on reacquired debt, and 2) lengthen the 

amortization of deferred Palo Verde Unit 2 lease payments fiorn the APS- 

proposed five year period to the remaining life of the lease - or in other words - 

twelve years. 

CONTlUBUTIONS TO CIVIC A N D  CHARITABLE 
ORGANIZATIONS 

Q. Are you proposing an adjustment to eliminate contributions to any civic and 

charitable organizations? 

Yes. As shown on Schedule C-23, I am proposing to eliminate contributions 

charged during the test year to above-the-line operating expense. Such 

contributions are not necessary to the provision of safe and reliable utility 

service. Further, contributions can be viewed as serving the same purpose as 

imagine building advertising which I have previously discussed in testimony. 

A. 

Q. Are you suggesting that A P S  should no longer make voluntary contributions to 

civic and charitable organizations? 

It is the Company’s decision as to whether to continue making such voluntary 

contributions. However, if made, such contributions should be charged below- 

the-line and absorbed by shareholders. To include such expenditures above-the- 

A. 
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line for cost of service determination places the ratepayers in the position of 

becoming invohtary contributors to such organizations. Accordingly, such 

expenses should be removed from cost of service development. 

AMORTIZATION OF GAINS ON SALES OF PROPERTY 

Has this Commission historically required that any gains on sales of utility 

property be shared between shareholders and ratepayers? 

Yes. While there are a few examples of exceptions, it is my understanding, and 

it has been my observation, that the ACC typically requires that gains on sales 

of property be shared 50150 between shareholder and ratepayers. 

Have there been any gains on sales of property in recent years that have not yet 

been credited to ratepayers? 

Yes. In answer to Data Request No. UTI-105 the Company has identified gains 

on sales of property that have been deferred for crediting to ratepayers. On 

Schedule C-24 I propose an adjustment to amortize the ratepayers’ portion (i.e., 

50%) of such gains over a five year period. 
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ALTERNATIVE REVENUE REQUIREMENT 
RECOMMENDATION ASSUMING PWEC ASSETS ARE 
INCLUDED IN THE DEVELOPMENT OF 
JURISDICTIONAL RATE BASE 

Q. Near the outset of your testimony you indicated that, while the Staffs primary 

recommendation in this case is to remove or eliminate PWEC assets fiom 

jurisdictional rate base development, the Staff is also presenting an alternative 

proposal that reflects inclusion of the PWEC assets in rate base with 

accompanying adjustments. Please describe the development of Staff's 

alternative rate recommendation that reflects the inclusion of PWEC assets in 

rate base. 

A. Mr. Harvey Salgo discusses and describes Staffs alternative revenue 

requirement recommendation in the event the Commission elects to consider the 

PWEC assets in the development of jurisdictional rate base. I will not repeat 

such discussion herein. While I am not the Staff witness responsible for the 

theory underlying Staff's alternative revenue requirement recommendation, I 

have assisted in the calculation and presentation of Staff's alternative revenue 

requirement recommendation that incorporates the inclusion of PWEC assets in 

rate base. 

Q. Please describe the development of Staff's alternative revenue requirement 

recommendation. 

First, I note that I have prepared an alternative Revenue Requirement Summary, 

alternative Rate Base Summary and alternative Net Operating Income 

Swnmary schedules comparable to Staffs base or primary case that I have 

A. 
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designated as Schedule A-Alternative, Schedule B-Alternative and Schedule C- 

Alternative, respectively. In Staffs alternative case, the only difference from - 

or incremental change to - Staff‘s primary case is 1) the add back of the PWEC 

investment to rate base, 2) the add back of expenses related to owning and 

operating the PWEC assets, and 3) the amortization of lost savings stemming 

&om APS’ purchase of Track B power below market prices that ratepayers 

would otherwise forego absent the noted adjustment if the PWEC assets are 

included in the development of jurisdictional rate base. 

Tuming first to Schedule B-Alternative (Rate Base Summary), one can observe 

where I simply “added back” the jurisdictional investment in the PWEC assets 

that were removed from Staffs base case within Adjustment/Schedule B-2. 

The adjusted rate base values shown on Schedule B-Alternative are carried 

forward to Schedule A-Alternative (Revenue Requirement Summary). 

On page 2 of Schedule C-Alternative (Net Operating Income Summary), I show 

the add back of revenues and expenses related to owning and operating the 

PWEC units. 

In your development of page 2 of Schedule C-Alternative do you merely add 

back or “reverse” the components that you adjusted in Staffs base case with 

Adjustment/Schedule C-2? 
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A. No. There are several differences which I shall briefly explain. Starting frst 

with the “revenue” portion of the adjustment, the Commission needs to 

understand that APS’ PWEC adjustment to the income statement which I 

essentially reversed on AdjustmentlSchedule C-2 consisted of two components. 

One component consisted of estimated incremental off-system sales margins 

thought to be achievable and available for crediting to ratepayers if the PWEC 

units were included in the development of jurisdictional rate base. The other 

component of what APS designated as a “revenue” adjustment was not really a 

“revenue” transaction at all. Specifically, as discussed in APS witness Mr. 

Donald Robinson’s direct testimony (page 29), APS’ PWEC income statement 

adjustment also effectively imputed the revenue requirement savings that would 

be achieved vis-a-vis recognition of a more-highly-debt-leverageflower- 

overall-cost capital structure that reflected some $500 million of additional debt 

financing that had lower cost, tax deductible interest expense obligations. A P S  

reflected such imputed capital cost savings as additional “revenues” within its 

PWEC income statement adjustment, even though such savings do not really 

consist of “revenues.” 

On page 2 of Schedule C-Alternative I have added back the off-system sales 

margins estimated to be achievable if the PWEC units are included in rate base. 

However, I have not added back the imputed capital cost savings that were 

originally removed in Staff Adjustment/Schedule C-2. It is my understanding 

that Staff cost of capital witness Mr. Joel Reiker is recommending the same 
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capital structure and cost rates regardless of whether the PWEC units are 

included or excluded in rate base development. Accordingly, it would be 

inappropriate to “add back” the imputed capital cost savings that were included 

within APS’ original PWEC income statement adjustment. 

Q. Please continue describing the development of other subcomponents of the 

PWEC income statement adjustment found on page 2 of Schedule C- 

Alternative. 

The “Purchased Power & Fuel Costs” adjustment found on line 2 was 

developed and provided by Mr. Douglas Smith of LaCapra Associates. The 

amount provided is a somewhat different amount than that posted when 

“reversing” the Company’s PWEC income statement adjustment as reflected on 

Schedule C-2. This difference has arisen by virtue of the fact that Mr. Smith is 

taking issue with some of APS’ assumptions employed in developing fuel and 

purchased power expense under the alternative “PWEC in rate base” scenario. 

A. 

The “Operations and Maintenance” Expense (other than Fuel & Purchased 

Power) amount merely adds back the expense level that was eliminated or 

reversed on Schedule C-2. 

The Depreciation and Amortization Expense amount derived on page 3 of 

Schedule C-Alternative and carried forward to page 2 of Schedule C-Alternative 
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has been developed by applying depreciation rates being proposed by Mr. 

Michael Majoros to the PWEC plant in service values. 

The property taxes or “Other Taxes” calculated on page 3 of Schedule C- 

Alternative and carried forward to page 2 of Schedule C-Alternative were 

developed by applying the 2003 actual composite or average Arizona property 

tax rate to the assessed value of the PWEC units as developed by APS. 

Finally, Income Tax Expense was developed by applying the composite Federal 

and State income tax rate to the change in taxable income. Taxable income was 

developed by considering the various revenue and expense adjustments 

described above, as well as the additional interest expense deduction that would 

be available if the PWEC units are included within jurisdictional rate base. 

Q. 

A. 

Please describe the development o Schedule A-Alternative. 

Schedule A-Alternative calculates a revenue requirement by considering the 

adjustments to rate base and operating income which were calculated on 

Schedule B-Alternative and Schedule C-Alternative, respectively. As shown 

on line 10, column (c) of Schedule A-Alternative, the net impact of adding back 

the PWEC investment to jurisdictional rate base and adding back Staffs 

proposed level of operating and ownership costs, is to increase our 

recommended jurisdictional revenue level by approximately $123 million. 

However, as shown on line 14 of Schedule A-Alternative, Mr. Salgo of LaCapra 
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Associates is also proposing an incremental adjustment to jurisdictional revenue 

requirement to reflect savings stemming from APS’ Track B purchase of power 

at below market rates. 

NAC INTERNATIONAL - AFFILIATE CONTRACT FOR 
TRANSPORTABLE DRY SPENT NUCLEAR FUEL 
STORAGE SYSTEMS 

Q. What is NAC International? 

A. NAC International (“NAC”) is an affiliate of APS that develops, markets and 

contracts for the manufacture of cask designs for spent nuclear fuel storage and 

transportation. El Dorado Investment Company is a wholly owned subsidiary 

of Pinnacle West Capital Corporation. El Dorado Investment Company, in turn, 

is the majority owner of NAC. Thus, NAC is an affiliate of APS. 

Q. Does NAC transact business with APS? 
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Should there be any exceptions to the requirement to competitively bid the 

second and subsequent batches of dry cask storage systems? 
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A. I believe that if APS does not elect to undertake a competitive bid process, the 

burden should be on APS in future rate cases to demonstrate why the 

competitive bid process was not practical, reasonable or likely to produce 

benefits for ratepayers. Thus, I am not stating unequivocally that the 

competitive bid process must be undertaken or will always lead to the least cost, 

most efficient resolution. But to emphasize - the burden for not undertaking the 

competitive bid process would be on APS - with “all ties” regarding facts and 

assumptions on the evaluation falling to the ratepayers’ advantage. 

Q. 

A. Yes, it does. 

Does that conclude your direct testimony? 

65 



D 



Staff Exhibit No. - 
BEFORE THE ARIZONA CORPORATION COMMISSION 

IN THE MATTER OF THE APPLICATION OF 
ARIZONA PUBLIC SERVICE COMPANY FOR 
A HEARING TO DETERMINE THE FAIR 
VALUE OF THE UTILITY PROPERTY OF THE 
COMPANY FOR RATEMAKING PURPOSES, 
TO FIX A JUST AND REASONABLE RATE OF 
RETURN THEREON, TO APPROVE RATE 
SCHEDULES DESIGNED TO DEVELOP SUCH 
RETURN, AND FOR APPROVAL OF 
PURCHASED POWER CONTRACT 

1 
) DOCKET NO. E-10345A-03-0437 
1 
1 
1 
1 
1 
1 
1 
1 

DIRECT TESTIMONY 

OF 

STEVEN C. CARVER 

ON BEHALF OF THE 
STAFF OF THE ARIZONA CORPORATION COMMISSION 

FEBRUARY 3,2004 



TABLE OF CONTENTS 

DIRECT TESTIMONY OF 
STEVEN C. CARVER 

Adjustment/ Testimony 
Section Schedule Reference 

Education and Experience 2 

Executive Summary 4 

Cash Working Capital (Lead/Laa Studv) 
Overview of Cash Working Capital 
Corrections/ Modifications to APS Study 
CWC and Non-Cash Items 
Consistency with Prior ACC Decisions 

2002 Severance Program 

Wages & Payroll Taxes 

Union Contract Signing Bonus 

Incentive Compensation 

Attachments 

B-7 6 
12 
17 
35 
40 

c-12 

C-13 

c-14 

C-I 5 

42 

50 
53 
56 

Attachment SCC-1 Summary of Qualifications 

Attachment SCC-2 Summary of Previously Filed Testimony 

Attachment SCC-3 APS Workpaper LLR-2, page 10/400 

Attachment SCC-4 ACC Decisions - CWC Excerpts 

Attachment SCC-5 

Attachment SCC-6 

Staff Data Request No. UTI-12-299 
(January 23,2003 Letter from Bill Post to Employees) 
Staff Data Request No. UTI-17-331 
(Sales Tax Accounting) I 



1 Q. 

2 A. 

3 

4 

5 Q. 

6 A. 

7 

8 

9 

10 

1 1  

12 

13 Q. 

14 A. 

15 

16 

17 

18 

19 

20 Q. 

21 

DIRECT TESTIMONY OF 
STEVEN C. CARVER 

Please state your name and business address. 

My name is Steven C. Carver. My business address is 740 NW Blue 

Parkway, Suite 204, Lee’s Summit, Missouri 64086. 

What is your present occupation? 

I am a principal in the firm Utilitech, Inc., which specializes in providing 

consulting services for clients who actively participate in the process 

surrounding the regulation of public utility companies. Our work includes 

the review of utility rate applications, as well as the performance of special 

investigations and analyses related to utility operations and ratemaking 

issues. 

On whose behalf are you appearing in this proceeding? 

Utilitech was retained by the Staff of the Arizona Corporation Commission 

(“Staff and “ACC”, respectively) to review and respond to the rate case 

filing of Arizona Public Service Company (“APS” or “Company”) and to file 

testimony with this Commission regarding the results of our review, 

primarily regarding APS’ test year revenue requirement. 

Have you previously testified before this Commission in proceedings that 

involved APS? 
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No. Although I have not previously filed testimony in a proceeding 

involving APS, I have filed testimony and participated in a number of other 

rate proceedings before this Commission dating back to the late 1980’s, 

including: US West Communications (now Quest Communications), 

Southwest Gas Corporation, and Citizens Utilities Company. 

Please summarize the purpose and content of your testimony. 

Generally, my responsibilities in this docket encompass the review and 

evaluation of various elements of rate base and operating income included 

within the overall revenue requirement. As a result, I address one rate 

base adjustment (Staff Adjustment B-7) and four adjustments to operating 

income (Staff Adjustments C-12 through C-15). The Staff ratemaking 

adjustments, which I do not sponsor, are separately addressed in the 

direct testimony of ACC Staff witness James Dittmer or other identified 
9 

Staff witnesses. The revenue requirement effect of the various Staff 

adjustments and recommendations are reflected within Staffs Joint 

Accounting Schedules, which are discussed in greater detail by Mr. 

Dittmer. 

EDUCATION AND EXPERIENCE 

What is your educational background? 

I graduated from State Fair Community College, where 1 received an 

Associate of Arts Degree with an emphasis in Accounting. I also 

2 
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graduated from Central Missouri State University with a Bachelor of 

Science Degree in Business Administration, majoring in Accounting. 

Please summarize your professional experience in the field of utility 

regulation. 

From 1977 to 1987, I was employed by the Missouri Public Service 

Commission (“MoPSC”) in various professional auditing positions 

associated with the regulation of public utilities. In April 1983, I was 

promoted by the Missouri Commissioners to the position of Chief 

Accountant and assumed overall management and policy responsibilities 

for the Accounting Department. I provided guidance and assistance in the 

technical development of Staff issues in major rate cases and coordinated 

the general audit and administrative activities of the Department. 

I commenced employment with the firm in June 1987. During my 

employment with Utilitech, I have been associated with various regulatory 

projects on behalf of clients in the States of Arizona, California, Florida, 

Hawaii, Kansas, Illinois, Iowa, Indiana, Mississippi, Missouri, Nevada, New 

Mexico, New York, Oklahoma, Pennsylvania, Texas, Utah, Washington, 

West Virginia and Wyoming. I have conducted revenue requirement and 

special studies involving various regulated industries (i.e. , electric, gas, 

telephone and water). Since joining the firm, I have also appeared as an 

expert witness before the MoPSC on behalf of various clients, including 

UTILITECH, INC. 3 
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the Commission Staff. Additional information regarding my educational 

background, professional experience and qualifications are summarized in 

Attachments SCC-I and SCC-2. 

EXECUTIVE SUMMARY 

Please describe Staffs approach to quantifying revenue requirement in 

this proceeding. 

Staffs Joint Accounting Schedules use APS’ “prefiled” jurisdictional 

amounts (including Company pro forma adjustments) for rate base, 

revenues and expenses as a starting point. The Company’s proposed 

amounts were then further adjusted to reflect the impact of the various 

modifications recommended by Mr. Dittmer, other Staff witnesses and 

myself. 

By starting with the Company’s adjusted “prefiled” jurisdictional amounts, 

each ratemaking adjustment recommended by Staff represents a 

reconciling difference, positive or negative, between the overall revenue 

requirement recommendations of Staff and APS. 

How will you identify and refer to the individual accounting adjustments 

that you sponsor? 

Both rate base and operating income adjustments have been numbered 

sequentially, but separately, beginning with the number “one”. In order to 

4 
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distinguish the first rate base adjustment from the first operating income 

adjustment, the adjustment number is preceded by a reference to the 

schedule on which the adjustment was posted. For example, the posting 

schedule for the rate base adjustments is Schedule 6. So, the first rate 

base adjustment would then be referenced as Schedule (or Adjustment) 

B-I . Similarly, the first operating income adjustment would be identified 

as Schedule (or Adjustment) C-I, since Schedule C is the posting 

schedule for the income statement adjustments. For purposes of 

testimony presentation in this proceeding, Mr. Dittmer and I may use the 

words “schedule” and “adjustment” interchangeably when referring to the 

individual ratemaking adjustments proposed by Staff, 

Do the Joint Accounting Schedules provide calculation detail supporting 

each Staff adjustment? 

Yes. The Joint Accounting Schedules contain individual adjustment 

“schedules” that show the quantification of each rate base and operating 

income adjustment, with footnote references to supporting documentation. 

Since virtually all information relied upon by Staff in developing these 

adjustments was supplied by APS in response to written discovery, the 

adjustment schedules refer to the relevant data sources, already in the 

Company’s possession, that represent the primary support for the Staff 

adjustments affecting overall revenue requirement. Due to the detailed 

calculations required to support certain Staff adjustments, additional 

UTILZTECH, INC. 5 
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workpapers or spreadsheet files may have been created in support of 

certain adjustments. 

Please describe how the remainder of your testimony is organized, 

The remainder of my testimony is arranged by topical section, following 

the Table of Contents presented previously. This Table identifies the 

specific areas I address in testimony and references the testimony pages 

as well as any related adjustment support located in the Joint Accounting 

Schedules. 

* 

CASH WORKING CAPITAL 

Please describe Staff Adjustment 6-7. 

Staff Adjustment B-7 reduces rate base to reflect the proper recognition of 

Cash Working Capital (“CWC”) as a source of ratepayer supplied “zero” 

cost capital, using methodologies consistent with prior ACC decisions. 

Has APS proposed a rate base allowance for CWC? 

Yes. As discussed in the direct testimony of Company witness Laura L. 

Rockenberger,‘ APS has prepared a lead lag study for its Arizona retail 

operations for purposes of quantifying CWC in the instant proceeding. 

Direct testimony of Company witness Rockenberger, pages 9-14. 

UTILITECH, INC. 6 
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Referring to Ms. Rockenberger‘s Attachment LLR-2, APS has proposed a 

CWC allowance of $54.1 million, as summarized in the following table:* 

Working Capital 
Requirement 

$(20,969,724) 
74,809,380 
258.266 

Description (Source) 
Cash Required For (Provided By) Operating Expenses 
Non Rate-Based Elements of Rate-Based Components 
SDecial DeDosits and Workina Funds 
Net Cash Working Capital Required For (Provided By) Operations 

Source: Rockenberger Direct, Attachment LLR-2. 

Could you explain the reference in this table to “Non Rate-Based 

Elements of Rate-Based Components”? 

As indicated in Company’s response to Staff Data Request No. UTI-3-142, 

the CWC item identified as “Non Rate-Based Elements of Rate-Based 

Components” represents APS’ proposal to include “non-cash” items in the 

rate base allowance for CWC. 

In quantifying this $54.1 million CWC allowance, did APS employ a 

methodology that was consistent with the longstanding approach used by 

this Commission as applied in the Company’s last rate case? 

No. In describing the $54.1 million rate base allowance, Ms. 

Rockenberger‘s direct testimony states: 

“Second , my testimony explains the Cash Working Capital component 
of APS’ Allowance for Working Capital (SFR Schedule B-5, Line I )  
which was calculated following the leadlag study method required by 
the Commission in Decision No. 55931 (April 1 , 1988).” 
[Rockenberger Direct, p. 2-31 

* APS’ proposed $54.1 million net CWC allowance is before jurisdictional separations. 

UTILITECH, INC. 7 
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In describing the context of this Company testimony, APS’ response to 

Staff Data Request No. UTI-3-142(~) states: 

“The intent of the cited portion of the testimony was to state 
that the that [sic] both the $(20,969,724) and the 
$74,809,380 amounts were calculated using a lead-lag study 
methodology, as opposed to the ‘formula’ method or other 
‘rule of thumb’ approach. Decision No. 55931 (at pages 66- 
67) cited a prior Commission decision for the proposition that 
cash working capital could be held at zero in the absence of 
a lead-lag study. However, because there is no 
administrative rule on what a lead-lag study must (or must 
not) contain, APS does not believe that Decision No. 55931, 
precludes APS from presenting a lead-lag study that 
accurately presents the economic impact of the lag in cash 
collection of costs that have current rate base impact.” 

Contrary to the representation set forth in direct testimony, APS’ proposed 

lead lag study approach goes far beyond the Commission’s longstanding 

lead lag study methodology, as addressed within Decision No. 55931 , and 

materially misstates the rate base allowance for CWC by including non- 

cash items. 

In quantifying Staff Adjustment B-7, was it necessary for Staff to prepare a 

lead lag study from “scratch” in order to correctly quantify this component 

of rate base? 

No. Cash Working Capital (“CWC) is a complex, labor intensive 

valuation issue that requires detailed specialized analysis within general 

UTILITECH, NC. 8 
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rate case proceedings. Since a regulated entity does not record CWC in 

its accounting iecords, the CWC amounts included in rate base must be 

quantified through a specialized study. Significant resources are required 

to properly prepare, maintain and review detailed lead lag studies. In lieu 

of preparing an independent study, Staff resources were applied in the 

instant proceeding to analyze, test and correct the lead lag study 

sponsored by APS. 

Could you summarize the specific changes and corrections you have 

proposed with respect to APS’ valuation of the CWC allowance? 

Yes. I recommend that the following changes and/ or corrections be 

reflected in the Company’s lead lag study to more accurately quantify the 

cash working capital needs of APS in conformance with the Commission’s 

CWC policies, as expressed in prior rate orders: 

0 Remove non-cash, accrued expense items (e.g., depreciation and 
amortization expenses, pension and OPEB accruals, deferred income 
tax expenses, etc.) so that the study results are based on “cash” 
expenses; 

0 Recognize cash interest expense and the extended (i.e., quarterly, 
semiannually, etc.) interest payment patterns in the lead lag study; 

0 Reflect pro forma ratemaking interest expense and per book current 
income tax expense directly related to the 2002 test year in quantifying 
the CWC allowance; and 

0 Incorporate the following miscellaneous corrections identified during 
Staffs analysis of the APS study workpapers and supporting 
documentation: 

UTILITECH, INC. 9 
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Revenue lag: employ average daily accounts receivable 
balances, rather than only month-end balances, in quantifying 
collection lag; and correct exclusion of transmission lag from 
calculation of the composite revenue lag. 

Coal expense laq: correct Cholla coal receipt dates; eliminate 
“minus 1” lag day technique for Cholla coal and coal freight; and 
replace Four Corners lag day input errors. 

Fuel Oil: correct lag day input errors and payment dates. 

Materials & Supplies and Other: correct expense lag calculation 
for certain corporate credit card transactions included in the lead 
lag study. 

Pension & OPEB: revise test year expense amount to reflect 
actual expense level per response to Staff Data Request No. 
UTI-16-329. 

Sales Taxes: recognize net lag between collection and 
remittance of Arizona sales taxes. 

After removing the non-cash items, recognizing the interest expense lag 

and posting the other corrections to the APS lead lag study, Staff 

Adjustment 8-7 results in a negative CWC allowance which should be 

used to reduce rate base. 

Q. Could you summarize 

Company and Staff? 

the primary differences in the CWC between 

A. Yes. While I have not attempted to account for each dollar difference in 

rate base, the following table provides a general summary of the primary 

CWC quantification issues: 

10 
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1 

APS Recommendation 
Remove Non-Cash Items 
Recognize Interest Expense 
Correct Current Income Tax Expense 
Recognize Arizona Sales Taxes 
Revise Revenue Lag 
Other Unreconciled Items 
Staff Proposed CWC Allowance 

Approximate 
cwc 

Issue value3 
(a) $53.8 million 

(74.8) million 
(14.1) million 
(1 1.2) million 

(b) (7.1) million 
(4.9) million 
(.8) million 

(c) 

Note (a): Rockenberger Attachment LLR-2. 
Note (b): Estimate based on Rockenberger Attachment LLR-3. 
Note (c): Staff Adjustment B-7. 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

Q. Why is it appropriate for the lead lag study methodology to produce a 

negative allowance that reduces rate base? 

A “negative” CWC valuation reducing rate base is appropriate for several 

reasons. First, a negative amount indicates that, on average, the 

Company collects electric sales revenues from ratepayers prior to the 1 

need to disburse cash to pay expenses. Consequently, the Company has 

the advance use of ratepayer-provided funds for which ratepayers should 

be compensated through negative cash working capital. 

A. 

Second, it has been my experience that a properly prepared lead lag 

study often results in a “negative” value for CWC. This result should 

neither be surprising nor problematic in adjusting rate base. Just as the 

Company collects customer advances, deferred income taxes and 

Amounts shown are before jurisdictional separations. 3 

UTILITECH, INC. 11 
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accumulated depreciation funds from ratepayers, which are used to 

reduce rate base (Le., recognized as zero-cost capital), so too is it 

relatively common for a utility to collect operational cash flows from 

ratepayers in advance of the disbursement of those funds to pay 

expenses. If a lead lag study shows that CWC is a “negative” amount, it is 

reasonable and appropriate to reduce rate base accordingly. 

Third, by definition, a fully developed and properly prepared lead lag study 

is not limited to producing a “zero” or positive rate base allowance. 

Consistent with this Commission’s longstanding practice and procedure, it 

is possible and appropriate for CWC to yield a significant reduction to rate 

base, when circumstances warrant. 

Overview of Cash Workinn Capital 

Q. 

A. 

What is cash working capital and why should it be included 

Cash working capital is commonly defined as the amount of cash needed 

by a utility to pay its day-to-day expenses incurred in providing service in 

relation to the timing of the collection of revenues for those services. In 

applying this definition, if the timing of a company‘s cash expenditures, in 

the aggregate, precedes the cash recovery of those expenses, investors 

must provide cash working capital. On the other hand, ratepayers are 

considered the providers of cash working capital in instances where their 

remittances, on the average, precede the company’s cash disbursements 

rate base? 

12 
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for expenses. Whether “positive” or “negative” in amount, cash working 

capital is typically included in utility rate base to recognize the timing of 

cash flows through the utility. 

Q. In /our opinion, how 

inclusion in rate base? 

hould cash worki 9 apital be quantified for 

A. In my opinion, sample-based lead lag studies represent the best available 

method for quantifying the revenue and expense component lags that are 

used in determining cash working capital. Although it may not be feasible 

to completely update such studies when a utility routinely seeks an annual 

rate increase, due to the complex and detailed nature of such an 

undertaking, major components of the lead lag study should be updated 

periodically to ensure that the revenue and expense lag calculations 

reasonably represent current operational conditions and reflect the effects 

of recent changes in corporate policies as well as organizational structure. 

The lead lag study prepared by APS is based on relatively recent 

transaction detail from the calendar 2002 test year. However, instead of a 

sample-based approach, the APS lead lag study has relied on various 

measurement techniques, including: the evaluation of all accounting 

transactions in pre-selected months of 2002 (3-months for “materials & 

supplies,” 1 1 -months for “other”); analyses of established payment 

processes and patterns (revenues, payroll, income taxes, etc.); and 

UTILITECH, MC. 13 
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computer system data base files to 

calculate expense lag days for individual transactions (e.g. , materials & 

supplies, other, etc.). 

Staffs evaluation of the Company’s lead lag study results included the 

careful review of data inputs and computational formulae within multiple 

lag day spreadsheet study files prepared by Company personnel as well 

as judgmental sampling techniques to obtain transaction source 

documentation to verify and/ or identify necessary corrections to APS’ lag 

day calculations. 

You have previously referred to use of a “lead lag study” to quantify CWC. 

Please explain that reference. 

A number of years ago, it was fairly common for regulators to estimate a 

“provision” for the amount of CWC includable in rate base using an 

arbitrary “formula” method. The most common method was referred to as 

the 45-dayI or 1/8’h of O&M, formula. Until the mid-1970’~~ regulators 

generally used such a formula method, as modified from time to time to 

include or exclude certain items from the formula calculation. Since the 

mid-1970’~~ it has been fairly common for regulators to rely on actual 

measurements of cash flows using detailed lead lag studies to quantify the 

rate base allowance for CWC. 

UTILITECH, INC. 14 
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A lead lag study represents a systematic measurement of the timing of 

cash flows through a utility. Specific calculations are made of the number 

of days between the provision of service to customers and the collection of 

related cash revenues for those services. The timing of cash oufflows for 

the major cash expense elements comprising cost of service are also 

measured to determine the average number of days between the 

Company’s receipt of goods or services supplied by vendors/ contractors 

and the ultimate cash payment for such items. 

If more “lag days” on average are involved in the collection of revenues 

from ratepayers than are available to a utility in the delayed payment of 

expenses after the related goods and/ or services are received, investors 

are considered to provide the necessary cash working capital to bridge 

this gap between payment and collection, and an addition to rate base is 

appropriate. On the other hand if cash disbursements are sufficiently 

delayed, or revenue collections are accelerated, so that the average 

expense lag days exceed the revenue lag days, ratepayers are 

considered to be the providers of cash working capital, and a reduction 

from rate base is appropriate. 

Earlier, you defined cash working capital. What is the significance of that 

definition? 
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The definition of cash working capital is significant in the identification of 

the particular investment amounts that are includable in the determination 

of rate base. This definition leads to, or implies, the establishment of 

certain boundaries as to which cash flows are relevant for ratemaking 

purposes, thereby defining the scope of the lead lag study. 

Please identify the major cash flows of a typical public utility, indicating 

which cash flows are relevant to the measurement of utility cash working 

capital requirements. 

The major sources and uses of cash are observable in a utility's statement 

of cash flows, or its equivalent, as follows: 

Sources of cash for a utility ordinarily include: 
0 Operating revenues. 
0 Non-operating and non-jurisdictional revenues. 
0 Proceeds from outside financings or debt/ equity infusions from 

parent. 
0 Asset sales. 

Uses of utility cash include: 
Payment of utility expenses. 

0 Utility plant construction expenditures. 
0 Payment of non-operating or non-jurisdictional expenses. 
0 Net change in other assets (inventory, cash, prepayments). 
0 Retirement of debt or equity. 

Given the definition of cash working capital discussed previously (i.e. , "the 

amount of cash needed by a utility to pay its day-to-day expenses . . ."), 

cash flow timing and measurement is focused solelv on the first cash 

"source" and the first cash "use" listed above. All other sources and uses 

are either separately considered in the ratemaking process or are 

UTILITECH, INC. 16 
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non-operational, financing or investing functions - not transactions related 

to the day-to-day payment of operating expenses. It is also important to 

note that some operating revenues represent a utility's recovery of 

recorded non-cash expenses, such as depreciation and deferred tax 

expense. These accrued expenses are properly included in determining 

overall revenue requirements, but do not require the current expenditure 

of cash. Consequently, these "non-cash" expenses fall outside the scope 

of a properly prepared leadnag study. 

Corrections / Modifications to APS Studv 

Q. Have you reviewed the Company's lead lag study workpapers and 

identified any specific corrections which should be recognized therein? 

Yes. I have systematically reviewed the Company's lead lag study 

workpapers and supporting calculations. This work did not verify the 

accuracy of the Company's transaction data (Le., receipt dates, payment 

dates, payment amounts, etc.) underlying each of the thousands of 

transactions contained in the multiple worksheets supporting APS' study 

results. Instead, Staffs review was focused on the analysis, testing and 

correction of the most important lead lag study elements sponsored by 

APS, including reliance on judgmental sampling techniques to obtain 

transaction source documentation. As a result of this effort, specific 

corrections to the Company's study have been identified. The following 

A. 

UTILITECH, INC. 17 
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1 table briefly summarizes the corrections, which have been reflected in the 

2 CWC calculation set forth in Staff Adjustment B-7: 

Item Correction 
Expense Levels: Include cash pro forma interest expense; remove out- 

of-period transactions from 2002 current income tax 
expense; and revise Pension & OPEB expense to 
actual test year level. 

Revenue lag: [Stafl40.13 days vs. APS 41.81 days] - 

Modify the CIS revenue collection lag (based on 
turnover ratio) to reflect average daily accounts 
receivable balances, rather than calendar month-end 
balances. 
Correct APS’ unintended assignment of a “zero” 
revenue lag to transmission revenues. 

[StaflSI. 63 days vs. APS 30.86 days] 
Correct Cholla coal delivery dates for twenty-two 
transactions included in the APS lead lag study to 
correspond with actual dates contained in Cholla 
coal freight study, consistent with the response to 
Staff Data Request No. UTI-1 1-276. 

transaction payment lags, APS compared payment 
date with receipt date then deducted “1” (i.e., net 
lag “minus 1”). APS study formulae were modified 
to remove the “minus 1” from the expense lag. 
Correct Four Corners coal lag to replace input lag 
days with lag day formula to reflect average receipt 
date at mid-point of prior month. 

rStafl28.51 ahys vs. APS 27.40 days] 
Correct APS-Oil input error: transaction lag input 
as 130.5 days, but should have been 116.5 days. 
Navajo-Oil: APS calculated lag days by inputting 
time lapse, rather than computing lag days via 
spreadsheet cell formulae. The input lag days used 
payment date other than the actual date listed in 
APS spreadsheet file. Corrected calculation for 
three transactions to reflect actual payment date. 

[StaflSO. 29 days vs. APS 29.34 days] 
0 Correct corporate credit card expense lag to 

recognize additional 1 5.2 1 days attributable to 
monthly arrearage billing. 

Recognize net lag between collection and remittance 
of Arizona sales taxes. 

Coal expense lag: 

In quantifying Cholla coal and coal freight 

Fuel Oil: 

M&S and Other: 

Sales Taxes: 
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Q. In quantifying its proposed CWC allowance, did APS include pro forma 

levels of expense in the lead lag study? 

No. In quantifying its proposed rate base allowance for CWC, APS 

included actual, per books unadjusted test year  expense^.^ Generally, the 

use of unadjusted test year expenses for CWC quantification purposes 

can be considered reasonable, absent material ratemaking adjustments to 

the various expense components reflected in the study. However, 

referring to APS Schedule C-1 , the Company has proposed ratemaking 

adjustments that increase O&M expense by $120.2 million on a total 

Company basis (or $101 .O million on an ACC jurisdictional basis). 

A. 

During the test year, APS also recorded negative current income tax 

expense and has proposed to further decrease test year "total" income tax 

expense for the impact of its various pro forma adjustments to taxable 

income - excluding the $66 million pro forma effect of the Company's 

requested rate increase on current income tax e~pense.~ The magnitude 

of these items suggest potentially large shifts in the "weighting" of lag days 

that may warrant use of pro forma, rather than unadjusted, test year 

expense amounts. 

Total Company unadjusted, per book expenses per APS Schedule C-1, column (a) ties to Rockenberger 
Attachment LLR-3, column (1). Also, see APS response to StaffData Request No. UTI-12-284. 
APS Schedule A-1 (ACC Jurisdictional): Increase in Base Revenue Requirements $166,807,000 less 
Operating Income Deficiency $100,918,000 equals $65,889,000 of additional current Federal and State 
income tax expense. 

4 
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Given the reality of quite large ratemaking adjustments to test year actual 

expenses levels, what amounts should be included in the APS lead lag 

study? 

When feasible and significant to the outcome, material ratemaking 

adjustments to test year expense levefs should be recognized in the lead 

lag study results, in order to ensure that the CWC rate base allowance is 

not materially misstated due to inconsistencies between actual and pro 

forma test year expense levels. 

Does Staff Adjustment B-7 fully reflect the net effect of the pro forma 

adjustments proposed by the Company and Staff? 

No. While the Company has proposed ratemaking adjustments increasing 

jurisdictional O&M expense by about $101 million, Staff Schedule C (page 

I) summarizes the various adjustments proposed by Staff that offset a 

large portion of the Company’s proposed increase by reducing 

jurisdictional O&M expense in excess of $60 million. Because of the 

diverse ratemaking recommendations of the parties in this proceeding, I 

have adopted APS’ proposed use of per book expense levels for CWC 

valuation purposes - except for current income tax expense and interest 

expense. When readily identifiable and material in amount, Staff 

recommends that it is appropriate for a lead lag study to recognize pro 

forma expense levels in quantifying the rate base allowance for CWC. 
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Are there any lead lag study components where Staff has not used test 

year per book expense for CWC purposes? 

Yes. Staff has proposed to revise the expense levels for two lead lag 

study components where reliance on “per book expense levels would 

yield distorted results. During the test year, APS recorded “negative” 

current income tax expense due, in large part, to a change in accounting 

method on the 2001 income tax return, but first reflected in the Company’s 

2002 financial statements. This change in accounting method caused a 

material shift between current and deferred income tax expense in the 

2002 test year, which should not be allowed to materially impact CWC.6 

Q. 

A. 

In response to Staff Data Request No. UTI-14-315, APS provided 

additional information allowing Staff to determine the amount of current 

income tax expense related to 2002 operating results, excluding the 

impact of the correcting entries recorded in 2002 for the 2001 change in 

accounting method. Staff recommends rejection of the “negative” current 

income tax expense recorded in 2002 for lead lag study purposes, instead 

recognizing the current income taxes actually related to test year 

operating results. 

In addition, Staff has proposed inclusion of interest expense in the lead lag 

study, contrary to APS’ proposed exclusion. For ratemaking purposes, 

See APS response to Staff Data Request No. UTI-14-3 14. 
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a 

Staff's CWC allowance recognizes the amount of pro forma interest 

expense resulting from Staffs interest synchronization adjustment set 

forth on Staff Schedule C-19, in lieu of the actual amount of interest 

expense recorded by APS during the test year. 

Q. 

A. 

Please explain how the revenue lag is employed in a lead lag study. 

As mentioned earlier, a lead lag study is a means of measuring cash flows 

through the utility. In other words: Does the company, on average, collect 

revenues from its customers before or after it is required to disburse cash 

in payment of the goods and services consumed in support of its day to 

day operations? In answering this question, it is necessary to quantify the 

revenue lag, which is the average time lapse between the provision of 

utility service to customers and the collection of the related revenues. The 

following chart summarizes the components of the revenue lag, using 

hypothetical billing and collection lags: 

Billing 
Service Period Period Collection Period 

I 

Average time between meter read 

\ I 

\/ $5 days from meter read to billing] 

I 

P O  days from billing to collection1 
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Assuming utility service is provided to customers evenly throughout the 

service period, the follow table illustrates the components comprising the 

typical revenue lag, using hypothetical values: 

Description Days 
Service Lag (1/2 the service period) 15.21 
Billing Lag 5.00 

Revenue Lag 40.21 
Collection Lag 20.00 

The revenue lag (Le., 40.21 days in this example) is then compared to the 

expense lag quantified for each cash expense component (e.g., coal 

expense, payroll expense, etc.) of the lead lag study, as appears on Staff 

Adjustment Schedule 6-7. 

Please explain how the collection lag element of the revenue lag is 

estimated in the Company's lead lag study. 

Rather than conducting a detailed, sample-based analysis of actual 

customer bill payment patterns, APS employed an accounting technique 

generally referred to as the accounts receivable turnover ratio to quantify 

the collection lag. In essence, this turnover ratio estimates how many 

days-worth of average daily revenues are in the accounts receivable 

balance, using the following algorithm: 

Average Accounts Receivable Balance $ / 
(Annual Revenue $ / 365 Days) 
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APS modified this formula for each test year month, as follows: 

Month-End Accounts Receivable Balance $ / 
(Monthly Revenue !$ / # Days in Month) 

Accurate application of the accounts receivable turnover ratio is highly 

dependent upon the reasonable quantification of average accounts 

receivable balances throughout each of the 365 days of the year. Thus, 

an average daily balance is required to calculate reliable results. 

Q. How does APS’ use of month-end accounts receivable balances, rather 

than average daily balances, affect the collection lag calculation? 

Because utilities typically read customer meters on a billing cycle basis 

(i.e., about 20 billing cycles in a calendar month), it is relatively common 

A. 

for month-end accounts receivable balances to not be representative of 

the average dailv outstanding receivable balances recorded by the utility 

throughout any given month. In quantifying the revenue collection lag, 

APS relied only upon month-end accounts receivable balances, which 

resulted in a collection lag of 22.21 days. In lieu of the month-end 

balances, Staff recalculated the collection lag based on the average daily 

accounts receivable balance from information supplied by APS.7 Staffs 

calculation is more detailed, incorporating daily balances in place of the 

twelve month-end data points APS assumed were representative of actual 

accounts receivables throughout the year. 

’ See APS response to Staff Data Request Nos. UTI-4-155 and UTI-15-323. 
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Staffs calculation revealed that APS’ average daily accounts receivable 

balances are significantly less than the month-end balances, which results 

in a lower collection lag of 19.93 days - about 2.3 days shorter than APS’ 

collection lag calculation. 

Do you have any comments or observations regarding APS’ collection 

lag? 

Yes. While a turnover ratio only provides an estimate of the time lapse 

between rendering customer bills and the utility’s collection of related 

customer payments, it is interesting to observe that the average collection 

lag estimates of both APS (22.21 days) and Staff (19.93 days) appear to 

indicate that a significant majority of the Company’s customer billings are 

delinquent on a recurring basis. 

According to APS’ standard offer tariffs: 

All bills rendered by the Company are due and payable no 
later than fifteen (15) days from the billing date. Any 
payment not received within this time frame shall be 
considered delinquent. . . . All delinquent charges will be 
subject to a late charge at the rate of eighteen percent (18%) 
per annum.* 

The CWC collection lags quantified by both Company and Staff yield 

average lag day estimates that significantly exceed the 15day 

~ 

APS Schedule 1, Terms and Conditions for Standard Offer and Direct Access Service, Par. 4.2.1. 8 
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delinquency provision of APS’ existing tariffs. Therefore, one would 

reasonably expect the Company’s late payment charges, assessed at an 

annual rate of 18%, to generate significant late payment fee revenues due 

to what would appear to be a prevalence of delinquent customer 

payments. However, a review of APS’ 2002 FERC Form 1 indicates that 

the Company recorded about $6.1 million of late payment fees during the 

test year. As indicated by the following calculation, it would appear that 

this level of actual test year late payment fees were assessed, on 

average, on only 22% of the Company’s 2002 retail revenues. In other 

words, only 22% of APS’ 2002 revenues were considered delinquent and 

resulted in late payment fee revenues, even though collection lag 

calculations imply much higher levels of delinquent remittances: 

Amount 
$6,137,618 

I .5% 
$409,174,533 
1,852,149,140 

22.09% 

2002 Forfeited Discounts (NC 450) 

Revenues Subject to Late Fees 
Divide: Sales to Ultimate Customers 
% Annual Revenues Considered Delinquent 

Divide: Monthly Late Fee Rate (18% 1 12 months) 

Source: APS 2002 FERC Form 1, p.300. 

What do you conclude from this information? 

Based on this data, it would appear that APS has either failed to 

consistently apply its late payment fee tariff (i.e., in that only 22% of sales 

to ultimate customers are treated as delinquent) and fully collect all 

delinquency fees otherwise due from its customers or the turnover ratio 

methodology tends to materially overstate the revenue collection lag (Le. , 
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ranging from Staff 19.93 days to APS 22.21 days). I assume that APS is 

fully complying with all terms and conditions of its filed tariffs and 

Commission rules, such that forfeited discount revenues are not 

understated during the test year. Instead, it would appear that the 

collection lag used in the lead lag study, even using Staffs corrected 

19.93 day lag, are conservatively overstated (Le., longer than actually 

occurs) which translates into a higher rate base allowance for cash 

working capital than would otherwise be supportable. 

Have you inquired about the efforts undertaken by the Company to reduce 

its revenue collection lag? 

Yes. Staff Data Request No. UTI-4-154 specifically asked the Company 

to identify and describe all efforts during the past five years to reduce the 

revenue collection lag. A portion of this response directly discussed the 

collection lag and late payment fees, as follows: 

APS’ efforts to reduce collection lag are to a large extent 
constrained by the ACC’s rules, which require certain 
minimum periods from customer billing to payment. In 
September of 2000, we began, again, assessing a late fee 
when unpaid charges became delinquent, 25 davs after 
billing. The late fee allowed is 18% per annum, or 1.5% 
monthly on the delinquent charges. 
[Emphasis Added] 

In light of the apparent conflict between the 15-day delinquency period 

included in APS’ tariff and the reference to 25-days in the response to 

Staff Data Request No. UTI-4-154, I reviewed the Arizona Administrative 
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Code accessible through the internet.g According to Title 14, Chapter 2, 

R14-2-21 O(C)( 1): 

All bills for utility services are due and payable no later than 
15 days from the date of the bill. Any payment not received 
within this time-frame shall be considered delinquent and 
could incur a late payment charge. 

While the above quote from the Arizona Administrative Code is 

permissive, in the use of the word “could”, the APS tariff language cited 

earlier is clear that delinquent charges “will” be subject to late fees. 

Q. In describing the various corrections and modifications Staff has proposed 

to the Company’s lead lag study, you referred to the elimination of “minus 

1” from APS’ calculation of the coal and coal freight expense lags. Could 

you describe why that correction was necessary? 

Yes. APS’ lead lag study workpapers contain narrative “documentation” A. 

describing the Company’s approach to quantifying the revenue or expense 

lag days for each study component. According to Company workpapers, 

the “minus 1 ” quantification technique is designed to exclude the date of 

payment from the calculation of the expense lag.“ This quantification 

technique is flawed, as it fails to capture the entire benefit period from the 

date of receipt of particular goods or services and the Company’s related 

payment. 

httP://www.sosaz.com/Dublic servicesflitle 14/14-02.~df 

APS LLR-WP2 workpaper are composed of 400 printed pages. For example, see LLR-WP2 54/400 
for the discussion of Cholla Coal and Freight Procedures, including a reference to the ‘’minus 1” 
quantification technique. 

10 
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For example, assume the Company received a coal shipment on the first 

day of the month (e.g., January I) and paid for that shipment the next day 

(e.g., January 2). Under this example, the Company would have the 

benefit of the coal for one day before remitting payment. However, the 

Company’s “minus 1” technique would assign a zero expense lag“ to that 

transaction, thereby understating the expense lag and overstating the 

amount of CWC includable in rate base. Staff has attempted to eliminate 

this “minus 1” technique from all components of the Company’s lead lag 

study. 

Did APS employ the “minus 1” technique for all coal and coal freight 

transactions as well as for other fuel and non-fuel lead lag study 

components? 

No. A review of the Company’s lead lag study workpapers indicates that 

this technique was only applied in quantifying the Cholla coal and coal 

freight expense lags. If APS has used the “minus 1” technique in other 

fuel or non-fuel components of its lead lag study, it is not apprarent from 

Staffs review of the Company’s expense lag calculations. 

Step 1: January 2 minus January 1 = 1 day lag. Step 2: 1 day lag “minus 1” = 0 day lag. 
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Did you inquire about the Company’s use of this “minus 1” technique? 

Yes. In response to an informal Staff inquiry as to why the Company used 

this quantification technique, APS simply stated: “Somewhat different 

techniques were used and documented in preparing the lag days for 

different payment groups.” While it is true that different approaches are 

used to quantify the expense lag for various expense components (e.g., 

coal, payroll, income taxes, etc.), the Company’s informal response does 

not provide any basis to support a conclusion that the “minus 1 ” technique 

is appropriate for the Cholla coal and coal freight components. 

You previously referred to certain revisions to APS’ coal expense lags, 

other than the “minus 1” problem. Could you briefly explain the bases for 

those revisions? 

Yes. During our review of APS’ Cholla coal and coal freight expense lag 

calculations, the Company provided copies of sample invoice 

documentation for purposes of testing the delivery dates used in the lead 

lag study. Upon detailed review of this information, certain discrepancies 

were observed between the delivery dates used in the Cholla coal 

calculations and those used for Cholla coal freight. In other words, the 

coal freight portion of the lead lag study employed delivery dates that were 

consistently earlier than the delivery dates used for the same coal in 

computing the coal expense lag. In response to Staff Data Request No. 

UTI-I 1-276, APS confirmed that the correct dates were those used in the 
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coal freight study component. Staff modified the Company’s Cholla coal 

lag to recognize the proper delivery dates. 

In addition, APS’ Four Corners coal lag calculation was based on input lag 

days, rather than cell formulae that calculated the difference between the 

coal receipt dates and payment dates set forth in Company workpapers. 

Staff’s proposed coal expense lag also modified these inputs to be 

consistent with the actual payment dates contained in the APS study. 

You also briefly described certain corrections to APS’ input of fuel oil 

expense lags. Is the reason for Staffs corrections in this area similar to 

the explanation of the Four Corners coal lag? 

Yes. 

Why was it necessary for Staff to correct the corporate credit card 

expense lag? 

Staffs review of APS’ lead lag study workpapers identified extremely short 

expense lags (e.g., 9 days) attributed to cash payment transactions 

involving corporate credit cards. Since credit card accounts are typically 

billed in arrears and the charges to such accounts were material to the 

materials and supplies cash expense component of APS’ lead lag study, 

Staff Data Request No. UTI-12-290 was submitted to assess whether and 

to what extent the Company’s relatively short expense lag fully captured 
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the average time lapse between receipt of the underlying goods and/ or 

services and ultimate payment thereof. The Company’s response to this 

discovery request basically indicated that the credit card expense lags 

used in the study incorrectly used the invoice date as a proxy for the date 

the goods and services were received. As a result, the Company 

concurred that the expense lag for these transactions were understated 

and should be increased by about 15.21 days - the time between the mid- 

point of the month and the invoice date. 

Q. Please describe Staffs modification to the Company’s lead lag study to 

recognize the net lag associated with the collection and remittance of 

Arizona sales taxes. 

In response to Staff Data Request No. UTI-17-331,’* APS described its 

accounting for sales taxes collected from ratepayers and remitted to taxing 

authorities. During 2002, APS paid approximately $128 million in state 

and local privilege taxes on retail sales to utility customers. 

A. 

According to this same discovery response, APS becomes responsible for 

paying the sales taxes upon customer billing and remits any tax due the 

taxing authorities by the day of the month following customer billing. 

Recognizing that APS employs a cycle billing process, the sales tax 

expense lag proposed by Staff represents the sum of one-half the billing 

~~~ ~ 

See Attachment SCC-6 appended hereto. 12 
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period (i.e., 15.21 days) plus the additional 25 days until remittance is due, 

for a total expense lag of 40.21 days. 

For lead lag study purposes, did Staff apply the full 40.13 day revenue lag 

in quantifying the sales tax impact on CWC? 

No. As indicated previously, sales taxes are due on the 25‘h day of the 

month following customer “billing”. At the time a customer is actually 

billed, it does not take 40.13 days for the Company to collect the revenues 

billed, including sales taxes, from its customers. Instead, Staffs proposed 

collection lag of 19.93 days represents the average time between 

customer billing and collection. Consequently, the 19.93 day collection lag 

is the appropriate revenue lag to be used in computing the net lag 

associated with sales taxes. 

Referring to Staff Adjustment 6-7, what is the amount of the sales tax 

expense used in Staffs calculation of CWC? 

For this element of the lead lag study, Staff used $127,980,680 of sales 

taxes (before jurisdictional allocation) charged to FERC Account 408. I 

during the test year.13 Staffs proposed treatment of sales taxes for CWC 

purposes has the effect of reducing rate base by approximately $7 million, 

as set forth on Staff Adjustment 8-7. 

l3 See APS 2002 FERC Form 1,  pages 262-263. 
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Are there alternative approaches that could have been used to quantify 

the rate base offset for sales taxes in lieu Staffs proposed CWC 

treatment? 

Yes. Referring to Attachment SCC-6, the response to Staff Data Request 

No. UTI-17-331 provided the month-end balance in the sales tax liability 

account from January 2002 through November 2003. During this time 

period, APS’ sales tax liability ranged from $5,496,542 to $13,887,315, 

with a monthly average in excess of $8 million. 

Do you have any further comments regarding APS’ lead lag study 

calculations? 

Yes. Staffs efforts in quantifying the sales tax lag included a review of the 

other taxes (i.e., taxes other than income taxes) detail set forth on pages 

262-263 of APS’ 2002 FERC Form 1. During this review, it was noted that 

the Company’s lead lag study appears to have recognized the net lag 

associated with the employees’ share of payroll tax withholdings, but 

overlooked the employer’s share of such taxes (e.g., FICA and Medicare). 

Absent information to confirm and finalize a correction to APS’ lead lag 

study, Staff has raised the concern for Company review and discussion in 

its rebuttal filing. 
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Would you briefly explain your proposal to eliminate non-cash items from 

the lead lag study? 

The most significant lead lag methodology difference in this proceeding 

relates to the Staffs removal of non-cash expenses (e.g., depreciation, 

amortization, deferred taxes, etc.) that APS improperly included in its lead 

lag study. These items are not reasonably allowed or considered within 

lead lag studies because they are “non-cash” transactions. These 

substantive non-cash expenses improperly and significantly overstate the 

cash working capital required to pay APS’ ongoing, day to day expenses. 

Removal of non-cash expenses is necessary to comply with previous ACC 

Decisions addressing this issue, as noted herein. 

What is the CWC rate base impact of APS’ inclusion of non-cash items in 

its lead lag study? 

Attachment SCC-3 represents a copy of the APS workpaper (Le., LLR-2, 

page 10 of 400) supporting the calculation of the $74.8 million increase to 

rate base associated with these non-cash items, accrual-basis expense 

items including: nuclear amortization, pension and OPEB, Palo Verde 

gain amortization, depreciation and amortization, and deferred income tax 

expense. 
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Referring to Attachment SCC-3, the Company has assigned a "zero" 

expense lag day to each of these items. If the assigned expense lag is 

"zero", why do you believe that the Company has improperly overstated its 

cash working capital needs? 

The use of an assumed "zero" expense lag in and of itself is not a 

problem. However, the Company has employed a study methodology 

which applies a revenue lag (Le., 41.81 days per APS' ~orkpaper) '~ to 

each of these "non-cash" expense items. Consequently, the Company's 

method results in the assignment of a positive revenue lag (see Column 2) 

and a "zero" expense lag (see Column 3) to each non-cash item (i.e., lines 

6, 17, 25, 31, 32, 33 and 40), thereby improperly overstating CWC by 

$74.8 million as a result. By including these non-cash items, the 

Company's approach implies an expansion in the scope of cash working 

capital to include cash flows related to the construction and depreciation of 

plant and the accrual and later payment of deferred income taxes. 

Assuming that the purpose of a leadllag study was expanded to track the 

timing of cash flows into and out of the utility, the analysis and 

measurement would encompass g&l cash transactions, whether related to 

current period expenses, dividend payouts or construction activity. 

However, other rate base elements would also require analysis, as 

construction costs are not typically paid immediately in "cash" - as implied 

l4 See Rockenberger Attachment LLR-3. 
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by an assumed zero expense payment lag for depreciation. APS' 

proposed expansion of CWC fails to analyze or account for delayed cash 

oufflows in payment of construction costs or the turn-around and payment 

of deferred taxes and should be rejected. 

Why are deferred income tax expenses considered to be non-cash items? 

Deferred income tax expenses, as the name implies, represent non-cash, 

deferred accounting transactions. In other words, the Company does not 

disburse cash in the current year for deferred income tax expenses. Such 

income tax expenses arise from normalization accounting of tax/ book 

timing differences that originate in one year and reverse or "turn-around" 

in other years. Since deferred income taxes are included in revenue 

requirement and "collected" from ratepayers, but are not currently paid to 

the taxing authorities, they become a source of cost free capital separately 

considered in determining rates (Le., accumulated deferred income tax 

reserves are recognized as a rate base offset) and need not be financed 

or provided by investors. Consequently, deferred income taxes do not 

require or increase the Company's cash working capital requirements - 

because there are no current period cash outflows. 

Deferred income tax expenses are somewhat similar to depreciation 

expenses: both represent accrued expenses; both expenses are 

recovered through utility rates; the cumulative recoveries of both expenses 
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are recognized as zero cost capital and used to reduce rate base; neither 

of these expenses involve payments to suppliers or vendors; and both 

expenses provide a source of cash that can be used for investment in 

plant construction or to support other corporate activity. 

Why should non-cash expense items be excluded from a lead lag study? 

As indicated previously, non-cash expense items represent elements of 

cost of service that do require a current period cash payment. 

Therefore, they do not influence a Company's need for cash working 

capital, under the commonly used approach to lead lag analysis. Such 

accrued expense items themselves do not involve issuance of a cash 

voucher to pay, for example, for depreciation expense. 

Thus, non-cash expense items are properly excluded from a lead lag 

study. Their inclusion would be inconsistent with the widely accepted view 

of cash working capital as the amount of invested capital required to 

bridge the gap between the payment of expenses and the collection of 

related revenues. When there is no expense payment, no cash working 

capital is required. Depreciation and deferred income tax expenses do not 

require current period cash payments. Since investors are not required to 

provide cash advances for these expense items prior to the collection of 

revenues, it would be improper to include such items in a study of cash 

working capital requirements. 
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Why should interest expense be included in Staffs recommended lead/lag 

study? 

Interest expenses arise as a direct result of the Company’s debt 

obligations. Each debt issue requires the periodic cash payment of 

interest expense in known amounts that are due and payable at 

predetermined points in time (e.g., quarterly or semi-annual interest 

payments). 

In the traditional revenue requirement formula, interest costs are included 

in the weighted cost of capital that is applied to rate base. Through this 

ratemaking formula, interest expense becomes as much a part of 

jurisdictional revenue requirement (Le,, costs borne by ratepayers) as do 

operating expenses such as fuel and payroll costs. Since the ratemaking 

process allows recovery of capital costs that include these periodic 

payments to debt holders and ratepayers pay for utility service on a 

monthly basis, fairness requires that the lead lag study recognize the 

Company’s use of these interest funds for the extended time period 

between collection from ratepayers and payout of interest to debt holders. 
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No. While I am aware of utility recommendations in other proceedings 

that have proposed such treatment, common equlty cash flows (including 

common stock dividends) are less certain as to timing and do not 

represent "cash" expenses. "Net income," from which common dividends 

are paid, represents the residual equity return remaining for shareholders 

after all other expenses are deducted from revenues, rendering it 

comparatively unpredictable in amount. However, CWC recognition of 

quarterly dividend payments would yield an estimated payment lag in 

excess of 45 days (i.e., 90 days in calendar quarter divided by two plus 

additional lag from end of quarter to dividend disbursement date), ignoring 

the retention of "current" earnings. A presumed "expense" lag over 45 

days would exceed the Company's proposed 41.81 day revenue lag, 

resulting in a negative CWC allowance for common "dividends". As a 

result, any recognition of common dividends for lead lag study purposes 

would further decrease Staff's proposed "negative" CWC 

recommendation. 

A. 

Q. You previously indicated that non-cash items, including depreciation and 

deferred income tax expenses, are not reasonably included within lead lag 

studies. How has the ACC previously treated these non-cash items? 

While I have not conducted exhaustive research in this area, I am familiar 

with the Commission's treatment of these items in a number of rate 

A. 
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proceedings dating back to the early 1980’s. Attachment SCC4 contains 

excerpts from a series of prior ACC decisions concerning lead lag studies 

and CWC theory. I am not aware of any ACC order adopting the inclusion 

of non-cash expense as requested by APS in the pending case. 

Perhaps of greatest immediate relevance, the Commission specifically 

excluded non-cash expense items and recognized interest expense in 

quantifying the CWC allowance adopted in its April 1988 APS rate order 

(Decision No. 55931): 

The fundamental reason for the difference between APS’s 
calculation and those of the FEA and Staff is the treatment of 
“non-cash” items, such as deferred taxes and depreciation. 
Although the argument is somewhat more difficult to follow 
with respect to deferred taxes (they represent taxes which 
will be paid in the future), we agree with APS that 
depreciation accounting represents the return of a cash 
outlay it made at the time it acquired utility assets. Thus, 
use of the term “non-cash item” may be a misnomer if read 
literally. However, neither depreciation nor deferred taxes 
require the expenditure of cash at the time the expense is 
recorded and thereby charged to the customers. They are 
not “current” cash expenses. We have repeatedly rejected 
the inclusion of deferred taxes and depreciation in the 
calculation of current cash working capital requirements. We 
have also finally concluded that interest expense should be 
included in a leadnag study, and we have expressly 
approved the concept of negative cash working capital. E.g., 
Mountain States Tel. & Tel. Co., Decision No. 54843 
(January I O ,  1986). Therefore, in this case we have used 
the Staffs negative cash working capital requirement of 
($46,757,000) in our rate base determination. 

The Commission has issued numerous orders applying and interpreting 

the lead lag study approach to cash working capital. Although not 
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exhaustive in scope, Attachment SCC-4 contains excerpts from ten ( IO)  

different ACC decisions that discuss various CWC topics, including non- 

cash items, interest expense and use of pro forma (i.e., adjusted) 

operating expenses. 

Please summarize the CWC issues in dispute. 

While Staff has proposed a series of corrections to APS’ lead lag study 

results, the primary factors driving the significant difference (i.e., over 

$100 million) in the CWC recommendations of Company and Staff fall into 

three general areas - each of which are consistent with the Commission’s 

longstanding, lead lag study policies: 

0 Exclude non-cash items (e.& depreciation and deferred income tax 

expense); 

Recognize payment lags related to interest expense; and 

0 Use of pro forma/ adjusted expenses, particularly interest expense 

and current income tax expense. 

2002 SEVERANCE PROGRAM 

What is the purpose of Staff Adjustment C-12? 

During the 2002 test year, APS offered a voluntary severance package to 

employees and recorded expense of about $33.1 million (before 

jurisdictional allocation) associated with the 2002 Severance Program 

offering. In assembling its revenue requirement recommendation, APS 
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witness Robinson15 proposed an adjustment to levelize (Le., amortize) 

these test year costs over a three-year period.16 Staff Adjustment C-12 

removes the amortization proposed by APS from test year expense. 

Q. Could you briefly describe the 2002 Severance Program? 

A. In general terms, a voluntary employee retirement program typically offers 

enhanced benefits to employees nearing or meeting retirement age/ years 

of service criteria in order to reduce overall staffing levels, by inducing 

targeted employees to retire earlier than expected. The 2002 Severance 

Program consisted of two phases: Phase I was offered to all employees 

eligible to retire as of December 31, 2002, while Phase 2 was offered to all 

employees in positions that would no longer be refilled as a result of that 

position being ~acated.'~ This program was briefly discussed in a press 

release issued by Pinnacle West on July 23, 2002:18 

The Company today also announced cost-containment 
measures that include a voluntary workforce reduction of 
500-600 positions. These reductions will be implemented in 
the second half of this year and are expected to produce 
annual operating expense savings of $30-35 million 
beginning in 2003, and a comparable one-time charge to 
earnings later in 2002, 

According to the Company's response to Staff Data Request No. UTI-8- 

239, the benefits payable to those eligible employees electing to 

participate under this plan are different for each phase: 

Robinson direct testimony, pages 31-32. 
See A P S  Schedule C-2, page 4, Adjustment 1 1 .  
See Staf'f Data Request No. UTI-1-17. 
The press release is publicly available at httu://Dinnaclewest.com. 

16 

l7 

I8  
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0 Phase 1 Benefits: $1 5,000 lump sum transitional retirement payment; 
continued medical, dental and group life insurance coverage (during 
severance period); and severance pay (4 weeks of base pay plus 2 
additional weeks of base pay for each year of service, with a maximum 
of 52 weeks). 

0 Phase 2 Benefits: continued medical, dental and group life insurance 
coverage (during severance period); and severance pay (4 weeks of 
base pay plus 2 additional weeks of base pay for each year of service, 
with a minimum of 8 weeks and a maximum of 52 weeks). 

Q. Has APS recognized any cost savings or benefits resulting from the 

severance program, such as reduced employee levels, in the 

quantification of overall revenue requirement? 

A. Yes. Company witness Robinson briefly discusses this matter in his direct 

te~timony.’~ In annualizing payroll expense for ratemaking purposes, the 

Company’s original filing employed year-end 2002 employee levels and 

recognized March 2003 wage rates. The Company’s payroll annualization 

adjustment incorporated all reductions in employee levels that were 

actually achieved by the end of 2002. 

Q. If APS has recognized the lower employee levels in its wage 

annualization, why have you proposed to eliminate the Company’s 

proposed 2002 Severance Program amortization from pro forma operating 

expense? 

A. APS’ proposed amortization of the 2002 Severance Program costs does 

not represent either the net cost incurred by the Company nor ongoing 

Robinson direct testimony, pages 30-3 1. 
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expense levels. Acceptance of the Company’s proposed amortization 

adjustment will improperly overstate the ongoing cost of providing utility 

service. 

Is it your opinion that the 2002 Severance Program should not have been 

undertaken? 

No. Staff Adjustment C-12 should not be interpreted in that context. 

Regulated entities should undertake reasonable steps to reduce and 

contain costs, while continuing to provide safe and adequate service. 

While Staff does not contest the decision, or the incurrence of costs, to 

implement this severance program, Staff does recommend that APS’ 

proposed program cost amortization be excluded from pro forma operating 

expense. 

If APS incurred $33.1 million to implement the severance program, how 

can the amortization of that amount (Le., net of the portion recovered from 

power plant participant owners) misstate the cost of providing utility 

service? 

It is true that APS did incur those costs and that the Company has 

recognized the impact of the resulting decline in employees in quantifying 

the pro forma payroll annualization adjustment sponsored by Mr. 

Robinson. Unfortunately, the Company’s pro forma adjustment only 

provides ratepayers with the benefit of prospective reductions in expense 
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- a benefit that will not be realized until the rates resulting from the 

pending rate proceeding are fully effective, which is estimated for July 

2004.20 What APS’ ratemaking treatment ignores is the savings realized 

and retained for shareholders until new utility rates are implemented that 

reflect the lower staffing levels. 

While Mr. Robinson has proposed to amortize the 2002 severance costs 

over a three-year period, the Company’s adjustment ignores the offsetting 

“savings” realized during and subsequent to the test year, but prior to July 

2004. Instead, APS would retain all Severance Program “savings” 

realized during 2002, 2003 and 2004 for the sole benefit of its 

shareholders, until new rates are implemented in mid-2004, while still 

recovering the “cost” of this program in future rates - through its three- 

year amortization proposal. 

Does APS concur that the 2002 Severance Program resulted in cost 

savings during and subsequent to the test year? 

Yes. In response to Staff Data Request Nos. UTI-1-17, confidential UTI-8- 

239 and UTI-15-318, APS provided the estimated savings for 2002 and 

2003 expected to result from the 2002 Severance Program. Although this 

information was not presented on a monthly basis, a reasonable allocation 

of the expected savings for the first six months of 2004 indicates that the 

Per the response to Staff Data Request No. UTI-8-243, APS has requested an effective date as close to 
July 1,2004 as possible. 
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1 severance program costs (before allocation to APS and removal of joint 

2 power plant participant owners’ share) should be recovered through 

3 retained savings by the time rates from the pending rate proceeding are 

4 implemented. The following table summarizes that comparative 

5 information: 

2002 Severance Program 
(000’s) 

Year costs Savings 
$35,691 (a) $(9,000) (b) 2002 

2003 0 (1 9.900) (c)(d) . .  . .  . 

0 (9,950) (e) 2004 (Jan-July) 
Total 

Sources : 
$35,691 $(38,850) 

(a) APS workpaper DGR-WPl6, p. 2/4 (before non-APS participant 
share). 

(b) APS response to Staff Data Request No. UTI-2-1 I I ,  includes APS 
& PWCC. 

(c) APS response to Staff Data Request Nos. UTI-1-17 & UTI-8-239 
(amounts reflect PWCC O&M budget reductions for 2003). 

(d) Excludes “other” savings of $10.1 million per response to Staff 
Data Request No. UTI-I 5-31 8(a). 

(e) 2003 $(19,900) annual savings times 6/12‘hS. 

6 

7 Since the ratemaking process will not recognize any 2002 Severance 

8 Program savings realized by the Company prior to July 2004, it would be 

9 totally inappropriate to saddle ratepayers with any portion of APS’ cost to 

10 implement the program in a way that does not recognize the offsetting 

11 savings realized during this same interim period. Otherwise, the 

12 amortization mechanism proposed by APS would provide a one-sided 

13 opportunity for the Company to retain all savings realized prior to the 
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implementation of new rates (July 2004) and then explicitly recover all 

costs incurred during the test year at ratepayer expense. 

Is it possible to know with absolute certainty that APS realized $38.85 

million of severance related savings during 2002, 2003 and January 

through July 2004? 

No. Utilities typically do not implement mechanisms to track the actual 

“savings” realized as a result of implementing a cost savings program, 

instead relying on estimated savings analyses. Consequently, no one can 

know with absolute certainty whether the actual savings realized as of July 

2004 will be significantly more or less than $38.85 million. However, as 

stated in response to Staff Data Request Nos. UTI-1-17 and UTI-2-1 11: 

“No formal feasibility studies were done for this program.” 

There is no question that APS expected to commence realizing benefits or 

cost savings immediately upon implementation of the 2002 Severance 

Program. As indicated in the earlier quote from the Pinnacle West press 

release dated July 23, 2002, the voluntary employee ‘ I . .  . reductions will be 

implemented in the second half of this year and are expected to produce 

annual savings of $30-35 million beginning in 2003, and a comparable 

one-time charge to earnings later in 2002.” 
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What is known with absolute certainty is that APS is seeking to amortize 

its share of the costs associated with implementation of the 2002 

Severance Program with no offset for, or recognition of, the significant 

cost savings that it began realizing as a direct result of that very program 

and will continue to retain for the benefit of shareholders through July 

2004. 

Does Staffs recommendation have the effect of assigning all costs of 

implementing the 2002 Severance Program to APS shareholders, while 

flowing all savings through to ratepayers? 

No. With regard to the Company’s request to explicitly amortize the 2002 

severance implementation costs (Le., gross of related savings), Staff is 

recommending that APS be allowed to offset all costs incurred during the 

test year with the actual savings realized by the Company from the date of 

program implementation through the effective date of the rate change 

resulting from the pending rate case. The ratemaking process would then 

only reflect, on a prospective basis, the normal annualized ongoing level 

of wages and salaries, payroll taxes, benefit costs, and incentive 

compensation. 

Has APS or Pinnacle West offered other similar workforce reduction or 

efficiency programs? 
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According to the Company response to Staff Data Request No. UTI-15- 

322, similar workforce reduction programs have not been offered in recent 

years, at least dating back to 1997. In the fourth quarter of 2003, APS did 

implement an involuntary reduction to both the Marketing & Trading and 

Information Services groups, due to the deteriorating western power 

market and reductions in capital budget expenditures, respectively. 

WAGE & PAYROLL TAX ADJUSTMENT 

Please describe Staff Adjustment C-I 3. 

Staff Adjustment C-13 revises the Company’s pro forma payroll 

annualization adjustment2’ to reflect actual employee levels and wage 

rates as of October 2003. 

Why should these Company adjustments be revised to recognize actual 

employee levels and wage rates as of October 2003? 

As discussed in the direct testimony of APS witness Robinson,22 the 

payroll annualization contained in the Company’s original filing was based 

on 2002 year-end employee levels and March 2003 wage rates. In 

response to Staff discovery,23 APS indicated that its 2002 Severance 

Program was a voluntary offering that the Company was required to make 

available to all similarly-situated employees. Because some employees 

See APS Schedule C-2, page 4, Adjustment 10. 
See Robinson direct testimony, page 30. 
See APS response to Staff Data Request No. UTI-8-241. 

21 

22 
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were lost that were still needed by APS and would have been retained in 

the absence of the voluntary nature of that severance program, the 

Company commenced hiring replacement employees in 2003 to fill those 

vacancies. 

When the 2002 Severance Program was offered, the Company estimated 

that about 20% of the resulting reduction in workforce would need to be 

replaced (Le., hire new employees to fill position vacancies created by 

certain employees accepting severance). Because an “involuntary” 

severance program had not been considered, the Company did not 

perform an evaluation of each employee position to determine the exact 

number of employees that would have otherwise been retained. However, 

the month-end employee levels as of October 2003 would reflect APS’ 

success in filling those ~acancies.2~ By revising the Company’s payroll 

annualization adjustment to reflect the October 2003 data, pro forma 

payroll expense will recognize ongoing employee levels at their actual 

wage rates. 

How have employee levels changed during and subsequent to the test 

year? 

As part of the Company’s original payroll annualization workpapers and 

through the response to Staff Data Request No. UTI-11-277, APS 

24 See APS response to Staff Data Request No. UTI-15-3 19. 
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provided monthly employee counts from January 2002 through October 

2003. The following chart graphically illustrates the monthly change in 

APS (direct) employee levels during this period of time: 

APS - Monthly Employee Levels 

5,300 

Z. 5,200 
E 
W 5,100 

0 

Source: APS response to Staff Data Request No. m i l - 2 7 7  1 

Although Staff Adjustment C-13 is based on employee levels at October 

2003, the revision to the Company’s proposed annualization adjustment 

still reflects lower headcounts than actually experienced during the test 

year. 

You previously discussed Staff Adjustment C-I 2, which reversed the 

Company’s proposed amortization of the 2002 Severance Program costs. 

Is Staffs proposed revision to the APS payroll annualization consistent 

with the elimination of the severance amortization? 

Yes. Staff recommends that the Commission deny APS’ proposed 

amortization of the 2002 Severance Program costs, but be allowed to 

retain all related cost savings realized between program implementation 
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and the effective date of the Commission’s order in the pending rate case 

proceeding. By modifying the APS payroll adjustment to reflect ongoing 

employee levels (i.e., as of October 2003), Staff has attempted to ensure 

that utility rates will not allow ratepayers to inadvertently participate in 

temporary savings attributable to lower than expected employee levels 

experienced as of December 2002. Accordingly, APS will be allowed to 

retain all “interim” savings to offset the severance program implementation 

costs, with ratepayers only benefiting on a prospective basis. 

Are you aware of any additional modifications or corrections at this time 

that should be made with respect to the Company’s wage and payroll tax 

annualization adjustment? 

No. I am not aware of any additional changes that should be made at this 

time. 

UNION CONTRACT SIGNING BONUS 

Please describe Staff Adjustment C-14. 

During the test year, APS disbursed certain one-time incentive payments 

to union employees related to the successful completion of union contract 

negotiations. IBEW Local 387 ratified the labor agreement effective April 

1, 200225 Staff Adjustment C-14 amortizes those incentive payments, or 

See APS response to Staff Data Request No. UTI-16-325. 25 
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signing bonuses, over the three-year term of the union contract for 

ratemaking purposes. 

Did APS charge the full amount of the incentive payments to expense 

during the test year? 

Yes. According to the response to Staff Data Request No. UTI-16-325, 

the labor agreement provided for an incentive payment for each employee 

represented by IBEW Local 387 in the amount of $1,009.22. APS 

recorded the cost associated with this incentive payout in May 2002. 

Do you know why the Company did not amortize the cost of the signing 

bonus over the contract term? 

Yes. The Company considered the incentive payment to be a “current 

period obligation and therefore should only be realized in the period in 

which it occurred.”26 

Why should the signing bonus be amortized over the term of the contract? 

Typically, a signing bonus may be used as an inducement to expedite the 

successful completion of contract negotiations. Although such bonuses 

are oflen paid in a lump sum at or near contract ratification, the benefits 

resulting from the successful contract negotiations extend over the entire 

term of the agreement. Consequently, such incentive payments are 

~ 

26 See APS response to Staff Data Request No. UTI-16-325(e). 
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reasonably apportioned over the term of the contract for regulatory and 

ratemaking purposes. 

Q. If the Company actually made the incentive payments to eligible union 

employees in 2002, why do you believe that 100% of the cost of those 

payments should not be included in the 2002 test year? 

Absent explicit provisions to the contrary, APS will make similar 

signing bonus payments each and every year that the contract is in effect. 

Consequently, a reasonable argument can be made that such signing 

bonuses, when they occur during a rate case test year, represent non- 

recurring transactions that could be removed from the ratemaking process 

- in other words, none of the non-recurring incentive payments would be 

recognized for ratemaking purposes. However, such an approach would 

discount the role of the incentive payments in mutually resolving the 

contract negotiations between the Company and the union. For that 

A. 

reason, Staff has proposed to amortize the signing bonus over a three- 

year period. 

Q. If the Commission does not concur with the three-year amortization 

proposal, do you have an alternative recommendation on this issue? 

Yes. While I strongly believe that the amortization approach reasonably 

balances the considerations and interests of the parties, I also strongly 

believe that including 100% of the signing bonus in test year expense for 

A. 
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ratemaking purposes, as proposed by APS, is wholly inappropriate. 

Should the Commission decline to adopt Staffs amortization proposal, I 

would urge the Commission to remove 100% of the signing bonus from 

test year expense, as non-recurring transaction costs, rather than include 

100% of such one-time costs in the current proceeding and set utility rates 

as if these costs were annually recurring. 

INCENTIVE COMPENSATION 

What is the purpose of Staff Adjustment C-l5? 

Staff Adjustment C-15 represents a partial disallowance of test period 

incentive compensation expenses. Staff proposes to eliminate the costs 

associated with APS’ stock-based incentive compensation, while allowing 

ratemaking recovery of test period expense associated with the cash- 

based incentive compensation plans. After Staff’s adjustment, the 2002 

test period will still include approximately $1 0.5 million27 of “cash” 

incentive compensation expense (before jurisdictional allocation) - 

providing APS with a conservatively generous recovery of various non- 

stock based incentive plan costs that are driven by both financial and 

operational performance measures. 
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Q. Please describe the stock-based incentive program Staff is proposing be 

disallowed from test period expenses. 

A. Several types of incentives are provided to executives and directors under 

certain Long Term Incentive Plans in the form of Pinnacle West common 

stock, including: Performance Stock Option Awards, Performance Share 

Awards, Stock Ownership Awards and Restricted Stock grants.28 These 

awards resulted in benefits to APS executives and management team 

members during the test year, resulting in the incurrence of about $3 

million of expenses recommended for disallowance by Staff. Additional 

awards can also be provided to Directors of Pinnacle West and to 

employees already holding Pinnacle West stock, so as to encourage 

employee stock ownership. The granting of stock options, or shares, by 

the Pinnacle West Board of Director’s Human Resources Committee was 

discussed in a December 7,2001 Memorandum from Bill Post:29 

“As we prepare for next year our prevailing philosophy of 
rewarding performance and aligning our interest with those of 
our shareholders remains our major focus. We all need to 
work together and continue the commitment to increase 
shareholder value and value to our customers. I know I can 
count on each of you to do just that.” 

Notably, because they are stock-based, these incentive compensation 

programs are driven by the financial performance of Pinnacle West, rather 

than performance criteria directly linked to customer service, employee 

safety, cost reductions or utility operational achievements. 

I 

’* 
29 

See APS responses to Staff Data Request Nos. UTI-1-85 and UTI-12-293. 
See APS response to Staff Data Request No. UTI-1-85, attachment RC00581. 
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Please describe the cash-based incentive compensation programs that 

resulted in expenses recorded during the test period, but have not been 

included in Staffs proposed ratemaking adjustment. 

In 2002, an annual cash bonus Variable Incentive Plan (“VIP”) was 

effective for Pinnacle West and subsidiary company employees and was 

composed of two primary components: (1) a Company plan and (2) 

various Business Unit plans. Cash bonuses payable under the VIP were 

established for different employee groups in a range of specified 

percentages relative to salary levels or a bonus pool established for 

particular groups. The following table generally summarizes plan 

parameters for various employee groups, with more complex plan details 

for some groups simply noted as “complex” where plan terms were not 

conducive to this summarization: 

CornDanv Plan EaminQs 
$ Millions Payout % Indicators Payout % 

Business Unit Pian 

PNW Incentive Plan $293-337 0% - 3% various 0% - 3% 
PVNGS Pian 
PNW Shared Services 
Management incentive 
Senior Management 
Officer Incentives 
CEO Plan 
Attorney Incentives 
Power Marketingnrading 
Nuclear Safety Plan 
Nuclear Outage Plan 
Fossil Incentive Plans 

$293-337 
$293-337 
$293-337 
$293-337 
$293-337 
$293-337 
$293-337 
$293-337 
$293-337 
$293-337 
$293-337 

0% - 3% 
0% - 3% 

0% - 7.5% 
0% - 15% 
0% - range 
0% - 200% 
0% - 7.5% 
complex 
complex 
complex 
complex 

various 
various 
various 
various 
various 
none 

various 
complex 
complex 
complex 
complex 

various 
0% - 3% 

0% - 7.5% 
0% - 15% 
various 
none 

0% - 7.5% 
complex 
complex 
complex 
complex 

m: If $293 million earnings threshold is met and customer satisfaction per survey 
indicates >43% “very satisfied” an additional 1 % can be added to certain Company 
Pian payout levels. 

Source: APS response to Staff Data Request No. UTI-1-77. 
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According to the terms of this plan, the “Company Plan Earnings” 

component of the 2002 VIP conditioned funding upon Pinnacle West 

consolidated earnings reaching the $293 million threshold target level, 

with amounts payable under this portion of the incentive plan driven by the 

achievement of earnings above the threshold level.30 The Business Unit 

Plan component involved the establishment of Critical Success Indicators 

tailored to the responsibilities and goals of the individual business units, 

which are simply noted as “various”.31 Examples of Critical Success 

Indicators generally include: minimization of recordable injuries, 

achievement of targeted cost levels, equipment reliability and availability 

target achievements, outage minimizations, and various other operational 

and financial metrics. However, even the Business Unit incentives were 

not to be funded unless Pinnacle West achieved the threshold earnings 

levels in calendar year 2002. In effect, the Company’s entire cash-based 

incentive program is primarily driven by Pinnacle West‘s attainment of the 

minimum earnings level. 

Q. What amount of incentive compensation expense, for each of the plans 

and in total, has APS included in its test period revenue requirement? 

APS’ proposed test year expense includes approximately $3.232 million of 

stock-based incentive compensation and another $1 million in cash- 

A. 

See APS response to StaffData Request No. UTI-1-77, attachment RC00585. 
See APS response to StafTData Request No. UTI-1-77, attachment RC00585. 
See APS response to Staff Data Request No. UTI-12-295. 
See APS response to StaffData Request No. UTI-12-298. 

30 

31  

32 

33 
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based incentive compensation, resulting in total “per books” incentive 

compensation costs of approximately $1 3.7 

How does the amount of cash-based incentive compensation APS has 

proposed to recover in this proceeding compare to the amounts incurred 

during recent years? 

APS has proposed to include the actual test year level of cash-based 

incentive compensation in determining overall revenue requirement. The 

following table compares the Company’s proposed level of such cash 

incentive compensation costs with historical calendar year expense levels 

provided in response to Staff Data Request No. UTI-8-244: 

Period $ Millions 
1999 $ 16.0 
2000 $ 15.7 
2001 $ 13.2 
2002 $11.1 
[Note: all amounts prior to participant 
offset credits related to A&G incentives.] 

Do these incentive compensation expenses include amounts directly 

incurred by APS as well as allocations to APS from affiliates? 

Yes. However, the amounts shown do not reflect reductions for 

”participant offset credits” of administrative costs allocable to co-owners of 

joint generating units, that amounted to about $0.5 million in 2002. 

34 Amounts before allocation to regulated retail operations. 
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Why is the 2002 level of cash-basis incentive compensation cost lower 

than prior years? 

In 2002, Pinnacle West failed to achieve consolidated earnings at the 

threshold level technically required as a precondition to any funding of 

cash bonuses. However, this precondition was not strictly applied, 

according to the Company: 

"The Board determined to pay incentives based on 50% of the 
individual business unit performance achievement, plus the 
1 Oh adder for frontline employees based on achieving the 2002 
fourth quarter customer satisfaction survey targeted 
performance level." 

The rationale for this action was explained in a January 23, 2003 letter 

from Bill Post to all employees, provided in response to Staff Data 

Request No. UTI-12-299 and appended hereto as Attachment SCC-5. 

Why has Staff proposed to allow full recovery of the lower 2002 actual 

cost of the cash-based incentive plans, while excluding the cost 

associated with the stock-based incentives in the test period? 

Even though corporate earnings also serve as a threshold or precondition 

to the payout of cash-based incentive compensation, the reduced test 

year cash incentives are tied primarily to performance measures that 

directly benefit APS consumers, particularly since test period payouts did 

not include the Company Plan earnings percentages that were payable in 

prior years. In contrast, the stock-based incentives are entirely driven by 
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Pinnacle West objectives that, only very indirectly, might benefit 

consumers. 

For example, the targets used to award stock-based incentives under the 

Performance Shares Plan are based upon Pinnacle West Earnings per 

Share (“EPS”) growth from one year to the next in relation to a comparison 

group of electric utilities. Comparative EPS growth is not a criteria or 

element directly considered as a cost component in establishing electric 

utililty rates. In and of itself, efforts to enhance EPS growth may not be 

consistent with the interests of utility customers or reasonable pricing for 

the regulated business, where changes in the level of rate base assets 

and the cost of capital are more directly relevant to earnings achievable by 

the utility. 

In Staffs view, rate recovery of the reduced test year cash-based 

incentive compensation is conservatively generous to the Company, 

where no showing has been made by APS of any customer benefit from 

either of its discretionary incentive compensation programs. 

Should the Commission carefully consider incentive compensation 

programs and cost levels, in order to balance the interests of utility 

consumers in reasonable rates with rewards granted to employees for 
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achievements that enhance corporate operational and financial 

objectives? 

A. Yes. Incentive compensation is a method of providing monetary awards 

to the work force through non-guaranteed or “at risk cash bonus, or other 

payment programs, in addition to base wages. According to the 

Company’s response to Staff Data Request No. UTI-12-294: “APS has 

proposed full inclusion of the compensation paid to APS employees (and 

the APS-related portion of PWCC employees) in cost-of-service because 

such compensation is both reasonable and a legitimate cost of doing 

business independent of how the compensation of specific individual [sic] 

is calculated and irrespective of the form of the compensation.” 

Obviously, a decision by management to incur incentive compensation 

costs is an indication that such costs were viewed as reasonable by the 

Company, but regulators need not allow above-the-line accounting for all 

discretionary costs incurred by management absent a showing that such 

costs provide direct, tangible benefits to ratepayers. In the context of 

stock-based incentives, the same APS response states: 

“The targets are based on Earnings per Share (‘EPS’) growth 
from one year to the next relative to our comparison group. 
EPS growth as a target is considered by management to 
encompass virtually all performance measures of the 
Company, most of which are linked to the cost effective 
provision of reliable regulated services by APS. Additionally, 
the vast majority of PNW earnings are derived from APS. 
Therefore, it is an appropriate measure to use for stock based 
compensation in the revenue requirement calculation.” 

UTILITECH, INC. 63 



1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 

17 

18 

19 

20 

21 

22 

Q. 

A. 

Q. 

A. 

Direct Testimony of Steven C. Carver 
Docket No. E-01 345A-03-0437 

However, the consolidated earnings of Pinnacle West and the rate of 

growth in Pinnacle West EPS relative to a peer group is only distantly 

related to any tangible benefits of direct importance to APS ratepayers. 

With this in mind, Staff proposes recovery of only the cash-based 

compensation program costs in the test year, which were largely incurred 

without regard to financial results, so as to recognize employee rewards 

for business unit performance. 

If the corporation fails to achieve its financial targets, will employees 

necessarily be required to forego all compensation associated with the 

incentive plans? 

No. As indicated by Mr. Post’s previously referenced letter,35 the 

Company has waived formal plan parameters and judgmentally awarded 

employee incentive payments, even when financial pelformance falls 

below threshold levels. 

If employees are unsuccessful in helping APS and PNW achieve the 

corporate targets or business unit goals, will shareholders be required to 

forego all benefits associated with the incentive plans? 

No. Since incentive compensation is “at-risk” to the employee, the amount 

of such compensation from year to year is not fixed, regular nor even 

certain to occur. In the event that minimum targets are not met, 

35 See Attachment SCC-5. 
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employees do not receive incentive payments and the amount of incentive 

compensation included in rates (e.g., $1 0.5 million recommended for 

recovery by Staff) would contribute to increasing utility profits. In other 

words, ratepayers are placed at-risk to fund incentive plan costs 

regardless of payout, while employees are at-risk because targets might 

not be achieved for any number of reasons. At the same time, neither the 

Company nor its shareholders would necessarily be at-risk with respect to 

the $10.5 million of incentive pay, because the allowed expenses would 

be recovered through rates, regardless of future payouts. 

Q. Has the Company provided any evidence that its overall executive or 

employee compensation levels would be inadequate to attract and retain 

human resources in the absence of full recovery of both its cash and 

stock-based incentive program costs? 

No. Staff Data Request Nos. UTI-1-77(f) and UTI-12-296 were submitted, 

in part, to determine whether total salary and bonus compensation levels 

for Company employees were comparable to market compensation levels. 

Unfortunately, the response provided by APS contained “percentage” 

data, without providing or discussing overall compensation comparisons 

relevant to an analysis of the incentive programs. 

A. 

Q. 

A. Yes. 

Does this conclude your direct testimony? 
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STEVEN C. CARVER 
SUMMARY OF OUALIFICATIONS 

Education and Experience 

I graduated fiom State Fair Community College where I received an Associate of Arts 

Degree with an emphasis in Accounting. I also graduated fiom Central Missouri State 

University with a Bachelor of Science Degree in Business Administration, majoring in 

Accounting. Subsequent to the completion of formal education, my entire professional career 

has been dedicated to public utility investigations, regulatory analysis and consulting. 

From 1977 to 1987, I was employed by the Missouri Public Service Commission in 

various professional auditing positions associated with the regulation of public utilities. In that 

capacity, I participated in and supervised various accounting compliance and rate case audits 

(including earnings reviews) of electric, gas and telephone utility companies and was responsible 

for the submission of expert testimony as a Staff witness. 

In October 1979, I was promoted to the position of Accounting Manager of the Kansas 

City Office of the Commission Staff and assumed supervisory responsibilities for a staff of 

regulatory auditors, directing numerous rate case audits of large electric, gas and telephone 

utility companies operating in the State of Missouri. In April 1983, I was promoted by the 

Commission to the position of Chief Accountant and assumed overall management and policy 

responsibilities for the Accounting Department, providing guidance and assistance in the 

technical development of Staff issues in major rate cases and coordinating the general audit and 

administrative activities of the Department. 

During 1986- 1987, I was actively involved in a docket established by the Missouri Public 

Service Commission to investigate the revenue requirement impact of the Tax Reform Act of 

1986 on Missouri utilities. In 1986, I prepared the comments of the Missouri Public Service 

Commission respecting the Proposed Amendment to FAS Statement No. 71 (relating to phase-in 

plans, plant abandonments, plant cost disallowances, etc.) as well as the Proposed Statement of 

Financial Accounting Standards for Accounting for Income Taxes. I actively participated in the 

discussions of a subcommittee responsible for drafting the comments of the National Association 

of Regulatory Utility Commissioners (“NARUC”) on the Proposed Amendment to FAS 
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Statement No. 71 and subsequently appeared before the Financial Accounting Standards Board 

with a Missouri Commissioner to present the positions of NARUC and the Missouri 

Commission. 

In July of 1983 and in addition to my duties as Chief Accountant, I was appointed Project 

Manager of the Commission S M s  construction audits of two nuclear power plants owned by 

electric utilities regulated by the Missouri Public Service Commission. As Project Manager, I 

was involved in the staffing and coordination of the construction audits and in the development 

and preparation of the Staff's audit findings for presentation to the Commission. In this capacity, 

I coordinated and supervised a matrix organization of Staff accountants, engineers, attorneys and 

consultants. 

Since commencing employment with Utilitech in June 1987, I have conducted revenue 

requirement and special studies involving various regulated industries (Le., electric, gas, 

telephone and water) and have been associated with regulatory projects on behalf of clients in 

twenty State regulatory jurisdictions. 

Previous Expert Testimony 

I have continued to appear as an expert witness before the Missouri Public Service 

Commission on behalf of various clients, including the Commission Staff. I have filed testimony 

before utility regulatory agencies in Arizona, California, Florida, Hawaii, Kansas, Indiana, 

Nevada, New Mexico, Oklahoma, Pennsylvania, Utah, and Washington. My previous 

experience involving major electric company proceedings includes: PSI Energy, Union Electric 

(now Ameren), Kansas City Power & Light, Missouri Public Service/ UtiliCorp United (now 

Aquila), Public Service Company of Oklahoma, Oklahoma Gas and Electric, Hawaiian Electric, 

and Sierra Pacific Power/ Nevada Power. 

Exhibit SCC-2 summarizes various regulatory proceedings in which I have filed 

testimony. 
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Utility party Year Areas Addressed Docket/Case 
Number Represented Jurisdiction Agency 

Kansas City Power 
& Light 

Gas Service 
Company 

United Telephone 
of Missouri 

Kansas City Power 
& Light 

Gas Service 
Company 

Southwestern Bell 
Telephone 

Missouri Public 
Service 

Missouri Public 
Service 

Gas Service 
Company 

Gas Service 
Company 

Union Electric 
Company 

Southwestern bell 
Telephone 

Union Electric 
Company 

Gas Service 
Company 

Union Electric 
Company 

Missouri 

Missouri 

Missouri 

Missouri 

Missouri 

Missouri 

Missouri 

Missouri 

Missouri 

Missouri 

Missouri 

Missouri 

Missouri 

Missouri 

Missouri 

PSC 

PSC 

PSC 

PSC 

PSC 

PSC 

PSC 

PSC 

PSC 

PSC 

PSC 

PSC 

PSC 

PSC 

PSC 

ER-78-252 

GR-79-114 

TO-79-227 

ER-80-48 

GR-80- 173 

TR-80-256 

ER-8 1-85 

ER-8 1 - 1 54 

GR-8 1 -1 55 

GR-8 1-257 

ER-82-52 

TR-82- 1 99 

ER-83 - 163 

GR-83 -207 

ER-84-1681 
EO-85-17 

Staff 

Staff 

Staff 

Staff 

Staff 

Staff 

Staff 

Staff 

Staff 

Staff 

Staff 

Staff 

Staff 

Staff 

Staff 

1978 Rate Base, Operating 

1979 Rate Base, Operating 

1979 Rate Base, Operating 

Income 

Income 

Income, Affiliated 
Interest 

1980 Operating Income, 
Fuel Cost 

1980 Operating income 

1980 Operating Income 

198 1 Operating Income 

198 1 Interim Rates 

198 1 Operating Income 

1981 Interim Rates 

1982 Operating Income, 
Fuel Cost 

1982 Operating Income 

1983 Rate Base, Plant 
Cancellation Costs 

1983 Interim Rates 

1984 Construction Audit, 
1985 Operating Income 
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Utility party Year Areas Addressed Docket/Case 
Number Represented Jurisdiction Agency 

Kansas City Power Missouri 
& Light 

St. Joseph Light & Missouri 
Power 

Northern Indiana Indiana 
Public Service 

US West Arizona 
Communications 

Dauphin Consol. Pennsylvania 
Water Supply Co. 

Southwest Gas Arizona 
Corporation 

Southwestern Bell Missouri 
Telephone 

Missouri Public Missouri 
Service 

City Gas Company Florida 

Capital City Water Missouri 
Company 

Southwestern Bell Oklahoma 
Telephone 
Company 

Public Service of New Mexico 
New Mexico 

Citizens Utilities Arizona 
Company 

Missouri Pubiic Missouri 
Service Company 

PSC 

PSC 

WRC 

ACC 

PUC 

ACC 

PSC 

PSC 

PSC 

PSC 

occ 

PSC 

ACC 

PSC 

ER-85-128/ 
EO-85-1 85 

EC-88-107 

3 83 80 

E-105 1-88-146 

R-891259 

E- 155 1-89-102 
E-1 55 1-89-103 

TO-89-56 

ER-90-101 

891175-GU 

WR-90- 1 18 

PUD-000662 

2437 

ER-1032-92- 
073 

ER-93 -3 7 

Staff 

Public 
Counsel 

Consumer 
Counsel 

Staff 

Staff 

Staff 

Public 
Counsel 

Public 
Counsel/ 
Staff 

Public 
Counsel 

Jefferson 
City 

Attorney 
General 

USEA 

Staff 

Staff 

1983 Construction Audit, 
1985 Rate Base, Operating 

Income 

1987 Rate Base, Operating 
Income 

1988 Operating Income 

1989 Rate Base, Operating 
Income 

1989 Rate Base, Operating 
Income, Rate Design 

1989 Rate Base, Operating 
Income 

1989 Intrastate Cost 
1990 Accounting Manual 

1990 UtiliCorp United 
Corporate Structure/ 
Diversification 

1990 Rate Base, Operating 
Income, Acquisition 
Adjustment 

1991 Rehearing - Water 
Storage Contract 

199 1 Rate Base, Operating 
Income 

1992 Franchise Taxes 

1992 Rate Base, Operating 
1993 Income 

1993 Accounting Authority 
Order 
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Utility party Year AreasAddressed Docket/Case 
Number Represented Jurisdiction Agency 

Public Service 
Company of 
Oklahoma 

Hawaiian Electric 
Company 

US West 
Communications 

US West 
Communications 

PSI Energy, Inc. 

Arkla, a Division 
of N O W  
Energy 

Kauai Electric 
Division of 
Citizens Utilities 
Company 

Oklahoma Natural 
Gas Company 

US West 
Communications 

PSI Energy, Inc. 

Oklahoma 

Hawaii 

Washington 

Arizona 

Indiana 

Oklahoma 

Hawaii 

Oklahoma 

Washington 

Indiana 

Hawaii GTE Hawaiian Tel; 
Kauai Electric - 
Citizens Utilities 
Co.; Hawaiian 
Electric Co.; 
Hawaii Electric 
Light Co.; Maui 

occ 

PUC 

WUTC 

ACC 

IURC 

occ 

PUC 

occ 

WUTC 

IURC 

PUC 

PUD-1342 

7700 

UT-930074, 
0307 

E- 1 05 1 -93-1 83 

39584 

PUD- 
940000354 

94-0097 

PUD- 
940000477 

UT-950200 

40003 

PUC 95-005 1 

Staff 

Consumer 
Advocate 

Public 
Counsel/ 
TRACER 

Staff 

Consumer 
Counselor 

Attorney 
General 

Consumer 
Advocate 

Attorney 
General 

Attorney 
GeneraV 
TRACER 

Consumer 
Counselor 
Consumer 
Advocate 

1993 Rate Base, Operating 
Income, Acquisition 
Adjustment 

1993 Rate Base, Operating 
Income 

1994 Sharing Plan 
Modifications 

1994 Rate Base, Operating 
Income 

1994 Operating Income, 

1994 Rate Base, Operating 

Capital Structure 

Income 

1995 Hurricane Iniki Storm 
Damage Restoration 

1995 Rate Base, Operating 
Income 

1995 Rate Base, Operating 
Income 

1995 Rate Base, Operating 

1996 Self-Insured Property 
Income 

Damage Reserve 

Electric Company 
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Utility party Year Areas Addressed 
Docket/Case Jurisdiction Agency Number Represented 

GTE Hawaiian Hawaii 
Telephone Co., 
InC. 

Oklahoma Gas and Oklahoma 
Electric Company 

Public Service 
Company 

Arizona Telephone Arizona 
Company (TDS) 

0 k 1 ah o m a 

US West Utah 
Communications 

Missouri Gas Missouri 
Energy 

Sierra Pacific Nevada 
Power Company 

Hawaii Electric Hawaii 
Light Co., Power 
Purchase 
Agreement 
(Encogen) 

Kansas City Power Missouri 
& Light Company 

US West New Mexico 
Communications 

Hawaii Electric Hawaii 
Light Company 

US West/ Qwest Arizona 
Communications 

The Gas Company Hawaii 

PUC 

occ 

occ 

ACC 

UPSC 

PSC 

PUCN 

PUC 

MoPSC 

PUC 94-0298 Consumer 
Advocate 

PUD- Attorney 
9600001 16 General 

PUB-00002 14 Attorney 
General 

U-2063-97-329 Staff 

97-049-08 Committee 
of Consumer 
Services 

GR-98- 140 Public 
Counsel 

98-4062 Utility 
98-4063 Consumers 

Advocate 

PUC 98-00 13 Consumer 
Advocate 

EC-99-553 GST Steel 
Company 

NMPRC 3008 PRC Staff 

PUC PUC 99-0207 Consumer 
Advocate 

ACC T-1051B-99- Staff 
105 

PUC 00-03 09 Consumer 
Advocate 

1996 Rate Base, Operating 
Income 

1996 Rate Base, Operating 
Income 

1997 Rate Base, Operating 
Income 

1997 Rate Base, Operating 
Income, Affiliate 
Transactions 

1997 Rate Base, Operating 
Income 

1998 Revenues, 
Uncollectibles 

1999 Sharing Plan 

1999 Keahole CT-4/CT-5 
AFUDC, Avoided 
cost 

1999 Complaint 
Investigation 

2000 Rate Base, Operating 
Income 

2000 Keahole pre-PSD 
Common Facilities 

2000 Rate Base, Operating 

2001 Rate Base, Operating 
Income, Nonreg Svcs. 

Income 
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Utility Year Areas Addressed Docket/Case 
Number Represented Jurisdiction Agency 

Craw-Kan 
Telephone 
Cooperative, Inc. 

Home Telephone 
Company, Inc. 

Wilson Telephone 
Company, Inc. 
SBC Pacific Bell 

JBN Telephone 
Company 
Kerman Telephone 
Company 

S&A Telephone 
Company 
PSI Energy, Inc. 

Arizona Public 

Kansas 

KanSaS 

Kansas 

California 

Kansas 

California 

Kansas 

Indiana 

Arizona 

KCC 

KCC 

KCC 

PUC 

KCC 

PUC 

KCC 

IURC 

ACC 

01-CRKT-713- KCC Staff 
AUD 

200 1 Rate Base, Operating 
Income 

02-HOMT- KCC Staff 
209-AUD 

02-WLST-2 10- KCC Staff 
AUD 
01-09-001 I Office of 

Ratepayer 01-09-002 

Advocate 

02-JBNT-846- KCC Staff 
AUD 
02-0 1-004 office of 

Ratepayer 
Advocate 

03-S&AT-160- KCC Staff 
AUD 
42359 Consumer 

Counselor 
E-10345A-03- ACC Staff 

2002 Rate Base, Operating 
Income 

2002 Rate Base, Operating 
Income 

2002 New Regulatory 
Framework I Earnings 
Sharing Investigation 

2002 Rate Base, Operating 

2002 General Rate Case, 
Income 

Affiliate Lease, 
Nonregulated 
Transactions 

2003 Rate Base, Operating 
Income, Nonreg Alloc 

2003 Rate Base, Operating 
Income, Nonreg Alloc 

2004 Rate Base, Operating 
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REVENUE EXPENSE NET WORKING 
LAG LAG LAG cwc CAPITAL 

DAYS DAYS DAYS FACTOR REQUIREMENT LINE DESCRIPTION AMOUNT 

(1) (2) (3) (4) (5) (6) 
1 FUEL FOR ELECTRIC GENERATION: 
2 COAL 
3 NATURALGAS 
4 FUELOIL 
5 NUCLEAR 
6 AMORTIZATION 
7 SPENTFUEL 

9 
a TOTAL 

10 PURCHASED POWER 
11 TRANSMISSION BY OTHERS 
12 TOTAL 
13 
14 OTHER OPERATIONS 8 MAINTENANCE: 
15 PAYROLL 
16 SNERANCE 
17 PENSION AND OPEB 
18 EMPLOYEE BENEFITS 
19 PAYROLLTAXES 
20 MATERIALS 8 SUPPLIES 
21 FRANCHISE PAYMENTS 
22 VEHICLE LEASE PAYMENTS 
23 RENTS 
24 PAL0 VERDE LEASE 
25 
26 INSURANCE 
27 UNCOLLECTl8LE ACCOUNTS 

29 TOTAL 
30 
31 DEPRECIATION 8 AMORTIZATION 
32 M O R T  OF ELECTRIC PLT ACQ ADJ 

34 TOTAL 
35 

37 CURRENT: 
38 FEDERAL 
39 STATE 
40 DEFERRED 
41 TOTAL 
42 
43 OTHER TAXES: 
44 PROPERTYTAXES 
45 SALESTAXES 
46 TOTAL 
47 
48 TOTAL 

PAL0 VERDE SR GAIN AMORT 

2a OTHER 

33 AMORT OF PROP LOSSES a REG STUDY COSTS 

36 INCOME TAXES: 

157.018.541 
75.641,831 
1.220.091 

3 1.25 1,46 1 

343,858,302 
10.742,660 
354.600.962 

21 3.167.640 
28.223.377 
19.989.248 
16.752.698 
13,328,087 
40,910,931 
28,932,439 
7,228,287 
4.962.688 
45.202.210 
(4.575.722) 
2,430,999 
2.680.484 
76,612.102 
495,045,469 

284.659.929 
15,443,124 
99.536.541 
399,639,594 

(61,961,636) 
(17,996,536) 
206,767,266 
126.807.094 

103,969,716 
3.955.025 

107.924.741 

1,758,246,484 

4 1.8 1069 
41.81069 
41.8 1069 

4 1.81 069 
41.81069 

41.81069 
41.81069 

41.81069 
41.81069 
41.8 1069 
41.81 069 
41 .a1069 
41.81069 
41.81069 
41.81069 
41.81069 
41.81069 
41.81069 
41.81069 
41.81069 
41.81089 

41.a1069 
41.81069 
4 1.81069 

41.81069 
41.81069 
41.81069 

41.81 
0.00 

30.86168 10.94901 
4 1.62912 0.18 156 
27.40279 14,40790 

0.00000 41.81069 
76.37500 -34.56431 

37.83806 3.97263 
34.02490 7.78579 

18.44744 23.36325 
0.00000 41.81069 
0.00000 41.81069 
17.02000 24.79069 
13.98000 27.83069 
29.34000 12.47069 
68.19607 -26.38538 
38.09947 3.71122 
-31.71 012 73.52081 
53.29167 -1 1.48098 
0.00000 41.81069 
O.OOOOO 41.81069 
0.00000 41.81069 
37.55000 4.26069 

O.OooOO 41.81069 
0.00000 41.81069 
O.OOOO0 41.81069 

60.05OOO -18.23931 
62.34755 -20.53686 

O.OOOO0 41.81069 

212.82 -171.01 
0.00 0.00 

0.03000 
0.00050 
0.03947 

0.11455 3.579.855 
6.09470 

3.579.855 

0.01088 
0.02133 

0 

0.06401 
0.11455 
0.1 1455 2.289.768 
0.06792 
0.07625 
0.03417 
-0.07229 
0.01017 
0.20 143 
-0.03145 
0.11455 (524.149) 
0.11455 
0.11455 
0.01 167 

1,765.6 I9 

0.1 1455 32,607.795 
0.11455 1.769,010 
0.1 14% 1 1,401,911 

45.778.716 

6.04997 
6.05627 
0.1 1455 23,685190 

23.685.190 

-0.46851 
0.00000 0 

0 

74.809.380 

* CWC is rounded to 5 digits. 

LLR-WP2 10 /400 
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Mountain States TeleDhone and Telegraph Company 
[Decision 53849; Page 18; Docket No. E-I 051-83-035; December 22, 19831 

area of cash working capital. Both parties utilized a modified “formula” method. The 
Commission has on several occasions indicated the numerous problems associated with the 
“formula” method of determining cash working capital. See Decision Nos. 531 74 (August 1 1, 1982), 
53612 (June 15, 1983), and 53665 (July 27, 1983). Mountain States should consider itself 
forewarned that no allowance for cash working capital will henceforth be permitted to 
Mountain States unless supported by a valid “lead-lag” study. 

States agreed that the usual “formula” had to be modified by an allowance for the fact that Mountain 
States receives local service revenues in advance of rendering local service, a situation contrary to 
that prevailing with other types of public service corporation. Staff further adjusted the “formula” to 
reflect the greatly deferred payment schedule for various state and federal taxes as well as the lag 
in interest payments. Mountain States opposed both adjustments, contending that Staff was 
“double-dipping” since an allowance had already been made for prepaid revenue. We disagree. 
There is no double counting since the pre-payment of revenue and the deferral of expense are two 
(2) separate items. Simply because both indicate a lower cash working capital requirement does 
not make out a case for ”double-dipping.” 

In Decision No. 53761 , the Commission, after considerable debate by the parties therein, 
concluded that interest was not a proper deduction in a “lead-lag” calculation of cash working 
capital. Upon further analysis, we are now convinced that Decision No. 53761 was in error in that 
determination. To the extent that the interest payment lag contributes to the common equity return, 
it is subsumed in our market derived cost of common equity. Although interest is a non-operating 
expense, we find that this is not dispositive. Accrued but unpaid interest represents a 
consumer supplied source of cash working capital and should properly be treated as such. 
Any remaining difference between the Commission’s determination of a reasonable allowance for 
cash working capital and that of Mountain States is attributable to the different level of operating 
and interest expense utilized in the “formula” as modified herein. 
[Emphasis Added] 

Needless to say, the primary discrepancy between Staff and Mountain States came in the 

In the instant matter, the Commission is bound by the record at hand. Staff and Mountain 

Mountain States TeleDhone and Telearaph Company 
[Decision 54843; Page 27; Docket No. E-1051-84-100 et at.; January I O l  19861 

We are in no such quandary when it comes to cash working capital. The Commission has 
repeatedly rejected the inclusion of non-cash items such as deferred taxes and depreciation 
in cash working capital. Moreover, Staff erred in its exclusion of interest expense from the 
calculation of cash working capital. The Commission has admittedly taken conflicting 
positions on this issue in previous Decisions. However, in Decision No. 53849, the 
Commission finally concluded that the classification of interest expense as a non-operating 
expense did not preclude its inclusion in a cash working capital “lead/lag” study. Intervenor 
Phoenix has utilized its calculation of pro forma interest expense (derived through “interest 
synchronization”) to reduce recommended cash working capital to a negative figure. See Phoenix 
Exhibit No. 2. The concept of negative cash working capital was expressly approved by the 
Commission in Decision No. 53761. 
[Emphasis Added] 
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Arizona Public Service 
[Decision 55931 ; Page 66; Docket Nos. U-I 345-86-062, U-1-5-85-367; April 1, 19881 
6. Cash Workina Capital 

As previously mentioned, APS performed a leadlag study of its cash working capital 
requirements. Although this study showed a requirement of $34,706,000, APS made no adjustment 
to include cash working capital in rate base. Thus, its proposed requirement is zero. APS witness 
Post testified that APS made this proposal to be consistent with Decision No. 55228 which held 
cash working capital at zero (in the absence of a lead/lag study), to minimize any Palo Verde rate 
increase, and to reduce the number of issues to be addressed in this case. (Ex. A-27 at 36.) Both 
FEA witness Miller and Staff witness Brosch recommended a negative cash working capital. 

The fundamental reason for the difference between APS’s calculation and those of 
the FEA and Staff is the treatment of “noncash” items, such as deferred taxes and 
depreciation. Although the argument is somewhat more difficult to follow with respect to deferred 
taxes (they represent taxes which will be paid in the future), we agree with APS that depreciation 
accounting represents the return of a cash outlay it made at the time it acquired utility assets. Thus, 
use of the term “non-cash item” may be a misnomer if read literally. However, neither depreciation 
nor deferred taxes require the expenditure of cash at the time the expense is recorded and thereby 
charged to the customers. They are not ”current“ cash expenses. We have repeatedly rejected 
the inclusion of deferred taxes and depreciation in the calculation of current cash working 
capital requirements. We have also finally concluded that interest expense should be 
included in a leadllag study, and we have expressly approved the concept of negative cash 
working capital. E.g., Mountain States Tel. & Tel. Co., Decision No. 54843 (January 10, 1986). 
Therefore, in this case we have used the Staffs negative cash working capital requirement of 
($46,757,000) in our rate base determination. 
[Emphasis Added] 

Citizens Utilities Company 
[Decision 56807; Page 41; Docket No. U-1954-88-102 et a!.; February 19901 
8. Cash Workinca CaDital 

Citizens did not include any cash working capital allowance in its OCRB and opposed the 
use of a lead/lag study. 

With respect to the cost and benefits of a leadllag study, the annualized intrastate cost of 
Citizens’ study which will be reflected in rates is $5,095. On the other hand, as a result of Citizens’ 
study and the Staff and RUCO adjustments, our cash working capital determination is a negative 
$593,514, rather than zero (which was used in Citizens’ last rate case, in the absence of a lead/lag 
study). This rate base adjustment represents approximately $97,500 in gross annual revenues. 
Thus, although for a company of Citizens’ size, the benefit of a lead/lag study is not substantial, the 
benefit does outweigh the cost. Further, Citizens is a rapidly growing company and, with 
experience, the cost of preparing a lead/lag study should decline, if only because not all of the 
IeadAag days need to be recomputed for every study. 

In Decision No. 55493, we discussed the benefits of a case-by-case approach to leadllag 
studies. Citizens has not presented herein any new arguments or information which would warrant 
abandonment of that approach in favor of the use of a zero cash working capital requirement for 
Citizens (and presumably all of the larger utilities) pending completion of unnecessary and counter- 
productive rule making proceedings. 

In summary, we agree with Staff and RUCO on the use of a leadlag study in this 
proceeding and will not change our previous order requiring Citizens to prepare and include the 
results of a lead/lag study in its general rate applications. Further, our cash working capital 
adjustment to Citizens’ OCRB reflects Staff’s intrastate approach, adjusted to reflect any 
differences in revenues and expenses as determined hereinabove and inclusion of rate case 

... 
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expense, the RUCO adjustments to the revenue and expense lags and the minimum bank and 
working funds balances, and inclusion of interest expense based on our determination of 
Citizens’ OCRB and embedded cost of debt. 
[Emphasis Added] 

Southwest Gas Corporation 
[Decision 57075; Page 45; Docket No. U-1551-89-102, et al.; August 31, 19901 - 
B. CASH WORKING CAPITAL 

1. Non-Cash Items 
Applicant, Staff, and RUCO relied upon leadnag studies to calculate the cash component of 

the working capital allowance for the Central and Southern divisions. The primary difference 
between the studies involves the treatment accorded non-cash expense items and interest 
expense. Staff excluded from its calculation those expenses which do not require current 
period cash payments, Le., depreciation expense, deferred income tax expense, and return 
on equity capital, and included interest expense to capture its working capital effect 
although it is classified as a non-operating expense. RUCO agrees that the non-cash items 
should be excluded. 

Applicant contests the exclusion, but the opposition need not detain us. The 
Commission has repeatedly held that the determination of the cash working capital 
requirement does not properly encompass non-cash items. The Commission has also found 
that accrued but unpaid interest, as a customersupplied source of cash working capital, is a 
proper deduction in the leadlag calculation. See, e.g., Mountain States Telephone and 
TelearaDh Company, Decision Nos. 53849 (December 22, 1983) and 54843 (January I O ,  1986); 
A&, Decision No. 55931 (April 1, 1988); and m, Decision No. 55659 (October 24, 1989). 
Applicant has presented no arguments which persuade us to depart from this precedent. 

working capital erroneously used adjusted income statement amounts rather than unadjusted test 
year values. As Staff witness Brosch explained, consistency requires that the income statement 
amounts used for purposes of the leadllag study be synchronized with the adjusted amounts used 
elsewhere in the revenue requirement calculation. RUCO also used adjusted amounts in its 
leadllag study. 

methodology Staff followed. 

Applicant’s proposed cash working capital by approximately $9.1 million and result in a negative 
component of approximately $3.9 million. 

million and produce a negative cash working capital component of approximately $2.2 million. 
[Emphasis Added] 

2. Other Methodological Issues 
Applicant maintains that the leadllag methodology followed by Staff to determine cash 

... 
For the reasons articulated by Mr. Brosch, the Commission will adopt the lead/lag 

3. Cash Workinn Capital Summary 
For the Central division, the foregoing adjustments adopted by the Commission will reduce 

For the Southern division, the adjustments reduce Applicant’s figure by approximately $3.9 
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Southern Union Gas 
[Decision 57396; Page 12; Docket No. U-1240-90-051; May 24, 19911 
A. Cash Workinn Capital 

... 
2. RUCO Adiustment 
In its post-hearing briefs and in late-filed Ex. RUCO-9, RUCO refers to a $1 61,262 reduction 

to cash working capital as being an adjustment remaining in dispute. According to Ex. RUCO-2, pg. 
15, this “working cash adjustment reflects [Commission] precedent because it results mainly from 
including the lag effect of long term-bond interest, as required by the Commission in [Southwest] 
and previous decisions.” However, Staff’s working capital adjustment, as accepted by 
Southern Union, already recognizes the interest on long-term debt. RUCO has provided no 
explanation of whether or how its adjustment differs from that sponsored by Staff. The Commission 
will, therefore, reject RUCO’s adjustment because it lacks foundation. 
[Emphasis Added] 

Southwest Gas Corporation 
[Decision 57745; Page 19; Docket No. U-I 551 -90-322; February 28, 19921 
I. Cash Workina CaDital 

RUCO and Staff responded by filing leadllag studies. The Commission in Decision No. 57075 had 
relied upon such studies to calculate the working allowance for the Company’s Central and 
Southern divisions and determined both were in excess of a negative $4 million. In this case, Staff 
and RUCO calculated the cash working capital to be a negative $3,734,000 and a negative 
$2,408,652, respectively. 

As in the previous case, Applicant was critical of Staff and RUCO’s cash working capital 
because it did not take into consideration certain “non-cash” items such as depreciation. As we 
stated in Decision No. 57075 as well as other Decisions cited therein, the calculation is for 
“cash working capital” and not “cash and nontash working capital”. Similarly, as we stated 
in Decision No. 57075, “Applicant has presented no arguments which persuade us to depart from 
this precedent.” Since Staff simply updated the cash working capital amount approach in Decision 
No. 57075, we will approve Staffs recommended cash working capital. As a result of criticism by 
the Company regarding Staffs adjustments to prepayments, Staff revised its calculations and 
reduced its negative cash working capital to $3,680,000. 
[Emphasis Added] 

In its initial filing in this case, the Company asserted a zero working capital requ st. Both 

Southwest Gas Corporation 
[Decision 58377; Page 12; Docket No. U-1551-92-253; August 13, 19931 - 

Workinq Capital 
Based on its leadllag study, the Company determined its cash working capital requirement 

was ($2,513,921). This amount was then offset by $2,339,698 of prepayments and $1,761,907 for 
materials and supplies to arrive at the Company’s proposed working capital of $1,587,684. Staff 
proposed a reduction to the Company’s cash working capital in the amount of $1,521,237 and a 
reduction to prepayments in the amount of $433,183. RUCO proposed a reduction in cash working 
capital in the amount of $268,324 and a reduction to prepayments in the amount of $883,412. 

Staff was critical of the Company for using unadjusted test year values in the 
Company’s lead/lag study in calculating cash working capital. Accordingly, Staff modified 
the study to include adjusted TY amounts. Staff was also critical of the Company for 
assigning zero lag to items amortized into expenses. According to Staff, such treatment is 
inappropriate because it nets a cash item with a non-cash item. Included in the Company’s 
proposed cash working capital were the average cash balances related to working funds, petty 
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cash, and cash held by depository banks. Both RUCO and Staff eliminated these average cash 
balances from the cash working capital requirements. Staff indicated that the cash balances are 
funds provided by ratepayers while RUCO indicated inclusion of cash balances was not consistent 
with the use of leadllag study. In response, the Company indicated the cash balances did 
represent stockholder funds in providing service to ratepayers. In addition, the Company indicated 
similar balances had been included in the Company’s last five Arizona rate cases. 

We generally concur with Staffs modification of the Company’s lead/lag study. 
However, we concur with the Company that a reasonable amount of cash-on-hand is appropriate. 
There has been no evidence presented to demonstrate that the Company’s average cash balances 
are unreasonable. Accordingly, we will reject Staff and RUCO’s proposed $227,616 removal of the 
Company’s average cash balances. Based on all the above, we find the Company’s proposed cash 
working capital should be reduced by $1,293,621 with a result of ($3,807,542). ... 
[Emphasis Added] 

Tucson Electric Power Company 
[Decision 58497; Page 26; Docket No. U-1933-93-006 et al.; January 13, 19941 
M. Cash Working Capital 

TEP proposed a negative cash working capital (“CWC”) in the amount of $16,389,000. 
Staff, RUCO, and JSA all proposed adjustments to the Company’s requested CWC. 

JSA recommended that if TEP is allowed to retain the net cash proceeds from its settlement 
agreement with Southern California Edison Company (“SCE”) then TEP’s CWC should be reduced 
by a like amount. According to JSA, this treatment should continue until ratepayers receive $27.6 
million of refunds. 

In response, the Company indicated this is a “non-current” cash transaction and as such 
should not be included as part of CWC. 

We concur with the Company. As will be more fully discussed later, the Company’s 
shareholders bore the risk and cost of pursuing the SCE litigation and should receive 100 percent of 
the cash benefits. 

The MSR Option gain is being amortized as a credit to retail revenues. The unamortized 
balance of the revenues is not included as a rate base deduction since the gain was increased to 
allow for an implicit carrying charge to compensate for the time value of money. According to 
RUCO, the amortization is a non-cash transaction which is excluded from rate base. As a result, 
RUCO concluded that TEP’s attributing $1.9 million of cash working capital to the MSR revenue 
was wrong and should be adjusted to zero. 

In response, the Company indicated it has excluded all “nonturrent” cash 
transactions. As a result, the Company excluded the MSR revenue credit as well as a 
number of %on-cash” expense debits. According to the Company, the debits and credits should 
be treated consistently. We concur with the Company. 

TEP deposits funds in a special account to match anticipated medical payments on claims in 
process. Once notified that payment is due on claims, the Company records the medical expense 
and reduces the balance in the special account. There were, on average, 19.3 days from the time 
funds are deposited in the special account until the Company is notified that payment is due on 
claims. The Company included the 19.3 days as part of its payment lag period of 66.62 days. 

Staff deducted the 19.3 days from the payment lag period. According to Staff, the expense 
is incurred at the time medical services are provided and that is the date from which to measure the 
payment lag. 

ratepayers were providing cost free funding of medical expenses. TEP asserted it is Company 
funds that are being used to fund the medical expenses. As a result, TEP requested Staffs 
adjustment be denied. 

... 

In response, the Company indicated that Staff was erroneously assuming that the 
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We concur with Staff. The proper payment lag time should be measured from the date the 
expense is incurred. 

Staff proposed to measure the expense lag used in the CWC study from the date an 
expense is incurred by the Company. The Company objected to Staffs approach and argued the 
expense lag should be based on the date the cost of service is recorded. Although TEP disputed 
Staffs concept, the Company indicated it could agree as long as Staff utilized the same concept for 
both revenue recovery and expense payment lags. 

In response, Staff indicated that the revenue lag is not necessarily affected by the expense 
lag. According to Staff, the revenue lag is measured from the date service is provided to the 
customer. We concur with Staff. 
[Emphasis Added] 

Citizens Utilities Company 
[Decision 60172; Page 19; Docket No. E-1032-95-417 et al.; May 7, 19971 
E. Cash Working Capital 

Both Staff and RUCO proposed adjustments to the Company’s cash working capital, a 
number of which were accepted by the Company, including adjustments to expense lead or lag 
days with salaries and wages, pumping power expense, administrative office expense, insurance, 
injuries and damages expense, and other taxes. The Company also accepted inclusion of 
interest expense in the lead lag study at a 90-day lag and also removed preliminary survey and 
investigation (“PS&I) charges from the working capital balance. Staff and RUCO agree that the 
revenue lag should be reduced by one day to reflect the Company’s new lock box program which 
will allow customers to pay their bills through the bank rather than remitting them directly to the 
Company. Staff and the Company have agreed to certain increases to expense lags to reflect 
check clearing lags and have revised the pension lag expense to reflect an actual contribution 
made by Citizens to the pension trust. We will adopt those adjustments. RUCO recommends that, 
consistent with past Commission decisions, including Decisions Nos. 58360 and 58664, the 
Commission should exclude $83,354 in rate case and deferred TARGET: Excellence expenses 
from the cash working capital component. We agree with RUCO. 

cash working capital. RUCO notes that these two asset items have never been included in the 
calculation of cash working capital in any prior Commission decision. Staff notes that with the 
exception of only Sun City Sewer, there is a negative cash working capital requirement and to 
include a cash balance in the cash working capital requirement for these companies would grant 
them a return on cash when they have no cash requirement. We agree with Staff and RUCO’s 
adjustment to remove cash balances. 

We note that RUCO believes that the Company’s sampling method for determining the lag 
for the O&M, administrative and general expense category analyzed too few invoices and does not 
capture the various types of expenses contained in the category. While we will not adopt RUCOs 
adjustment in this proceeding, we expect the Company to address the issues raised by RUCO in its 
next lead/lag study. 
[Emphasis Added] 

Staff and RUCO proposed that cash balances should be removed from the determination of 
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UTI-12-299 (Reference: APS’ response to UTI 1-77, part i) It appears that incentive compensation 
was awarded in 2002 “even though the threshold earnings level was not achieved”, at the 
discretion of the Board of Directors. Please provide the following: 

a. Please confirm this understanding. 

b. State the specific measure of “threshold earnings” that was required, but not 
achieved, and the corresponding amount of actual “earnings” that was achieved. 

C. Explain how the amount of the “partial payout” was determined and applied to 
individual employees. 

d. What considerations by APS caused it to conclude that such partial payout 
amounts were reasonable for inclusion in the Company’s asserted revenue 
requirement? 

e. What amount of incentive compensation expense would be incurred if zero 
percentage was allowed in 2002 for the “Company Plan” element of the incentive 
formula, instead of the deemed amount reflected in the “2002 Pinnacle West 
Employee Incentive Plan Results” documentation? 

RESPONSE: 
a. You are correct. 

b. Threshold earnings for 2002 were established as $293,000,000. Actual earnings 
from our 2002 Annual Report were $149,408,000. 

C. The Board determined to pay incentive based on 50% of the individual business 
unit performance achievement, plus the 1% adder for frontline employees based 
on achieving the 2002 fourth quarter customer satisfaction survey targeted 
performance level. 

d. Please see attached letter from Bill Post RC02413 to all employees dated January 
23,2003, outlining a number of specific considerations supporting the inclusion 
in the revenue requirements calculation, all of which affect the provision of 
electric service to APS customers. 

e. For 2002, the only portion of the Company plan element of the incentive formula 
that was paid out was the frontline 1% adder based on the customer satisfaction 
survey targeted performance level. This specific amount is not available, but an 
approximate estimate of its impact on 2002 costs would be $1.9 million. 

Witness-Donald Robinson 
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PI WAC LE WEST 
C A P I T A L  C O R P O R A T I O N  

January 23,2003 

To all employees: 

The Board of Directors has approved incentive awards for 2002. Your check is enclosed. You 
will note.your total incentive is significantly reduced compared to recent years. This is due to a 
financial performance that was not what‘ we’d hoped. 

The year 2002 wasn’t an easy one for us - with critical regulatory issues, the consolidation of the 
company under APS, power plant start-ups, cost containment efforts and voluntary staff 
reductions. While our financial performance suffered, we did meet operational performance 
goals. 

I realize it is late January and we are already focused on the challenges of 2003, but I would 
encourage you to take a brief moment to reflect on last year’s accomplishments: 

a We continued to work safely - reducing the number of preventable recordable accidents for 
the second consecutive year. 
We improved customer satisfaction numbers, as measured by an independent third party. 
We quickly changed course and turned this company from one preparing for competition to 
essentially a vertically integrated utility, as mandated by the Arizona Corporation 
Commission. 
We met the electricity demands of a rapidly growing region. 
We constructed new power plant additions - on time and under budget. 
We achieved record power plant production. 
We negotiated a new and mutually beneficial union contract. 
We earned a number two ranking out of the 28 electric utilities listed in the S&P 500 for our 
environmental performance, by international investment advisory fm Innovest. 

Your hard work has helped position our company for a strong fbture. More challenges await us. 
We must remain vigilant and find ways to do more with less, while continuing to operate safely 
and maintaining a customer focus. I believe the best for our company is yet to come, and I expect 
to soon return to the kind of financial performance to which we are accustomed. 

Thank you again for your hard work in 2002. I look forward to greater things in 2003. 

Bill Post 

RC02413 
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UTI-1 7-33 1 Ref. APS Attachment LLR-3 & Workpaper LLR-WP2 (CWC-Sales Tax). 
Please provide the following information regarding A P S ’  accounting (Le., 
billing customers and remitting payment) for sales taxes: 

Are APS’ retail sales to utility customers subject to sales taxes? If 
so, please identify, with specificity, those revenue streams that are 
and are not subject to sales taxes. 
Please describe APS’ accounting for sales taxes, including: billings 
to customers, collections fiom customers, payments to taxing 
authorities, recording liabilities, recording expenses, etc. [Note: 
The response should idenw FERC accounts in which transactions 
are recorded.] 
Does APS record a liability for sales taxes? If so, please provide 
the liability balance by FERC account by month during and 
subsequent to the test year. 
When does APS first recognize the liability for sales tax (e.g., 
midpoint of service period, meter read date, billing date, etc.)? 
Please explain. 
Please describe when APS payments are due for sales taxes in 
relation to the date bills are processed for customer billing. 
For the 2002 test year, please provide the amount of sales taxes 
paid by APS on retail sales to utility customers. 

APS is liable for transaction privilege tax on all customer revenue classes 
except the following: 

1. 

2. 
3. 

Non-profit health care organizations, so designated by the State 
of Arizona; 
Native Americans living on the reservation; and 
Environmental Technology facilities, so designated by the 
Arizona Department of Commerce. 

See entries attached at RC02484. 

See attached RC02484: 

APS recognizes and accrues a liability for sales tax upon billing the 
customer. 
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II, 
Q e E-01345A-03-0437 

e) For sales taxes on retail sales to utility customers, APS is on an accrual 
basis. Therefore, APS amrues the tax upon billing and remits the tax to 
the taxing authority by the 25* of the month following billing. Receipt 
of payments from customers is dependent upon actual payment by 
customer. 

A P S  paid a total of $128,602,576 in state and locaI privilege taxes on 
retail sales to utility customers in 2002. 

f )  
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Q '  
e * UTI-17-331 (b) 
(I) A PS' Accounting for Customer Utility Service Transactions 

(Numbers are used for example only) 
Fen2 
Acct Account Description DR CR 

1420 Customer Accounts Recvble 108 
4400 Residential sales revenue 100 
408 1 Sales Tax Expense 8 

Customer is billed and receivable is booked 

4081 Sales Tax Expense 
2360 Sales Tax Accrual - CIS 

8 
8 

Sales tax expense is reclassed to accrual by CIS system 

1310 Cash 108 
1420 Customer Accounts Receivable 108 

Funds are colleded on customer accounts 

2360 Sales Tax Accrual - CIS 8 
1310 Cash - Statelcounty tax 6 
1310 Cash - City tax 2 

Sales tax p a p  ent to faxing authorities 

Customer billings are created on a daily basis by CIS, therebypassing and uploading 
revenues, expenses, and receivables to the general ledger system. 
The sale tax liability is recorded in the month of customer billing. 

Trial 
Balance 

1420 Customer Accounts Recvble 0 
4400 Residential sales revenue -100 
4081 Sales Tax Expense 0 
2360 Sales Tax Amual - CIS 0 
7310 Cash 700 
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UTI-178-331 ( C) m a Sales Tax Liability Account 
*Ferc Acct 2360 

Acct Balance 

*January 
e e b n r a r y  

@June 
July 

*August 

2002 (7,496,183.77) 
2002 (6,880,247.76) 
2002 
2002 
2002 
2002 
2002 
2002 
2002 
2002 
2002 
2002 
2003 
2003 
2003 
2003 
2003 
2003 
2003 
2003 
2603 
2003 
2003 

1 

(6,120,859.13) 
(6,723,861.82) 
(7,580,007.03) 
(5,496,542.17) 

(12,359,525.79) 
(12,464,655.62) 
(12,113,284.14) 
(9,498,317.46) 
(6,221,031.61) 
(6,541,187.85) 
(7,117,243.80) 
(6,440,409.00) 
(6,354,599.41) 
(5,950,92 1.90) 
(6,988,572.98) 
(5,638,823.21) 

(11,745,233.08) 
(1 3,887,314.68) 
(1 3,254,634.56) 
(1 0,841,695.49) 
(7,601,852.39) 
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Schedule 
No. Description Witness 

A 

B 
B- 1 
8-2 
B-3 
8 4  
8-5 
B-6 
B-7 
B-8 

C 
c-I 
c-2 
c-3 
C-4 
c-5 
C-6 
c-7 
C-8 
c-9 

c-10 
c-I 1 
c-I 2 
C-I 3 
C-I 4 
c-I 5 
C-I 6 
C-I 7 
C-I 8 
c-I 9 
c-20 
c-2 1 
(2-22 
C-23 
C-24 
(2-25 

D 

E 

Revenue Requirement Summary 

Rate Base Summary 
Allocations Utilizing Peak & Average Methodology 
Reverse Company's PWEC Adjustment 
1999 Settlement Agreement Writedown 
Deferred PacifiCorp Gain 
Eliminate Capitalized Vehicle Lease 
Net Unamortized Loss on Reacquired Debt 
Cash Working Capital 
Reserved 

Net Operating Income Summary 
Allocations Utilizing Peak & Average Methodology 
Reverse Company's PWEC Adjustment 
1999 Settlement Agreement Write-down 
Eliminate O&M Costs in APS Proposed Customer Annualization 
Remove Depreciation Expense on Leased Vehicles 
Adjust APS' Proposed Property Tax Expense 
Eliminate Non-Recurring Mainframe Computer Lease 
LaCapra's Fuel & Purchased Power Costs - w/o PWEC Units 
Eliminate Economic Development Costs 
Nuclear Decommissioning 
Majoros Depreciation Expense Adjustment 
Severance Adjustment 
Wages & Salaries Adjustment 
Union Contract Signing Bonus 
Incentive Compensation Adjustment 
Eliminate Test Year DSM Expenses 
Advertising & Marketing Adjustment 
Income Tax AZ State Credit & Non-deductible Meals / Entertainment 
Income Tax interest Synchronization 
Reserved - Excess Deferred Income Tax Expense ARAM Protected 
Schedule 1 Tariff Changes 
Reverse APS' Proposed 5 Year Amort. Of Regulatory Assets 
Eliminate Contributions to Civic and Charitable Organizations 
Amortize Gains on Sales of Property 
Reserved 

Cost of Capital Summary 

Reconcilation of Postions 

Dittmer 

Dittmer 
Dittmer/L.Smith 
Dittmer/Salgo 

Dittmer 
Dittmer 
Dittmer 
Dittmer 
Carver 

Dittmer 
Dittmer/L.Smith 
Dittmer/Salgo 

Dittmer 
Dittmer 
Dittmer 
Dittmer 
Dittmer 

Dittmer/D.Smith 
Dittmer 

DittmerlJudd 
Dittmer/Majoros 
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Carver 
Carver 
Carver 

DittmerlRei ker 
Dittmer 
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Dittmer 
Dittmer 
Dittmer 

Reiker 

Dittmer 
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Line 
No. 

1 
2 
3 
4 
5 

6 
7 
8 
9 
10 
11 
12 
13 
14 

15 
16 
17 
18 
19 
20 
21 
22 

23 

- 

ARIZONA PUBLIC SERVICE COMPANY 
Adjust APS' Proposed Retail Jurisdictional Rate Base Utilizing Peak & Average h,dthodology 

ACC Jurisdictional for Adjusted Test Year Ended December 31,2002 

ACC Jurisdictional at Company's 
Revenue Requirement Request 

Average & Four CP Adjustment 
Description Peak (LCA 2.33) (APS Sch. B-I) (Col. b - c) 

(a) (b) ( c )  (dl 
Electric Plant in Service $ 7,617,042 7,651,373 $ (34,331) 
Gen'l & Intan. Plant 
Total Gross Plant 

564,252 565,828 (1,575) 
8,181,294 8,217,200 (35,906) 

Less: Depre Reserve 3,083,459 3,097,95 1 (1 4,491) 
Net Plant in Service $ 5,097,835 $ 5,119,249 $ (21,414) 

Deductions 
Accum. Def Inc. Taxes $ 1,279,448 $ 1,285,277 $ (5,829) 
Investment Tax Credits 
Customer Adv. for Constr 45,513 45,513 - 
Customer Deposits 39,865 39,865 - 
Pension Liability 
Other Deferred Credits 171,547 172,549 (1,003) 
Unamort. Gains - Sale of Plt 58,955 59,381 (426) 
Total Deductions $ 1,595,327 $ 1,602,585 $ (7,258) 

Additions 
Reg. AssetslLiabilities Net 
Miscellaneous Deferred Debits 
Depre. Fund - Decom. 
Working Cash 
M&S, Prepayments 
Proforma Adjustments 
Total Additions 

Total Rate Base 

299,822 299,822 

191,608 191,608 - 
26,884 26,959 (75) 

52,849 52,980 (131) 
119,081 1 19,443 (362) 

690,243 . 690,812 (568) 

$ 4,192,751 $ 4,207,476 $ (14,725) 
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H. Salgo Page 1 of 1 
ARIZONA PUBLIC SERVICE COMPANY 

Adjustment to Reverse APS' Proposed Inclusion of PWEC Assets in Retail Rate Base 
ACC.Jurisdictiona1 for Adjusted Test Year Ended December 31,2002 

Witness: J. Dittmer Schedule 8-2 

. I  

Total Jurisdictional Jurisdictional 
Company Allocation PWEC 

[APS Spreadsheet Factors - Rate Base 
"ProFormaModel Peak & Adjustment 

Description (2002)RateBasel'"j Average (Col a X b) 
(a) (b) ( c )  (dl 

Plant in Service 
Production - Demand $ 999,036,000 0.99110 $ 990,144,580 
Transmission - Demand 22,850,000 0.79167 18,089,606 

Total Plant in Service $ 1,021,886,000 $ 1,008,234,186 

Accumulated Depreciation 
Production - Demand $ 72,315,000 0.991 10 $ 71,671,397 
Transmission -- Demand 1,080,000 0.79167 855,OO 1 

Total Accum. Depre. $ 73,395,000 72,526,398 

Reduction in Net Plant 
in Service $ 948,491,000 

Accumulated Deferred Taxes 
Production -- Demand 
Transmission -- Demand 

Total 

Total Rate Base 
Reduction 

$ 935,707,788 

$ 52.51 7,000 0.991 10 $ 52,049,599 
865,000 0.79167 684,793 

$ 53,382,000 $ 52,734,391 

$ 8953 09,000 $ 882,973,397 



Witness: J.Dittmer 
H. Salgo 

ARIZONA PUBLIC SERVICE COMPANY 
Adjustment to Reverse APS' Proposed Reinstatement of 

A Previous Plant Write Down Made Pursuant to a 
1999 Settlement Agreement 

Schedule 8-3 
Page 1 of 1 

Line 
No. 

Amount 
All ACC 

Description Reference Jurisdictional 
(a) (b) ( c )  

Reverse Company's Proposed 
Reinstatement of the 1999 
Settlement Agreement Write Down 

APS Schedule 8-2 
Deferred Debit Page 2 of 3 $ (234,000,000) 

Related Accumulated Deferred APS Schedule B-2 . 
Income Taxes Page 2 of 3 $ 92,242,800 

Net Rate Base Adjustment Line 2 + Line 3 $ (141,757,200) 



Witness: J. Dittmer 

ARIZONA PUBLIC SERVICE COMPANY 
Adjustment to Reflect Gain from PacifiCorp 

Transactions as a Rate Base Offset 

Line 
No. 

1 
2 

3 
4 

5 
6 

7 
8 

9 
10 

11 
12 

* 13 
14 

Descridion Reference 

Deferred Gain from PacifiCorp 
Transaction -- Total Company 

Production Demand Allocator 
Peak and Average Method 

Jurisdictional Deferred Gain from 
PacifiCorp Transaction 

Total Company Related Accumulated 
Deferred Income Taxes 

Production Demand Allocator 
Peak and Average Method 

Jurisdictional Related Accumulated 
Deferred Income Taxes 

Net Jurisdictional Rate Base 
Adjustment 

(b) 

APS WIP 
cnf-wp3 

Line 2 X 4 

APS WIP 
cnf-wpl 

Line 8 X 10 

Line 6 + 12 

Schedule B-4 
Page 1 of 1 

Amount 
( c )  

$ (20,748,000) 

99.110% 

$ (20,563,343) 

$ 8,218,000 

99.11 0% 

$ 8,144,860 

$ f 12.41 8.483) 



Witness: J. Dittmer Schedule B-5 
Page 1 of 1 

ARIZONA PUBLIC SERVICE COMPANY 
Adjustment to Eliminate Vehicle Leases Included Within APS' Proposed 

Rate Base That Was Also Included as Operating Lease Expense 

Amount 
Line All ACC 
No. Description Reference Jurisdictional 

(a) (b) ( c )  

1 Capitalized Vehicle Leases Included 
2 Within APS' Total Company 
3 Rate Base UTI-1-51 $ 19,553,407 

4 Composite Wages & Salaries Functionalization 
5 Allocator &Allocation.xls 91 384% 

6 Eliminate ACC Jurisdictional Leases 
7 Included Within APS' Proposed 
8 Jurisdictional Rate Base Line 3 X Line 5 $(17,966,478) 



Witness: J. Dittmer 

Line 
No. 

1 
2 
3 

4 
5 
6 

7 
8 
9 

10 
11 

12 
13 
14 

ARIZONA PUBLIC SERVICE COMPANY 
Adjustment to Eliminate Net Unamortized Loss on 
Reacquired Debt From APS' Proposed Rate Base 

Descriotion Reference 

Unamortized Loss on Reacquired Debt 
Included Within APS' Proposed 
Total Company Rate Base cnf-wp4 

APS Workpaper 

Unamortized Loss on Reacquired Gain 
Included Within APS' Proposed 
Total Company Rate Base cnf-wp4 

APS Workpaper 

Net Unamortized Total Company Loss 
on Reacquired Debt Included Within 
APS' Proposed Rate Base Line 3 + Line 6 

Composite Jurisdictional Wages & 
Salaries Allocator 

Jurisdictional Rate Base Adjustment to 
Eliminate Net Unamortized Loss on 
Reacquired Debt Line 9 X Line 11 

Schedule B-6 
Page 1 of 1 

Amount 
All ACC 

Jurisdictional 

$ 9,127,420 

(1,475,749) 

$ 7,651,671 

91.884% 

$ 17.030.672) 



Wtness: S. Carver 
ARIZONA PUBLIC SERVICE COMPANY 

CASH WORKING CAPITAL 

Schedule 8-7 
Page 1 of 1 

Line Net Lag CWC CWC 
No. Debcription Amount Revenue Lag (c) Expense Lag (Days) Factor Requirement 

(A) (6) (C) (D) (E) (F) (G) 

1 
2 
3 
4 
5 
6 
7 
8 

9 
10 
11 

12 
13 
14 
15 
16 
17 
18 
19 
20 
21 
22 
23 
24 
25 
26 
27 

28 
29 
30 
31 

32 
33 
34 
35 
36 
37 

38 
39 
40 
41 

42 

43 
44 
45 
46 
47 

(a) 
(b) 
(C) 
(d) 

FUFl FOR FI FCTFX GENFRATION 
COAL (d) S 157.018.541 I 40.129401 I 31.62789 
NATURAL GAS 75.641.831 40.12940 41.62912 

40.12940 28.511621 

8.50151 
-1.49972 
11.61778 

0.00000 
-36.24560 

2.29134 
6.10450 

21.68196 
0.00000 
0.oom 

23.10940 
26.14940 
9.83940 

-28.06667 
2.02993 

71.83952 
-1 3.16227 

0.00OOO 
0.ooOOO 
0.00Ooo 
2.57940 

0.00000 
0.00000 
0.00000 

-1 9.92060 
-22.21815 
0.00OOO 

-1 72.68791 
-20.28000 

-53.01693 

0.02329 $ 3,656,962 
-0.0041 1 (310,888) 
0.03103 38,835 

o.ooooo 0 
-0.09930 (823,862) 

2,561,047 

0.00628 2.159.430 

FUEL OIL 
NUCLEAR: 

AMORTIZATION 

(e) 1,220,091 

31,251,461 0.00000 0.00000 
40.1 2940 76.37500 SPENT FUEL 

SUBTOTAL 
8,296,700 

273,428,624 

PURCHASED POWER 343.858.302 40.12940 37.83806 
40.12940 34.02490 TRANSMISSION BY OTHERS 

SUBTOTAL 
10,742,660 

354,600,962 
0.01672 179,617 

2,339,047 

QTHFR OPFRATIONS & MAINTFNANCF 
PAYROLL . 213,167,640 
SEVERANCE 28,223,377 
PENSION AND OPEB (0 I 21,612,000 I 
EMPLOYEE BENEFITS 16,752,698 

40.12940 18.44744 
0 . o m  0.00000 
0 . o m  0.00000 

40.12940 17.02000 

0.05940 
0.00000 
0 . o m  
0.06331 
0.07164 
0.02696 

-0.07689 
0.00556 
0.19682 
-0.03606 
o.ooooo 
o.ooooo 
o.oo0Oo 
0.00707 

12.662.1 58 
0 
0 

1,060,613 
954.824 

1,102,959 
(2,224,615) 

40,189 
976,756 

(1,629.992) 
0 
0 
0 

530,175 
13,473,067 

PAYROLL TAXES 
MATERIALS & SUPPLIE 
FRANCHISE PAYMENTS 
VEHICLE LEASE PAYMENTS 
RENTS 
PAL0 VERDE LEASE 
PALO VERDE S/L GAIN AMORT 
INSURANCE 
UNCOLLECTIBLE ACCOUNTS 
OTHER 
SUBTOTAL 

DEPRECIATION & AMORTIZATION 
AMORT OF ELECTRIC PLT ACQ ADJ 

13;328,087 
(9) 40,910,931 

28,932,439 
7,228,287 
4,962.688 

45.202.210 
(4,575,722) 
2,430,999 
2.680.484 

40.12940 13.98000 
40.12940 30.29000 
40.12940 68.19607 
40.12940 38.09947 
40.12940 -31.71012 
40.12940 53.29167 
0.00000 0.00000 
0.00000 0 . o m  
o.ooooo 0.00000 

40.12940 37.55000 
. .  

74,989,350 
495,845,469 

284,659,929 
15.443.124 

O.OW00 0.00000 
0.00000 o.ow00 
0.00000 0.00000 

0.00000 0 
0.00000 0 
0.00000 0 

n 
AMORT OF PROP LOSSES & REG STUDY COSTS 99,536,541 

SUBTOTAL 399,639,594 

!NCOMF TAXES 
CURRENT: 

FEDERAL 
STATE 

DEFERRED 
SUBTOTAL 

QTHFR TAXFS 
PROPERTY TAXES 
SALES TAXES 
SUBTOTAL 

40.12940 60.05000 
40.12940 62.34755 
o.o0ooo 0.ooOW 

-0.05458 (7,478.529) 
-0.06087 400,613 

(a) 137,014,585 

0.00000 0 
(7,077,916) 

103,969,716 40.12940 212.81731 

231,950,396 
(h) 127,980,680 I 1 4 0 . 2 1 0 0 0 1  -0.47312 (49,190,152) 

-0.05556 (7,110,607) 
(56,300,759) 

-0.14525 (1 4,136,812) 

$ (59,142,326) 

INTEREST EXPENSE (b) 97,327,451 1 40.12940 1 4 0 . 2 1 0 0 0 1  
TOTALS 
LESS: APS CWC ALLOWANCE 53.839.656 

(1 12,981,982) STAFF CWC ADJUSTMENT 
% ARIZONA RETAIL - JURISDICTIONAL FACTOR 
STAFF CWC ADJUSTMENT - JURISDICTIONAL 

(Source: Staff "Functionalhation & Allocation Tabks.xls") 0.91884 . . . . - . . 

$ (103,812.515L 

Footnotes : 
Source: Staff Data Request UTI-14315. 
Source: Staff Data Request UTI-I 1-282, Workpaper 5 7  & Staff Sch. C-19. 
Source: Staff spreadsheet "Revenue-REVlSED.xk" 
Source: Staff spreadsheet "Coal Surnrnary-RMSED.xls" 

(e) 
( f )  
(g) 
(h) 

Source: Staff spreadsheet "Fuel Oil-REVISED.xls" 
Source: Staff Data Request UTI-16-329. 
Source: Staff Data Request UTI-12-290. 
Source: Staff Data Request UTI-17-331 8 APS 2002 FERC Form 1, p. 262-263 



Witness: J. Dittmer 

Line 
No. 

1 

2 

3 
4 

5 
6 
7 
8 
9 

10 

11 

12 

ARIZONA PUBLIC SERVICE COMPANY 
Net Operating Income Summary 

ACC Jurisdictional for Adjusted Test Year Ended December 31,2002 

Description 
(4 

Electric Operating Revenues 

Purchased Power & Fuel Costs 

Gross Margin - Revenues less 
Fuel & Purchased Power Costs 

Other Operating Expenses 
Operations & Maintenance 
Depreciation & Amortization 
Other Taxes 
Subtotal Other Operating Expenses 

Operating Income Before Income Taxes 

Income Taxes 

Net Jurisdictional Operating Income 

Schedule C 
Page 1 of 4 

As Adjusted Staff As Adjusted 
By APS Adjustments By Staff 

(b) ( c )  ( 4  

$ 1,940,146 $(1,996,255) $ (56,109) 

559,879 28,974 588,853 

$ 1,380,267 $ (2,025,229) $ (644,962) 

590,073 (2,002,171) (1,412,098) 
329,983 (1 16,753) 213,230 
110,197 (1 1,636) 98,561 

1,030,253 (2,130,560) (1,100,307) 

$ 350,014 $ 105,331 $ 455,345 

86.144 54.268 140.412 

$ 263,870 $ 51,063 $ 314,933 
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Witness: 

Line 
No. 

1 

2 

3 
4 

5 
6 
7 
8 
9 

I O  

11 

12 

13 
14 

J. Dittmer Schedule C-1 
L. Smith Page 1 of 1 

ARIZONA PUBLIC SERVICE COMPANY 
Adjustment to Reallocate APS' Jurisdictional Cost of Service Study 

Utilizing the Peak and Average Method for Allocating Fixed Production Cost 

Description 
(a) 

Electric Operating Revenues 

Purchased Power & Fuel Costs 

Gross Margin - Revenues less 
Fuel & Purchased Power Costs 

Other Operating Expenses 
Operations & Maintenance 
Depreciation & Amortization 
Other Taxes 
Subtotal Other Operating Expenses 

Operating Income Before Income Taxes 

Income Taxes 

Net Jurisdictional Operating Income 

Reference: 

As Adjusted As Adjusted Adjustment 
to Reflect 

4 CP Alloc. & Average Using P&A 

By APS By APS 
Utilizing Utilizing Peak APS' Request 

(b) ( c )  (dl 

$ 1,940,146 - $ (1,940,146) 

559,879 559,879 - 

$ 1,380,267 (559,879) (1,940,146) 

590,073 (1,351,597) $ (1,941,670) 
329,983 328,719 (1,264) 
110,197 109,717 (480) 

1,030,253 (913,161) (1,943,414) 

$ 350,014 353,282 $ 3,268 

86.144 87.61 7 1.473 

$ 263,870 265,665 $ 1,795 

APS SFR LCA 2-33 Col. ( c )  Less 
Sch. C-I, P. 2 Col. (b) 



Witness: J. Dittmer 
H. Salgo 

Schedule C-2 
Page 1 of 1 

Line 
No. 

I 

2 

3 
4 

5 
6 
7 
8 
9 

10 

11 

12 

13 
14 
15 

ARIZONA PUBLIC SERVICE COMPANY 
Reverse Company's PWEC Adjustment Utilizing Peak & Average Methodology 

ACC Jurisdictional for Adjusted Test Year Ended December 31,2002 

Description 
(a) 

Electric Operating Revenues 

Purchased Power & Fuel Costs 

Gross Margin - Revenues less 
Fuel & Purchased Power Costs 

Other Operating Expenses 
Operations & Maintenance 
Depreciation & Amortization 
Other Taxes 
Subtotal Other Operating Expenses 

Operating Income Before Income Taxes 

Income Taxes 

Net Operating Income 

Reference: 

Reverse 
Reverse APS' 

APS' PWEC 
Total Adjustment 

Company Utilizing 
PWEC Peak & 

Adjustment Average 
(b) ( c )  

$ (56,779,000) (56,094,175) 

34,970,000 34,970,000 

$ (91,749,000) $ (91,064,175) 

(41,456,000) (41,087,042) 
(41,541,000) (41,171,285) 
(1 1.256.000) (1 1 . I  55.822) 
(94253,000) (93,414,148) 

2,504,000 2,349,974 

15,279,785 15,053,229 

(12,775,785) (1 2,703,256) 

APS Sch. C-2 
Page 3, Col. Q 

Excel wlp Spreadsheet: 
"Allocate Expense 
Adjt Using 
P&A.xls" 



Witness: J. Dittmer 
H. Salgo 

Line 
No. 

9 

ARIZONA PUBLIC SERVICE COMPANY 
Reverse Company's Proposed Adjustment to Amortize a 
Previous Plant Write Down Over a Fifteen Year Period 

Description 
(a) 

Reverse Company's adjustment which had 
been proposed to restore a $234 million 
write down to electric plant in service 
pursuant to a 1999 settlement agreement. 
This income statement adjustment 
eliminates the Company's proposal to 
amortize the write down reversal over 
a 15 year period 

Reference: APS Sch. C-2, Page 8, Col. QQ 

Amount 
(All ACC 

Jurisdictional) 
(b) 

$ (15,600,000) 

Schedule C-3 
Page 1 of 1 



Witness: J. Dittmer 

Line 
No. 

1 
2 
3 

4 

Schedule C-4 
Page 1 of 1 

ARIZONA PUBLIC SERVICE COMPANY 
Eliminate Non-Payroll O&M Included Within APS' 

Customer Annualization Adjustment 

DescriDtion 
Total 

Reference Amount 

APS Pro Forma Adjustment to Customer 
Accounts/Services Expense for Customer Level 
Annualization at Year-end 2002 DGR-5, page 4 !$ 361,000 

APS Attach. 

Jurisdictional Allocation Percentage 100% 

Jurisdictional Adjustment to Eliminate APS' 
Proposed Customer Accounts/Service for 
Customer Revenue Annualization to Year- 
End 2002 Line 3 X Line 4 $ (361,000) 



Witness: J. Dittmer 

Line 
No. DescriDtion 

Schedule C-5 
Page I of 1 

ARIZONA PUBLIC SERVICE COMPANY 
Eliminate Proforma Depreciation on Leased Vehicles 

That Is Also Reflected as Operating Lease Expense Within 
APS' Proposed Retail Cost of Service Study 

Vehicle Depreciation Expense Included Within 
APS' Proforma Depreciation Annualization 
Adjustment That Is Also Reflected As Operating 
Lease Expense Within Test Year Operations 
and Maintenance Expense 

Composite Wages & Salaries Jurisdictional 
Allocation Factor 

Reference Amount 
(b) ( c )  

APS Workpaper 
DRG-WP24, p.3 $ 3,314,600 

Functionalization & 
Allocation Tables.xls 91 .aw% 

ACC Jurisdictional Vehicle Depreciation Expense 
Adjustment Line 5 x Line 7 $ (3,045,591) 



Witness: J. Dittmer 

Line 
No. 

I 

2 

3 
4 
5 

6 
7 
8 

9 
10 
11 

12 
13 
14 

15 
16 
17 

18 
19 
20 
21 
22 

Schedule C-6 
Page 1 of 1 

ARIZONA PUBLIC SERVICE COMPANY 
Property Tax Adjustment 

ACC Jurisdictional for Adjusted Test Year Ended December 31 , 2002 

Description 
(a) 

2003 Arizona Property Taxes (a) 

2002 Arizona Property Taxes (b) 

Required Adjustment to Reflect 
2003 Arizona Property Taxes Paid 
(Line I minus Line 2) 

Less: New Mexico Property Taxes 
Paid & Expensed in 2002 
Related to 2001 ( c ) 

Subtotal: Required Adjustment to 
Recorded Test Year Operating 
Results (Line 5 + Line 8)' 

Less: Company Proposed Property 
Tax Adjustment to Test Year 
Actual Operating Results (d) 

Total Company Adjustment to APS' 
Proposed Level of Property Tax 
Expense (Line 11 minus Line 14) 

Total ACC Jurisdictional 
Adjustment to APS' Proposed 
Level of Property Tax Expense 
Utilizing the Peak & Average 
Allocation Methodology (e) 

Functionalized Plant Categories 
T&D and 

Generation Other Total 
(b) ( c )  (d) 

$ 34,256,023 $68,089,578 $ 102,345,601 

36,543,967 60,397,426 96,941,393 

$ (2,287,944) $ 7,692,152 $ 5,404,208 

(3,793,668) (3,793,668) 

$ (6,081,612) $ 7,692,152 $ 1,610,540 

8,342,112 1,857,048 10,199,160 

$ (14,423,724) $ 5,835,104 $ (8,588,620) 

$ (13,614,081) $ 4,430,277 $ (9,183,804) 

23 Footnotes: 

24 (a) Follow up to UTI -6-210 
25 (b) Follow UP to UTI -6-210 
26 (c) Follow UP to UTI -6-210 
27 (d) APS workpapers DRG-WP29, page 3 
28 (e) Supporting calculations found within Excel Spreadsheet "APS Staff Direct Exhibits.xls" 



Witness: J. Dittmer 

ARIZONA PUBLIC SERVICE COMPANY 
Eliminate Non-Recurring Mainframe Computer Operating Lease 

Schedule C-7 
Page 1 of 1 

Line 
NO. 

5 
6 

7 
8 

Description 
(a) 

Mainframe Computer Operating Lease Expense 
Included Within Test Year Operations and 
Maintenance Expense that Terminated During 
the Historic Test Year and was not Renewed 

Composite Wages & Salaries Jurisdictional 
Allocation Factor 

ACC Jurisdictional Mainframe Computer 
Operating Lease Adjustment 

Amount 
(All ACC 

Reference Jurisdictional] 

UTI-2-217 and 
UTI-10-265 $ 631,261 

Functionalization & 
Allocation Tablesxls 91.884% 

Line 5 x Line 7 $ (580.029) 



Witness: J. Dittmer 
D. Smith 

Schedule C-8 
Page 1 of 1 

ARIZONA PUBLIC SERVICE COMPANY 
Normalized Fuel and Purchased Power Expense 

Assuming PWEC Units Not Included in Jurisdictional Rate Base 

Line 
No. DescriDtion 

1 
2 
3 
4 

5 
6 
7 
8 

9 
10 

Jurisdictional Fuel & Purchased 
Power Cost Adjustment to Test 
Year Actual Operating Results 
Per LaCapra Associates 

Jurisdictional Fuel & Purchased 
Power Cost Adjustment to Test 
Year Actual Operating Results 
Per APS 

Total 
Amount 

Reference (000's) 
(b) ( c )  

LaCapra 
workpaper $ 114,572 

APS Sch. C-2, 
page 3, 
Column N $ 120.584 

Staff Adjustment to Jurisdictional 
Fuel & Purchased Power Costs Line 4 - Line 8 $ (6,012) 



Witness: J. Dittmer 

Line 
No. 

1 
2 

3 

4 
5 
6 

Schedule C-9 
Page 1 of 1 

ARIZONA PUBLIC SERVICE COMPANY 
Eliminate Test Year Expenditure on 
Economic Development Programs 

Total 
Description Reference Amount 

(a) (b) ( c )  

Test Period APS Expenses for Community 
Relations and Economic Development UTI 11-283 $ 1,856,000 

Retail Jurisdictional Factor / Amount 100% 

Staff Adjustment to Reclassify Test Year 
Community Relations and Economic 
Development Costs Below-the-Line Line 2 X Line 3 $ (1,856,000) 



Witness: J. Dittmer 
H. Judd 

Schedule C-I 0 
Page 1 of 1 

ARIZONA PUBLIC SERVICE COMPANY 
Nuclear Decommissioning Expense Adjustment 

Line 
No. 

5 
6 
7 

8 
9 

10 
11 
12 

13 
14 

15 
16 

17 
18 
19 

20 
21 

22 
23 
24 

Description Reference Amount 
(a) (b) ( c )  

Nuclear Decommissioning Expense 
Provision as Recommended by the 
Utilities Division Staff 
(Mr. Harold Judd - Accion Group) $ 13,611,000 

Nuclear Decommissioning Provision 
As Recommended by APS 

APS/Robinson 
D RG-WP28, 
p. 211 1 19,211,000 

Total Company Nuclear 
Decommissioning Expense Adjustment Line 4 - Line 7 $ (5,600,000) 

Post Shutdown ISFSI Costs as 
Recommended by Utilities Division 
Staff (Mr. Harold Judd - Accion Group $ 618,000 

Post Shutdown ISFSl Costs Proposed 
by APS DRG-WP26, p. 1 792,000 

Total Company Adjustment to Post 
Shutdown ISFSl Costs Line 12 - Line 14 $ (174,000) 

Total Company Reduction to Nuclear 
Decommissioning Costs Proposed 
by Utilities Division Staff Line 9 + Line 16 $ (5,774,000) 

ACC Jurisdictional Energy Allocation 
Factor 98.543% 

Retail Jurisdictional Nuclear 
Decommissioning Expense 
Adjustment Line 19 X Line 21 $ (5,689,873) 



Witness: M. Majoros 
J. Dither 

Schedule C-1 1 
Page 1 of I 

ARIZONA PUBLIC SERVICE COMPANY 
Depreciation Expense Annualization Utilizing Staffs Proposed Depreciation Rates 

ACC Jurisdictional for Adjusted Test Year Ended December 31,2002 

Line 
No. Description - Depreciation by Function 

(a) 

1 Total Production \1 

2 Total Transmission G? 

3 Total Distribution \3 

4 Intangible Amortization M 

5 General 8 Intangible Depre 8 Amort. M 

6 5-Year Average Net Salvage Allowance \5 

7 
8 
9 Net Negative Salvage 

Total Depreciation and Amortization - 
Including an Allowance for Recovery of 

10 \1 Production demand allocator utilizing 
11 Peak & Average methodology 

12 G? Since transmission costs are considered by 
13 reflecting the FERC authorized O A T  rate, 
14 no transmission depreciation expense is 
15 directly considered in the development of 
16 the jurisdictional cost of service 

17 \3 Composite jurisdictional distribution 
18 
19 
20 Tables.xls) 

allocator functionalizing with the PTD less 
Land spread (Functionalization & Allocation 

21 M Composite jurisdictional allocator 
22 functionalizing with the Wages & Salaries 
23 spread and allocating production function 
24 using the Peak & Average Methodology 
25 (Functionalization & Allocation Tables.xls) 

26 \5 Composite jurisdictional allocator 
27 functionalizing with the PTD less Land 
28 Spread and allocating production function 
29 using the Peak &Average Methodology 
30 (Functioinal'uation & Allocation Tables.xls) 

Jurisdictional Jurisdictional 
Per APS Per Staff Difference Factor Adjustment 

(b) ( c )  (dl (e) (9 
$131,708 $1 13,139 $(18,568) 

23,293 16,863 (6,430) 

83,686 67,067 (16,619) 

21,637 21,637 

27,363 21,625 (5,739) 

$287,687 $240,331 $(47,356) 

99.110% $ (18,403) 

0.000% 

99.952% (16,61 I )  

98.191 % 

98.191% (5,635) 

97.1 14% 

$ (40,649) 



Witness: S. Carver 

ARIZONA PUBLIC SERVICE COMPANY 
2002 Severance Program 

Schedule C-12 
Page 1 of 1 

Line 
No. Description Reference Amount 

(a) (b) (c) 

1 
2 
3 APS Proposed Amortibation Expense 

Test Period Employee Severance - APS Share 
Less: APS Adjustment - 3-Year Amortization (23,154,729) 

6,726,9 1 5 

4 % Arizona Retail - Jurisdictional Factor (c) 91.884% 

5 Retail Amount 

6 Staff Adjustment to Disallow Test Year 
Cost of the 2002 Severance Program 

$ 6,180,968 

$ (6,180,968) 

Footnotes: 
(a) Source: APS Schedule C-2, page 4, Adjustment 11; Attachment DGR-5, p.11 & Workpaper DGR-WP16. 
(b) Test year expense is net of $3.2 million billed to participant owners in 2002 test year. Per the 

response to Staff Data Request No. UTI-15-321, the $3.2 million was credited to test year expense. 
(c) Source: Staff "Functionalization & Allocation Tables.xls". 



Witness: S. Carver 

Line 

Schedule C-13 
Page 1 of 1 

ARIZONA PUBLIC SERVICE COMPANY 
Wage & Payroll Tax Adjustment 

APS Original 
Pro Forma UDdate ACC Staff 

No. Description Reference Adjustment Adjustment Adjustment 
(a) (b) (4 (d) (e) 

1 Fuel Expenses 
2 Other Operating Expense: 
3 Operations (excluding fuel) 
4 Maintenance 

5 Total 

6 % Arizona Retail - Jurisdictional Factor - 
7 Staff Adjustment to Recognize Replacement Employees 

Hired in 2003 and Actual Wage Rates 

$ 7,247 $ 25,000 $ 17,753 

850,72 1 1,839,000 988,279 
173,181 597,000 423,819 

$ 1,031,148 $ 2,461,000 $ 1,429,852 

(c) 91 384% 
(a) (b) 

$ 1,313,807 

Footnotes: 
(a) Source: APS Schedule C-2, page 4. Adjustment 10; Attachment DGR-5, p.10 & Workpaper DGR-WP15. 
(b) Source: APS response to Staff Data Request No. UTI-8-241. 
(c) Source: Staff "Functionalization & Allocation Tables.xls". 
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Witness: S. Carver 

ARIZONA PUBLIC SERWCE COMPANY 
Union Contract Signing Bonus 

Schedule (2-14 
Page 1 of 1 

Line 
No. Description Reference Amount 

(a) (b) (c) 

1 Test Period APS Expense - Union Contract Signing Bonus (a) $ 989,907 
2 Staff Proposed %Year Amortization Period (b) 3 
3 APS Proposed Amortization Expense 329,969 

4 % Arizona Retail - Jurisdictional Factor (c) 91.884% 

5 Retail Amount $ 303.189 

6 Staff Adjustment to Amortize Test Year Expense for $ (303,189) 
Union Contract Signing Bonus Over Three-Year Period 

Footnotes: 
(a) 
(b) 
(c) 

Source: APS response to Staff Data Request No. UTI-6-194. 
Source: Contract term per APS response to Staff Data Request No. UTI-16-325. 
Source: Staff "Functionalization & Allocation Tables.xls". 
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Witness: S. Carver Schedule GI 5 
Page 1 of I 

ARIZONA PUBLIC SERVICE COMPANY 
Incentive Compensation 

Line 
No. Description Reference Amount 

(a) (b) ( 4  

1 Test Period APS Expenses for Stock-Based 
Key Employee and Director Compensation (a) $ 3,163,000 

2 % Arizona Retail - Jurisdictional Factor (b) 91 384% 

3 Retail Amount $ 2,906,295 

4 Staff Adjustment to Disallow Test Year 
Key Employee and Director Stock-Based 
Compensation Expenses 

Footnotes: 
(a) Source: APS response to Staff Data Request No. UTI 12-295. 
(b) Source: Staff "Functionalization & Allocation Tables.xls". 



Witness: 6. Keene Schedule C-16 
J. Dittmer Page 1 of 1 

ARIZONA PUBLIC SERVICE COMPANY 
Eliminate Test Year DSM Charges Which the Utilities Division 

Staff is Proposing to be Recovered Within an Adjustor Mechanism 

Line 
No. 

1 
2 
3 
4 

5 
6 
7 

8 

9 
10 

Description 
(a) 

Test Year DSM Charges to: 
FERC Account No. 908 
FERC Account No. 912 
FERC Account No. 913 

Total Test Year DSM Charges Proposed 
By Staff to be Recovered Through an 
Adjustor Mechanism 

Jurisdictional Percentage 

Jurisdictional Adjustment to Eliminate 
Test Year DSM Charges 

Reference 
Amount 
($OOO's) 

* 
0 
e 
a 
0 
a 
e 
0 
@ 
0 
0 
e 
a 
0 * 
e 
e 
e 
0 
0 
a 
0 
0 
0 
e 
a 
a 
0 
a 
a 
e * 
a 
e 
a 
e 
a * 
e 
0 

a 

Identified by 
Barbara Keene 

Sum Lines 1 - 4  

Line 5 X Line 8 

($109,531) 
$ (816,188) 

($125,662) 

$(1,051,381) 

100.00% 



Witness: J. Dittmer Schedule (3-17 
Page 1 of 1 

ARIZONA PUBLIC SERVICE COMPANY 
Eliminate Image Building Advertising and Sports/Entertainment Sponsorship Programs 

Test Year Disallowance Disallowance 
Line No. Description Reference Amount ($000'~)  Basis Amount (000's) 

1 

2 

3 

4 

5 

6 

7 

8 

9 

10 

11 

12 

13 

14 

15 

16 
17 

* 
0 
0 

e 

0 
0 
a 
0 
e 

Television Advertising Campaigns UTI 1-18 $ 1,521 

I Print and Out-of-Home Advertising 242 

Radio Advertising Campaigns 197 

I, KNXV Weather Sponsorship 479 

Dodge Theater Sponsorship 106 

Ariiona Diamonbacks Sponsorship 1,640 

Phoenix Suns/Mercury/Arena Sponsorship 1,199 

Phoenix Coyotes Sponsorship 608 

Arizona Cardinals sponsorship 35 

Total Direct Costs $ 6,027 

Percentage of Direct Costs Disallowed Line 10 - Col. e / Col. C) 

Indirect Payroll, Administration and Ad Agency F UTI 1-18 $ 694 

Disallowance of lndirects Based on Direct % 

Total Company Adjustment to Advertising 

Jurisdictional Allocation Factor 

Staff Adjustment to Disallow Test Year 
Image and Promotional Advertising 

Footnotes : (a) 

Line 11 

Line 30 + 36 

Line 14 X Line 15 

(d) 

Note (a) 

Note (b) 

Note (c) 

Note (d) 

Note (d) 

Note (d) 

Note (d) 

Note (d) 

Note (d) 

65.8% 

65.8% 

APS "Simple Things" campaign costs are disallowed, 
while costs for Power Tips (safety) and Qualified 
Contractor (informational) ads are allowed. 

APS "Simple Things" campaign costs disallowed, 
while costs for realtor and customer office posters 
(informational, safety) are allowed. 

APS "Simple Things" campaign costs 100% disallowed. 

Partial 50% disallowance based upon mixed messages 
including "Simple Things" image campaign as well as 
"Power Tips" and informational content. 



Witness: J. Dittmer 

ARIZONA PUBLIC SERVICE COMPANY 
Adjustment to Income Tax Expense to Reflect Arizona State Income Tax 

Credits and Non-Deductible BooklTax Timing Difference 

Schedule C-I 8 
Page 1 of 1 

Line Amount 
No. Description Reference ($OOO's) 

(a) (b) ( c )  

1 
2 
3 Delivery Systems UTI-6-189 $ (1,540) 

State income Tax Credits Received in 
Calendar 2002 -- Excluding Alternative Fuel 

4 
5 
6 Expense 

Increase in 2002 Income Tax Expense Due to 
Non-Deductibility of Meals & Entertainment 

UTI-14-309 533 

7 
8 

Net Reduction to APS Proposed Level of 
Current Federal & State Income Tax Expense 

9 Composite Jurisdictional Allocation Factor 
I O  When Spread on Basis of Wages & Salaries 

11 
12 Income Tax Expense 

Net Reduction to Jurisdictional Test Year 

Line 3 + Line 6 $ (1,007) 

Functionalization & 
Allocation Tables.xls 91.884% 

Line 8 X Line 10 $ (925) 



Witness: J. Dittmer Schedule (2-19 
Page 1 of 1 

Line 
No. 

I 

2 

3 
4 
5 

6 
7 

8 
9 

10 
11 
12 
13 

14 
15 

16 

17 
18 
19 
20 

21 

22 
23 
24 

ARIZONA PUBLIC SERVICE COMPANY 
Adjustment to Income Tax Expense to Synchronize the Interest Deduction 
For Staffs Proposed Jurisdictional Rate Base and Weighted Cost of Debt 

DescriDtion Reference 

Staff Proposed Retail Jurisdictional Rate Base Exh. B 

Staff Proposed Weighted Cost of Debt Exh. D 

Staff Proposed Annualized Retail Jurisdictional 
Interest Deduction for Cost of Service Income 
Tax Expense Development Line 2 

Line 1 X 

Company Proposed Retail Jurisdictional Rate 
Base Developed Utilizing Peak & Average LCA 2.33 

AP-WP1 
Page 89 Company Proposed Weighted Cost of Debt 

Company Proposed Annualized Retail Jurisdictional 
Interest Deduction for Cost of Service Income 
Tax Expense Development Utilizing Peak & 
Average Allocation Methodology Line 9 

Line 7 X 

Jurisdictional Interest Deduction Eliminated With 
PWEC Reversal Adjustment Sch. C-2 

Amount 
($OOols) 

( c )  

$ 3,051,629 

3.19% 

$ 97,327 

$ 4,192,751 

3.13557% 

$ 131,467 

(35,759) 

Subtotal: Net Interest Deduction Line13-15 $ 95,707 

Staff Jurisdictional Interest Deduction in Excess 
of Company's Jurisdictional Interest Deduction 
Calculated Considering Average & Peak 
Methodology Line 16 $ 1,620 

Line 5 - 

Composite Federal & State Income Tax Rate 39.50% 

Adjustment to Income Tax Expense to 
Synchronize Staffs Proposed Jurisdictional Line 20 X 
Rate Base and Weighted Cost of Debt Line 21 $ (640) 



Witness: J. Dittmer 

ARIZONA PUBLIC SERVICE COMPANY 
Adjustment to Income Tax Expense to Reflect 

Amortization of Deferred Federal Income Taxes 

Schedule C-20 
Page 1 of 1 

Line Amount 
NO. Description Reference ($OOO's) 

(a) (b) ( c )  

1 
2 discussions with APS 

Reserved -- Pending further analysis and 
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Witness: J. Dittmer 

e 
Line 
No. 

1 
2 

3 
4 

5 
6 

7 
8 
9 

10 
11 

12 
13 
14 

15 
16 

17 

18 
19 
20 

21 
22 
23 

24 

25 
26 

ARIZONA PUBLIC SERVICE COMPANY 
Adjustment to APS' Proposed Five Year Amortization 

of Certain Remaining Regulatory Assets 

DescriDtion Reference 

Unamortized Loss on Reacquired 
Debt at 12/31/02 

Unamortized Gain on Reacquired 
Debt at 12/31/02 

Net Unamortized Loss on Reacquired 
Debt at 12/31/02 

Staff Proposed Reduction in Total 
Company Amortization of Net Loss 
on Reacquired Bonds 

Unamortized Deferred Palo Verde 
Lease Payments 

Staff Proposed Amortization Period 
Based Upon Remaining Life of 
Palo Verde Lease 

Staff Proposed Total Company 
Amortization of Deferred PV Lease 

Less: APS Proposed Five Year Amort. 

Reduction in APS' Proposed 
Amortization of Deferred Palo 
Verde Lease Payments 

Staff Proposed Reduction in Total 
Company Amortization of Regulatory 
Assets 

Production Demand Allocator 

Jurisdictional Reduction in 
Amortization of Regulatory Assets 

(b) 

UTI-7-223 

UTI-7-223 

Line 2 + 3 

Line 6 I 5 

UTI-7-223 

Line 11 I Line 14 

Line 11 / 5 

Line 16 - 17 

Line 9 + Line 20 

Line 23 X Line 24 

Schedule C-22 
Page 1 of 1 

Amount 
($OOols) 

( c )  

$ 9,129,000 

(1,476,000) 

$ 7,653,000 

(1,530,600) 

$ 8,200,000 

12 

$ 683,333 

1,640,000 

$ (956,667) 

(2,487,267) 

99.110% 

$ (2,465,130) 



Witness: J. Dittmer Schedule C-23 
Page 1 of 1 

ARIZONA PUBLIC SERVICE COMPANY 
Adjustment to Eliminate Test Year Contributions to Civic 

And Charitable Organizations Included Within APS' Cost of Service 

Line 
NO. 

6 

DescriDtion 
Amount 

Reference ($OOO's) 

Community Service Fund/ 

Community Service Fund/ 

Miscellaneous Contributions 

United Way Campaign 2003 

United Way Campaign 2002 

UTI-I 1-271 $ 71,356 

UTI-11-271 45526 

UTI-11-271 $ 520,995 

Total Above-the-Line Contributions Sum Lines 1 - 5 $ 637,877 

7 Composite Juris. Allocation Factor Functionalization & 
8 When Functionalized on Basis of W&S Allocation Tables.xls 91.884% 

9 Jurisdictional Adjustment to Eliminate 
10 Civic and Charitable Contributions 
I 1  Recorded as Above-the-Line Operating 
12 Operating Expense Line 4 X Line 6 $ (586,108) 



Witness: J. Dittmer 

Line 
No. 

1 
2 
3 

4 

5 

6 

7 
8 

9 
10 

11 
12 

Schedule C-24 
Page 1 of 1 

ARIZONA PUBLIC SERVICE COMPANY 
Adjustment to Amortize Gains on Sales of Property 

Description 
(a) 

Deferred Gains Available to Customers 
Pursuant to Semi-Annual Report 
Filed with the ACC in January 2001 

Glen Canyon - Utah Transmission Line 

Total Gains to be Amortized 

Amortization Period 

Total Company Amortization of 
Gains on Sales of Utility Property 

Composite Juris. Allocation Factor 
When Functionalized on Basis of W&S 

Jurisdictional Adjustment to Amortize 
Gains on Sales of Property 

Amount 
Reference ($OOols) 

(b) ( c )  

UTI-2-1 05 $ 86,101 

UTI-2-1 05 729.293 

Sum Lines 1 - 5 $ 815,394 

5 

$ 163,079 

Functionalization & 
Allocation Tables.xls 91 .a84% 

$ (149,844) 



Arizona Public Service Company 
Cost of Capital Summary 

For Adjusted Test Year Ending December 31,2002 

As Proposed by Utilities Division Staff 

Line of Total cost Weighted 
No. Invested Capital Capital Rate cost 

(a) (b) ( c )  (d) 

Percent 

1 Long-Term Debt 54.80% 5.82% 3.19% 

2 Preferred Stock 0.00% 

3 Common Equity 45.20% 9.00% 4.07% 

Schedule D 
Page 1 of 1 

4 Total Capital 100.00% 7.26% 

As Proposed by APS 

No. Invested Capital Outstanding Capital Rate cost 

Percent 
Line Capital of Total cost Weighted 

5 Long-Term Debt $ 2,139,965 49.77% 5.81% 2.89% 

6 Preferred Stock 0.00% 0.00% 

7 Common Equity 2,159,312 50.23% 1 1 S O %  5.78% 

8 Total Capital $ 4,299,277 100.00% 8.67% 

9 Utilities Division Staff Reduction to APS Proposed Overall 
10 Cost of Capital -1 -41 % 



SCHJ 
LINE ADJ. 
NO. NO. DESCRIPTION 

ARIZONA PUBLIC SERVICE COMPANY 
RECONCILIATION OF POSITIONS 

(OOO'S) 
Schedule E 
Page 1 of 2 

1 

2 

3 

4 
5 
6 
7 
8 
9 
10 
11 
12 
13 
14 

15 

16 
17 
18 
19 
20 
21 
22 
23 
24 
25 
26 
27 
28 
29 
30 
31 
32 
33 
34 
35 
36 
37 
38 
39 
40 
41 
42 
43 

44 
45 

46 
47 

48 

SCH. A 

SCH. B 

5 1  
E 2  
B3 
8-4 
8-5 
5 6  
6 7  
5 8  

SCH. A 

c-1 
C-2 
G3 
c-4 
c-5 
C-6 
c-7 
C-8 
C-9 
C-10 
C-1 1 
C-12 
(2-13 
'2-14 
C-15 
C-16 
C-17 
C-18 
C-19 
c-20 
C-21 
C-22 
C-23 
C-24 
C-25 

SCH. A 

SCH. A 

SCH. A 

(A) 

APS Revenue Requirement 

Return Difference At APS' Rate Base 
While APS' Sch. D COC Reflects an overall COC of 
8.67% Return, its actual return with PWEC in rate base 
is 82.1% with a mom leveraged cap structure 

Subtotal Revenue Requirement 

Allocations Utilizing Peak 8 Average Methodology 
Reverse Companfs M C  Adjustment 
1999 Settlement Agreement Wnte-down 
Deferred P ~ ~ I X O I P  Gain 
Eliminate Capitalized Vehide Lease 
Net Unamortized Loss on Reacquired Debt 
Cash Waking Capital 
Resewed 

STAFF Rate Base Recommendation 
Total Value of OUCC Rate Base Aduments 

APS Net Operating Income 

Allocations Utilizing Peak &Average Methodology 
Reverse Company's PWEC Adjustment 
1999 Settlement Agreement Write-down 
Eliminate O&M Costs in APS Proposed Customer Annualbation 
R e m  Depredation Expense on Leased Vehicles 
Adjust APS' Proposed Pmpefty Tax Expense 
Eliminate Non-RecunSng Mainframe Computer Lease 
LaCapra's Fuel 8 Purchased Power Costs - wlo PWEC Units 
Eliminate Economic Development Costs 
Nuclear Decommissioning 
Majoros Depreciation E x p e n s e  Adjustment 
Severance Adjustment 
Wages 8 Salaries Adjustment 
Union Contract Signing Bonus 
Incenlive Compensation Adjustment 
Eliminate Test Year DSM Expenses 
Advertising 8 Marketing Adjustment 
In- Tax AZ W e  Credit & Nondeductible Meals I Entedaiimant 
Income Tax Interest Synchronization 
Resenred - Excess Daferred In- Tax Expense ARAM Protected 
Schedule 1 Tariff Changes 
Reverse APS Proposed 5 Year Amort. Of Regulatory Assets 
Eliminate Contributions to Civic and Charitable Organizations 
Amortize Gains on Sales of Property 
Reserved 

STAFF Net Operating Income Recommendation 
Total Value of STAFF Net Operating Income Adj. 

REVENUE 

VALUE 
DIFFERENCE IN REQUIREMENT 
PRETAX RETURN AMOUNT 

(0) (C) (D) 

$ 166,808 

$ 4,207,476 

(14.725) 
(882,973) 
(141,757) 

12,418 
(17.968) 
(7.031) 

(103,813) 
0 

(1,155,847) 
3,051,629 

8 263.870 

1,795 
(12.703) 

9.450 
21 9 

1.845 
5.564 

351 
3.642 
1,124 
3,447 

24,625 
3,744 
ClW) 
184 

1,761 
637 

2.678 
925 
640 

0 
(9) 

1,493 
355 
91 
0 

51.063 
$ 314,933 

-1 77% (74.844) 

$ 92,164 
PRE-TAX 
RETURN 

9.91 % 
9.91 % 
9.91 % 
9.91 % 
9.91% 
9.91% 
9.91% 
9.91% 

REVENUE 
CONVERSION 
MULTIPLIER 

1.6529 
1.6529 
1.6529 
1.6529 
1.6529 
1.6529 
1.6529 
1.6529 
1.6529 
1.6529 
1.6529 
1.6529 
1.6529 
I .6529 
1.6529 
1.6529 
1.6529 
1.6529 

1.6529 
1.6529 
1.6529 
1.6529 
1.6529 
1.6529 0 

$ (83.344) 

P 
D i i  in APS Cost of Capital Request That was Captured as an Income Statement Adj't $ (48,538) 

RECONCILED REVENUE REQUIREMENT $ (321.109) 
UNRECONCILED DIFFERENCE 187 

- 

STAFF REVENUE REQUIREMENT RECOMMENDATION (W/O WVEC) $ (1 54,489) 



LINE 
NO. - 

1 
2 
3 

4 

5 
6 
7 

8 

9 

ARIZONA PUBLIC SERVICE COMPANY 
RECONCILIATION OF POSITIONS Schedule E 

Page 2 of 2 

REVENUE 
CONVERSION 

MIGHTED MULTIPLIER PRETAX 
DESCRIPTION COST (a) RETURN 

(A) (6) (C) (D) 

PER APS f M C  In 
Long-Term Debt 3.1356% 1 .m 3.136% 

Common Equity 5.17385% 1.6529 8.552% 

Total Capital (a) 8.31 % 1 1.69% 

Preferred Stock 0.00% 1.6529 O.OOO% 

RETURN PFR STAFF; 
Long-Term Debt 
Preferred stock 
Common Equity 

3.19% 1 .oooo 3.189% 
0.00% 1.6529 O.OOO% 
4.07% 1.6529 6.724% 

Total Capital (b) 7.26% 9.91 % 

DIFFERENCE IN PRE-TAX RETURNS -1.05% 1.686261 643 -1.77% 

FOOTNOTE: 
(a) Source: APS Workpaper DRG-W14, page 4 
(b) Source: Staff Schedule D 
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Witness: J. Dittmer 

Line 
No. 

1 

2 

3 
4 

5 
6 
7 
8 
9 

10 

11 

12 

ARIZONA PUBLIC SERVICE COMPANY 
PWEC In Rate Base Scenario - Net Operating Income Summary 

ACC Jurisdictional for Adjusted Test Year Ended December 31,2002 

Description 
(a) 

Electric Operating Revenues 

Purchased Power & Fuel Costs 

Gross Margin - Revenues less 
Fuel & Purchased Power Costs 

Other Operating Expenses 
Operations & Maintenance 
Depreciation & Amortization 
Other Taxes 
Subtotal Other Operating Expenses 

Operating Income Before income Taxes 

Income Taxes 

Net Jurisdictional Operating Income 

PWEC Out PWEC 

Schedule B - Alternative 
Page 1 of 3 

PWEC In 
Staff Base Case Inclusion Rate Base 

(b) ( c )  (d) 

(1 5) $ (56,109) $ 56,094 $ 

588,853 (38,966) 549,887 

$ ' (644,962) $ 95,060 $ (549,902) 

(1,412,098) 41,087 (1,371,011) 
213,230 27,836 241,066 
98,561 9,717 108,278 

(1,100,307) 78,640 (1,021,667) 

$ 455,345 $ 16,420 $ 471,765 

140.412 21.058 161,469 

$ 314,933 $ (4,638) $ 310,295 



Witness: J. Dittmer 
M. Majoros 
D. Smith 

ARIZONA PUBLIC SERVICE COMPANY 
PWEC In Rate Base Scenario - Net Operating Income Summary 

ACC Jurisdictional for Test Year Ended December 31,2002 

Schedule B - Alternative 
Page 2 of 3 

Add Back 
PWEC 

Adjustment 
Utilizing 
Peak & 

Reference Average 
(b) ( c )  

Line 
No. DescriDtion 

Electric Operating Revenues Staff C-2 56,094.1 75 1 

2 Purchased Power & Fuel Costs LaCapra Assoc. (38,966,000) 

Gross Margin - Revenues less 
Fuel & Purchased Power Costs 

3 
4 Line 1 - Line 2 $ 95,060,175 

Other Operating Expenses 
Operations & Maintenance 
Depreciation & Amortization 
Other Taxes 
Subtotal Other Operating Expenses 

Staff C-2 41,087,042 
Page 3 27,836,410 
Page 3 9,716,819 

78,640,271 Sum Lines 6 - 8 

10 Operating Income Before Income Taxes Line 4 - Line 9 16,419,904 

I 1  Income Taxes Footnote (a) (4,637,812) 

12 
13 

Increase in Jurisdictional Net 
Operating Income Line 10 - Line 11 21,057,716 

14 
15 

(a) Income Tax Calculation: 
PWEC Jurisdictional Rate Base Staff 8-2 $ 882,973,397 

16 Staff Weighted Cost of Debt Staff Exh. D - COC 3.19% 

17 
18 

Additional Tax Deductible Interest 
Deduction with PWEC in Rate Base Line 15 X Line 16 $ 28,161,200 

19 Operating Income Before Tax Line 10 16,419,904 

20 
21 

Net Reduction in Jurisdictional 
Taxable Income Line 18 - Line I 9  $ 11,741,296 

22 
23 

Composite FederaVState Income 
Tax Rate 39.50% 

24 
25 

Net Reduction in Jurisdictional 
Income Tax Expense Line 21 X Line 23 $ 4,637,812 



Witness: J. Dittmer 
M. Majoros 

Schedule B -Alternative 
Page 3 of 3 

ARIZONA PUBLIC SERVICE COMPANY 
PWEC In Rate Base Scenario - Net Operating Income Summary 

Development of Annualized Depreciation and Property Tax Expense 
ACC Jurisdictional for Test Year Ended December 31,2002 

Amount Line 
No. Description Reference ($OOOs 

(a) (b) ( c )  

PWEC Depreciable Base 
Redhawk 1 
Redhawk 2 
Redhawk Transmission 
West Phoenix 4 
West Phoenix 5 
Saguaro 
Total PWEC Depreciable Base 

APS $ 268,550 
Workpaper 268,550 
DGR-WP 49,000 
14, page 18 78,133 

308,644 
36,558 

$1,009,435 

2.86% 
2.86% 
1.75% 
2.20% 
2.86% 
2.81 % 

9 
10 
11 
12 
13 
14 
15 

Staff Proposed Depreciation Rate 
Redhawk 1 
Redhawk 2 
Redhawk Transmission 
West Phoenix 4 
West Phoenix 5 
Saguaro 

Provided 
by Michael 
Majoros 

Staff Proposed Total Company 
Annualized Depreciation Expense 

Redhawk 1 
Redhawk 2 
Redhawk Transmission 
West Phoenix 4 
West Phoenix 5 
Saguaro 
Total PWEC Depreciation 

16 
17 
18 
19 
20 
21 
22 
23 
24 

Lin 2 X 10 $ 7,693 
Lin 3 X 11 7,693 
Lin4X 12 857 
Lin 5 X 13 1,723 
Lin 6 X 14 8,842 
Lin 7 X 15 1,028 
Sum L. 18-23 $ 27,836 

25 
26 

Jurisdictional Production Demand 
Allocator - Peak & Average 99.1 10% 

Annualized Jurisdictional M C  
Depreciation Expense 

27 
28 Line 24 X 26 $ 27,589 

29 
30 

PWEC Assessed Value for Property 
Tax Purposes 

DGR- WP 
14, page 20 $ 105,990 

31 2003 Average Property Tax Rate UTI-6-210 9.25% 

32 Total Estimated PWEC Property Tax Line 30 X 31 $ 9,804 

Jurisdictional Production Demand 
Allocator - Peak & Average 

33 
34 99.110% 

35 
36 

Annualized Jurisdictional PWEC 
Property Tax Expense Line 32 X 34 $ 9,717 
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